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Executive Summary 

The commitment in the Paris agreement to keep temperature increase well below 2 °C and pursue efforts to achieve 

1.5C compared to pre-industrial levels, introduces the challenges of an accelerated pace of decarbonization and the 

need to eventually reach carbon-neutrality. Hydrogen and Power-to-X (PtX, this thesis focuses on Power-to-Methane 

and Liquid, but in general PtX refers to power conversion to other carriers) can widen the technology portfolio and 

contribute to overcoming these challenges resulting in a more resilient and lower cost system compared to one where 

they are not used. Hydrogen and PtX can contribute to climate change mitigation by: displacing fossil fuels in current 

uses;  providing alternatives to mitigate emissions from hard-to-abate sectors; providing a means to couple renewable 

electricity with demand in other sectors; increasing the flexibility of the power system to integrate variable renewable 

energy; representing a carrier with higher energy density suitable for longer periods of mismatch between supply and 

demand. Hydrogen has had these benefits for a long time while still failing to materialize as an established energy 

carrier outside industry, the differences that could lead to a successful outcome this time include a higher climate 

change mitigation ambition, lower electricity prices from renewable resources, a higher technological development 

where both supply and end use technologies are ready for scale up, the experience built from scaling up other 

technologies (e.g. wind and solar) and the interest from multiple stakeholders (research, industry and governments). 

 

Hydrogen is not new and it is already used in refineries and the chemical industry (for the production of methanol and 

ammonia) representing over 3% of the final energy demand and as much of 2.5% (830 MtonCO2/yr) of the global 

energy-related CO2 emissions. However, hydrogen has until now experienced limited focus in future scenarios of the 

energy system with a limited contribution as an energy carrier in most of them. One reason for this is that, historically, 

the focus has been on the application for transport, specifically fuel cell electric vehicles (FCEV), while more recently 

the broader set of applications, including conversion to other carriers, has been recognized, yet not all the modeling 

tools have been adapted for this. At the same time, hydrogen involves the entire energy system and an assessment of 

its potential requires a range of different dimensions (e.g. high spatial and temporal detail, infrastructure, competition 

with other carriers) that a single model does not usually cover. Therefore, most of the studies have so far focused on 

one of these, missing a holistic answer. This research aims to take a step in this direction by using a modeling 

framework composed of multiple models that are used together to assess the potential of hydrogen and PtX in a future 

low-carbon energy system for the EU. The key questions answered are: 

1. How can the modeling framework be improved to provide higher granularity and assess PtX potential in a 

low-carbon future? 

2. What are the cost implications of hydrogen and PtX in the system and what factors determine their economic 

performance? 

3. What are the wider implications beyond cost that the deployment of hydrogen and PtX have? 

 

The contribution to an improved modelling framework (question 1) is through using a range of modeling tools that are 

soft-linked to each other to ensure consistency. A cost optimization model is at the core of the framework, which 

covers the entire energy system and is able to capture supply and demand dynamics to select the most attractive 

technologies and energy carriers for each end use. Additional models aim to complement the cost optimization model 

while providing a higher granularity in a specific dimension. For this research, three complementary tools were used. 

A behavioral model for powertrain choice in cars was used to take into account other criteria like infrastructure 

availability, safety, range and risk aversion that are also relevant for end users when making their decision, therefore 

affecting the composition of the car fleet over time, but that are not explicitly considered by pure cost optimization. A 

power model was used to analyze the feasibility of an extreme scenario with high electrolyzer capacity and understand 

how it differs from the current power system and what changes are needed. Lastly, life cycle assessment was used to 

look beyond climate change and understand how other impact categories change with the energy system evolution, as 

well as including other life cycle stages besides operation to prevent burden shifting between life cycle stages or 

impact categories. All these tools had an EU scope, which allows capturing the interaction between countries and 

directly analyzing policies with an EU impact (rather than national). The tools can be used as stand-alone models or in 

combination with the cost optimization model, which directly translates into a scalable framework that can be adapted 

to the questions or problem posed and ensures internal consistency in the scenario data that is lacking in most of 

previous studies. Furthermore, the framework goes beyond road transport applications only (1st generation hydrogen 

models) to cover hydrogen use across all sectors (2nd generation) and also conversion to other carriers (3rd generation). 

 

As part of the insights developed, the more flexibility options are considered (CO2 underground storage, biomass, 

nuclear, but also grid expansion, demand response and storage), the lower the costs of the system will be. Similarly, as 

the system is more restricted (in terms of these flexibility options), hydrogen role will be more prominent as it 

represents one of the remaining tools to achieve the climate targets. Even in a fully flexible scenario, hydrogen flows 
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increase by nearly a factor 7 (vs. today). The hydrogen use for heavy-duty transport and industry (steel) were present 

in most of the scenarios, even at high (> 7 €/kg) hydrogen costs. Similarly, the combination of biomass with 

electrolytic hydrogen to increase the liquid product yield (through “Power-to-Liquid”) of (bio)fuels for aviation and 

petrochemical feedstock, was also resilient to high hydrogen prices. These three constitute no-regret options for 

hydrogen. The increase in hydrogen flow could be nearly 20 times (vs. today) if all the drivers are in favor of its 

deployment. In contrast, Power-to-Methane (PtM) and hydrogen use in buildings were very limited in most scenarios 

and only attractive for highly restricted scenarios, Hydrogen reconversion to power can be attractive during the 

periods of low wind and solar generation. The major drivers (question 2) were system wide-parameters, the CO2 target 

(more hydrogen as the system approaches zero emissions), the use or absence of CO2 storage (higher need for 

hydrogen upon its absence) and the biomass potential. Once these parameters were favorable, further hydrogen 

deployment was promoted by higher efficiency of the electrolyzer, a lower (400 €/kWel) CAPEX, at least 2500 of full 

load hours and low cost (< 40 €/MWh) electricity. This would decrease the hydrogen production cost (to the order of 

2-3 €/kg) promoting the use across all sectors, but particularly for the transport sector achieving a low (30-40 €/kW) 

fuel cell cost and a high (80-90%) utilization of refueling stations would contribute to its uptake. Reaching these levels 

of deployment would mean annual costs (question 2) for hydrogen in the order of 40 to 140 bln€/yr, 0-50 bln€/yr for 

PtL and 2.5-10 bln€/yr for PtM. To put these in perspective, the import bill for fossil fuels was ~325 bln€/yr in 2018, 

the total annual costs are in the range of 3600-4000 bln€/yr and the EU economy could reach a size of 28000 bln€ by 

2050 (with an average growth rate of 1.7%). The marginal CO2 prices go from ~125 €/ton for a 50% CO2 reduction to 

175-1600 €/ton for a 95% CO2 reduction. 

 

Considering the environmental aspect (question 3) changes the decisions made from a pure cost perspective. Running 

an electrolyzer for a high number of hours reduces production cost by reducing the CAPEX contribution (as long as 

there are no sharp increases in electricity price). However, if the average CO2 emissions for the grid electricity are 

higher than 150-200 gCO2/kWh, it would actually lead to higher CO2 emissions compared to the fossil-based option 

(gas reforming). This threshold is lower (~120 gCO2/kWh or even 4-60 gCO2/kWh if the CO2 is not biogenic or from 

air) for CO2 use technologies (PtM). The environmental impact for PtM was much higher than its corresponding cost 

when compared to the overall system. While PtM cost contribution was less than 1% of the total for most scenarios, it 

had up to 10% of total system impact for 7 impact categories (out of 18), which highlights the importance of looking 

beyond climate change only and making sure new technologies do not make some of those worse. Including the 

behavioral aspect did change the results of the optimization model, resulting in higher cost (14% for the scenario 

analyzed), in a more rapid fuel cell cost decrease and in a higher FCEV uptake. The best soft-linking approach 

identified was to use the powertrain shares from the behavioral model as constraints for the cost optimization. The 

analysis with the power model gave insights into a potentially new market design for the power system. In a system 

where the electrolyzer demand is around half of the total electricity demand, electrolyzers could be the price-setters for 

2000-6000 hours a year, become the flexible units to match supply and demand and could satisfy the balancing and 

reserves needs (as opposed to generators today). A willingness to pay (WtP) of 60 €/MWh for the electricity by the 

electrolyzer resulted in average electricity prices of 30-40 €/MWh (there are hours with prices lower than 60 €/MWh 

that decrease the average), combined with a CAPEX of 400 €/kWel, led to a hydrogen production price of 2-3 €/kg. 

The increase in average electricity prices (in periods where it would otherwise be zero) also causes that 70-90% of the 

countries recover the capital investment for wind and solar potentially representing an alternative to capacity markets. 

 

The most effective policy to promote PtM was identified as direct subsidy. This, however, can lead to a scenario 

where the CO2 is used for PtM and part of the PtM use has carbon capture (to produce CO2 that is used again for PtM) 

leading to an inefficiency that was not present in scenarios without subsidy and resulting in higher overall costs. 

Taxing natural gas only results in higher prices for the end consumers (reduced demand by price elasticity) without 

necessarily promoting PtM and setting minimum PtM shares as standards does not consider that it might not be the 

optimal solution for all countries. The most effective policy mix to promote FCEV in passenger cars was R&D 

targeting cost reductions for fuel cells in 2020 and purchase subsidy in 2030. 

 

Looking ahead, the first step is to include all the potential benefits that hydrogen can have in the energy system in the 

modeling tools used, not necessarily to have more hydrogen on its own, but because this translates into additional 

options to achieve low CO2 emissions. Overall, the three soft-linking methodologies used in this research were 

deemed useful by providing additional insights to the core model. Work still lies ahead to develop this framework for 

a holistic evaluation. Ammonia and Syngas should be included along with all their pathways with the same reasoning 

that hydrogen and PtX (i.e. higher flexibility). The possibility of international trading and making trade-offs of costs, 

environmental impact and energy security should also be included. Other complementary tools such as a detailed 

technology model for industry, stock model for buildings, balancing and reserves for the power system and 

optimization of the hydrogen supply chain are still to be added. Once this is done, broader factors than the energy 

system only are to be included covering macroeconomic aspects (growth, investment and jobs creation) as well as 

interaction with the natural systems (water and carbon balance, land and climate). 
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Samenvatting 

De inzet van het Parijs akkoord is om de opwarming te beperken tot minder dan 2 °C en te streven naar 1.5 °C ten 

opzichte van het pre-industriële tijdperk. Dit brengt uitdagingen met zich mee om versneld te decarboniseren en om 

uiteindelijk zelfs koolstof-neutraliteit te bereiken. Waterstof en Power-to-X (PtX) kunnen de technologie-portfolio 

verbreden en bijdragen aan oplossingen, wat resulteert in een veerkrachtiger en voordeliger systeem dan wanneer deze 

technologieën niet zouden worden gebruikt. Waterstof en PtX kunnen op volgende manieren bijdragen aan de strijd 

tegen klimaatverandering: het verdringen van fossiele brandstoffen in huidige toepassingen; het bieden van 

alternatieven in sectoren waarbij emissies moeilijk kunnen worden voorkomen; het koppelen van productie van 

duurzame elektriciteit aan vraag in andere sectoren; het verhogen van de flexibiliteit van het net zodat meer variabele 

duurzame elektriciteit in het netwerk geïntegreerd kan worden en tot slot het bieden van een opslagmedium met een 

hoge energiedichtheid om langdurige periodes van onbalans in vraag en aanbod op te vangen. Waterstof heeft deze 

voordelen altijd al gehad, maar is nog niet doorgebroken als gevestigde energiedrager. Elementen die dit keer het 

verschil kunnen maken zijn een verhoogde klimaat-ambitie, lagere prijzen voor elektriciteit uit duurzame bronnen, 

gevorderde technologische ontwikkelingen waardoor aanbieders en eindgebruikers effectiever kunnen opschalen, 

ervaringen uit opschalen van andere technologieën (zoals wind- en zonne-energie) en de interesse van verschillende 

stakeholders (onderzoek, industrie en overheden). 

 

Waterstof is niet nieuw en wordt al gebruikt in olieraffinage en de chemische industrie (voor de productie van 

methanol en ammoniak); hiermee wordt meer dan 3% van de totale energievraag vertegenwoordigd en tot 2.5% (830 

MtonCO2/j) van de wereldwijde energie-gerelateerde CO2 uitstoot. Tot nu toe speelde waterstof slechts een kleine rol 

als energiedrager in toekomstscenario’s van het energiesysteem. Een reden is dat de aandacht voor waterstof altijd 

naar transport is gegaan, specifiek naar ‘fuel cell electric vehicles’ (FCEV), terwijl recentelijk een bredere set van 

toepassingen wordt erkend, inclusief conversie naar andere dragers, maar desondanks zijn niet alle modellen hier voor 

aangepast. Daarnaast behelst waterstof het gehele energiesysteem en een analyse van het potentieel vereist een scala 

aan dimensies (o.a. hoge resolutie met betrekking tot ruimte, tijd, infrastructuur en concurrentie met andere 

energiedragers) die meestal niet door één model worden beschreven. Hierdoor focussen waterstof-studies meestal op 

één aspect en ontbreekt een holistisch antwoord. Het doel van dit onderzoek is om een stap in deze richting te zetten 

door een kader te ontwikkelen van verschillende modellen die gezamenlijk gebruikt worden om het potentieel van 

waterstof en PtX te bepalen in een laag-koolstof energiesysteem voor de EU. De sleutelvragen die worden beantwoord 

zijn: 

1. Hoe kunnen modellen verbeterd worden naar een verhoogde granulariteit en naar een verbetering in de 

analyse van het potentieel van PtX in een laag-koolstof toekomst? 

2. Wat zijn de kostenimplicaties van waterstof en PtX in het systeem en welke factoren bepalen deze kost? 

3. Welke andere impacts, buiten de kostenaspecten, brengen een verdere implementatie van waterstof en PtX 

met zich mee? 

 

De modelanalyse kan vooral verbeterd worden (vraag 1) door een scala aan modellen te gebruiken en, om redenen van 

consistentie, deze ook te soft-linken. Een kostenoptimalisatie model staat centraal in dit onderzoek en omvat het hele 

energiesysteem, inclusief de dynamiek van vraag en aanbod om zo de meest aantrekkelijke technologieën en 

energiedragers voor elk eindgebruik te selecteren. De aanvullende modellen zijn complementair aan het 

kostenoptimalisatiemodel en bieden een hogere granulariteit voor de andere dimensies. Voor dit onderzoek zijn drie 

aanvullende modellen gebruikt. Een gedragsmodel werd gebruikt voor de keuze van de aandrijving van auto's om 

rekening te houden met andere criteria dan kostenefficiëntie. De beschikbaarheid van de infrastructuur, veiligheid, 

bereik en risicoaversie zijn ook relevant voor het beslissingsproces van eindgebruikers en dus ook relevant voor de 

samenstelling van het wagenpark van de toekomst. 

 

Een elektriciteitsmodel werd gebruikt om de haalbaarheid van een scenario te analyseren met een hoge capaciteit aan 

elektrolyse voor waterstof. Ook laat dat model toe om de verschillen met ons huidige elektriciteitsysteem en de 

noodzakelijke aanpassingen beter te begrijpen. Ten slotte werd levenscyclusanalyse gebruikt om andere impacts dan 

klimaatverandering te analyseren die gepaard gaan met de evolutie van het energiesysteem, evenals andere 

levenscyclusfasen dan de operationele fase. Al deze modellen hadden een EU-scope, waarmee de interactie tussen 

landen kan worden vastgelegd en beleid met een EU-impact (in plaats van nationaal) rechtstreeks kan worden 

geanalyseerd. De tools kunnen worden gebruikt als stand-alone modellen of in combinatie met het 

kostenoptimalisatiemodel, dat zich direct vertaalt in een schaalbaar raamwerk dat kan worden aangepast aan de 

gestelde vragen of problemen en zorgt voor interne consistentie in de technologie en scenariogegevens die ontbreken 

in de meeste eerdere studies. Bovendien gaat het raamwerk verder dan alleen wegtransporttoepassingen (modellen van 

de eerste generatie waterstof) voor het gebruik van waterstof in alle sectoren (tweede generatie) en ook conversie naar 

andere vervoerders (derde generatie). 
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Wat volgt zijn enkele nieuwe inzichten uit dit onderzoek. Hoe meer opties voor klimaatmitigatie er worden 

opengehouden (ondergrondse CO2 opslag, biomassa, kernenergie, uitbreiding van het elektriciteitsnetwerk, 

vraagsturing en opslag), hoe lager de kost van het systeem. Tevens geldt ook dat waterstof een steeds meer prominente 

rol speelt als enkele van die opties worden uitgesloten. Maar zelfs als alle opties beschikbaar zijn, zou de productie 

van waterstof toenemen met een factor 7. In bijna alle scenarios wordt waterstof gebruikt voor drie no-regret 

toepassingen, ondanks de hoge productiekost (> 7 €/kg). De drie toepassingen zijn: vrachtvervoer over lange afstand, 

industrieel gebruik (staalproductie) en de productie van synthetische olie op basis van CO2 uit biomassa (door “Power-

to-Liquid”). Naarmate andere opties meer en meer worden uitgesloten, zou de productie van waterstof kunnen 

toenemen met een factor 20. De belangrijkste factoren die de hoeveelheid waterstof bepalen (vraag 2) zijn: 

systeemvariabelen, het CO2 doel (waterstof is des te belangrijker naarmate dichter bij nuluitstoot), de beschikbaarheid 

van langetermijn CO2 opslag en de hoeveelheid koolstofneutrale biomassa. De productie van waterstof neemt nog 

verder bij een verhoging van de efficientie van de electrolyse, een verlaging van de CAPEX (400 €/kWel), een 

minimum van 2500 vollasturen per jaar en goedkopere elektriciteit (< 40 €/MWh). Met al deze gunstige factoren kan 

de kost van waterstofproductie dalen tot ongeveer 2-3 €/kg en wordt waterstof in alle sectoren in gezet. Specifiek voor 

de transportsector is het van belang in te zetten op een lage brandstofcelkost (30-40 €/kW) en een hoge 

benuttingsgraad van tankstations (80-90%). Bij scenarios waar waterstof in die hoge mate wordt benut, bedragen de 

jaarlijkse kosten voor waterstof 40 à 140 miljard €/jaar, voor PtL 0-50 miljard €/jaar en voor PtM 2.5-10 miljard 

€/jaar. Ter vergelijking: de jaarlijkse invoerkosten van fossiele brandstoffen bedroeg ~325 miljard € in 2018, de totale 

jaarlijkse kost van het energiesysteem zijn 3600-4000 miljard €/jaar en de totale EU economie zou 28000 miljard € 

kunnen bedragen tegen 2050 (met een gemiddelde groei van gemiddeld 1.7%). De marginale CO2 prijs loopt op van 

~125 €/ton voor een CO2 reductie van 50% tot 175-1600 €/ton voor 95% CO2 reductie. 

 

Als andere milieu impacts ook in rekening worden gebracht (vraag 3) zijn kost en klimaat niet de enige factoren meer. 

De waterstofkost kan gedrukt worden bij intens gebruik van elektrolyse (zoals aangedreven door thermische 

centrales), echter als de CO2 emissie van de elektriciteitsproductie hoger is dan 150-200 gCO2/kWh, dan is er geen 

CO2 besparing ten opzichte van waterstofproductie op basis van gas reforming. Deze treshold is lager voor PtM 

technologieën die CO2 hergebruiken afkomstig van fossiel e en nog lager voor technologieën die biogene CO2 of CO2 

uit de atmosfeer gebruiken (4-60 gCO2/kWh). De relatieve milieu impacts van PtM zijn veel hoger (in het totaal van 

impacts, soms tot 10%) dan de relatieve kost van PtM (1% van de totale kost van het energiesysteem). Voor 7 van de 

18 impact categorieen had PtM tot 10% van de totale systeemimpact. Dit toont het belang aan van een uitgebreidere 

analyse voor nieuwe technologieën. Het in rekening brengen van gedrag resulteerde in een afwijking van het 

kostenoptimum (14% kostentoename in transport voor het geslecteerde scenario), een snellere kostendaling van de 

brandstofcel (voordien exogeen) en in een verschillende keuze van aandrijving voor autos met een grotere rol voor 

FCEV voertuigen. De beste manier om het gedragsmodel te linken is om de aandrijfkeuze uit dit model over te nemen 

in het kostenoptimalisatiemodel (op basis van relatief aandeel). Met behulp van het elektriciteitsmodel kwamen we tot 

het potentieel nieuwe marktvorm voor het elektriciteitssysteem. In een systeem waarbij eletrolyse ongeveer de helft 

van de totale elektriciteitsvraag bedraagt, kunnen de elektrolyse de prijs zetten voor 2000-6000 uren per jaar, bijdragen 

aan een verbeterde afstemming tussen vraag en aanbod alsook een nood voor balancing en reserve. Een bereidheid tot 

betalen (WtP) van 60 €/MWh voor de elektriciteit die elektrolysers voedt, resulteerde in gemiddelde 

elektriciteitsprijzen van 30-40 €/MWh, en, gecombineerd met een CAPEX van 400 €/kWel, tot een waterstofkost van 

2-3 €/kg. De toename van de gemiddelde elektriciteitsprijs (in periodes waar de prijs normaal nul is), resulteert in 70-

90% van de landen in inkomsten die de investering in wind en zon compenseren en op die manier een alternatief 

bieden voor capaciteitsmechanismen. 

 

Het meest efficiënte beleid ter promotie van PtM is een directe subsidie. Echter, dit kan leiden tot een inefficiënte 

situatie waarbij een deel van de CO2 van synthetische methaan (PtM) wordt afgevangen en opnieuw gebruikt voor de 

productie van PtM. Het heffen van een taks op het gebruik van aardgas leidt voornamelijk tot prijsverhogingen voor 

de eindconsument zonder garantie dat PtM echt wordt ingezet. Een norm die een bepaald aandeel PtM verplicht is dan 

weer misschien niet de meest optimale oplossing voor alle landen. Volgende beleidsopties zijn het meest efficiënt ter 

promotie van brandstofcel auto’s: onderzoek en ontwikkeling van brandstofcellen in de komende 5 jaren en een 

aankoopsubsidie voor de periode 2030-2034. 

 

Vooruitblikkend is de eerste stap om alle voordelen die waterstof in het energiesysteem kan hebben te integreren in 

bestaande energiemodellen en op die manier extra opties te hebben om  de CO2-uitstoot drastisch te verminderen. De 

drie additionele modellen die in dit onderzoek werden gebruikt en gekoppeld, zijn nuttig omdat ze aanvullende 

inzichten  verschaffen naast het basismodel. Er moet nog worden gewerkt aan de verdere ontwikkeling van dit kader 

voor een holistische evaluatie. Ammoniak en syngas moeten nog toegevoegd worden als opties op een gelijkaardige 

manier als waterstof en PtX (met opnieuw een hogere graad aan flexibiliteit). De mogelijkheid van internationale 

handel en het afwegen van kosten, milieueffecten en energiezekerheid kan ook worden opgenomen in verder 
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onderzoek. Andere nuttige aanvullende modellen kunnen ook nog toegepast worden in de toekomst zoals een 

gedetailleerd technologiemodel voor de industrie, een meer gedetailleerd typologiemodel voor gebouwen, een 

simulatie van balancing en reservevermogen en ook een optimalisatie van de volledige waterstoftoevoerketen. 

Bovenop deze elementen kunnen ook nog factoren buiten het energiesysteem verder worden onderzocht zoals macro-

economische aspecten (groei, investeringen en werkgelegenheid) en interactie met de natuurlijke systemen (water- en 

koolstofbalans, landgebruik en klimaat). 
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Chapter 1 

Introduction 

1.1. The need for hydrogen 

In the last 120 years, global temperature has increased by 0.85 ºC [1]. The cause has been mainly anthropogenic 

emissions [2]. A full 1 ºC has already been locked-in with the CO2 emitted so far. On the other hand, there are multiple 

negative effects of temperature increases beyond 2 ºC including biodiversity loss, population displacement and 

extreme weather events [2], among others and there is clear need and political will to limit this temperature increase 

with the latest milestone being the Paris Agreement in 2015 that aims to keep the average global temperature rise well 

below 2C and pursuing efforts to achieve 1.5C compared to pre-industrial levels [3].  This additional temperature 

increase translates into 420-1170 GtCO2 of cumulative emissions (from 2018) to have a 66% probability of staying 

within 1.5-2 ºC respectively [4]. Allocating these emissions by region, considering that EU has a high income per 

capita, translates into larger efforts and close to carbon neutrality by mid-century [5]. There is a gap between the need 

to keep the cumulative CO2 emissions in check and the need to reach CO2 neutrality by mid-century [6] and the reality 

that leads to continuously record-breaking CO2 emissions [7]. The alternatives to bridge this gap can be clustered in1: 

renewable energy, energy efficiency, CO2 capture and storage (CCS) and energy from biomass. Aiming for the goal of 

keeping the global temperature rise under 1.5 ºC significantly increases the challenges and pace of change needed as 

compared to keeping temperature increases well below 2 ºC. This translates into more stringent system-wide targets, 

lower energy and carbon intensity rates than historically seen, increased climate finance, increased global coordination, 

fiscal and structural reforms, R&D and innovation [4]. Reaching this target (1.5 ºC) would require CO2 prices (or 

equivalent policies) of at least 250 $/ton by 2050, a decrease of about 30% in final energy demand (in spite of the 

population growth) [4], increasing annual global investment from about 1.85 trillion$ in 2018 [8], beyond the 2.3 

trillion$/yr needed in a business-as-usual scenario to almost 3.4 trillion$/yr by 2050 [9]. Given the unprecedent scale 

of the task, all the possible means to achieve it will be necessary, including hydrogen and its various pathways. 

 

In the face of this challenge, there is a need for methodologies that allow exploring development pathways of the 

energy system. Informed policy making relies on far-reaching models that cover the interaction between the multiple 

dimensions of the problem (including Sustainable Development Goals [10]) and provide detailed (i.e. technology-rich 

with high spatial and temporal resolution), yet also holistic (environment, economy and society) answers to the 

problem. This thesis aims to take one step in such direction. 

 

Hydrogen arises as an attractive option as an energy carrier for a low-carbon system [11]. It is equally versatile as 

electricity, and hydrogen can be used across all sectors (see Figure 1) [12]. It can be further converted to other energy 

carriers (such as methane, methanol, diesel, jet fuel and ammonia) and in particular satisfy demand in sectors where 

electrification might be more difficult such as maritime transport, aviation and potentially, some industrial applications 

(e.g. high temperature heat) [13]. Hydrogen would allow for example, to produce synthetic feedstocks for industry at 

the root of the chemical industry, which electricity alone could not achieve [14]. It can be stored at higher energy 

densities than electricity making more suitable for long-term storage, but also for long-distance transport [15]. Similar 

to its versatility in use, it has multiple production routes including from fossil fuels, nuclear and renewable energy 

through electrolysis [16]. This increases the choices for low-cost production depending on regional resources and 

energy mix [17]. It does not carry any CO2 and upon combustion only releases water vapor. 

 

There is a link between the various strategies to achieve a low-carbon system and hydrogen. Hydrogen can provide a 

source of flexibility for the power system and aid the integration of variable renewable energy (VRE) [18]. 

Electrolyzers, which convert electricity to hydrogen, can adjust their production fast enough to follow the production 

from wind and solar [19]. Hydrogen production can be combined with CCS and reduce the CO2 emissions when fossil 

fuels are used as primary energy sources [20]. It can also be combined with biomass to maximize the use of the limited 

 

1 Nuclear energy is another one, but given the national restrictions is not included here as a universal alternative 
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biogenic CO2 for applications where replacement of incumbent technologies is more difficult (e.g. aviation), but that 

are still needed to achieve a zero-emission system [21]. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 1. Potential hydrogen pathways in the energy system. 

1.2. Hydrogen in the past and today 

Hydrogen is already used today mainly in industrial applications. Globally, around 70 million tons per annum (mtpa) 

of pure hydrogen are used with another 45 mtpa used as a mix of gases [22]. Both of these forms represent over 3% of 

final energy demand [23]. Around a third of the annual hydrogen production is used in refineries to remove impurities 

and sulfur (hydrotreatment) and to upgrade heavy residual oil into higher value products (hydrocracking). Another 

40% is used for chemicals, specifically ammonia and methanol production. The balance is mainly for onsite heat and 

power production mostly when hydrogen is part of a low-calorific gas. The production has grown fourfold since the 

1970s [22]. Almost 6% and 2% of the global natural gas and coal production is used for hydrogen production [22]. 

This results in almost 830 mtpa of CO2 emissions, which represent 2.5% of the global energy-related emissions [7]. 

 

Globally, around 600 M€2 were invested in 2018 by governments in hydrogen-related R&D [22]. This figure is still 

small compared to the total government energy R&D spending of over 21 bln€/yr or the corporate contribution of over 

78 bln€/yr. Oil and gas alone receives more than 15 bln€/yr in corporate R&D spending [8]. By mid-2019, there were 

around 50 national targets, mandates and policy incentives in place globally to directly support hydrogen in multiple 

countries. Around the world (mostly in G20 countries and the EU), 11 countries have such policies in place and 9 have 

national roadmaps for hydrogen. By far, the most targeted sector is transport (with 40), but recently, policies for the 

other sectors (buildings and industry) have been developed as well [22]. 

 

 

2 Throughout this thesis a conversion factor of 1 € = 1.2 USD is used 
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Interest in hydrogen is not new, there have been several waves in the past where hydrogen was seen as a promising 

option for the energy system, but these did not materialize in investment. In the 1970s, the interest was due to the oil 

crisis and associated price shocks [24]. In the 1990s, led by Japan, concerns about climate change triggered attention to 

hydrogen and led to programs for low-carbon hydrogen production and international trade. In the early 2000s, the 

potential of fuel cell electric vehicles (FCEV) combined with concerns about an oil peak led to the establishment of the 

International Partnership for Hydrogen and Fuel Cells in the Economy (IPHE) meant as a knowledge exchange 

platform to foster collaboration and coordinate global efforts [24]. The recent interest resulting in the current wave is 

different since actions to tackle climate change are more pressing than before; hydrogen represents an alternative to 

reduce emissions in the hard-to-abate sectors; there is experience (in terms of incentives, financing and scale up) from 

other renewable technologies; electricity costs from wind and solar continue to decrease making electrolytic hydrogen 

more cost competitive; hydrogen production and use technologies have been demonstrated and ready to scale up; the 

range of actors showing interest in hydrogen is much wider today including electricity suppliers, industrial gas 

producers, electricity and gas utilities, automakers, oil and gas companies, major engineering firms and governments. 

 

Hydrogen, however, does not come without limitations. Low energy efficiency, lack of infrastructure and high cost are 

among the key ones [25]. When produced through electrolysis, it can lead to 20-35% energy loss in the conversion 

[26]. If there is a need to reconvert it back to electricity, another 40-50% can be lost [27] (using fuel cells or turbines). 

Converting it to other carriers can lead to conversion losses of 10-15% (ammonia) [28], 20% (methane) [29], 25% 

(Fischer Tropsch) [30]. Transforming hydrogen into a more suitable form for transport, such as liquid or bound to 

organic molecules can result in an additional 25-40% energy loss [31]. Even though its (volumetric) energy density is 

higher than electricity, liquid hydrocarbons have at least five times higher energy density than hydrogen [32] and 

almost three times if stored as ammonia [33]. There currently is limited infrastructure for its transport and use. There 

are about 4600 km of hydrogen pipelines around the world [34], while there are more than 3 million km of gas 

transmission pipelines [35]. There are almost 220 000 gasoline and diesel refueling stations only in US and EU [36–

38], while there were only 381 hydrogen refueling stations (HRS) worldwide in 2018 [22]. There are no large 

liquefaction facilities or with organic carriers that can serve as basis for international trade and only around 10% of the 

global ammonia production is traded by sea [39]. This does not necessarily mean that all the infrastructure needs to be 

built from scratch. Part of the gas network could be converted to hydrogen or hydrogen could be as a blend with 

methane (to a limited extent) [40]. 

1.3. Hydrogen in the future 

Energy scenarios constitute an important tool for the development of energy and research policies. They aim to explore 

how different drivers evolve in time and how different actors will interact with each other and translating this into a 

range of possibilities for the future [41]. A range of tools can be used to produce such scenarios and there are multiple 

ways of classifying these based on topology, analytical approach (top-down vs. bottom-up), purpose, mathematical 

approach, spatial and temporal resolution, time horizon, among others [42,43]. Particularly for hydrogen, there are 3 

major reviews that look at its role in future energy scenarios [44,45] and this thesis (Chapter 5). [44] looks at global, 

regional and national models that report hydrogen in the results, determining the drivers for hydrogen use, CO2 price 

needed, pathways used (production and application) and interaction with renewables, CCS and biomass. [45] 

complements this by analyzing global scenarios by prominent institutions (e.g. IEA, Shell, World Energy Council) and 

recommends some of the best practices to consider hydrogen in modeling frameworks. Chapter 5 of this thesis looks at 

regional and national studies that were left out from [44] (where a project looking at deep decarbonization scenarios 

was used) and at scenarios generated using integrated assessment models. Given that hydrogen participates in every 

part of the energy system and that it will become more important as the system decarbonizes [24], there is a need to 

use a modeling framework that has a high technological granularity to cover all the competing technologies and 

alternatives in the supply, infrastructure and end-use. 

 

The role of hydrogen is expected to become more prominent as the system is more restricted in terms of technology 

portfolio [45]. This means deep decarbonization targets, high VRE penetration, low CCS deployment (requiring other 

options such as hydrogen to achieve targets), high CO2 price (to justify investment) and low-cost options for hard-to-

abate sectors will all tend to drive a higher need for hydrogen [44] (see Chapter 3). In these scenarios, there seems to 

be a correlation between level of ambition (for CO2 reduction) and the role that hydrogen has in the energy system. As 

lower CO2 targets are used, the emissions from hard-to-abate sectors should also be mitigated. This translates both into 
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higher marginal abatement costs (i.e. CO2 prices) and it exploits the uses where hydrogen can be the most attractive 

[44]. In most of the past studies, hydrogen has a relatively small role and if any, it is limited to the transport sector (see 

Figure 2). In most cases, this is simply caused by providing limited pathways in the topology of the model (both 

production and use) that lack the full range of applications hydrogen can have. Here lies the importance of including 

all the potential hydrogen pathways (inclusive of conversion to other carriers), not to have more hydrogen on its own, 

but because of the additional flexibility that it represents. Two components where there is both competition and 

synergies with hydrogen are biomass and CCS. A high biomass potential means that biomass could replace hydrogen 

use for many of its potential applications (see Chapter 3). However, a synergistic effect is that hydrogen could also 

increase the yield of biofuels and make better use of the biogenic carbon [30]. CCS could enable low-carbon hydrogen 

production from fossil fuels, increasing the range of possible hydrogen sources and decreasing the production cost. 

Nevertheless, in a future where CCS is possible, the CO2 prices are expected to be lower [6], decreasing the incentives 

for hydrogen. Furthermore, CCS coupled with biomass could lead to negative emissions that could compensate 

positive emissions elsewhere in the systems preventing the abatement of the most difficult sectors [46]. 

 

Figure 2. Qualitative assessment of sectoral hydrogen use in 2050 in global scenarios (based on [45]). 

 

1.4. Hydrogen in the EU context 

A key driver for hydrogen is clarity and ambition in the long-term climate goal, which is the case for the EU. The 

Paris Agreement has been shaping the EU climate ambition. The mid-century strategy has changed from 80 to 95% 

CO2 reduction by 2050 (vs. 1990) [47] to a net zero greenhouse gas emissions [48]. This is in recognition that 

reduction in cumulative emissions from the current Nationally Determined Contributions (NDCs) is not enough to 

meet the “well below 2 ºC” target and that pathways with high emissions early on rely on negative emissions in the 2nd 

half of the century [4]. Therefore, achieving the Paris Agreement target requires more drastic CO2 reductions [49]. The 

ambition has been extended to cover land use, reforestation and non-CO2 emissions related to food production. 

Hydrogen and its derived products have also been included in the scenarios, whereas they were hardly used before 

[50]. Out of 8 main scenarios explored in the impact assessment for the “Clean Planet for all” strategy, one focuses on 

hydrogen and one on Power-to-X (PtX3, although achieving 80% greenhouse gas reduction), promoting respectively 

their use across sectors. Hydrogen and PtX are indirectly promoted in two scenarios that explore an emissions pathway 

consistent with a 1.5 ºC world [48]. Hydrogen provides 2-5% of the electricity storage (instead of PtM), 350-500 GW 

of electrolyzers are needed, FCEV are 4-16% of the car fleet, hydrogen and PtX satisfy up to 50% of the heavy-duty 

 

3 Power-to-X encompasses the range of technologies to convert electricity to another carrier (e.g. heat, ammonia, methane and even hydrogen itself). 

This thesis focuses on methane and liquid hydrocarbons 
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demand and the bulk of the industrial demand, PtL is up to a third (but 0-10% in most scenarios) of the jet fuel supply, 

PtX is up to a third of the maritime fuel supply, the CO2 used for PtX is mostly from biomass and air [48]. 

 

In terms of policy, hydrogen and synthetic fuels are not explicitly mentioned in most of the directives. The Renewable 

Energy Directive [51] establishes a target of 14% of renewable energy in transport by 2030, the advanced biofuels 

target is 7% and PtX could contribute to the other 7%. PtX is classified in two: renewable and from waste steams (e.g. 

flue gases). To count as renewable, only the electricity source is considered, while the CO2 source is not covered (the 

only condition is that the CO2 source is not elastic, meaning that more CO2 will not be produced in response to its use) 

and the greenhouse gas reduction should be at least 70% starting from 2021. The Renewable Energy Directive (RED) 

also suggests the extension of guarantees of origin for renewable gases like hydrogen or biomethane. The Fuel Quality 

Directive (FQD) is based on a mandatory 6% GHG reduction by 2020 compared to a 2010 fossil reference of 94.1 

gCO2/MJ [52] and only mentions hydrogen in the reporting guidelines 2015/652 [53]. The CO2 emissions standard for 

cars focuses on tailpipe emissions and promotes higher efficiency from manufacturers. Furthermore, it promotes the 

deployment of zero-emissions vehicles (battery, fuel cell and hybrids), but does not have a life cycle approach to 

promote the use of electrofuels (which would still have the same tailpipe emissions)4. The target is 95 gCO2/km for 

2021 decreasing by 37.5% in 2030 (59.4 gCO2/km) [54]. Hydrogen falls in the category of electricity storage 

providing flexibility (supply driven) rather than an alternative for sustainable transport (demand driven). For example, 

in the 2017 vision of the Clean Energy for all Europeans Package, it was presented as an alternative to integrate VRE 

and clustered under the Fuel Cell and Hydrogen Joint Undertaking (FCH JU) [55]. In such vision at least, storage was 

not focused anymore only on power, but also extended to promote sectorial integration options (PtX). 

 

Research at the EU level is mainly through the FCH JU, which is a private public partnership [56]. The first phase ran 

from 2008 to 2013 with a budget of 940 M€ and a second phase from 2014 to 2020 with an increased budget of 1330 

M€ [57]. There are also national programs, like the National Innovation Program for Hydrogen and Fuel Cell 

Technology (NIP) in Germany with 250 M€ until 2019 funded by the Federal Ministry of Transport and Digital 

Infrastructure (BMVI) [58]. In France, the Minister of Ecology and Solidary Transition announced the allocation of 

100 M€ for hydrogen development in industry, transport and as storage as part of the national hydrogen strategy [59]. 

There is also some private participation, for example, the H2Mobility is a joint venture with 6 companies targeting a 

nationwide (Germany) coverage of hydrogen refueling stations [60,61]. There is a 2.8 bln€ plan in the Netherlands to 

carry out 33 different projects including electrolysis using offshore wind, power generation and blending in the gas 

grid, among others [62]. 

1.5. Gaps in hydrogen modeling 

Most of the studies around hydrogen and PtX focus on a single dimension of the problem (see literature review from 

Chapter 4). Some of the clusters are: 

• Focus on the technology itself and improvements in performance. 

• Looking at the supply chain, but only for hydrogen. 

• Geo-spatial studies making a match between supply and demand. 

• Economic feasibility. 

• Long-term storage. 

• Integration of VRE production. 

• Energy carrier for the entire system. 

• Roadmaps. 

• Policy making and effect. 

 

The complexity and key to answering more overarching questions lies in combining as many of these dimensions as 

possible to be able to make trade-offs across categories and avoid overestimating the hydrogen role due to disregarding 

some factors. There are various barriers to combining many of these: higher complexity of the problem limits 

formulation but also understanding of the outcome; different tools and methods are used for each one; different 

knowledge and expertise required; different questions to be answered. The range of elements that would ideally be 

included in a modeling framework are shown in Figure 3 that covers not only the energy dimension (upper half), but 

also the macro-economy, government and environment (bottom half). 

 

4 The regulation mentions that by 2023 the EC will evaluate the possibility of using a life cycle approach 
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This does not mean that all the elements should be covered by a single multi-purpose model, but instead there should 

be a structured framework that allows connecting the pieces and ensuring a consistent exchange of information. Such 

framework, as a whole, would be able to answer the overarching questions, while still keeping detail in each of its 

components. An example of such integrated modeling is from the Research Center Julich in Germany [63] that covers 

the power system (and flexibility) with an hourly resolution, the electricity market and grid, the hydrogen production, 

infrastructure and demand. This is still missing many of the elements in Figure 3 (e.g. all the elements in the bottom 

half, trade-offs across the energy system and behavioral aspects), but already uses 7 different models. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 3. Elements interacting with the energy system and having influence on hydrogen deployment. 

 

There are also examples (beyond hydrogen) that some of these boundaries are becoming more diffuse. The link of 

macro-economic models with energy models is relatively common [64–66]. There are various degrees of integration 

between energy and transport models [67]. Energy models have also looked at air pollutants and co-benefits on health 

impacts [68–70]. There is continuous research on the energy-water-food nexus [71,72] also considering land use [73]. 

The broader relation between the energy system evolution and the climate change impact has also been explored 

[74,75]. The need for these overarching answers and need for evaluating trade-offs across the system were behind the 

creation of Integrated Assessment Models [76,77], but also creating the need to simplify many of these aspects leading 

to critics in their value [78]. Therefore, by covering these various dimensions with dedicated models, while still 

ensuring consistency and complementarity adds the most value. The application of such framework is specially 

important for hydrogen given its role across all parts of the energy system. In the aspect of bridging the gap with other 

dimensions beyond cost optimization, this thesis does so for the behavioral aspect in transport (Chapter 5), the 

consideration of the life cycle perspective and other categories beyond climate change (Chapter 6) and the hourly 

resolution for power (Chapter 7). 

 

The minimum set of features that the modeling framework should cover are (see Chapter 3 and [45]): 

• Cover all the energy sectors given the sectoral coupling character hydrogen has. 

• Cover all the flexibility options (see Chapter 2) to make sure PtX role is not overestimated. 

• Introduce all the hydrogen pathways including production and use technologies. 

• Include the conversion to other carriers (ammonia, methane and heavier hydrocarbons). 

• Enough spatial and temporal resolution to capture variability in supply and demand. 

• Consider the complexity of the consumer behavior and deviation from rationality. 
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• Expand beyond climate change and assess the full environmental impact. 

• Differentiate between technology (e.g. efficiency) and system drivers (e.g. CO2 storage). 

• Transparent and open methodology. 

 

No study has covered all of these features and as such, the gaps identified in each chapter of this thesis relate back to 

one or more of these features. A hydrogen modeling framework covering these different aspects should not only show 

consistency between sub-models and information exchanged (inside the model), but also between regional frameworks 

and global coordination (outside the model). At the end, some of the barriers around hydrogen and PtX such as cost, 

infrastructure, standards and safety have a global reach. There are already platforms like the IEA, Clean Energy 

Ministerial, Technology Collaboration Programs and the International Partnership for Hydrogen and Fuel Cells in the 

Economy (IPHE) that provide the means for knowledge transfer, coordination and a common global vision that regions 

can adapt to their specific conditions. Both in the modeling as well as the international aspect, the development should 

go from overall to specific. In modeling, this means starting from an energy model that gives the overall direction of 

drivers and what is needed, followed by a more detailed analysis of each of the components. 

1.6. This thesis – Approach 

Based on the above, this thesis followed such approach: 1. It uses a combination of various tools and methods to cover 

various dimensions of the hydrogen and PtX problem and 2. It goes from general to specific. Figure 4 shows the 

elements covered over the entire research, the sequence and relation between elements. The highest level is to 

understand what the current status is (Chapter 2), then assess the areas with the largest impact (Chapters 3 and 4) and 

then look in more detail into some specific aspects (Chapters 5-7). For some of the main steps, there is a differentiation 

between the method (approach or tool), scope (systems or technologies covered) and the output (main outcome from 

the step). The core of the research is at the center, with the delineation of the scope of each chapter. There are also 

some gray-shaded elements that are complementary and that led to some related work (see Section 1.8), but not 

covered as part of this thesis. 

Figure 4. Boundaries for this thesis and related work. 
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The centerpiece of the research is the cost optimization model used for Chapters 3 and 4 (JRC-EU-TIMES). The model 

has an EU coverage, covers all the energy sectors, was expanded with all the possible pathways and conversion routes 

and was used to systematically analyze technology and system drivers that favor the PtX pathways. Since no tool can 

cover everything, the rest of the chapters cover some of the major gaps this tool has and that are relevant for hydrogen. 

The three major gaps from this centerpiece that were covered were: 

• The behavioral aspects that influence decision-making from consumers in the passenger car sector. Cost is 

only one of the criteria used by consumers along with brand, safety, convenience, performance, reliability, 

environmental aspects, among others. Furthermore, consumers are not fully rational. To cover this gap, the 

cost optimization was soft-linked with a system dynamics model. The analysis focused on cars since decisions 

in other modes of transport (e.g. trucks) have different dynamics and a larger cost weight. 

• Coupling the cost optimization to life cycle assessment (LCA). On one hand, this expands the common 

boundaries that LCA usually covers from a technology to the entire energy system, it introduces the dynamic 

perspective and establishes the link between economy and environment. On the other hand, it expands the 

boundaries of the cost optimization model to cover other life cycle stages beyond operation and include other 

impact categories besides climate change. 

• Soft-linking with a power model. Given that PtX is attractive with high VRE fractions, having a high 

temporal resolution that captures their variability is important. 

 

This thesis focuses mainly on the EU as a whole, this should be put in the context of the international activities and 

coordination (at the right in Figure 4), but also translated into specific national and regional policies that take into 

account local constraints. The contribution of the present research to such effort is twofold: 1. To the international 

landscape, through contributing to the IEA report [22] (see list of outputs in Section 1.8) that provided a global 

overview of hydrogen production, transport, conversion and use, as well as opportunities and policy actions for the 

short-term (next decade); 2. To the national energy strategies, this work sets an overall EU direction that can be 

disaggregated by adapting it to country-specific restrictions, assets and political agenda. Specifically for PtM, this 

thesis contributed to the energy-systems perspective that serve as input for more detailed analyses on macro-economic, 

cost-benefit, power system effects as part of a Horizon 2020 project called “Store&GO” (at the left in Figure 4). 

Lastly, there are some elements that were not covered and can be the scope of follow-up work (at the bottom in Figure 

4) including the macroeconomic aspect (gross domestic product, trading, consumption, jobs), link with climate (effect 

on carbon balance and temperature increase), societal aspects, among others. 

1.7. This thesis – Objective and questions 

The main objective of this thesis is twofold: to assess the potential role that Power-to-X can have in a future low-

carbon scenario for EU and develop an improved modeling framework to assess this potential. To achieve this, the cost 

optimization model is used as a core tool complemented by models with higher granularity in specific dimensions. The 

main questions that can give insight towards this objective are: 

1. How can the modeling framework be improved to provide higher granularity and assess PtX potential in a 

low-carbon future? 

2. What are the cost implications of hydrogen and PtX in the system and what factors determine their economic 

performance? 

3. What are the wider implications beyond cost that the deployment of hydrogen and PtX have? 

 

Note that these are the overarching questions, while each chapter contains a higher level of segregation for those 

questions. Table 1 has the relation between the chapters in this thesis and the questions above. 

 

Table 1. Match between research questions and chapter in this thesis. 

  Questions 

Chapter Topic 1 2 3 

2 Long-term storage to integrate VRE with focus on Power-to-Gas x   

3 Hydrogen and Power-to-Liquid role in low-carbon scenarios x x x 

4 Power-to-Methane role in low-carbon scenarios x x x 

5 Cost optimization and a behavioral model to establish potential role of fuel cell 

electric vehicles and most effective policies 

x  x 
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6 Cost optimization plus life cycle assessment with focus on Power-to-Methane x  x 

7 Feasibility of a power system with high VRE and electrolyzers x  x 

 

Chapter 2 addresses question 1 by looking at PtX in the context of the power sector and understanding how it 

competes or complements the other flexibility options that the power system has. The flexibility options are wind/solar 

capacities (since they have complementary patterns), storage, flexible generation, grid expansion, demand side 

response, excess of installed capacity, curtailment, PtX and system diversity. Chapter 2 has a thorough literature 

review component at its core that goes through over 60 studies with various objectives: quantify trade-offs among 

flexibility options, quantify the need for storage in systems with low (20-95%) and high (> 95%) renewable 

penetration, compare the storage need with the availability from various storage technologies, evaluate PtM in the 

context of that storage need, analyze trends in the range of studies that had been done on PtM and focus on the ones 

with a systems perspective. This allows understanding how storage, and more broadly PtX, can change its role 

depending on the other flexibility options included in the models. This proves to be valuable input when coming up 

with the best modeling approach for question 1. 

 

Chapter 3 is the first exploratory step to understand the cost implications and drivers for hydrogen and one PtX option 

(Liquid). This gives the overall direction before delving in more detail in some parts of the energy system. Various 

parameters are systematically changed to identify what the conditions to promote these technologies are. This includes 

both technology parameters (e.g. Capex of efficiency) and system constraints (e.g. biomass potential or CO2 

underground storage) resulting in over 50 scenarios establishing some boundary conditions for hydrogen use. Being a 

cost optimization model, the cost impact (question 2) is at the core of Chapter 3. The impact is assessed in terms of 

investment, marginal CO2 price and commodity prices and how these change with different system configurations. 

The model considers all the possible hydrogen pathways, including conversion to other energy carriers and with its 

energy-wide coverage contributes directly to answering question 1. Chapter 3 also covers question 3 by evaluating the 

impact of multiple technological choices beyond hydrogen can have on the overall system. For example, policies for 

underground CO2
 storage, for electricity grid expansion or research for electrolyzers and further conversion steps. It 

also shows the trade-off between local production of hydrogen, potentially at a higher cost, and reduction of fossil fuel 

imports. Therefore, establishing a relation between domestic hydrogen flows and energy security.  

 

Chapter 4 uses the same model and methodology as chapter 3 and thus contributes to answering the same questions. 

The reason for a separate analysis focused on PtM is because as shown in Chapter 2, until now, there was no study 

with a systems perspective with a systematic approach to determine the drivers for PtM, trade-offs with the other 

flexibility options and use across sectors. This created an extensive study on its own, but also a link with the Horizon 

2020 project this research was part of. Some of the key differences PtM has from PtL are the use for heating and large 

seasonal component, the potential reconversion to power, the absence from the aviation sector and the lower 

commodity prices. The range of parameters was similar (as in Chapter 3) with emphasis on technology performance, 

understanding how Capex and efficiency drive PtM deployment, aiming to set R&D targets for the technology. 

Chapter 4 goes one more step in policy analysis since direct PtM subsidy, tax on natural gas and a minimum share of 

PtM gas are tested. 

 

Chapter 5 combines a cost optimization model with a system dynamics model. The cost optimization has the strengths 

of an energy system coverage, evaluates the effect of overall parameters like biomass potential and competition 

between sectors, availability of CO2 underground storage, supply and demand curves affecting prices and the best 

allocation of remaining CO2 emissions as the cap is reduced. On the other hand, the system dynamics model focuses 

only in the light-duty road transport sector, but considers attributes beyond cost such as reliability, environmental, 

safety and convenience for refueling. This combined framework contributes to answering question 1 by understanding 

how different models can benefit from each other, what the alternatives to soft-link them are and what the best 

approach to do so is. By using a behavioral model, it allows understanding how the different drivers that end users 

have change the cost-optimal solution. Chapter 5 also explores what the drivers are for FCEV penetration and how 

FCEV compares with other powertrains (including BEV), how FCEV shares for different scenarios with an ambitious 

(95%) CO2 reduction targets. Chapter 5 also quantifies the effect that various policies have on FCEV sales. 

Specifically, purchase subsidy by authorities or discount by manufacturers, fuel subsidies, refueling station subsidies 

and R&D in three different time periods are evaluated based on effect on cumulative sales. 

 

Chapter 6 takes the cost optimization model and expands it to include all the life cycle stages of fuels and assets and 

other impact categories besides climate change. This is done as an ex-post analysis of the model results for various 

scenarios. This choice was made to combine two dimensions: cost and environmental impact (missing society) and 
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cover the gaps of each model. LCA benefits by covering the entire system (instead of a process), having a time 

component (with the technology parameters changing in time), having a spatial and temporal differentiation (since 

parameters like electricity mix will be different for various countries and time slices). On the other hand, the main 

benefit for the energy model is to expand the analysis from cost to include environment. This is at the heart of question 

1 since it allows understanding not only the complexities of the combination of both methodologies, but the benefits 

that it brings and the challenges ahead when looking at the standardization of this process. Chapter 6 represents a key 

component in answering question 3 since it introduces the environmental and cost trade-off useful to put in 

perspective the pure cost-based results from previous chapters. By using LCA, it also allows understanding how other 

impact categories beyond climate change evolve both for the system and for PtX (PtM) in particular. It also puts the 

PtM impact in perspective by comparing it to the gas and the overall system. 

 

Chapter 7 studies in more detail the interaction between the power system and the electrolyzers regarding energy 

balance (e.g. use of VRE production), effect over electricity prices and market design. To understand how a system 

with a large share of electrolyzers could work, an extreme scenario where a large (roughly half) part of the power 

system is producing hydrogen for the other sectors was used. This allows defining better what the end goal might be 

for the power system. At the same time, it introduces new ideas that require moving away from the current view of 

using electrolyzer for electricity surplus reduction to using it as a main flexibility tool of the power system and as a 

means to feed the other sectors indirectly with renewable resources. The use of an hourly model, focusing on power 

with an extreme scenario, proves to be a valuable input to the features that the hydrogen modeling framework should 

have (question 1). At the same time, the large changes with respect to the current power system also allows drawing 

some insights into a potential future power market design (question 3). 

1.8. This thesis – Reporting 

This section covers the written output produced during this research. Most of this was produced during a 2-year 

visiting period at the Joint Research Center and a 6-month visiting period at the International Energy Agency. 

 

Peer-reviewed publications: 

• Blanco H, Faaij A (2018). A review at the role of storage in energy systems with a focus on Power to Gas and 

long-term storage. Renewable and Sustainable Energy Reviews, 81, 1049-1086, 

doi:10.1016/j.rser.2017.07.062. 

• Blanco H, Nijs W, Ruf J, Faaij A (2018). Potential for hydrogen and Power-to-Liquid in a low-carbon EU 

energy system using cost optimization. Applied Energy, 232, 617-639, 

doi.org/10.1016/j.apenergy.2018.09.216. 

• Blanco H, Nijs W, Ruf J, Faaij A (2018). Potential of Power-to-Methane in the EU energy transition to a low 

carbon system using cost optimization. Applied Energy, 232, 323-340, 

doi.org/10.1016/j.apenergy.2018.08.027. 

• Blanco H, Gomez J, Nijs W, Thiel C, Faaij A (2019). Soft-linking of a behavioral model for transport with 

energy system cost optimization applied to hydrogen in EU. Renewable and Sustainable Energy Reviews, 

115, 109349, doi.org/10.1016/j.rser.2019.109349. 

• Blanco H, Codina V, Laurent A, Nijs W, Marechal F, Faaij A (2020). Life Cycle Assessment integration into 

Energy System Models: An application for Power-to-Methane in the EU. Applied Energy. 

• Quarton C, Tlili O, Heinrichs H, Mansilla C, Blanco H, Welder L, Leaver J, Samsatli N, Robinius M, 

Lucchese P, Samsatli S (2020). The curious case of the conflicting roles of hydrogen in global energy 

scenarios. Sustainable Energy and Fuels. doi.org/10.1039/C9SE00833K 

 

Deliverables for Horizon 2020 project (Store&GO): 

• 1st author. Deliverable 5.1 (2017). Report on the methodology for assessing the environmental impact 

depending on the reference energy system employed. 

• 1st author. Deliverable 7.1 (2017). Report on full CBA based on the relevant environmental impact data. 

• 1st author. Deliverable 6.3 (2018). Impact Analysis and Scenarios design. 

• 1st author. Deliverable 5.8 (2019). Assessment of the net environmental impacts of deploying Power-to-Gas 

technologies. 

• Reviewer. Deliverable 5.4 (2018). Report on the life cycle environmental impact assessment model for power 

to gas systems. 
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• Reviewer. Deliverable 7.4 (2018). Full socio-economic costs and benefits of energy mix diversification. 

• Reviewer. Deliverable 7.6 (2019). Full CBA analysis of power-to-gas in the context of various reference 

scenarios. 

 

Technical and policy reports: 

• Kanellopoulos, K., Blanco Reano, H (2019). The potential role of H2 production in a sustainable future power 

system. An analysis with METIS of a decarbonized system powered by renewables in 2050. JRC115958. 

doi:10.2760/540707. 

• Contributor (no specific order). IEA (2019), The Future of Hydrogen, IEA, Paris, 

www.iea.org/publications/reports/thefutureofhydrogen/. 
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Chapter 2 

A review at the role of storage in energy systems with a focus on 

Power to Gas and long-term storage 

Herib Blanco, André Faaij 

Renewable Sustainable Energy Reviews (2018), 81, 1049–86, doi:10.1016/j.rser.2017.07.062 

 

Abstract 

A review of more than 60 studies (plus more than 65 studies on P2G) on power and energy models based on 

simulation and optimization was done. Based on these, for power systems with up to 95% renewables, the electricity 

storage size is found to be below 1.5% of the annual demand (in energy terms). While for 100% renewables energy 

systems (power, heat, mobility), it can remain below 6% of the annual energy demand. Combination of sectors and 

diverting the electricity to another sector can play a large role in reducing the storage size. From the potential 

alternatives to satisfy this demand, pumped hydro storage (PHS) global potential is not enough and new technologies 

with a higher energy density are needed. Hydrogen, with more than 250 times the energy density of PHS is a potential 

option to satisfy the storage need. However, changes needed in infrastructure to deal with high hydrogen content and 

the suitability of salt caverns for its storage can pose limitations for this technology. Power to Gas (P2G) arises as 

possible alternative overcoming both the facilities and the energy density issues. The global storage requirement would 

represent only 2% of the global annual natural gas production or 10% of the gas storage facilities (in energy 

equivalent). The more options considered to deal with intermittent sources, the lower the storage requirement will be. 

Therefore, future studies aiming to quantify storage needs should focus on the entire energy system including 

technology vectors (e.g. Power to Heat, Liquid, Gas, Chemicals) to avoid overestimating the amount of storage 

needed. 
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2.1. Introduction 

In the last 120 years, global temperature has increased by 0.8 ºC [1]. The cause has been mainly anthropogenic 

emissions [2]. If the same trend continues, the temperature increase could be 6.5-8 ºC by 2100 [2]. The power sector 

alone represents around 40% of the energy related emissions [79] and 25% of the total GHG emissions [6] with an 

average global footprint of 520 gCO2/kWh [79]. In the heating sector, around 65% of the energy is used for space and 

water heating and the energy consumption in buildings can translate to around one quarter of the equivalent electricity 

emissions [6]. Therefore, there is a need to take corrective actions to curve this trend and decrease the potential 

consequences. The solution is seen as a combination of energy efficiency, biomass use, carbon capture and storage 

(CCS) and the use of renewable energy sources (RES). In the last category, there has been a tremendous expansion of 

wind and solar. In the last 10 years, wind has had an average growth of 22%/year, while solar has 46%. Nevertheless, 

at present they only represent around 3.6% and 1.1% respectively of the global electricity production (24100 TWh) 

[80]. In the future, these two technologies are expected to represent most of the contribution in RES. 

 

A disadvantage of variable RES (VRE) is their fluctuations in time and space with an associated uncertainty 

(especially for wind) and lower capacity factors in comparison to conventional technologies5. There are different 

flexibility measures to respond to these fluctuations and meet the demand at all times, where storage is one of them, 

specifically to deal with their temporal component. Storage can provide both upward and downward flexibility, storing 

energy either when there is generation surplus or lower demand and discharging in the opposite case. Depending on 

the time scale (miliseconds up to months), there are different roles that storage can play [81,82]. 

 

Currently, there are no large-scale alternatives for seasonal storage of electricity. The closest one is pumped hydro 

storage, which is limited to certain geographical locations, has a high water footprint and is usually used for storage 

times of less than one week [83–85]. A developing technology that arises as alternative is Power to Gas (P2G) [86,87]. 

This comprises power conversion to hydrogen through electrolysis with the possibility of further combining it with 

CO2 to produce methane. The technology is currently at its early stages and has a high specific cost and low efficiency 

as limitations. However, it is expected that to achieve 100% RES scenarios (with a large contribution from VRE) P2G 

will be needed [88]. This option complements the common application of storage for short-term applications and 

balancing of VRE fluctuations with a long-term function. Similar as Power to Liquid, it establishes the link between 

the power sector and others (i.e. heating and mobility) facilitating the decarbonization of the other sectors. 

 

This chapter has two main purposes: 1. Review existing literature and analyze storage needs and performance from a 

systems perspective, looking at the entire energy systems (power, heat and mobility) since the more options are 

available, the less dependence there will be on a single technology and 2. Compare the storage need for a 100% RES 

energy system with the potential for the technologies that can perform this function, with special attention to P2G due 

its high energy density and possibility for seasonal storage. Such review has not been found in the literature, where the 

reviews have been focused on the technology (e.g. [89] for storage in general, [83] for PHS and [86] for P2G), value 

(e.g. [90]) and applications (e.g. [91]). The advantage of a systems perspective is that it allows understanding how 

much storage is really needed without being carried away by the specificities of the system. Some studies [92–94] only 

focus on a couple of flexibility options and might overestimate the amount of storage needed, since the more 

alternatives are included, the less dependence there will be on the need for expansion in a single one of them. This 

review includes the quantification of the storage need, based on different studies with a RES penetration from 20 to 

100% to establish a relation between RES and storage size and also looking at the difference between power systems 

only and energy systems. 

 

This chapter is organized in the following manner. Since the objectives for each section are different, the type of 

studies considered is slightly different for each section. Thus, the first point explained (Section 2.2) is the general 

classification of the studies, as well as the details of which ones are included in each of the sections. Section 2.3 

discusses storage as one of the possible sources of flexibility. Section 2.4 compares storage with those other flexibility 

options, by going through different studies and establishing the trade-offs in size and cost with respect to those other 

technologies. Since the implementation of a technology in fully competitive markets is usually dependent on its 

 

5 Typical values for capacity factors are 0.1-0.2 for solar and 0.2-0.4 for wind, while a nuclear power plant is around 0.85 
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profitability and economics, Section 2.5 is dedicated to the cost impact of storage, including the cost savings achieved 

with storage, cost incurred for reaching a high VRE penetration without storage and emergence of storage in cost 

optimal configurations. Next (Section 2.6), a broad question is aimed to be answered, “how much storage is needed 

and how to satisfy this need”. For this, a split is made between storage demand based on studies looking at 100% RES 

systems and studies that look at transition scenarios (i.e. 30-90%). The reason for this split is to evaluate if there is a 

marked difference both, since it is expected that 100% RES systems will demand a larger contribution from storage, 

given their larger contribution from VRE. Since it is proposed that P2G can satisfy this need, the total storage 

requirement is put in perspective by comparing it with the energy demand from various (gas consuming) sectors, but 

also with the technical potential that could be achieved by other large-scale technologies. Finally (Section 2.7), P2G is 

discussed, looking at the various value chains that can arise, reviewing the work that has been done in assessing its role 

in the future, the competition with other alternatives and how the learning curve for the technology can affect such 

role, while paying more attention to the studies on energy systems for being the focus of the present review. 

 

It is also important to highlight the boundaries for this chapter and the elements that are not included. A review of the 

technologies available for energy storage and the comparison of its technical characteristics (including fundamentals, 

cost, efficiency, services provided by each technology) is not included, since there are other reviews covering this 

[89,91,95–97]. The value of storage depending on the application and the comparison with the revenues is briefly 

mentioned in some sections, but it is not the core of the study. For these, refer to [81,82,90,98–104]. This also includes 

the aggregation of services and different revenue streams to make the storage economically profitable [105] or the split 

of storage use among different markets (e.g. wholesale, balancing, reserves) [106–110]. Making storage economically 

attractive based purely on price arbitrage [111–113] is difficult and another approach is to change the market design 

and current guidelines considering both storage and VRE increase [114,115], which is not part of this review either. 

Therefore, the main contribution of this publication is in the space of the role of storage from a systems perspective 

and the dynamics with the rest of the elements is such system, quantifying the storage size in energy terms and 

understanding the influence of the system configuration in its size. This chapter aims to have one level of abstraction 

higher to identify if there is a trend, regardless of the technology used and services provided. 

 

The range of papers reviewed include power and energy models, optimization (usually based on cost), simulation, 

operational and investment planning resulting in more than 60 studies. The reason to consider power models as well, in 

spite of the need to focus on the entire energy system, is that these are usually complementary to the energy models. 

Power models focus on the short term dynamics and operational constraints (e.g. hourly resolution for a year) and can 

have more detail on the transmission network (to deal with the spatial balancing), while energy models usually look at 

the longer term (e.g. 50 years) and simplify the time resolution (using representative time slices for a year and 

aggregating them or using parametric equations to represent the variability of RES). Therefore, conclusions on the role 

of storage require insight from both types of models due to their complementary nature. Being P2G a potential storage 

technology, the input from power models is valuable to look at the hourly change of inventory and enabling to capture 

better its use. The criteria for selection are different depending on the objective of each section. Therefore, each 

section contains a brief explanation of the criteria used for selection of the studies. 

2.2. Studies overview and classification 

The studies selected for the review aim to go beyond the classical operational power models. To be included in this 

review, at least one of the boundaries or an extra element needs to be considered. This refers specifically to: 1. 

Boundary between operational (short-term) and investment (long-term) component (meaning optimization of both 

components, e.g. [116–118]); 2. Boundary beyond the power sector (including heat and mobility, e.g. [119,120]); 3. 

Combination of multiple flexibility options and insight on trade-offs between them [121–123]; 4. Done by a 

recognized (inter)national organization with a systematic approach (e.g. [82,124]); 5. With P2G as one of the storage 

technologies (all studies in Section 2.6 and Appendix 2.7). The range of studies can be classified in: 

• Only trade-offs between flexibility options [93,125,126]. These only look at the interaction between 

variables, with focus on the power sector and without considering the cost impact. Reason to look into these 

is that they provide insight of the dynamics between storage and the other flexibility options. 

• Optimization power models [118,127,128]. These focus on power and optimize the energy mix based on 

minimum cost. 

• Optimization energy models [119,129,130]. These include the wider energy system (also heat and mobility) 

and at the same time optimize the energy mix based on cost. 
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• Residual curve analysis [122,123]. These look at the power surplus in both net power (VRE production 

minus demand) amount and number of hours in a year as a function of RES penetration and variation of other 

measures in the system (e.g. flexible generation). 

• Simulation [42] are the ones where the storage size might not be the (cost) optimal, but instead aim to assess 

the impact of different sizes and possible VRE integration with variable size. 

 

The sub-categories for P2G will be explained in Section 2.7. However, these are also included in Figure 5 that shows 

the range of studies covered as well as which ones are included in each section. 

 

 
Figure 5. Overview of studies included in this review and areas covered by each section. 

 

In Section 2.4, the ones looking at trade-offs and dynamics of the system are included, part of this is the optimization 

studies where the sensitivities usually allow developing understanding of how changes in the storage size can affect 

the rest of the system. In Section 2.5, the focus is on cost, therefore, mostly the ones looking at optimization are 

considered, since otherwise the storage cost reflected might too low or high resulting in misleading observations. 

Section 2.6, mostly focuses on optimization models to quantify the storage needs, but an exception is the stORE 

project, which was included for its consistency, transparency and high (80%) penetration. The two blocks in Figure 5 

for Section 2.6 aim to represent the split between transition (30-90% RES) systems and fully renewable (100%) ones. 

In Section 2.7, first a broad view is taken, where all the studies related to P2G are mapped. This can be done since it is 

a relatively new technology (compared to for example Power to Hydrogen only through electrolysis) and such a task is 

not too cumbersome. After this, a more detailed analysis is given to the P2G studies that focus on cost optimization 

and energy modeling. 

 

The focus of the studies included in each section has similarity with the expected transition in the energy system, 

starting from power only (Section 2.3, 2.4, 2.5) to considering other sectors (Section 2.6) to looking at key enabling 

technologies for high RES scenarios (e.g. P2G in Section 2.7). 

 

Throughout this chapter continuous references are made to the RES/VRE fraction (usually expressed as percentage). 

This fraction is the normalized RES/VRE contribution compared to the average demand. This is to avoid using 

absolute values and be able to compare among studies covering different systems. The demand can be only power or 

the entire energy demand (power, heat, mobility) depending on the scope of the study reviewed. Similarly, the use of 

electricity vs. energy storage depends on the scope of the model. This scope (in terms of sectors covered) for each 

study is highlighted in Table 2, Table 3 and Table 4. 



A review at the role of storage in energy systems with a focus on Power to Gas and long-term storage 

 

   

27 

2.3. Storage as a flexibility option 

This section aims to first define flexibility in the context of energy security, identify the sources of flexibility in a 

power and energy system. 

 

Defining flexibility 

 

Flexibility is one of the terms used to refer to the reliability of an energy system to cope with risks, threats and adverse 

events that can jeopardize its capacity to satisfy the needs of the end users. Hence, it is related to energy security and 

ensuring the demand is satisfied at all times. Since the energy system is a complex system, the dynamics between 

components will change in time and the response to such threats can be different at different points in time. Reliability 

therefore encompasses concepts at different time scales with complementary concepts for security, these are shown in 

Figure 6, followed by a brief explanation [131,132]. 

 
Figure 6. Five key properties of a secure energy system (Taken from [132]). 

 

• Stability: Ability of a highly interconnected system to withstand sudden disturbances to the system (e.g. loss 

of a generator, loss of a transmission line) and maintain the system within its operational specifications. This 

refers to meeting voltage and frequency requirements for the power network, whereas the gas network is 

capable of handling better the fluctuations due to the gas storage facilities and packing of transmission lines 

providing additional volume. 

• Flexibility: Cope with the short-term uncertainty and deviations between forecasted and actual energy 

delivery. It refers to how fast can the system change the supply or demand curves to restore the balance. 

• Resilience: Ability to use alternative modes of production as response to transient shocks like absence of a 

resource (e.g. fuel-switching) or a technology (e.g. nuclear). For this, the system should be physically (e.g. 

redundancy, sparing) and abstractly (market and regulations) ready.  

• Adequacy: This covers making the investments in generation infrastructure in a timely manner to ensure 

undistorted competition and smooth price fluctuations due to imbalances. 

• Robustness: Adapt the long-term evolution and trajectory of the system. The actors in the energy market 

should still be able to make decisions based on cost and prices and not based on economic or geo-political 

constraints. 

 

Thus, flexibility is one of the key concerns with VRE, because of their unpredictability and sudden fluctuations in 

space and time that will continuously make necessary the adjustment of generation and consumption to match their 

behavior, where its influence will only be more significant with higher contributions to the production. One way of 

defining these changes needed is in terms of ramp magnitude, ramp frequency and response time of the residual load 

(difference between renewable generation and demand) [133]. For storage, additional indicators are the storage and 

round-trip efficiencies. 

 

Flexibility sources 

 

In an energy system, there are different sources of variability that will affect the supply / demand balance, as well as 

different measures to cope with these unbalances. Furthermore, the mitigation measures can be in turn split into the 
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ones that are applicable to the power network (which has the characteristic of no large contribution of storage and that 

changes propagate almost instantaneously throughout the system) and the flexibility provided by cross-sectoral 

technologies that allow making the match between power generation and use in another sector (i.e. use the larger 

heating/gas/mobility demand as possible sink for the surplus). The variability sources and flexibility options are 

shown in Figure 7. 

 
Figure 7. Energy system with sources for variability and flexibility options (Adapted from [134]). 

 

Before the widespread introduction of VRE, the main sources for variability were: (1) changes in demand (patterns) 

and (2) failures in generators or disruptions of the network (transmission and distribution lines). VRE would constitute 

an additional element (3) demanding flexibility with increasing importance as its fraction of the energy provided 

increases. 

 

Looking specifically at the power system, some sources of flexibility are: 

1. Network expansion. Deals with the spatial component in both generation (areas with different VRE patterns) 

and demand, besides enabling RES installation where they have the largest potential. 

2. Storage. Deals with the temporal component of mismatch between generation and demand. 

3. Wind and solar generation ratio. Generation patterns for wind and solar are complementary at the daily and 

seasonal level [135]. Optimal ratios have been assessed for Europe [93,94,136], US [137] and the world [135,138]. 

4. Flexible generation. This refers to the dynamic parameters (ramping rates, minimum stable generation, 

maximum throughput, minimum down time, start-up costs and part load efficiencies) for power plants. The wider the 

range for these variables, the easier they can adjust to fluctuations. 

5. Excess of capacity. A larger VRE installed capacity can compensate for their low capacity factor and generate 

enough during low resource periods. The trade-off for security through this measure is the extra CAPEX and the larger 

possibility of curtailment. 

6. Demand side measures [139]6. Deals with the temporal component and can be in direct competition with 

storage. It enables shifting the peaks in the load aiming to make it more stable and match the generation curve. Costs 

are usually low (related to ICT [140]), but uncertain. 

7. Curtailment. This option is usually attractive for low VRE penetration, when the number of hours with power 

surplus might be too small to justify the investment in any of the other options. A limitation is that it only provides 

 

6 DSR is when the users change their demand as response to changes in price (or payment schemes) and DSM is related to management of loads to 

maintain grid stability (e.g. smart grid) 
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negative reserve meaning [141] (i.e. only deal with electricity surplus). 

8. System diversity [142]. The more technologies the better the system can cope with changes. An index to 

measure this diversity is the “Shannon Index” [143], which has been used to quantify the diversity of RES systems 

[128]. The diversity could also refer to geographical distribution of resources [142]. 

 

Another variable to consider is the balancing power. This works with the residual load. Any positive difference is 

either curtailed or stored (as heat or power) and any negative difference requires additional generation or withdrawal 

from the storage to satisfy the demand. Balancing power falls under the stability category with shorter time scales and 

fast responses needed. For these short-term fluctuations, part of the reserves is provided by synchronous generation, 

which is part of most conventional generation. With higher VRE, enough inertia in the system might not be available 

for instantaneous generation and might place additional constraints to the upper bound of VRE [142]. The reason to 

mention it and include it in the following section is that the same storage can be used for different time scales and the 

balancing need will, in some cases, affect the storage amount required.  

 

Flexibility can also be provided by measures connecting the power system to other networks. A first set of choices in 

this category are the “Power-to-X” technologies. These are additional sources of flexibility that will only play a role 

when the system is expanded from power to energy. These include: 

• Power to Heat (electric boilers, heat pumps) linking the surplus directly to a need and eliminating the 

inefficiency due to intermediate energy carriers (e.g. gas). 

• Power to Liquid. This includes co-electrolysis of CO2 and H2O, hydrogenation of CO2 and RWGS (Reverse 

Water Gas Shift) to produce Syngas and then fuel through Fischer Tropsch, methanol or DME. Another 

possible route is direct electro-reduction of CO2 to methanol. 

• Power to Chemicals. Once CO2 and H2O are converted to Syngas, a multitude of compounds can be produced 

including solvents, formic acid, alcohols, waxes, among others. 

• Power to Gas. This can refer to the production of hydrogen through electrolysis or its subsequent conversion 

to methane with CO2 from different sources (e.g. carbon capture, biogas, air). Variations can come from the 

electricity and CO2 sources, end-carrier (H2 or CH4) and end-use. 

• Power to Mobility. This makes the direct match between power surplus and demand in the mobility sector 

through electric cars specifically. This is more efficient, since it substitutes the internal combustion engine 

(efficiency of ~20%) or fuel cell (~50%) with an electric motor (~90%). Its limitations usually being 

infrastructure and large-scale production by manufacturers. 

 

A full review of the flexibility options with different technologies and studies done is available in [144]. 

2.4. Storage interaction with other flexibility options 

The storage requirement for a system will depend on: the degree of variability introduced by VRE (i.e. fraction of 

energy being supplied by VRE), dynamics of the system and degree of response of the other flexibility measures. 

Even though it will depend on the conditions and configuration of the specific system, it can also be studied in a 

generic manner. Some pairs of flexibility options are analyzed and results from previous studies are highlighted to 

develop such understanding. 

 

For this section, the criteria for selecting the studies were: 

• Storage had to be included with at least one other flexibility option. 

• Change in one variable correlated with the effect over storage (to establish a trade-off). 

• Desired feature (but not mandatory): interaction between variables a function of RES penetration and CO2 

price. 

• Based mostly on journal publications. 

 

The section starts by discussing specific combinations of flexibility options and quantifying the trade-offs based on the 

different studies, followed by an overview (Table 2) that maps the area covered by each study and allows identifying 

unexplored combinations, besides highlighting the type of storage that was considered and the ones that consider the 

cost impact. Note that this is not the overview of all the studies considered for this publication, but instead is the 

overview of the studies for this Section. Finally, some key conclusions on the role of seasonal storage are specially 
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extracted to make the link later with P2G. Note that this section is based mostly on power models, that provide a better 

granularity to quantify the trade-offs (this is also seen in Table 2), but the few ones exploring further than power are 

highlighted in point 4 below. 

1. Wind / Solar generation ratio and storage 

It has been proven [93,94,136,137,145,146] that optimal wind and solar generation ratios can reduce the storage needs. 

The difference for a sub-optimal wind/solar ratio can be up to a factor 2. In [136], the optimal ratio led to a storage size 

of 1.5x the monthly demand (in energy terms), while a 100% wind only scenario led to 2.7x. This will be more 

pronounced, the more inefficient the storage is (i.e. more critical for P2G than for PHS, where the former one will 

result in a larger storage requirement). Optimal ratios also reduce the excess of capacity needed to satisfy the load, to 

only 15% with optimal ratio from almost 85% in a wind-only scenario. In [147], the storage is reduced by half by 

having the optimal ratio (2:1 solar/wind for Japan) in comparison to having only wind. The use of optimal ratio 

between wind/PV has a larger effect on storage than the installed excess of capacity [93]. In [145], the optimal ratio 

allowed increasing the VRE penetration from 40% to 75% with the same installed capacity (more energy used to 

satisfy demand rather than curtailed). In [148], the shift from PV to wind as main VRE resource, shifted the storage 

need from short-term (batteries, PHS) to long-term. In [146], the use of optimal wind/solar led to a 25% higher VRE 

penetration for a storage size of less than 0.1% of demand. It also translated into lower energy capacity needed (from 

100 hours to just around 20 hours), lowest backup capacity and lowest amount of energy lost 

 

2. Balancing needs and storage 

Balancing capacity is directly related to the efficiency of the storage. For ideal (100% efficient) storages, the balancing 

requirement can be around 5% of the annual power demand, while a 60% efficiency would make it unfeasible (> 

100%). Thus, a less efficient storage has to be compensated with additional RES generation capacity, where to get the 

same benefit (i.e. only 5% of storage needed) an excess of capacity of 25% is needed. For balancing, the optimal wind 

/ solar ratio makes a big difference, where with 25% excess capacity, the balancing requirement can go up to 20% 

(instead of 5%) if only wind is used [93]. Hence, for every system, there is an optimal combination of balancing 

power, storage size, wind/solar ratio and excess of capacity. To give an order of magnitude for the balancing need, it is 

estimated that the EU-27 would require around 800 GW for 2030 with a 70% RES penetration [130]. 

 

It has been seen [125] that there is a synergistic effect of storage, balancing and excess of capacity, where only 10% 

excess of capacity combined with 6 hours of storage equivalent can reduce the balancing need to 8-10% of the annual 

demand, while no storage can result in almost 2x the need. Similarly, balancing can be reduced by installing excess of 

capacity. Although it would require significant surplus to achieve similar reduction (power generated 2x of demand) 

[93]. The storage needed for balancing is short-term (few hours), where high round-trip efficiency is more critical than 

large energy capacities. 

 

3. Transmission and storage 

In [118], 100% RES systems were studied at the European and global scale, without storage or transmission, the 

system required 100% excess of production at the European level and almost 60% at the global scale. Optimal 

transmission expansion could reduce these values to 30 and 45% respectively, while storage reduced it to 20 and 45% 

respectively. The benefit was seen with only installed power capacities equivalent to 0.3% and 0.04% of the European 

and global power demand respectively. Hence, a small storage led to large benefits. A disadvantage of this study is that 

the cost comparison for network extension and storage was not done simultaneously. However, it can be inferred that 

storage capacities of 14-16 TWh would be much cheaper than several transmission lines of 100 GW range. These 

effects were achieved with storage being used for intraday balancing (rather than weekly or seasonal). 

 

In [94], the relation between storage, transmission and balancing needs is determined for the entire set of combinations 

in Europe. Balancing needs are expressed as a function of the storage time (0-90 days) and the degree of 

interconnection (25 km-3000 km7). Batteries, PHS and hydrogen were considered as storage technologies and the costs 

were calculated for each one. The RES fractions were 100 and 130%. As a result, the balancing needs and costs are 

moderate with a maximum of 7 days of storage and a copper plate radius of 100 km (national level). The use of 

 

7 This distance represents the radius of the assumed copper plate, where 25 km represents the resolution of the weather data, 100 km a regional 

level, 500 km equivalent to national and 3000 km equivalent to a copper plate in the entire Europe 
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hydrogen as storage technologies results in higher overall costs and batteries result the best option (since no long-term 

storage is required). The market potential is also determined as 50-70 bln €/a in Europe. 

 

In [149], the effect of transmission capacity, storage and energy lost (i.e. curtailment) over RES penetration for a fixed 

capacity was analyzed for California. The storage used was the equivalent of up to 5 days of average demand, which 

was enough to reach the state where further additions of energy capacity would not result in higher penetration. The 

storage was equivalent to less than 0.1% of the annual demand (in energy terms) with energy to power ratio of 9-17 

hours. The use of the grid for matching the supply and demand patterns, allowed the penetration to reach 80%, with 

further expansions of the grid providing limited benefit in further penetration. Having both storage and transmission 

resulted in the lowest energy lost and generation capacity needed to achieve a fixed penetration (80%), where the 

largest contribution was from storage. 

 

One study that does look at both sectors (power and gas) including key flexibility options is [119]. It covers a detailed 

specification of the storage, transmission and generation parts in Europe and the world. Additionally, the interaction 

between wind/solar ratio, excess of capacity, storage, RES fraction, degree of interconnection and diversification to 

heating is considered. Storage needs are almost doubled if only national grids are considered and they steeply increase 

for fractions higher than 70% RES, even making 100% RES not feasible. Supplementary capacity of 80-100% of the 

demand is needed without transmission extension, decreasing to around 30% with an optimal grid across countries. At 

global scale, optimal transmission reduces the storage need by 3x. The downsides of such benefits is that the 

transmission network needs to increase its capacity by almost 100% and an investment of 80-110 billion € required for 

it. This translates to 1.5 – 2.5 €/MWh higher electricity cost. However, it should be noted that scenarios by IEA 

already include networks expansions of 50% accounting for more than 300 billion $ every year (this also includes the 

replacement of lines reaching their end of life and cumulative of 8.4 trillion $ for the 2015-2040 period), just to 

maintain the quality of the service to existing customers and provide access to new users and new sources of 

generation [79]. 

 

It has also been shown [88] that transmission and storage have a synergistic effect to decrease the average electricity 

and CO2 price and be able to reach more challenging targets for CO2 emissions at a lower cost. In a system without 

transmission expansion, but only storage, the CO2 price starts going up when a target of 70% CO2 reduction is set, 

while having both delays this point to 80%. Systems with both allow reaching lower levels of curtailment and 

therefore higher capacity factors for RES leading to a faster penetration [129]. 

 

In [128], the entire range of combinations (0-100%) were analyzed considering nuclear, fossil and RES introducing 

storage, grid expansion, tidal, CCS and imports for UK and doing the cost optimization of the system. Deployment of 

grid storage was the only one allowing meeting 100% of the demand (i.e. storage is required for achieving a 100% 

system). However, similar CO2 footprints of the system were achieved with for example 80/20 of RES/Nuclear at a 

lower cost. The use of only 6% of the installed generation capacity as storage allowed reducing the generation capacity 

by 20% since the surplus was not needed to cover all the peaks in demand (for 80% RES). For high (>90% RES), the 

use of storage was (40%) cheaper than the network expansion to meet the demand. 

 

In [82], the addition of 5 GW of storage (average demand for the system was around 60 GW), reduces the transmission 

expansion needs by 20% using a 24-hour storage. The nature of the storage (bulk vs distributed) also makes a 

difference in the transmission replacement. Using bulk storage, reduced the transmission expansion from 6.4 to 5.7 

GW, while distributed actually increased it to 8.4 GW. 

 

Transmission can substitute short-term storage and replace the need for energy transfer in time for space distribution. 

This can be a better way to reduce generation and storage installed capacities to achieve a lower system cost [148]. 

 

4. Transmission, storage and diversification to the other end uses 

Another option is to use the power surplus in the heating sector. An advantage of this approach is that it defines the 

minimum bound for the electricity price. With a large power surplus, the price would no longer go to the zero 

vicinities, but would acquire the price of the fuel gas replaced (e.g. gas in heating). This is assuming a low power 

demand will not coincide with a low heating demand and if so, that the power surplus can be easily absorbed by the 

heating sector, which is a reasonable assumption since power represents around 20% of the global primary energy 

consumption, while heating represents almost 50% [79], where in spite of a seasonal mismatch between solar and 
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heating demand, this sector should be able to absorb the power surplus8. Another advantage is that it contributes to the 

decarbonization of the other sectors by increasing the use of renewables. Furthermore, the conversion to heat is much 

cheaper than either the electrolyzer and methanation or only the conversion to hydrogen. The ratio of CAPEX can be 

4-8x lower [150]. 

 

In [119], it was concluded that power to heat coupling represented a better option than P2G or the use of long term 

electricity storage. Various combinations were considered including grid expansion, coupling to heat, to hydrogen 

storage, to hydrogen used for mobility or its reconversion back to power with the possibility of methanation. The 

results indicate that with an RES fraction of 15%, heat coupling can deal with all the power surplus (~5% of power 

demand), while with fractions approaching 70%, heating can only absorb around 25%, leaving a 10% that can be dealt 

with spatial interconnection (i.e. grid expansion). Only in scenarios where no coupling to the heating sector was 

possible, then hydrogen storage turned out to be attractive, but its size still limited by only reaching around 3% of the 

average power demand. On the other hand, methanation was only attractive if no coupling to the heating sector was 

allowed, a high gas price (to pay for the investment) and no interconnections were considered (i.e. too many 

conditions). Only in this case around 20% of the power demand was transformed to hydrogen, of which half was 

converted further through methanation. The diversification to heat allows handling RES fraction of up to 50% without 

major network expansions. Above this value, both interconnection and diversification to heat complement each other. 

A similar conclusion was found in [151], where the use of electric heaters to use the power surplus for satisfying the 

heat demand was more attractive (i.e. lower costs) than P2G for the same capacity, in spite of P2G being able to reduce 

the most the power surplus fraction. 

 

Even when there are more options for storage like plug-in hybrids, the hydrogen conversion continues to be the last 

option. In [152], most of the storage need (around 7-10% of demand) is satisfied with electric heaters when all the 

options (also PHS, H2 and plug-in vehicles) are available. Hydrogen is selected as storage option when is the only 

option in the system. The use for the hydrogen is in the mobility sector rather than its re-conversion to power. Two 

notes on this study are that hydrogen was not compared individually to the other storage options and that the fraction 

of VRE in future scenarios was only around 10% (around 70% of the energy provided by nuclear and coal with CCS). 

 

Hence, when the wider energy system is considered and other alternatives besides power only are considered, it seems 

that there are options more attractive than storage. The low cost of Power to Heat favor this alternative and even the 

diversification to transport is preferred. 

 

5. Transmission, storage and demand side response 

In [153], the flexibility options are evaluated for a variable RES penetration with focus on the 40-70% where 

curtailment might start becoming prohibitively expensive. The impact is quantified per individual option, but also 

some combinations among them. The effect of network expansion and storage reduces curtailment (for 60% RES) 

more than the double the amount of reduction achieved by DSR for the same power rating (i.e. 3 GW). 

 

In [154], the same options were evaluated (considering V2G9 as DSM) for an European scale with time aggregation to 

represent a year (2050). The objective was to minimize the peaks in residual load by displacing them in either time or 

space, but the cost was not explicitly mentioned. The largest reduction in residual loads is due to the use of electric 

cars connected to the grid, with a larger effect than storage. This might be related to the size used for the technologies 

(13 GW for storage, while it was 266 GW for V2G10). However, V2G effect might be low in terms of added costs to 

the system (< 1% total cost), where the more relevant property is to be able to use the cars to store the power surplus 

rather than using them to provide power back to the grid [155]. 

 

A more balanced capacity was obtained in [117], where storage even delivered 50% more energy throughout the year 

than DSM (75 TWh vs. 50 TWh) with respective capacities of 66 and 90 GW. These results were for the year 2050 

 

8 Common ratios between maximum heating load in winter and minimum during summer are 8-10. Hence, the minimum heating in summer is 

equivalent to half the average electricity load (without heat pumps). 
9 Vehicle to Grid, which implies the use of electric cars connected to the grid as positive and negative storage 
10 Assumption is a maximum of 76 million cars with 3.5 kW of capacity for each one 
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with a demand of 4170 TWh, obtained with a combined investment and operational model for the power sector with a 

penetration of 75% RES (only 36% VRE). 

 

Storage benefit (lower cost in either OPEX, generation, transmission, distribution) is greatly reduced when DSR is 

considered. A flexible demand of only 20% of the peak demand, can reduce storage benefit by almost 80% [82]. DSR 

can replace peaking units and enhance system reliability by providing additional reserve. DSR can be attractive even 

when considering the same cost as a peaking unit [156]. 

 

6. Flexible generation, storage and curtailment 

The storage size (energy rating) and capacity (power rating) are influenced by the must-run (base) load in comparison 

to the demand and the amount of curtailment allowed. The larger the base load, the higher chances that there will be an 

energy surplus from RES and that storage is needed. There will be cases where it is not worth to recover the surplus 

since these are only for a limited number of hours during the year. Hence, for the power surplus occasions, there is a 

trade-off between the amount of curtailment that is allowed in the system and the storage size. The more energy is 

allowed to be curtailed, means those extreme peaks of power surplus will not define the storage capacity and that there 

will be savings in the storage CAPEX. However, it also means that some energy is being wasted.  

 

An example for Germany is available [122], where having around 20% of the demand as must-run can increase the 

storage size requirement by nearly 6 times, while increasing its capacity by a factor 2 (compared to the scenario where 

all the generation is flexible). At the same time, allowing only 0.1% curtailment can reduce the storage capacity by 

half and 1% curtailment would eliminate the storage needs with fully flexible generation. Nevertheless, if the 20% of 

inflexible generation is considered, the effect is reduced, where 0.1% curtailment would only reduce the storage by 

20% and 1% would reduce it by a further 30%. These numbers were obtained for an RES penetration of around 50% 

(year 2032), but represent a point for the relation between the 3 variables. 

 

In [149], doubling the storage (but still representing a small fraction compared to the demand with the change being 

equivalent to 0.0005 to 0.011%) resulted in a reduction of the energy lost from 15 to 12% (for a fixed penetration of 

80%). This shows the effect a small storage addition can have for a high RES system. Similarly, [157] looks into the 

added effect of flexible generation, where this defines the maximum penetration storage can achieve regardless of its 

size (i.e. for a fixed flexible generation there will be an upper limit for the penetration, which storage alone cannot 

overcome). When the storage power capacity is equivalent to the peak demand, having a fully flexible generation 

allows reaching penetrations of almost 90% (accepting a 20% energy loss), while the penetration is only around 35% 

(for the same energy lost) when only 70% of the generation is flexible. This is achieved with storage sizes of only 12 

hours for the fully flexible case and 4-5 hours for the 70% flexible. 

 

In [116], the addition of a 24-hour storage allowed reducing the curtailment from 8-16% to around 4% for a range of 

RES of 20-50%. In [82], the use of a 24-hour storage reduced the curtailment by 1/3 in a 25-30% RES scenario with a 

high cost for the storage, where the curtailment can be reduced by almost 85% for the low cost sensitivity and an 

equivalent storage capacity of 7% of the generation installed capacity. Furthermore, improving the flexibility 

parameters of conventional generation, reduced the possible benefit that storage can add by 50% for the initial 

capacity, with smaller impact as the storage capacity increases. 

 

In [82], adding only 5 GW of storage (average demand for the system is around 60 GW), reduced the curtailment from 

100 TWh to 40 TWh. The marginal curtailment reduces as the storage capacity increases, reaching a curtailment of 

around 10 TWh for a storage capacity of 25 GW (last 7 GW only reduce the curtailment by ~6 TWh). Therefore, the 

initial storage addition has a larger effect than subsequent capacity expansion of storage (diminishing marginal 

benefit). 

 

7. Excess of capacity and storage 

[158] analyzes different storage technologies (hydrogen, batteries and vehicles integrated in the grid) with an RES of 

up to 99.9%, capacities for each technology (including fossil) and the storage (both power and energy rating) is done. 

Results show that for higher RES both larger storage and larger excess of capacity are needed. However, the 

continuous relation of excess of capacity and storage was not done. This was done in [93] where the storage is 

expressed as a function of excess of capacity, wind/solar ratio and RES fraction. In [145], the storage enabled reaching 

higher RES with smaller excess of capacity. The introduction of just 24 hours equivalent of load, reduced the capacity 
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installed from 3x the demand to 1x to reach 90% RES penetration. In US [159], a storage of 7-16% of the demand is 

required if all the energy is supplied with wind. However, if the installed is increased by 50% more, no storage would 

be needed. 

 

The underlined statements in this Section aim to highlight the key messages that were observed throughout the studies: 

storage is necessary for achieving a lower cost in the system, round trip efficiency is critical, most of its effect can be 

achieved by the daily component rather than the seasonal and that as storage capacity expands its benefit decreases. 

 

A difficulty of establishing relations between flexibility options as aimed above is that these relations can be different 

depending on the scale and granularity in the spatial and temporal scales. Grid expansion costs (and effect over 

storage) will be different if a node represents an entire country than if every node represents a small town within a 

region. Similarly, the power surplus and storage behavior is not fully captured (only through parametrization) in 

models that do time slice aggregation in comparison to the ones that actually look at optimal choices for every hour. 

 

Below, Table 2 provides an overview of the flexibility options considered in each of the studies, the type of storage, 

the geographical level, if cost effect was considered, type of study and scenarios covered. Note that these flexibility 

options are the same as introduced in Section 3, while the “Sub-category” refers to the study classification introduced 

in Section 2.2. 
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Table 2. Studies analyzing interaction between variables and quantifying the impact of power storage. 

 RES Management Strategy Storage Type Geographical Coverage     

Reference 

Wind/ 

Solar Balancing 

Network 

expansion 

Excess of 

Capacity DSM 

Flexible 

generation Generic 

PHS/ 

CAES Batteries P2H/P2G National Europe US Global Heating Mobility Fossil Cost 

Heide 2010 [136] x      x     x     x  

Heide 2011 [93] x x  x   x   x  x       

Esteban 2012 [147] x x       x  x        
Aboumahboub 2010 

[118] x x x    x     x  x   x x 

Schaber 2013 [119] x  x x    x  x x x  x x  x x 

Haller 2012a [88] x  x    x          x  

Schmid 2015 [160] x  x x   x     x      x 

Lise 2013 [130]  x x  x x x     x      x 

Schill 2014 [122]      x x    x        

Steinke 2013 [94]  x x     x x x  x      x 

Pfenninger 2015 [128]  x  x    x    x      x x 

Krakowski 2016 [127] x   x x  x    x      x x 

Budischak 2013 [158]    x     x x   x   x x x 

Denholm 2011 [123] x     x x      x      

Thien 2012 [161] x  x     x x x  x      x 

Breyer 2012 [138] x         x x   x    x 

Rasmussen 2012 [125] x x  x   x     x       

Becker 2014 [137] x x x    x      x     x 

Weitemeyer 2015 [145] x   x   x    x        

Strbac 2012 [82]  x    x x    x       x 

Sisternes 2016 [121] x     x  x x    x     x 

Bertsch 2016 [117] x x x  x x  x    x     x x 

Bussar 2016 [162] x x x     x x x  x      x 

Thien 2013 [163] x  x    x  x   x      x 

Huber 2015 [164] x x x x     x   x      x 

Solomon 2014 [149] x x x x   x      x     x 
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From the studies captured in Table 2, some highlights are: 

• The optimal ratio between wind and PV to decrease the storage demand is inherently considered in the 

studies that do cost optimization and it is determined in most of the studies. 

• As expected, the role of storage becomes more relevant for high VRE penetrations. Below 30% penetration, 

curtailment (if any, depending on the system) is the best option, since the number of hours where there is a 

surplus are not enough to justify an investment in any asset. To reach fractions > 80%, storage (and 

specifically long-term) plays a key role and reduces the overall system cost and even in some cases [88,128] 

is the flexibility option that makes the scenarios feasible. For intermediate RES shares, usually network 

expansion and DSM are preferred solutions before storage [130]. 

• Efficiency for storage is key, where lower efficiencies will decrease the revenues since less energy is being 

sold back to the grid and might make the storage use unattractive [94,121]. Furthermore, lower efficiencies 

increase the amount of storage needed in the system (increasing the corresponding investment) [93]. 

• Flexible generation is a difficult element to incorporate, since this involves considering the individual plants 

to have a UCDM11 approach, which introduces MILP12 and requires detail on the operational component of 

the model (usually associated with hourly resolution). At the same time, to optimize the installed capacities 

an investment module is needed. The combination of both steps with the integer component of the operational 

constraints might make the calculation algorithm too complex to be solved within a reasonable time. 

• There is high uncertainty around DSM, where input varies widely depending on region and assumptions. The 

comparison of this alternative with storage depends mainly on associated cost and flexible demand assumed. 

However, given that its costs are usually associated to software and minor infrastructure, it has preference 

over storage. 

• There are only a few studies focus on the global scale. A reason might be that with a larger geographical 

coverage, either the time resolution or spatial granularity has to be smaller. A further simplification can be the 

consideration of fewer flexibility options. Nevertheless, [165] is one of the most complete ones, tackling 

these issues (global scale, combined investment and operation optimization, inclusion of operational 

constraints, grid expansion and H2). A key limitation is that because of the scope of the study only the power 

sector was analyzed. 

• One of the most complete studies focusing on the broader energy system is [119] with an European and 

German scale, focusing on the grid expansion and diversification to Heat. 

• A space that remains relatively unexplored is to quantify the cost increase due to lack of flexibility options in 

the system. Usually, when a model is able to capture the behavior of a flexibility alternative, the tendency will 

be to exploit it. Studies that do look at the absence of one of them (e.g. [118]) have limited scope and require 

a more systematic approach. 

 

Role of seasonal storage 

 

Below the seasonal component is specifically discussed, to be able to make the link later with P2G. 

 

In [145], the VRE integration was evaluated for an efficient (80%) storage with few hours of capacity (4 h) vs. a less 

efficient (30%13) and with longer duration (168 h) storage. For VRE fractions lower than 82%, the more efficient 

storage results in more use of the installed capacity and less curtailment. Above such percentage, the performance of 

the longer term storage was better. Some caveats are that this was only from a time-series perspective, matching 

production and load (i.e. without cost) and only considering optimal wind/PV ratio and storage. 

 

In [122], a similar approach (of considering time series and with focus on power surplus for the different must-run, 

RES penetration scenarios) was followed with the advantage of making the split between hourly, daily and seasonal 

storage. The seasonal component stays constant at around 10% of the average demand in power capacity, while the 

daily component provides most of the benefit depending on the degree of curtailment allowed. With no curtailment 

allowed for 80%, the installed capacity for storage is equivalent to 100% of the demand with a split 90/10 between 

 

11 Unit and Commitment Dispatch Model, referring to modeling individual plants and their state for every time step 
12 Mixed Integer Linear Programing which includes the integer component for the operational state of every plant 
13 This can be typical for the round trip efficiency of P2G with efficiencies of: Electrolysis = 75%, Methanation = 80%, Compression = 80%, 

Transport = 90%, CCGT = 60% 
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daily/seasonal components. However, no mention is done to either hours of storage or cycles over a year to relate the 

total energy stored over a year (or power surplus) with the energy rating. 

 

In [166], the order of alternatives to deal with the power surplus is: charge the short-term storage (batteries), then PHS, 

P2G, use in electrical heat pumps, directly use in heat storage and curtailment if there is any surplus. For this system, 

the heat storage is actually used for the seasonal component. Its total output throughout the year (not its storage 

capacity) is equivalent to 25% of the total demand. Furthermore, this option only starts being charged once the first 

three storage alternatives have been charged. 

 

A set of studies [161,162,167,168] have used a tool for power optimization based on operational cost. The advantage 

has been the split in different time scales for the storage (batteries, PHS and hydrogen) with the separate sizing of 

charging, discharging and storage capacity for the long term component. Disadvantages are that only storage and 

(HVDC) transmission expansion between countries is considered (i.e. no flexible generation with individual plants or 

DSM). Furthermore, the cost for the charging and discharging components seem to be on the optimistic side (300/400 

€/kW). The system is based on 100% VRE (only wind and solar for 2050) with a demand of 6250 TWh for the 

EUMENA region. In spite of finding the optimal PV/wind ratio (60/40), most of the regions are highly dominated by a 

single one of them, which might make the imbalances larger. The long term (H2 in this case) storage demand is 800 

TWh with a range from 480 to 1160 TWh depending on the investment prices and resources assumed. This is much 

larger than PHS and batteries which stand at 0.5-7.6 and 0-3.2 TWh. In terms of power capacity, the long term storage 

has 900 GW, while it is 190 and 320 GW for PHS and batteries, compared to an average power demand of ~700 GW. 

 

In summary, it was seen that there was a seasonal storage component in studies that were either not doing a cost 

optimization or had limited flexibility options. As soon as the value of storage is considered and related to the size, the 

effect of decreasing marginal benefit [82,98,101,169,170] will decrease the required capacity. 

2.5. Cost contribution of storage 

A distinction from the studies mentioned before is that not all of them consider the choice based on cost optimization. 

In some cases [94,126,136], the trade-off for determining the size is done based on potential, full load hours and 

resources distribution. In this section, the intention is to highlight on how storage affects directly either investment cost 

or electricity price. Therefore, the main criterion used for study selection in this section was that the system cost was 

assessed with changes in storage size. 

 

The elements that contribute to a lower cost due to the use of storage are: 

• Lower fuel costs. Storage is meant to absorb the temporal variability of renewables, reducing the number of 

times conventional generators have to change their output. Storage in some cases provides the balancing 

service in the short time frame. In most cases, this is provided by gas turbines that have a low investment and 

are the best option for low operating hours and where most of the costs are represented by the fuel 

consumption. Storage would be saving the use of this fuel for peak supply purposes. It can also provide lower 

fuel costs by allowing the operation at a higher efficiency due to a higher load. 

• Lower curtailment. When there is power surplus but no demand to use it, energy can be stored for a temporal 

displacement, this will effectively reduce the energy wasted and increase the VRE fraction in the power 

system since that energy will be used later displacing conventional one. 

• Lower generation investment. When storage provides the balancing function, the backup and balancing 

capacities needed are lower. 

• Lower network investment. In areas where network lines are congested during peak demand, the energy 

could be stored at the node during low load hours reducing the need for expansion and producing a more 

stable load of the network. 

 

These savings should offset the investment and operational costs for the storage. Furthermore, the above benefits 

cover a wide range of sizes, time responses and time frames since for example to avoid grid congestion a longer-term 

planning has to be done representing different applications (from adequacy to operational reserves) that will most 

likely not be covered by a single technology. 

 

A complete study looking at the interaction between 5 of the variables (storage, transmission, curtailment, DSR and 

flexible generation) is [141]. In this, different sensitivities were done to understand the interaction between the 
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variables and quantify its impact on system cost. The area of focus was North West Europe divided in 6 regions and 

with RES penetrations of 40, 60 and 80% in 2050. The impact of individual changes in each of the variables was 

quantified in terms of total generation costs. The focus was on the power system with 1-hour resolution. Storage 

included the currently installed PHS capacity with the additional capacity being CAES due to its lower LCOE 

(considering a 40% reduction in specific cost to 2050). No P2G was included due to the high cost. Storage increased 

the system costs for every RES penetration analyzed in the order of 2% of the total cost for a capacity of up to 20% of 

the peak load. Transmission reduced the cost only after 60% penetration and up to a limited degree (3.5x current 

capacity). A 15% potential of DSR (capacity in relation to demand) reduced the overall costs by 1.7 – 2.5%. 

Curtailment only reached 2% (of the RES production) for 80% RES penetration. VRE increased the capacity factors 

for gas turbines and hydro, while decreasing it for the rest of technologies. Some limitations of this study are that it 

covers only the power sector and options like Power to Heat or P2G are not included, it considered a limited 

technology portfolio (excluding biomass options or CHP), there were only 6 regions included disregarding 

transmission limitations within those regions, it does not consider the legacy plants (i.e. optimizes for 2050 assuming 

it is all new), no price premium is considered for flexible natural gas supply and there is still uncertainty around the 

cost and capacity available for DSR. 

 

In contrast to [129], the presence of storage reduces the overall cost for the system by 2% points and this difference 

remains similar with greater transmission expansion rates. For this case, the model is also power only aiming to bridge 

the gap between operational optimization and long-term investment with a case study being a simplified 3-region area 

for testing the approach. The same model was used for a more realistic case, in the EU-MENA region [88], where in 

terms of costs, the CO2 price and the electricity price are quantified with the presence or absence of storage and 

transmission expansion with a constraint being the CO2 reduction target for the region. Without neither storage nor 

transmission, the electricity price almost doubles at around 90% CO2 reduction target (from 7.8 €ct/kWh to 15 

€ct/kWh). The presence of storage allows reducing such cost to around 10 €ct/kWh for the same level of reduction or 

achieve almost 98% CO2 reduction for the same electricity price. As expected, the lowest costs are achieved when 

both options are available, being able to achieve 100% CO2 reduction with an electricity price of 13.5 €ct/kWh or 90% 

CO2 reduction at 8.5 €ct/kWh. 

 

More drastic results are obtained in [128], where the LCOE for the entire system is reduced by 40-50% for all the 

sensitivities (with and without grid extension, CCS, tidal and import of solar) when storage is considered with a 

storage cost of around 375 £/kWh with the benefit being 1-2 £ct/kWh in LCOE (depending on the case and compared 

to a base price of 8-13 £ct/kWh) per every 100 £/kWh reduction in specific cost and the benefit becoming much larger 

for prices lower than 75 £/kWh. For this case, grid-scale batteries with an efficiency of 90% were considered and even 

though the sensitivity up to 375 £/kWh was done, the base case considers a specific price of 42 £/kWh, which seems 

to be on the optimistic side for batteries considering its lower energy rating. 

 

Analysis of the North East Asia system with consideration of transmission, storage and gas demand for a 100% 

system, led to storage being around 40% of the electricity cost with much smaller contribution of transmission (5-

10%) [148]. It resulted much cheaper to improve the connections among regions rather than increasing the storage 

capacity. Improving transmission actually led to 14% decrease in electricity cost due to lower generation capacity and 

storage, while satisfying the gas demand with long term storage (P2G) led to 13% increase in electricity cost, caused 

by larger generation and electrolyzer capacities to ensure that the operating hours of P2G are high enough to 

continuously satisfy the gas demand. This option of long-term storage to satisfy gas demand resulted in 250, 51 and 

209% cost increase (€/MWh) for curtailment, storage and transmission costs respectively. 

 

Nevertheless, that is the only study from the Neo-Carbon project (see Section 5) that led to an increased cost due to the 

addition of the P2G and gas demand. For most of the studies, there was actually a price decrease with a range of 13-

20% for the total electricity price and 30-87% lower for the storage cost. Some reasons for a lower cost when the 

(industrial) gas demand is considered are the increased utilization of wind and solar resources, better utilization of 

mid-term storage and higher flexibility due to the coupled system. Storage costs decrease since the diversification to 

other sectors (in these cases only industrial gas demand and desalination, but the effect will be larger for a larger 

demand in other sectors) reduces the need (and size) of long-term storage. 

 

In [121], a power model is used to study the ERCOT area in US. The demand being 97.1 GW and storage sizes of 10-

30 GW are used with a low (2-hour) energy rating represented by batteries and a high (10-hour) one being PHS. 

Future (2035) scenarios with up to 75% non-fossil generation are envisioned and the sensitivity is done with the 

absence of nuclear. A CO2 footprint constraint on the system is imposed to achieve up to 90% reduction with respect 
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to current values (550 gCO2/kWh). In the scenarios with nuclear, the 2-hour storage did not change the electricity 

LCOE up to 20 GW and increase around 3% for 30 GW, while the 10-hour storage reduces the cost by 2% with 10 

GW and a further 1% point with 30 GW. This is slightly different with the absence of nuclear, where the 2-hour 

storage does not make a difference in cost and 10-hour storage can reduce it up to 7%. When these savings are 

compared to the storage cost, only the addition of the first 10 GW are profitable, since subsequent additions reduce the 

benefit (i.e. marginal increment is smaller). 

 

The absence of hydrogen storage as long term alternative, increases the cost of electricity by 20% in [162], where 

most of it needs to be compensated by PHS. 

 

A study in UK [82] quantifies the annual savings for introducing storage in the system (both bulk and decentralized) 

as a function of storage cost and VRE penetration (2020-2050). The storage cost reduction needed to increase the total 

cost savings is larger for higher VRE fractions. Hence, for 2020, annual savings triple (from 0.2 to 0.6 £bln/year14) 

with a cost reduction of 2x for storage (46 vs 25 £/kWyear), while for 2050, a cost reduction of 20x (1000 vs 50 

£/kWyear) only leads to annual savings 1.5x higher (12 vs 8 £bln/year). A change in the main driver for the savings is 

also seen as the VRE increases. For low VRE (2020), the largest contributor to the savings is the CAPEX for 

generation, while for 2050, the OPEX (e.g. fuel) component increases its share to around 50% of the savings (the other 

50% being generation CAPEX). Similar savings, cost structure and capacities are found for both bulk and distributed. 

The cost savings are also dependent on the RES contribution to the low carbon mix (50 gCO2/kWh target). Scenarios 

relying more on nuclear or CCS, found the annual savings to be almost zero (from > 8 £bln/year). 

2.6. Quantifying storage needs 

Storage Demand 

 

A key variable that defines the storage requirement is the fraction of energy supplied by VRE, since they are an 

additional source of variability. This requirement can change by the absence or presence of other flexibility options as 

highlighted in the previous section. Nevertheless, to have an order of magnitude of the storage requirement, several 

studies were reviewed aiming to capture the storage size as a fraction of the annual demand and VRE penetration. This 

is presented in Table 3 for systems with penetrations 20-90% (transition period) and in Table 4 for systems with 100% 

RES penetration (sustainable long-term target and not necessarily full 100% VRE). The storage size is expressed as a 

function of RES penetration in Figure 8 to identify if there is a trend in the values. 

 

The criteria applied to screen the studies in Table 3 were: 

• The storage capacity had to be the outcome of an optimization process. Therefore, studies like [126,136,145] 

were excluded since they provide insight into the interaction of the variables, but do not give guidelines on 

what is the best choice. An exception for this were the set of results as part of the Store project, which was 

included for its consistency in the approach to determine the storage needs, for having a fixed scenario for 

80% RES and to illustrate that even in this case of high (RES, but not VRE) penetration, the amount of 

storage needed is still relatively small (in energy terms, compared to the annual demand). 

• The storage size (either power or energy) had to be mentioned in order to estimate its fraction with respect to 

the demand. An example of an excluded study is [130], where the hour by hour optimization is done 

considering six adaptation measures to deal with intermittency. It covers EU-27, considering different 

scenarios that originate from a review of European scenarios and it considers variable RES penetration. 

However, the focus is on cost comparison among options, savings produced and effect over residual load, 

while not explicitly mentioning the requirement for each adaptation measure. Other studies (e.g. [151]) seem 

to deal with annual quantities of energy exchanged rather than a single cycle or do not give the equivalent 

hours of storage. 

• The optimization algorithm should have an investment component that determines the optimal storage 

capacity. In some cases [141,171], the focus is on the operational performance (e.g. constraints of 

conventional plants, network congestion) and the storage capacities are not endogenously defined, but instead 

fixed as an input. 

 

 

14 These results are with a generic storage of 75% efficiency and 6 hours duration 
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Table 3. Storage needs for systems with less than 100% RES (studies ordered by increasing fraction). 

Country Annual 

Demand 

(TWh) 

Storage 

Size 

(TWh) 

Storage 

fraction 

(%) 

VRE 

fraction 

(%) 

Sectors 

covered15 

Notes Reference 

Spain 375 0.66 0.18 25 P Low capacity factor 

for PHS 

[172] 

Netherlands 123 0.05 0.04 28.3 P 6% cost reduction [173] 

West 

Europe 

4647 2.4 0.05 30 P Assuming 8 hours of 

storage 

[124] 

UK ~700 0.06 0.01 30 P Average demand not 

explicitly given 

[82] 

Ireland 32.7 0.07 0.21 34.5 P All wind and 2 GW 

charger 

[174] 

Germany 

(Region) 

53 0.15 0.28 20-50 P Only mentions 24h of 

storage 

[116] 

Germany 478 0.06 0.01 38.6 P Low curtailment with 

current foreseen PHS 

capacity 

[175] 

Germany 562 3.5 0.62 50 P No must-run in 2050 [122] 

Greece 88.3 0.4-1.4 1.02 50 P Depending on feed-in 

limit 

[176] 

Austria 83 0.2 0.24 55 P Scenario C 2050 [177] 

UK 300 0.1 0.03 60 P Power rating of 

storage is 50% of 

generation capacity. 

80% of it is batteries. 

[128] 

Spain 420 0.6-2.2 0.33 60 P Power rating of 35 

GW 

[172] 

Germany 2030 18 0.89 66 PH Heat, power and H2 

demand 

[119] 

Europe 4170 1.816 0.04 70 P Assuming 24 hours 

of storage 

[117] 

US 

(Region) 

510 0.3 0.06 75 P Energy to power ratio 

of 2/10 

[121] 

US 

(Region) 

300 0.034 0.01 80 P Energy to power ratio 

of 12 

[123] 

Belgium 268 1.3 0.32 80 P Around 120 hours of 

storage 

[178] 

Denmark 41 0.66 1.61 80 P All VRE from wind [179] 

Germany 413 0.9-1.3 0.27 80 P Avg. 46GW charging [175] 

Germany ~600 7-8 1.25 80 P Maximum of various 

studies 

[180] 

Germany 586 0.5 0.09 80 P Lower system cost [26] 

Germany 

(Region) 

22.7 0.184 0.81 80 P Gas storage starts at 

70% RES 

[181] 

Ireland 45 2.8 6.00 80 P Charger of 7 GW / 

All wind 

[174] 

Europe 4900 50 1.02 80 P 125 GW [182] 

Europe 4900 50-60 1.12 90 PH Only up to 800 hours 

of use 

[183] 

EUNA17 5418 17 0.31 94 P 20% from CSP [184] 

 

15 P = Power, PH = Power + Heat 
16 It has effectively the same capacity as the reference year (2008), i.e. no expansion needed for 2040 
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A general observation from Table 3 is that even for high penetrations of 90%, the storage size is at most 1.5% of the 

system demand. This would mean that even considering an electrification of the heating and mobility sector, where the 

power demand rises from current 24100 TWh [80] to around 40000 TWh [79], the storage size needed would be in the 

order of 600 TWh. 

 

There are two factors to have in mind that can change the magnitude of this number (1.5%). One is that most of these 

studies only focus on the power sector. Therefore, including the heating sector might make the need larger if the 

mismatch between profiles (i.e. residual curve) is larger, but at the same time it can make it smaller by the introduction 

of additional flexibility options (Power to Heat, Power to Liquid). The other one is that some of the studies do not 

make the split between daily and seasonal storage and in most cases, the storage is associated to compensating the 

variability of RES (i.e. sudden fluctuations and balancing needs). Thus, most of this storage is not in the space of P2G 

and seasonal. 

 

In Europe, stoRE project18 aimed to look in more detail at the storage needs for 2020 and 2050 scenarios (80% RES in 

the power sector). It was mostly focused on PHS as long term option, but the approach is generic looking at residual 

curves. For each country, sensitivities using an unconstrained capacity for PHS are done, which allow seeing the 

amount of storage needed to compensate short-term fluctuations, but also the seasonal trends. Most of the values 

shown in Table 3 are from such sensitivities. For some countries, part of the 80% RES is provided by PHS itself (e.g. 

Austria). Thus, only the contribution from VRE was considered for Table 3, being the main source of variability. A 

disadvantge of the approach taken is that uses residual curves and matching between RES supply and load. It does not 

look to the economical evaluation, cost optimal solution and comparison with other alternatives. 

 

Based on [124], the expected storage needs for 2050 are between 190 and 310 GW globally. However, it must be 

noted that considers a conservative value for RES penetration (30%). Most of this storage is short-term and it shows 

that it can be easily satisfied without the need of having a massive storage infrastructure like the methane grid. In 

Europe [185], a split is made between the technical (includes technology constraints and system boundaries) and 

economic (considering cost and investment recovery) potential. The economic potential for flexibility requirement is 

around 60 GW or 70 TWh for 60% RES. For US, it was estimated [159] that for 100% scenario around 7-16% of the 

annual demand would be required as storage with a 50/50 split of wind/PV. A small addition of storage (24 h) can 

make a big difference in the flexibility of the system and reduce curtailment or power surplus drastically [123].  

 

 
Figure 8. Storage energy size as a function of VRE penetration for systems with less than 100% RES. 

 

 
17 Europe and North Africa 
18 http://www.store-project.eu/ 
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The odd value at 80% having 6% of storage requirement is a study done for Ireland as part of the Store project. 

Among the reasons for such a high requirement (in comparison to the rest) are: due to the location and VRE potential 

in the country, only wind was used. When the generation comes from a single VRE there is no complementary 

production and storage needs are the highest. Furthermore, the study quantifies the storage needed to avoid all the 

possible curtailment, aiming to establish an upper bound for the storage demand. Most likely, curtailing part of the 

energy (part of the residual curve that requires high power capacity only for a few hours a year) would be more cost 

effective. Finally, only the power system is assessed. In a country like Ireland, heating demand is high in winter, when 

the wind production is also the highest. Hence, part of the possible surplus could be used to satisfy such demand, 

rather than increasing the storage size needed. It should also be noted that in Ireland most (41%) of the heating 

demand (space, water, process) is supplied by oil and gas is second with 39% and where the electricity and heating 

sector have similar size (~30 TWh) [186]. 

 

On the low side, there are points that have a low storage demand. For 80%, [123] estimates that only 0.01% of 

equivalent demand is enough to reduce the curtailment from 33% to almost 10%. The largest effect being for the first 

4 hours. For this case, an 80% efficient storage was used, also the optimal wind/solar mix (70/30) and full flexibility in 

generation (no minimum load). Nevertheless, the model does the hourly match between supply and demand with 

certain penetration and thermal generation flexibility, where the options are storage or curtailment. This constitutes an 

exploratory step before the use of a techno-economic (UCDM) model. Hence, trade-off between flexibility options is 

not done based on cost (but based on the residual curve instead). In [121], 10 hours of storage is enough to reduce the 

curtailment to 4% in a system with 75% VRE and the rest being CCGT. Even though the storage capacity is 

exogenous, sensitivities were done to evaluate cost and curtailment resulting in a power capacity around one third of 

the peak load. 

 

As part of the Renewable Energy Directive (20% of final energy consumption from RES by 2020), some countries 

have a higher contribution from RES [187,188]. In Germany, it is set at 40% of the power sector (26% from VRE), 

Denmark aims for 52% power (31% wind), Finland has a 38% target overall driven mainly by a biomass, 33% in the 

power sector, but with only 6% wind in the power sector, while Sweden has a 50% target overall and 62% for both 

power and heating sectors (only 8% wind). These values show that some countries will have a high contribution from 

VRE as early as 2020 (which can be even higher for short periods of time) and that some of them have a higher 

reliance from a single source, where the mismatch with the demand pattern can be the highest.  

 

Since the amount of storage required (in energy rating) is usually low (compared to the demand), the presence of 

flexible generation plants like biomass or the shift in the load (through demand response) can have the equivalent 

effect at a lower cost. Where storage is part of the best (low cost) solution, it is usually for short term (< 7 days) 

application [158], where batteries would perform much better due to their higher efficiencies. In the cases where 

seasonal storage is included, the possible value that could be captured by it is diminished when its influence in the 

price is considered. 

 

It has also been repeatedly highlighted [82,100,101,121] that the larger benefit for storage is seen with the first 

addition of capacity with lower marginal benefit as the capacity increases. Hence, even in cases where there is a cost 

reduction for storage size increase, it is better to keep the storage small as a size increase is not justified by the 

decreasing benefit [189]. For price arbitrage, storage capacities larger than 24 hours are not justified [170]. 

Furthermore, the energy arbitrage is one of the applications with the lowest value and higher profit can be obtained in 

the balancing and reserve market [102,190,191]. It has also been shown that the maximum useful service storage can 

provide quickly decreases as storage is added, having its peak at relatively low energy rating (< 0.01% of demand) 

[149]. 

 

The next step is to consider fully renewable systems to fulfill a long term goal of the system (i.e. sustainable 

development). The objective is to understand if the storage needs dramatically increase in 100% systems compared 

with the trends observed for transition scenarios (< 95%). This is shown in Table 4 while the cummulative number of 

studies as a function of the storage size is shown in Figure 9. 

 

 

 

 

 

Table 4. Storage needs for 100% RES systems. 
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Region Year Annual 

Demand 

(TWh) 

Wind/Solar 

(%)19 

Storage20 

(TWh) 

Storage 

power 

(GW) 

Storage 

fraction21 

(%) 

Sectors 

covered22 

Reference 

ASEAN23 2050 1862 25/40 1.5 - 0.08 P [164] 

Asia* 2030 11280+2768 35/46 300 558 2.14 PH [192] 

Australia 2050 260-323 6.5/32.5 0 - 0.00 P [193] 

Australia 2050 220 28/62 0.924 61 0.00 P [194] 

Brazil* 2030 815+217 4/36 89.3 25.2 8.65 PH [195] 

France 2050 425 40/17 3 3 0.71 P [127] 

EUMENA 2014 4122 40/60 248 360 6.02 P [167] 

EUMENA 2050 6250 40/60 804 550 12.86 P [168] 

Eurasian* 2030 1450+667 58/14 70.3 105 3.32 PH [196] 

Europe 2007 3240 55/45 400-480 400 13.58 P [136] 

Europe 2050 4200 73/21 13.5 - 0.32 P [118] 

Europe - 3240 55/45 25 360 0.77 P [125] 

Europe - 3400 55/45 216 65 6.35 P [163] 

Europe 2050 4000 64/36 20 - 0.50 P [94] 

Europe+25* 2030 7388+3188 50/30 352 587 3.33 PH [197] 

Germany 

(Region) 

2030 19.9 55/40 0.53 1.5 2.66 P [181] 

Germany 2050 475 60/40 9.1 - 1.92 P [145] 

Germany26 - 509 77/17 0.8 50 0.16 P [184] 

Germany 2050+ 1385 70/27 17.527 87 1.26 PH [198] 

Greece 2050 55.7 100/0 2 0.2-0.3 3.59 P [199] 

Ireland 2050 125 13/2 0.24 10 0.19 PHM [200] 

India* 2030 2597+1620 31/45 208 115 4.93 PH [201] 

Japan 2100 1400 70/30 40 - 2.86 P [147] 

MENA* 2030 1756+3874 48/48 296 593 5.26 PH [202] 

Morocco 2050 28 37/63 1.1 - 3.93 P [203] 

North America* 2030 6059+2596 58/31 221 442 2.55 PH [204] 

North East Asia* 2030 9877+1245 51/33 407.6 452 3.66 PH [148] 

SE Asia* 2030 1629+608 22/44 43.1 118 1.93 PH [205] 

South America* 2030 1813+663 17/49 42.7 131 1.72 PH [206] 

Sub-Saharan 

Africa* 

2030 866+199 31/50 24.3 54 2.28 PH [207] 

UK 2030 900 55/6 27 35 3.00 PHM [208] 

US (Region) 2030 276 97/3 2.9 58 1.05 P [158] 

World 2050 44000 75/25 16.5 - 0.04 P [118] 
* These studies come from Neo-Carbon Energy project (see explanation below) and numbers for demand are split in power demand + gas and 
desalination demand 

 

Two key differences from Table 3 that only reflects the VRE fraction and focus on the power sector, the cases 

presented in Table 4 include all the RES and with half of the studies covering more than power. Hence, in some cases 

 

19 Ratio between useful energy produced from wind and solar 

20 Total energy that can be stored at any time and not energy delivered throughout a year 

21 Storage energy capacity expressed as a relative number to compare across studies (normalized using annual energy demand) 
22 P = Power, PH = Power + Heat, PHM = Power + Heat + Mobility 
23 Association of East Asian Nations 
24 Storage provided by 15h of CSP (i.e. no long term or other storage considered) 

25 Europe, MENA and Eurasia 
26 Different scenarios were done with demand 500 and 700 TWh and connection to neighboring countries 
27 Only fraction of P2G. Heat storage is 213 TWh and batteries 9 TWh. Only total storage throughout the year are mentioned rather than individual 

capacities. For P2G, it is assumed it is used 10 times a year (to translate annual use to energy storage capacity) 
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(e.g. France, Denmark), part of the energy is supplied by hydro, biomass or even imported energy and not necessarily 

only VRE. Nevertheless, most of the studies do consider only wind and PV. 

 

 
Figure 9. Storage energy size as a function of VRE penetration for systems with less than 100% RES. 

 

Figure 9 shows the cummulative number of studies that are below a threshold of storage. The intention is to illustrate 

that most of the studies actually require a small fraction of storage, with 80% (27 out of 34) having a storage need of 

less than 4% of equivalent annual demand and only 3 of them with a requirement of more than 8% (for explanation 

see below). Even some (3) scenarios not requiring any storage and making use of other flexibility options. 

 

Some observations based on the different studies for 100% scenarios are: 

• Even with a high contribution from only one VRE resource [158][184], the amount of storage needed is still 

1-1.5% of the annual demand. This is in line with previous studies (e.g. [149]), where the energy storage 

capacity was even lower than the daily demand. 

• For the ones requiring the most storage, [136] only looks at the time series and mismatch between solar and 

wind generation and power demand, without considering other flexibility options and choosing the cost 

optimal solution. It was included to show as reference, how much can the storage size increase if the 

optimization and trade-offs with the other options is not done. [163] has the same approach, but includes the 

grid extension and cost calculation, which already reduces the storage requirement by half. The same tool, 

with the same geographical coverage (Europe) is used in [167], [168], where similar conclusions are reached, 

but showing the impact of grid extension on storage capacity, where an NTC maximum power between 

countries of 7.5 GW could reduce the storage by 4x the standard scenario. Furthermore, an optimistic 

investment for H2 storage was used (300 €/kW). 

• In [147], the storage capacity is provided by batteries, not by long term storage. Achieving such a high 

quantity of storage with such technology is briefly discussed, but remains unclear. 

• Some of the studies, do not mention or consider power storage as part of their 100% scenarios. Thermal 

storage is used in combination with CHP provides flexibility to the system allowing decoupling the heat and 

power generation and no other type of storage is either needed or economical [193]. Hydrogen does play a 

role, but as diversification to the fuel sector rather than seen as storage, where around 12% of the annual 

primary supply is converted to H2. Two thirds of the demand are satisfied by heat pumps. 

• On the low side of storage, there is [118], where one of the reasons for such a contribution from storage is 

that there is a significant expansion of the network and around 60% of the total produced electricity is 

transported away from its source. Even though this is not compared relative to the current size, some of the 

links between countries are up to 1200-3600 TWh/year. Network expansion is the result of cost optimization 

and trade-off with generation and storage. 

• For these 100% scenarios, a source of flexibility with zero-carbon is needed, this can be provided by CCGT 

with “green gas” [121], hydro generation and PHS [193,209] , biomass CHP [210][164], thermal storage 

[193,198], PtL [208] or Power to Heat [119]. 
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• In terms of the role of P2G and uses of the hydrogen or methane, hydrogen is used for transport [208], 

methane for back-up generation [208]. It is recognized that even though quantities are small in some cases, it 

plays a key role when RES generation is low and demand is high. 

• An attempt was made to correlate number of flexibility options with storage size, also considering different 

weights for each alternative, but no reasonable correlation was found. This shows the high degree of 

complexity added by local, specific conditions that make the answer different in each case. 

 

There are a set of studies done by LUT (Lappeenranta University of Technology) as part of the Neo-Carbon project28 

that look at 100% RES scenarios for different regions of the world. Advantages are the consistent approach, where the 

same assumptions, approach and model are used. These include splitting countries in several nodes (rather than a 

single node per country), the hourly simulation of the system, consideration of storage, transmission, curtailment and 

to some extent, the flexibility in generation, both CAPEX and OPEX components are included in the objective 

function, storage is split in batteries, thermal, PHS and H2/CH4, scenarios include independence of each region within 

the country (i.e. no power exchange between regions), country energy independence and one where transmission is 

optimized along with the gas demand being supplied with P2G. Some limitations are that besides power, only the 

industrial gas demand and desalination are considered (i.e. heating and mobility demand not included yet), the 

individual power plants are not included (integer component), leading to the operational constraints not being fully 

captured, transmission costs are included as part of the objective function, where in most cases this is the most 

attractive solution, however most of the network costs are usually associated to distribution rather than transmission. It 

also has a separate prosumers model that optimizes the PV capacity based on profit for the consumer, effectively 

complementing the large scale PV deployment with the smaller scale. 

Almost all the regions in the world have been studied by this project and currently it is expanding the scope to the 

entire gas system. P2G is a key technology since it allows satisfying the gas demand in those 100% RES scenarios. Its 

role is usually not significant for the scenarios that focus on power demand, but greatly increases when the demand is 

expanded to the gas system. The energy storage capacity is mostly between 20 and 25 days of equivalent power 

capacity (except for [195,201]) and the number of cycles a year is usually 0.4-0.5. The resulting storage capacity is 

1.5-5% of the annual demand (except for [195]). 

 

There is another set of studies looking at 100% RES systems by 2050 developed at Stanford University that focused 

mainly on US [211–216], but do have a study on a global scale [209]. These are based on purely WWS (Water, Wind 

and Solar), where technologies like nuclear, coal with CCS, biofuels and natural gas are not considered. The model 

includes hydrogen as alternative to satisfy part of the transport demand (heavy duty, ships, aircraft, long-distance 

freight) and high temperature industrial processes. It assumes a high electrification rate that results in a higher 

efficiency leading to a decrease in primary energy supply, combined with implementation of efficiency measures. It 

assumes energy independence for all the countries, where each one can satisfy their own demand. Even with these 

assumptions that might increase the flexibility needs, these scenarios use very limited storage, “No stationary storage 

batteries, biomass, nuclear power, or natural gas are needed in these roadmaps. Frequency regulation of the grid is 

provided by ramping up/down hydropower, stored CSP or pumped hydro; ramping down other WWS generators and 

storing the electricity in heat, cold, or hydrogen instead of curtailment; and using demand response.” [215]. The 

storage priority is actually: first, store the heat surplus, then power (both as thermal storage) and only then use PHS, 

whereas demand response is used to shave periods where demand is higher than generation. Additional contributions 

are that this set of studies considers externalities (deaths) caused by air pollution, impact on job creation and earnings 

and a timeline representation with policies to be applied at different time horizons and different sectors. However, note 

that the study has been criticized due to modeling errors, implausible assumption, insufficient power modeling and 

lack of transparency of the climate model used [217]. Specifically for storage, a limitation highlighted is that the 

model relies mainly on two technologies (underground thermal storage and phase change materials) that are very 

limited (0.0041 TWh for UTES) or in an early phase of development in the present and their massive deployment 

needed in such future scenarios could pose a challenge. 

 

There have been some large scale projects proposed, aiming to expand the grid, which as already shown in Section 4, 

will decrease the storage need. Some of these initiatives are [218]: 

• DESERTEC: Satisfy part of the European electricity demand with high interconnection to neighboring 

regions. This includes using the large solar potential in the MENA (Middle East and North Africa) area 

 

28 http://www.neocarbonenergy.fi 

https://www.google.nl/url?sa=t&rct=j&q=&esrc=s&source=web&cd=1&ved=0ahUKEwjE3-S3_qLRAhUeOVAKHWgnD0oQFggbMAA&url=http%3A%2F%2Fwww.lut.fi%2Fweb%2Fen&usg=AFQjCNFDu_nNw6oJL-HsrQBVdno5z8_6WQ&sig2=uipOkBqyR5pwnKTcBEBeRQ&bvm=bv.142059868,d.ZWM
http://www.neocarbonenergy.fi/
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through laying 20 HVDC cables (5 GW each) across the Mediterranean Sea (200-500 km) and connection to 

the North Sea wind potential and Icelandic geothermal. 

• NorNed: Connect the large hydropower in Norway to provide flexibility to the Dutch network as well as 

storage provision during periods of low demand. This is done through a 580-km (700 MW) subsea HVDC 

transmission 

• The Gulf Cooperation Council Interconnection Authority (GCCIA): Connecting the grids of six Arabian Gulf 

nations (Kuwait, Bahrain, Qatar, Saudi Arabia, United Arab Emirates, and Oman) in order to decrease costs, 

share capacity and decrease spinning reserve needs. 

• The Trans-ASEAN29 Electricity Grid: Connecting the grids (both gas and power) of the ASEAN states with a 

similar objective as the GCCIA. 

• Pan-Asian grid connecting solar resources from Australia with wind resources from China. This would imply 

590 GW of transmission over a distance of 10000 km only to satisfy 17% of the electricity for Asia in 2050. 

 

Even though some of the above initiatives are challenging, two of them (NorNed, GCCIA) have already become a 

reality and are proof that cooperation among different countries can occur for mutual benefit, providing more 

flexibility to the system. 

 

There are already a set of studies looking at 100% RES systems. However, they have either limitations or different 

scope as the current review. A set of studies use EnergyPlan and H2RES30 where both cover the entire energy system 

(i.e. including gas, heat and transport) and have been continuously used for assessing the feasibility of 100% RES 

systems [200,210,219–227]. A limitation of these studies is that they use a simulation approach, where the storage 

capacity might be part of the policies assumed and an input rather than a result of an optimization. Hence, the resulting 

storage size might be misleading and only those where an attempt to optimize the storage are included. 

 

Similarly, two studies [228,229] already review 100% RES systems (23 and 24 publications respectively). 

Nevertheless, their scope is on electricity only and with attention to technologies, cost, models, coverage and 

comparison across studies in methodology rather than the focus on storage itself. Most of these studies were not 

included as part of the current review since they are either with simulation, statistical analysis, with limited set of 

flexibility options or without the cost component. Specifically for [229], only 7 out of 23 use an optimization approach 

and for [228], only 5 out of 24 were considered as part of this study, with the specific reason to discard the rest 

captured as a table in Appendix 2.1. 

 

Storage supply 

 

This section aims to put in perspective the storage demand from the previous section (i.e. 600 TWh for < 95% RES 

and up to 2400 TWh for 100% RES systems) by comparing it with the potential of diverse options, these include the 

more established long term storage options (PHS, CAES), as well as the promising ones (H2 underground storage and 

P2G) and the comparison with the demand size of other sectors to illustrate if a surplus in the power sector would be 

significant in those (since part of the flexibility can come from PtX rather than electricity storage only). Finally, power 

could be transformed to liquids (that have the highest energy density) and where already storage facilities (for oil and 

its derivatives) are already available and the same argument that for P2G could be used (that existing infrastructure 

can be exploited). The energy balance for the gas system is summarized in Figure 10, in order to compare the storage 

demand with the gas storage facilities and gas demand values. The comparison with the potential for other alternatives 

is shown in Table 5, where more details on the assumptions and references can be found in Appendix 2.2.  

 

 

29 Association of Southeast Asian Nations 
30 H2RES has a focus on hydrogen and has been applied mostly for isolated (island) systems 
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Figure 10. Global natural gas annual energy flows, distribution among sectors and end-uses size. 
1 EIA Outlook 2016 
2 BP 2016 
3 GSE Storage 
4 Weekly Working Gas in Underground Storage 
5 International Gas Union. WOC2 database, (Cedigaz, IHS Cera) 
6 http://www.iea.org/sankey/#?c=World&s=Final consumption 
7 Numbers are before conversion losses, where the losses are ~40%, but differ per sector 
 

Based on the values in Figure 10 and Table 5, some conclusions are: 

• If P2G satisfies the storage need, 600 TWh of storage demand is to be compared with the numbers in the gas 

system. 600 TWh represents ~15% of current storage capacity (~10% of expected capacity by 2030 [230]), 

only ~1.6% of annual gas demand (<1% of gas demand by 2040 [231]), ~12% of the current natural gas 

fraction in the power sector (~6% in 2040 [231]). In general, compared to the entire gas sector, the storage 

need is not so large. 

• PHS is not enough to satisfy the storage need (see Appendix 2.2) since its potential is at least one order of 

magnitude lower than needed and even without considering the location factor (that it is available in regions 

where it is needed). 

• CAES could be a good candidate, but given the large number of sites and relatively low energy density 

(besides the technology de-risking required), there seems to be better options. 

• In spite of the high uncertainty, the potential for H2 underground is much larger than needed. Even injection 

to the grid with 15-20% H2 content should be able to satisfy the need. However, temporal and spatial analysis 

of this concentration needs to be done. 

• When looking broader than power, PtL could also use the existing facilities and the entire storage need would 

represent only 5% of the existing (storage) facilities for oil and derivatives. At the same time, since the 

heating demand represents ~50% of the entire primary energy demand, the storage need would only represent 

~1.3% of the heating demand (favoring the use of Power to Heat technologies). In the future, this demand 

will decrease due to energy efficiency, but the cooling component will increase due to GDP growth in 

developing countries, urbanization and increased global temperature [232] leading to an even smaller 

fraction. 

 

In general, P2G seems to be a promising option in terms of energy that can be stored and be able to satisfy the energy 

storage (or sink for the surplus) needed, since the storage need represents only a fraction of the already existing 

storage facilities. Nevertheless, PtL and use in heating represent better options (in terms of being able to absorb the 

surplus) with the disadvantage that the compensation can only be negative (i.e. deal with the power surplus, but not 

shortage). 
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Table 5. Potential of different alternatives to satisfy the global storage needs. 

 

 Energy 

Density 

(kWh/m3) 

Local Global Notes 

PHS 0.7 EU < 30 TWh (3400 TWh); US < 

24 TWh (4200 TWh) 

- 1. Numbers in parenthesis represent the power 

demand. 2. No study found on global potential 

CAES 2.9 Northern Germany  ~4.5 TWh (45 

TWh) 

~180-1800 TWh [233] assesses the global potential, but no 

access to the report was possible 

H2 

(underground) 

190 Lower Saxony  ~390 TWh, 

Northern Germany ~1614 TWh 

~6400-64000 TWh See Appendix 2.2 and Appendix 2.3 for more 

detail 

H2 (grid) 190 EU ~390 TWh (25% H2 content) Storage ~1200 TWh; 25% H2 

content ~3070 TWh (demand) 

Global capacity if all current storage facilities 

are used 100% for hydrogen 

CH4 1000 Storage. EU ~1150 TWh, US 

~1520 TWh 

Storage ~4100 TWh See Figure 10 for comparison with demand 

Liquid 9000 IEA countries ~7000 TWh 

(storage) 

~12000 TWh (existing 

storage) 

See Appendix 2.2 

He - EU ~6400 TWh, US ~9000 TWh 

(demand) 

~48000 TWh (demand) Heating represents almost 50% of energy 

demand [79] 
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2.7. Power-to-Gas 

In the space of seasonal storage, the already deployed technology providing the closest service is PHS. However, as 

seen in the previous section, its potential is not be enough to cover the expected needs. P2G arises as a promising 

option to satisfy this requirement. In this section, an overview and classification of the studies done for P2G is done, in 

order to understand the areas that need more attention, as well as some conclusions from the existing literature. Then, 

some more attention is given to the system analyses being the focus of this chapter. For both cases, P2G is interpreted 

as having methane as product rather than hydrogen since this makes use of the existing facilities without modifications 

and avoids the more qualititative variable of risk (for operating facilities with a fraction of hydrogen) and spatial 

analysis (to calculate hydrogen concentration depending on where the surplus and demand are located). 

 

P2G has a higher complexity (than PHS, CAES) due to the different choices in configuration, different markets that 

can serve and different services that can provide. Besides, the sizing of the components can be decoupled, with the 

electrolyzer, storage capacity and discharger having different capacity ratios. For a more detailed discussion on this, 

including the different value chains that can arise, refer to Appendix 2.5. 

 

P2G Studies landscape 

This section aims to look at the studies that have been done on P2G to understand better what its role is in future (high 

RES) scenarios. The literature on P2G is not as broad as Power to Hydrogen, mainly because the extra step resulting in 

lower efficiency and higher cost has caused that hydrogen is seen as a more (economically) feasible alternative and 

therefore with much more research on it. This provides an opportunity, that it is easier to have an overview of the 

different cluster of studies that have been done and understand how they complement each other. A total of 66 studies 

were collected, which are presented in Appendix 2.7. The main criterion for selecting them was that power to methane 

specifically had to be explicitly considered and not just a generic storage with a default efficiency and cost or 

hydrogen only. The studies were seen to fall in these categories: 

• LCOE [234–236]. Calculate the levelized cost for methane produced to compare it with a reference (natural 

gas, gasoline) or to assess the cost effect of design variables (efficiency, electricity price, operating hours) 

over the gas produced. Only some of these studies make use of the calculated levelized cost to further 

optimized the P2G capacity in the system. 

• Process Design [237–240]. Calculate the optimal conditions for the process, sizing equipment, making 

CAPEX and OPEX calculation. The control volume for these studies is usually at the plant level and not 

systems level. A limitation arising from this is that variability in time, type of services that can be provided, 

market assessment, value chains are not considered. 

• Time series [173,241–243]. These do look at the profiles for supply and demand and intervals where P2G can 

be attractive, aiming to use the power surplus that otherwise would be curtailed. Nevertheless, plant capacity 

is not optimized based on cost, operating hours (trade-off), uncertainty in forecasts, but instead just looking at 

possible higher RES integration (only benefit). 

• Potential [244–247]. Discuss the role that P2G can play in the respective regions/countries with quantification 

of (either) CO2 sources, energy rating, power rating, fraction of mobility. A limitation of these is usually that 

capacities are not the result of cost effective comparison with other flexibility alternatives. 

• Business model [248,249]. Usually with the perspective of an investor, using an electricity curve and 

assessing the value of storage for price arbitrage, balancing, reserves market or gas production. These use 

perfect foresight and neglect the effect of storage on electricity price, both of which can lead to a higher 

revenue than what could be obtained in reality. 

• Technology Review [86,250–253]. Discuss possibilities for technologies in electrolysis, methanation, storage, 

reactor design, materials, learning curves and expectations for the future. 

• Cost optimization [151,181,254,255]. Power or energy models to compare P2G with other options and 

determine if it is part of the cost optimal solution. Capacity is usually exogenous for power models 

(operational), while it is an output of energy models (investment planning). 

• LCA [256–258]. Make the comparison of the methane produced with other reference processes or 

compounds depending on the final use. 

• Projects Survey [245,259]. Aim to complete the list of existing demo plants in different regions. 

 

From these, some conclusions are: 
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• The most explored areas seem to be LCOE (due to the unfavorable economics and multiple assessments on 

what price range and operating costs can be expected in the future), potential and cost optimization (aiming to 

understand what role it can play in the future when compared with other flexibility options). 

• The least explored areas are LCA (where there are only three studies [257,258,260] that address P2G in a 

more generic way rather than for a specific application or sector, even though there are references that 

include methane, but not necessarily from P2G), business model (where only [248] focuses on both P2G and 

detailed NPV assessment with a Monte Carlo approach and configurations, other studies [251,261] do cover 

part of the NPV as part of the LCOE calculation) and time series (which is understandable since it is a limited 

approach where only operating hours and residual curves are used, which might not lead to the optimized 

capacity). 

• The study that covers the most areas from the ones mapped is [245], where a thorough review was done with 

focus on Austria. It covers the integration with the rest of the system, potential applications, macro-economic, 

environmental and regulatory factors. [252] also makes a meta-review on different studies at a country level, 

extends on the necessary effort for research and development, regulatory framework besides economic and 

environmental performance. A couple from the German community [244,246,262] and one for the 

Netherlands [263], where P2G (specifically to methane) was not arising as promising option in spite of 

different CO2 and technology restrictions being used. 

• The high energy consumption nature of the process is highlighted in some cases. For example [256], the CO2 

sources in Austria are surveyed to identify their possible use for P2G. The survey is done considering net 

emissions, capture efficiency, energy penalty introduced in the process due to capture, number of installations 

and proximity to wind parks. If all the emitted CO2 is converted to methane, the energy consumption would 

be around 185 TWh. To put this in perspective, for 2013, 9.3 TWh were generated by PV and wind in Austria 

and the average power consumption for the country is ~65 TWh. This implies that P2G needs additional 

installed capacity rather than operating only with power surplus, which is negative in several ways, additional 

investment needed for generation, higher average electricity price and that a fraction of the time it operates 

with power from the grid increasing the LCA emissions. A further comparison could be done with the 

hydrogen demand as chemical feedstock. If all this demand would be satisfied with electrolysis, the power 

input needed would be 3200-5400 TWh [257]. 

• Sites potential. Most of the studies deal with P2G in terms of efficiency, cost, power surplus and mass 

balance. However, it should be noted that once these quantities are related to specific locations constraints 

related to: proximity to the natural gas grid, to VRE sources, minimum plant size, restrictive areas (e.g. nature 

protection), among others, have to be considered. In [264], 65% of the CO2 (95% of it originating from 

biogas plants) could not be used due to these constraints. 

 

Since, the focus of this chapter is a system analysis perspective, a more detailed look at this type follows in the next 

section. 

 

P2G – A system analysis 

 

From the previous set of studies, 23 of them were selected for further analysis. The criteria for this selection were: 

• P2G capacity had to be the result of cost optimization (to understand its role in an optimal mix). 

• One study [265] has an exogenous defined capacity (exception to rule above), but was included for the 

insight of the operational performance of P2G. An hourly resolution model with operational constraints and 

integer component is used. [171] has a similar approach, but considers only hydrogen (and not methane) and 

therefore, was not included. 

• P2G specifically with methane as product (also with H2+CH4 possibility, but not H2 only). 

• Approach with the energy system, different flexibility options and time aggregation or hourly simulation over 

a year. Therefore, studies like [138,178,235,261] that look either only at levelized cost of electricity in 

isolation or have limited competition with other flexibility options were not included. 

• Language: English. 

 

The characterization of the studies is shown in Table 6. Furthermore, since P2G competes with other flexibility 

options is important to specify what options were considered in the different studies (Table 6) to know if P2G arises 

because of limited technologies available. 11 of the studies come from the same project (Neo Carbon project), use the 

same model, with the same approach and assumptions. Therefore, these have been included only once in both Tables 

(identfiied with “*”). 



  

 

A review at the role of storage in energy systems with a focus on Power to Gas and long-term storage 
 

 

   

51 

Table 6. RES penetration, scope and coverage of P2G studies. 

 

 RES Management Sectors included Geographical Scale 

 

RES 

Penetration 

(%) 

Specific 

cost 

(€/kW) 

P2G 

Efficiency31 

Demand 

size 

(TWh) P2G Size Power Gas Mobility Regional National Europe Global 

Plessmann 2014 [266] 100 940 50 28600 1690 TWh x - - - - - x 

Moeller 2014 [181] 0-100 1880 49.2 22 0.184 TWh x - - x - - - 

Kotter 2015 [150] 100 900 60 4.5 0.7 TWh x x - x - - - 

Ahern 2015 [265] 38 - 55-80 68 0.6 TWh x x - - x - - 

Vandewalle 2015 [267] 75 800 65 218 5.43 TWh x x - - x - - 

Clegg 2015 [254] 15-30 - 47 1150 0.079 TWh x x - - x - - 

Jenstch 2014 [151] 85 750 62 1600 10 GW x x - - x - - 

ECN 2013 [263] 10-35 - - 620 5.1 TWh x x x - x - - 

*LUT 2015 [148] 100 614 77 11481 407.6 TWh x x  x - - - 

Schaber 2013 [119] 60-85 1100 57 2030 0-18 x x - - x x - 

Henning 2015 [268] 5232 1100 61 1891 95 GW x x x - x - - 

Palzer 2014 [198] 70-100 1500 60 1385 78 TWh33 x x - - x - - 

de Boer 2014 [173] 3-25 - 30.3 100 1-4 GW x - - - x - - 

 

31 Reason for wide range is the conversion considered in each study. For some, the efficiency is Power to Methane, while for others in Power to Power 
32 This considers the entire energy system, whereas power sector is covered 100% by RES 
33 P2G has a power rating of 87 GW and an annual use of 224 TWh 
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Table 7. Flexibility options and features included in P2G studies. 
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Plessmann 2014 [266] - - - - x - x x - - - - - - - x x - - - - - - 

Moeller 2014 [181] - x - - x - x - - - x - - - - x x - x - - - - 

Kotter 2015 [150] - - - - x x x - x - - - x - - x x - x - - x - 

Ahern 2015 [265] - x - - - - - - - - - - - - - x - - - - - x - 

Vandewalle 2015 [267] - - - - - - - - - - x - - - - x - - - x - - - 

Clegg 2015 [254] - x - - - - - - - - x - - x - x - x - x x - - 

Jenstch 2014 [151] x x x - x x x - x - - - - - - x - - x x - - - 

ECN 2013 [263] x x x - x - x - x - x x x x x - x - x x x - - 

*LUT 2015 [148] x x - - x x x x - - - - - - - - x - - x - - - 

Schaber 2013 [119] - x - - x x - - x - x x x - - x x - - x x - - 

Henning 2015 [268] - - - - x x - x - - x - - - x - x - x - - - - 

Palzer 2014 [198] x - - - x x x x - - - - - - - x x - - - - - x 

de Boer 2014 [173] - - - - - - - - - - x - - - - x - - - - - - - 

 

34 “Capex” and “efficiency” assumptions changed to evaluate effect on size/system. “Technology Portfolio” refers to limiting technologies available to evaluate impact on P2G 
35 “Gas Network” refers to having an explicit representation of the gas network (i.e. pipelines). “Hydrogen only” refers to the possibility of having H2 as a separate product (not only the possibility of methane). 

“Energy efficiency” refers to reducing the energy demand and evaluating the effect on P2G 
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Comments around the studies are divided in two main categories: (1) non-technical, addressing coverage of the studies 

and areas that have not been explored (2) technical, aiming to understand better the role, size for P2G and comparison 

with other integration measures. 

 

In terms of sectoral coverage, 9 of the studies do consider more than the power network and take into account that the 

gas can be used for the heating, industrial sector as part of the gas network. Only 2 include the mobility sector as one 

possible final use for the product. Nevertheless, in [263] this option only arises when CCS and nuclear are not part of 

the technology portfolio. However, hydrogen is the end product rather than methane. 

 

Most of the studies are on the national level, with 4 of them focusing on Germany. Only one [266] has a global scale, 

while it has the advantages of considering over 160 countries with a high spatial (1º x 1º latitude x longitude) and 

temporal (1 year with hourly steps) resolution, splitting the storage in short-term, P2G and thermal and using a 100% 

RES system36, it has the limitations that it does not consider other sectors or flexibility options, there is no energy 

exchange between adjacent networks (copper plate between regions, but no connected regions more than 100 km 

apart) and neglects hydro and biomass potential.  

 

With respect to technical conclusions, the main ones are captured below: 

• Mobility sector. Some mixed conclusions are obtained. From [268], P2G is an enabling technology that 

allows achieving RES penetrations higher than 82%. Even though above such percentage, most of the 

transport (60%) is with electricity and only ~20% with hybrid gas-battery, P2G has to be part of the mix since 

its absence causes non-feasibility of the scenarios. For the boundary value of 82%, P2G leads to a total 

system cost reduction of 25% compared to a scenario where the technology is not available. P2G capacity is 

~140 GW compared to ~550 GW for wind and solar, where most of it is actually methanation rather than 

hydrogen. This could also be because both wind and solar reach their maximum potential and to increase 

their share or having lower footprint a better use of the already produced energy has to be implemented (i.e. 

with a more optimistic potential for wind and solar, the model could deploy more of these decreasing the 

need for P2G). On the other hand, in [263], sensitivities were done for specific CAPEX for the electrolyzer, 

CO2 reduction target (up to 85%), targets for wind and solar capacity (affecting the variability), fuel prices, 

technology restrictions (CCS, nuclear and biomass), lower investment cost for H2 transport application and 

variable H2 content in the natural gas grid. From all these, only when the potential for CCS and biomass is 

limited or when the limit for the hydrogen content in the gas network is too low, some of the product is 

absorbed by the transport sector. For this case, not methane, but hydrogen is the final product, while the 

electrolyzer becomes significant in size (19 GW) with respect to the rest of the system (~30 GW). 

• P2G role. The largest contribution is in [266], where it represents one quarter of the total annual energy 

exchanged by electricity storage and almost 6% of the total annual generated electricity. However, given the 

limitations mentioned earlier in this section, this only provides an upper value that will become more realistic 

once flexibility options (and other sectors) are considered. In [150], the P2G role is also significant, 

representing almost 25% of the annual electricity demand (although no mention is made to installed energy 

capacity37). However, this study deals with covering 100% of the electricity with RES and using the surplus 

for the heating sector. Hence, Power-to-Heat is used when there is co-occurrence between power surplus and 

heating demand and the rest being used for P2G. Curtailment is minimal, being only significant when PtH is 

not available. The constant portion of the energy produced by the system is the electricity fraction, with the 

total varying per case depending on the amount absorbed by P2G, PtH and curtailed. In [198], P2G energy 

capacity represents almost 6% of the annual demand with the total energy exchanged in a year about 18%. 

However, sources of flexibility in generation come from combined cycle using gas from P2G and there is no 

hydro or biomass that could provide additional flexibility. Furthermore, there is no interconnection 

consideration or DSM which could alleviate the short term fluctuations and avoid the need of the surplus 

being diversified to gas or heat. 

• Seasonality use. In [266], the total storage capacity is equivalent to 30 days of continuous discharge (but only 

22 days of daily demand) and has an annual use of 1.2 cycles. The largest storage is thermal, the ratio 

between annual use and capacity (4800 TWh vs. 73.6 TWh) leads to 65 full cycles in a year, which seems to 

 

36 Note that this study was not considered in Table 4 because given the limited choices for flexibility, it resulted in 65% of the energy produced not 

being used immediately, increasing the need for storage to 25% of the demand on annual basis and 6% on a single cycle (installed capacity), which 

from other studies seem to be a result of the limited number of choices  
37 Installed power capacity is 218 MW, compared to an average demand of 328 MW. 
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indicate thermal storage is not for seasonal use. This is different from [198], where thermal plays the major 

role in seasonal storage in combination with CHP operation and has almost three times the P2G capacity. For 

most of the LUT studies, P2G has < 0.4 cycles a year, being used as seasonal storage when the demand is 

expanded to the industrial gas and around 1.5-2.2 cycles when only the power sector is considered. 

• Cost impact. The absence of P2G in the technology portfolio can lead to an increase in system cost for a high 

RES penetration. For [150], the total cost increased by 10% when P2G was absent. In [254], the focus is on 

operational costs rather than total (considering investment), but these are reduced by 4-9% depending on the 

level of penetration (15-30%). In [148], using P2G to satisfy the industrial demand, actually results in an 

electricity price increase of almost 30%. 

• Effect of cost learning curve over P2G role. In [150], a base cost of 900 €/kW is used with the sensitivity 

being up to 2500 €/kW. Up to 1800 €/kW, there is a marginal change in capacity and full load hours, but it 

does increase the system cost by ~7%. For 2500 €/kW, P2G role is greatly (by ~60-70%) diminished, being 

partially replaced by Power-to-Heat and batteries and resulting in a system cost increase of almost 10%. 

• Effect on gas grid. In [254], the introduction of P2G with an equivalent capacity of one third of the total 

installed capacity led to a reduction of 3-8% of the seasonal storage, given that part of the gas demand is 

covered by P2G. Furthermore, P2G covering part of the gas demand also reduces the seasonal gas price 

spread by 4-16%38. [255] makes the explicit split between the effects over the electricity and the gas network. 

For the gas network, there is a marginal effect over gas imports in the long term, with the largest difference 

being for RES integration rather than P2G. Gas flexibility (defined as additional gas needed due to the use of 

gas turbines to balance wind fluctuations) is around 12% higher with P2G. In the shorter term, there could be 

situations where the gas demand is low or even absent and all the gas being consumed has been generated by 

P2G. For these cases, marginal costs of P2G would be dictating the gas price rather than imported or 

produced gas. Market should be adjusted to deal with these periods of time. 

• Sensitivities. One of the most complete studies is [263] that uses an energy model and is focused around P2G. 

In none of the sensitivities P2G was necessary (only Power to Hydrogen, but not methane, using the H2 

mainly for transport). Some of the studies have limited sensitivities on P2G for two main reasons: focus on 

the rest of the system (and variations are in CAPEX for generation or RES penetration with P2G as resultant 

value) or focus on operational component and analysis of hourly values (e.g. power surplus, electricity price). 

[151,265,267] use an operational model where the capacity installed is an input and the sensitivities were 

limited. Most of the models focus on the power network or P2G to absorb the power surplus. There is limited 

insight on the competition with hydrogen and its use for either mobility or injection in the gas grid ([254] 

explores injection, but does not include mobility). The variation of efficiency (that can be achieved through 

heat integration) was not explored by any of the studies. 

2.8. Conclusions 

Some key conclusions from above analysis are: 

 

• The consideration of multiple flexibility options (from network expansion, storage, wind/solar ratio, flexible 

generation, excess of capacity, DSM and curtailment) have synergistic and complementary effects. Estimates 

of 2 months equivalent of demand as storage or 10 times grid expansion (with respect to current state) can be 

greatly reduced by including more of these alternatives to deal with the variability and power surplus. 

• Including sectors other than power (Power to X including fuels, heat and gas) in the analyzed scope can be 

beneficial (i.e. lower overall cost and lower energy curtailment) since more options are available for 

flexibility and result in lower storage needs compared to systems covering power only. 

• There is a trade-off between number of flexibility options and model complexity (and resulting calculation 

time) that lead to making compromises in the choice of modeling approach and elements included. From the 

current review, some of these choices are: sectors covered (power vs. heat and mobility), use of operational 

constraints vs. investment planning, use of integers for individual plants vs. aggregation by plant type, time 

resolution (hourly vs. representative), transmission network (copper plate vs. tranmission and distribution), 

centralized optimization (vs. several players maximizing their utility), uncertainty analysis (deterministic vs. 

stochastic). 

 

38 Upper values represent a higher VRE penetration with wind and solar production being almost doubled 
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• The role of storage becomes more relevant for high VRE penetrations. Below 30% penetration, curtailment is 

usually the best option, since the number of hours when there is a surplus is not enough to justify an 

investment. To reach fractions > 80%, storage (and specifically long-term) plays a key role and reduces the 

overall system cost (compared to a system without storage). However, most of the storage need is for daily 

fluctuations, where further additions of capacity have diminishing marginal added value. 

• The power storage needs for electricity systems with less than 95% penetration are at most 1.5% of 

equivalent annual demand in terms of energy rating. Considering future global electricity demand, this 

storage need might be in the order of 600 TWh. The PHS potential is not enough to satisfy such need, but 

seems to be enough to support the transition period. CAES has a much larger potential and more suitable 

locations around the world. However, it is still limited compared to chemical storage. Only 2% of the global 

annual natural gas production or 10% of the gas storage facilities would be enough to cover such need. 

• Another alternative to deal with the power surplus is the conversion to liquids (PtL). The storage need would 

only represent 2% of the transport demand and ~5% of the storage capacity. An advantage is that liquid fuels 

have the highest volumetric energy density. The main disadvantage of this option is that it would only 

provide negative reserve, being more difficult to cover power shortages when needed. 

• In 100% RES scenarios for entire energy system, the energy storage demand seems to be higher than 1.5%39. 

The upper bound remains unclear since high estimates were obtained from studies with limited number of 

flexibility options. Most of the studies remain below 6%. Sources of flexibility for these scenarios can be 

CCGT with green gas, biomass CHP, thermal storage, PtL or Power to Heat. 

• Seasonal storage function can sometimes also be provided by thermal storage, either through heat pumps or 

storage associated to CSP. 

• Efficiency is key for storage, where lower efficiencies will translate into either extra generation capacity to 

satisfy the demand or extra storage capacity to satisfy a need from the system. In both cases, this translates 

into additional investment. It plays a more important role for short-term applications (balancing) and with 

larger quantities of storage deployed. 

• Power to Gas has the main advantage of being able to produce different compounds and for different sectors. 

This gives more robustness to the technology as it provides more revenue streams. 

• Due to the high technology cost, one option for P2G is to increase the size of the facilities to benefit from 

economies of scale. The amount of power needed for such plants places uncertainty over the fact that plants 

will only operate when there is power surplus from RES (otherwise the CO2 footprint of the methane 

produced is in most cases higher than conventional NG). A further complication can be the sources for CO2 

(in the required quantities and location) which will directly impact the LCA footprint of the system. 

• P2G is to be seen as an option to deal with the power surplus rather than a technology to satisfy the current 

gas demand in a sustainable way. The reason for this is that due to its low efficiency and relative sizes of the 

electricity and gas sectors, satisfying the gas demand with P2G would require at least three times the current 

power installed capacity, representing a large cost and providing a large budget that could be used another 

way to fulfill the same purpose. 

• The most explored area for P2G is the techno-economic evaluation and effect of different variables over 

production cost. This is logical given the difficult justification of the technology based on monetary terms. 

Least explored areas remain to be LCA. 

• Few studies have focused specifically on P2G from an energy modeling perspective. Most of the studies so 

far have included P2G as part of the technology portfolio, but attention has been given to the rest of the 

system and its evolution in the path to decarbonization. 

 

Next steps are: 

• Choose a specific system to analyze the trade-offs between flexibility options with a fixed set of assumptions 

and understand how leaving some of them out can affect the results and the calculation time. This should 

include the entire energy system (not only power) to include the various technology vectors. An outcome can 

be the identification of the marginal technology that is attractive with additional RES capacity. 

• Choose a specific system to analyze the P2G role, considering the entire energy system, looking at its 

contribution as the RES fraction becomes higher, competition with other storage and flexibility options, with 

a cost optimization approach including the investment component, with sensitivities for cost and efficiency 

and capturing better the environmental effect of the CO2 use. 

 

39 This fraction refers to the energy storage capacity (e.g. TWh) compared to the total energy demand for the system   
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• Analyses done with cost optimization should be expanded to capture storage effect over electricity price, 

where its introduction in the system will cause lower price spikes and higher minimum prices, reducing the 

incentive for storage as more of it is installed. 

• For a complete storage analysis, the interaction between power, energy, macro-economy and market 

components should be captured. Power allows capturing the dynamics and operational constraints, energy 

since all the networks and technology vectors should be included, macro-economy to capture demand 

variations with price and cost elasticity and market to reproduce the presence of different players with 

different interests that deviate the solution from a central optimization approach. 

• This chapter has put in perspective the amount of storage needed and its comparison with the possible 

altnernatives to satisfy it. A next step is to carry out a geographical match between storage demand and 

alternatives for it, as local conditions will change the outcome. 

• Look into the LCA component of P2G and all the possible value chains that can arise to sistematically 

compare them and analyze their footprint, since this area still remains partially covered. 
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Abstract 

Hydrogen represents a versatile energy carrier with net zero end use emissions. Power-to-Liquid (PtL) includes the 

combination of hydrogen with CO2 to produce liquid fuels and satisfy mostly transport demand. This chapter assesses 

the role of these pathways across scenarios that achieve 80 to 95% CO2 reduction by 2050 (vs. 1990) using the JRC-

EU-TIMES model. Gaps in literature covered in this chapter include a broader spatial coverage (EU28+) and hydrogen 

use in all sectors (beyond transport). The large uncertainty in the possible evolution of the energy system has been 

tackled with an extensive sensitivity analysis. 15 parameters were varied to produce more than 50 scenarios. Results 

indicate that parameters with the largest influence are the CO2 target, the availability of CO2 underground storage and 

the biomass potential. Hydrogen demand increases from 7 mtpa today to 20-120 mtpa (2.4-14.4 EJ/yr), mainly used for 

PtL (up to 70 mtpa), transport (up to 40 mtpa) and industry (25 mtpa). Only when CO2 storage was not possible due to 

political ban or social acceptance issues, electrolysis was the main hydrogen production route (90% share) and CO2 use 

for PtL became attractive. Otherwise, hydrogen was produced through gas reforming with CO2 capture and the 

preferred CO2 sink was underground. Hydrogen and PtL contribute to energy security and independence allowing to 

reduce energy related import cost from 420 bln€/yr today to 350 or 50 bln€/yr for 95% CO2 reduction with and without 

CO2 storage. Development of electrolyzers, fuel cells and fuel synthesis should continue to ensure these technologies 

are ready when needed. Results from this study should be complemented with higher spatial and temporal resolution. 

Scenarios with global trading of hydrogen and potential import to EU were not included.  
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3.1. Introduction 

Global surface temperature has already increased by 0.9 ºC and global mean sea level has already risen by 0.2 m 

compared to pre-industrial times. To limit the temperature increase to 2 ºC by 2100, cumulative emissions over the 

2012-2100 period have to stay within 1000 GtCO2e. Delayed action will only lead to more drastic changes required 

later on to stay within the carbon budget [2]. To achieve this target, key alternatives are carbon capture and storage 

(CCS), sustainable biomass use, energy efficiency and renewable energy sources (RES). Hitherto, a lot of attention has 

been given to the power sector, which is the one with the highest RES penetration mainly through the contribution of 

hydropower, wind and solar. Nevertheless, for a fully decarbonized system, the emissions from all sectors of the 

energy system, but also non-energy related sectors (e.g. agriculture and land use) have to be eliminated. 

 

A promising option to decarbonize all sectors is to use a versatile energy carrier that can be easily transported and 

converted in mechanical power, heat and other forms of energy. This has been the motivation to propose an electricity 

based economy and hydrogen economy [25,269–271]. In spite of fulfilling the requirement of versatility, electricity 

has two main disadvantages. First, there are no existing technologies to directly store large amounts of it for long (> 1 

month) periods of time. The best (fully developed) technology is pumped hydro storage, which constitutes more than 

99% of existing electricity storage capacity [190]. However, in its conventional configuration, it is limited by 

geographical constraints (e.g. existence of reservoirs, height difference and water source) and its potential might still 

not be enough to satisfy the needs of a fully renewable system (see Chapter 2). The other disadvantage of electricity is 

that sectors like aviation and maritime transport present challenges for electrification due to weight, drag and space 

requirements. 

 

Hydrogen can provide a solution for transport, while still being a versatile energy carrier to be used across sectors. 

Tail pipe emissions for hydrogen are zero. Instead, its emissions are defined by the production technology and 

upstream value chain [20,272–275]. A proposed route for a low CO2 footprint is to use RES electricity for hydrogen 

production with electrolysis. This would allow moving away from fossil fuels in transport, which can contribute to 

energy security (electrolyzers can be installed locally and produce hydrogen from local RES sources), lower market 

volatility (oil is a global market continuously affected by upheavals and political interests) leading to more stable 

prices and smaller effect on consumers. With hydrogen, the end use technology can change to a fuel cell rather than an 

internal combustion engine leading to a higher efficiency40 and less energy required per traveled distance. It can 

complement the usually shorter range of electricity vehicles. Fast response electrolyzers can provide flexibility and 

balancing to the power system while reducing curtailment. Lastly, it can have distributed applications where hydrogen 

is produced and consumed locally. Among its disadvantages are the infrastructure development needed, the current 

high costs for electrolyzers and fuel cells where the potential development is linked to learning curves and technology 

deployment, their efficiency loss (typical efficiencies for electrolyzers are 65-75% (HHV) on energy basis [276]) and 

the volumetric energy density in spite of being higher than batteries, it is still about 4 times lower than liquid fuels41. 

Even with the importance of volume (due to drag) in aviation, hydrogen has been continuously evaluated for such 

application [277–281]. A key limitation for this use is cost, where the fuel can represent up to 40% of the operating 

cost and a small increase due to drag or weight can represent a large increase in total cost. 

 

Current global hydrogen production is in the order of 50 mtpa42, out of which the EU28 share is close to 7 mtpa 

(equivalent to 0.84 EJ). Industry sector dominates with more than 90% of the use. 63% of this is used by the chemicals 

sector (ammonia and methanol), 30% by refineries and 6% by metal processing [282]. Only 9% of the hydrogen 

market is merchant (meaning traded between parties as most of it is actually produced on-site and resulting from 

process integration). The size of the transport sector is 12.3 EJ for road transport (cars, trucks, buses) and close to 2 EJ 

for both aviation and navigation sectors (where the largest contribution is from international transport by a ratio of 9:1 

vs. domestic)43. Even if hydrogen covers only a small part of the sector, it would imply a significant increase in H2 

production capacity compared to current values. 

 

40 42-53% for fuel cells, while an ICE is around 20% 
41 The mass energy density is around 2.5 times higher for hydrogen, which would lead to less weight. The trade-off for fuel consumption is drag 

(volume) vs. weight. 
42 mtpa = million tons per annum 
43 Eurostat. [nrg_100a] - Simplified energy balances - annual data 
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This chapter uses a bottom-up cost optimization modeling approach that includes capacity expansion, covers the entire 

energy system for EU28+ (EU28 plus Switzerland, Norway and Iceland). The reason for this choice is to be able to 

evaluate the Power-to-X (PtX) options and integration between sectors and at the same time, consider the optimal 

capacities needed to achieve a low carbon system. Scenarios evaluated cover 80-95% CO2 reduction by 2050 (vs. 

1990) in agreement with the EU strategy [283]. The main targeted questions for hydrogen are to identify the 

production technologies as well as its main process chains, end use allocation to the different sectors and infrastructure 

cost. On PtL, the main questions are sources for CO2, competition with biofuels, electricity and hydrogen itself and 

range of conditions (system constraints) that make the technology attractive. Given the long-term nature and high 

uncertainty associated to the evolution of the system, an objective is to do a systematic analysis of system drivers that 

favor or constrain these technologies and determine their robustness (e.g. if deployment is present across multiple 

scenarios). This complements a previous exploration of Power-to-Methane (Chapter 4), which is another technology 

satisfying similar boundary conditions in addition to the competition for the CO2 molecule with PtL. 

3.2. Literature review and gaps 

The literature review is divided mainly into two sections: one tackling the activities at EU level from research to 

policy with the objective to put in perspective the levels of deployment foreseen in this chapter in comparison with 

current policies and initiatives. The second section summarizes trends and gaps observed in previous energy system 

models that have focused on hydrogen and based on this, identifies the additions of this work to that literature. 

3.2.1. Hydrogen landscape in the EU 

Activity at the EU level on hydrogen can be analyzed from three different perspectives: research activities, roadmaps 

and potential role in future low-carbon systems and consideration in current policy frameworks. 

 

In terms of research, 90% of all the EU funds for hydrogen are covered by the FCH JU (Fuel Cell and Hydrogen Joint 

Undertaking), which is a public private partnership. The first phase ran from 2008 to 2013 with a budget of 940 M€ 

and a second phase from 2014 to 2020 with an increased budget of 1330 M€. In terms of roadmaps, one of the best 

known is HyWays [284]. It was finished in 2008 and considered start of commercialization by 2015, 2.5 million 

FCEV (Fuel Cell Electric Vehicles) by 2020 (EU) and a penetration rate of up to 70% for FCEV by 2050 (~190 

million FCEV). A more recent roadmap has been done by the IEA in 2015 [285], which proposes 30000 FCEV 

worldwide by 2020, 8 million by 2030 and 30% penetration by 2050. In terms of future scenarios for EU as a whole, 

the EU Reference Scenario [50] only considers hydrogen for transport, where it barely plays a role with 0.1% by 2030 

and 0.7% by 2050. This only considered a (greenhouse gas) GHG emission reduction target of 48%. On the other 

hand, the Energy Roadmap 2050 [47] does have a more ambitious target (80% reduction), but make no mention of 

hydrogen and transport relies on higher efficiency standards, modal choices, biofuels and electricity. The 2ºC scenario 

with high hydrogen from IEA [285] uses hydrogen for transport and foresees a demand of 2 mtpa for 35 million FCEV 

in EU444 by 2050. 

 

In terms of policy, hydrogen and synthetic fuels are not explicitly mentioned in most of the directives. The Renewable 

Energy Directive [51] establishes a target for a share of advanced renewable fuels (6.8% for 2030) and has specific 

targets for biofuels (3.6%), but none for hydrogen. A recent revision (June 2018) [286], includes a mandatory 

minimum of 14% of renewables in Transport by 2030, to be achieved via obligations on fuel suppliers. The mutual 

consent to cap conventional biofuels EU-wide at a maximum of 7% opens perspectives for electricity, hydrogen and 

PtL/BtL in transport. It also suggests the extension of guarantees of origin for renewable gases like hydrogen or 

biomethane. The Fuel Quality Directive (FQD) is based on a mandatory 6% GHG reduction by 2020 compared to a 

2010 fossil reference of 94.1 gCO2/MJ [52] and only mentions hydrogen in the reporting guidelines 2015/652 [53]. 

Hydrogen falls in the category of electricity storage providing flexibility (supply driven) rather than an alternative for 

sustainable transport (demand driven). For example, in the Clean Energy Package, it is presented as an alternative to 

integrate Variable Renewable Energy (VRE) and clustered under the FCH JU. Storage is not focused anymore only on 

power, but also extended to promote sectorial integration options (PtX) [55]. 

 

44 Germany, France, Italy and United Kingdom  
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In most of these documents [51–53,55,287,288] hydrogen will contribute to achieve the targets. However, they do not 

have specific actions to promote hydrogen uptake. EU policy framework does not hinder hydrogen development, but it 

does not provide a strong support either. This conclusion was reached back in 2010 through a more detailed analysis 

[289], but it seems it has not changed since. Different support schemes are needed for hydrogen. As an energy carrier, 

policies should not only target production, but also its distribution (different from VRE). It is not fully compatible with 

existing infrastructure (different than biofuels) and it requires incentives for its development. 

3.2.2. Hydrogen in future low carbon systems 

Studies on hydrogen can broadly be classified in the following categories: 

• Technology [26,276,290–292]. Tackle breakthrough in material, operating conditions, testing, efficiency, 

operational performance and outlook for the future for electrolysis and fuel cells. 

• Supply chain [293–301]. Discuss the different alternatives for production, storage and distribution to end user 

considering cost, scale (H2 use) and efficiency, but focused only on hydrogen. 

• Geo-spatial studies (GIS – Geographic Information System) [302,303]. Establish the link between potential 

sources for hydrogen (e.g. wind farms) and demand (e.g. cities) considering their spatial distribution. 

• Economic [281,304–308]. Compare levelized cost of potential future technologies with steam methane 

reforming and make sensitivities around raw materials, gas prices and learning curve effect. 

• Energy [63,309–335]. Hydrogen use in different sectors (transport, power, heating, industry, storage) 

capturing the effect of policies through commodity and technology substitution considering cost and 

emissions. 

• Storage [336–340]. Role of hydrogen as long-term or seasonal storage in a RES system. 

• Power [249,341–355]. Use of electrolyzers to provide grid services (i.e. balancing) and aid VRE integration. 

Wind integration and even nuclear integration studies fall in this category. 

• Roadmaps [284,356–358]. Describe the various roles hydrogen can have in a future energy system, benefits 

and establish actions to promote its use at various dimensions (research, funding, regulation, among others).  

• Policy [289]. Understand level of subsidy (or tax cut) for hydrogen to be used across sectors along with its 

impact on GHG emissions and contribution to reduction targets. 

 

Many previous studies have assessed the role of hydrogen with an energy system model [63,309–335] (the same 

category as this chapter). There is also a review on hydrogen in low-carbon systems [44]. Some trends across studies 

are: 

• There seems to be a trade-off between spatial resolution and portion of the energy system covered. Four 

scales are identified: (1) global studies with focus on hydrogen for cars [310–312,359–366]; (2) national 

studies covering the entire energy system [63,309,313,314,327,328,330–333,335]; (3) local studies looking at 

optimal locations and routes for the infrastructure (focused on hydrogen) [320] and (4) more specific cases to 

optimize fueling stations and specific routes for a community [329]. 

• There is also a trade-off in spatial scope, resolution and the extent to which parameters are endogenous. Some 

studies [63,327,328] have high spatial and temporal resolution (hourly and 12 to 402 regions for Germany), 

but take demand for commodities (electricity and hydrogen) as exogenous parameters and do not consider the 

competition between energy carriers and the dynamics of supply-demand. In the other extreme, there are 

studies (e.g. [310–312]) that have a wider geographical scope (EU/global) with endogenous demand and 

prices for the commodities at the expense of temporal and spatial resolution (representative time slices and 

regions that include various countries). 

 

Some of the gaps that remain from this literature are: 

• Competition between all sectors (residential, commercial, industry, power and transport) for hydrogen use. 

• Incorporate competition between alternative sources of fuel (e.g. hydrogen, methane, XtL, electrofuels and 

biofuels). 

• A systematic analysis of the relation between hydrogen potential and different system configurations (e.g. 

biomass potential, CO2 target, fuel prices). 

• Hydrogen role considering a differentiation between technology specific drivers (e.g. capital expenditure -

CAPEX learning curve) and system drivers (e.g. CO2 reduction target) to establish performance targets for 

the technology. 
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• Cover both the entire energy system (alternative uses), spatial distribution of infrastructure and consumer 

choices for technology adoption in private transport. 

 

Some gaps in literature that are closed with the current study are: (1) the geographical scope is the entire European 

region; (2) considering trading and dynamics between countries; (3) additional sectors other than transport are 

considered and (4) in transport itself, even though additional features such as inconvenience cost, risk aversion, 

anxiety cost, among others are not included, there is a finer cost and efficiency resolution for cars for the model to 

progressively change toward new technologies and have enough options to do so [367]. The study includes up to 95% 

CO2 reduction scenarios, competition between hydrogen, PtL, synthetic fuels and biomass for transport and robustness 

of the technologies for a range of potential future scenarios. It also allows analyzing the transition to renewable 

hydrogen for sectors already using it (e.g. refineries). Gaps that will remain after this study are spatial consideration of 

sources, infrastructure and sinks, validation of results with a higher temporal resolution and behavioral component in 

modal shifts for private transport. 

 

This model has also been used in the past for evaluating the potential role of hydrogen in EU [368]. Differences with 

respect to such work are further model development (additional technology portfolio and focus on PtX representation) 

and the systematic parametric analysis to identify the drivers and barriers for hydrogen in multiple potential scenarios. 

3.3. Modeling approach and structure 

The modeling approach is based on cost optimization covering the entire energy system and it includes investment, 

fixed, annual, decommissioning and operational cost, as well as taxes, subsidies and salvage value as part of the 

objective function. The software used is TIMES (The Integrated MARKAL-EFOM System) [369–371], which is a 

bottom-up (technologically rich), multi-period tool suitable to determine the system evolution in a long-term horizon. 

The model uses price elasticities of demand to approximate the macroeconomic feedback (change in demand as 

response to price signals), which allows transforming the cost minimization to maximization of society welfare. 

 

Technology representation is achieved through a reference energy system, which provides the links between 

processes. Each process is represented by its efficiency (input-output), cost (CAPEX and OPEX) and lifetime. Prices 

for all commodities are endogenously calculated through supply and demand curves. Several policies can be added 

including CO2 tax [372], technology subsidy [373,374], regulations, targets, energy efficiency [375], feed-in tariffs, 

emission trading systems [376] and energy security [377], among others. A common application involves the 

exploration of decarbonization pathways [331,378–380]. Key output of the model is the capacity needed for every 

technology, energy balance for each country in each time period, trading, total emissions and cost breakdown. 

 

Some of the aspects that are not covered with JRC-EU-TIMES are: macro-economy (except for the interaction through 

price elasticity), power plant operation (e.g. minimum stable generation, start-up time and cost), land use, climate (e.g. 

reduced form geophysical model), behavioral choices for private transport, supply of resources (e.g. biomass), 

agriculture and non-CO2 emissions and pollutants. Natural cycles (hydrological, carbon) in the biosphere, political and 

social aspects are also omitted in the approach. Due to the focus on energy systems (leaving changes in agricultural 

practices, biomass burning, decay, petrochemical, solvents out of the scope) and only CO2 (no CH4, N2O, NOx and 

pollutants), the model effectively covers around close to 80% of GHG emissions, noting that for 2014, the energy 

sector represented 68% of the GHG emissions, industry 7% and agriculture 11%, while CO2 was 90% of the GHG 

emissions [381]. 

 

The model has been thoroughly described before [334,382–384]. Below are sections that have either been modified or 

that are essential to understand for this chapter with extra information (data) in Appendix 3.1 and a list of the changes 

done as part of this study in Appendix 3.2. 

3.3.1. Overview of major inputs 

The main exogenous parameters for JRC-EU-TIMES are: 

• Macroeconomic. Demand for services and materials and fuel prices are aligned with the EU reference 

scenario that has PRIMES as centerpiece of the modeling exercise [50]. 
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• Technology parameters. This covers cost, efficiency and lifetime for the technologies and their evolution in 

time. Sources are mainly [385,386], while technology specific discount rates are from [50]. 

• Technology potentials. Each country has maximum flows for all energy resources and associated mining 

production cost for fossil fuels. The constraints for each country are taken from GREEN-X and POLES 

models, as well as from the RES2020 EU funded project, as updated in the REALISEGRID project [368]. 

• Interconnection between countries. This is relevant for electricity (ENTSO-E and Annex 16.9 of [368] for 

specific values), CO2 transport cost (taken from [387]) and gas. 

• Base year calibration. Mainly done with Eurostat and IDEES (Integrated Database on the European Energy 

Sector) database [388]. For more detail on the categories used for each sector, refer to [368]. 

3.3.2. Hydrogen Network 

The hydrogen system is divided in 4 main steps: production, storage, delivery and end use. 

• For production, there is a total of 23 processes, where variations arise from fuel (methane, biomass, coal, 

electricity), technology (reforming, gasification, electrolysis and variations therewith and carbon capture) and 

size (centralized, decentralized). Techno-economic parameters can be found in [383]. The model did not 

include PEM (Proton Exchange Membrane – Technology Readiness Level 7-8 [14]) or SOEC (Solid Oxide) 

electrolysis (TRL 6-7 [14]) and these were added since they have potential for high efficiency and low cost 

[86,304]. Three sets of data were used for PEM to cover the uncertainty in future performance. For data used, 

refer to Appendix 3.1. 

• For storage, there are 3 alternatives: underground storage45, centralized tank and distributed tank (20 MPa). 

The production technologies connected to underground storage are the ones applied at large scale or 

corresponding to a medium size of a conventional technology. Centralized tank is used for relatively 

unconventional technologies (e.g. Kvaerner, oxidation of heavy oil) and smaller scale production. 

• For delivery, there are different pathways that can be followed, including: compression, transmission, natural 

gas blend, liquefaction, road transport, ship transport, intermediate storage, distribution pipelines and 

refueling stations (L/L, L/G, G/G). Not all combinations among these are possible (e.g. liquefaction and 

injection to the grid) and this results in 20 delivery chains considered. For the reasoning in selection, refer to 

[389]. Delivery cost for transport is between 1 and 6 €/kg depending on the delivery route chosen. The most 

expensive steps are refueling (up to 3.8 €/kg) and distribution pipeline (3 €/kg). The simplest pathway is 

blending which covers compression, storage and transmission (~1 €/kg). See Appendix 3.1 for more details 

and cost breakdown for individual steps. 

• In terms of end use, the hydrogen can be blend with the natural gas (up to 15% in volume) and end up in any 

of the applications of this commodity, used in the residential sector to satisfy part of the space heating 

demand (µCHP), industry (steel), transport (cars, buses, trucks) or be used for fuel synthesis (combined with 

CO2). For blending, 10% is already possible in some parts of the system [390] and the impact of using higher 

concentrations has also been assessed [391]. The main limitations are on tolerance of the end-use devices 

(e.g. CNG stations, gas turbines and engines) rather than on infrastructure. Looking at a 2050 time horizon, it 

is expected that this is de-risked, but 15% is chosen to avoid overreliance on the alternative. 

 

A representation of these different steps is shown in Figure 11. A diagram with more detail on the delivery paths is 

presented in Appendix 3.3. 

3.3.3. Sectorial use of hydrogen 

Hydrogen in the residential sector can be supplied by 4 pathways: centralized hydrogen with underground storage or 

tank, decentralized production and by blending with natural gas. It can be used directly to satisfy space heating 

demand through a PEM or solid oxide fuel cell (µCHP) to satisfy both power and heat or blend with natural gas and 

satisfy the same need with existing technologies. This is an improvement introduced in this research, where the 

previous version only counted with a burner to satisfy space heating demand. For the specific data, refer to Appendix 

3.1. 

 

45 Typical values are 500,000 m3 with a hydrogen net storage capacity of 4 kt [871] 
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Figure 11. Structure of the hydrogen supply and delivery chain in JRC-EU-TIMES. 
 

In the EU, steel represents 4.7% of the CO2 emissions [392]. Improvements for the industry are divided in two 

categories: enhanced operation and upgrading of current assets (e.g. process control, heat integration, gas recovery, 

insulation, monitoring) and technology changes (Corex/Finex iron making, MIDREX, EnergIron/HYL, Direct Sheet 

Plant (DSP) and CCS) [393]. The two most relevant improvements for this research are the possible use of carbon 

capture (which could provide CO2 for possible use downstream) [394] and hydrogen as reduction agent (e.g. MIDREX 

process) [392,395]. It has been shown [396] that H2 is the technology with the largest CO2 reduction potential in steel, 

in spite of resulting in a net increase of energy demand. For more details on the steel sector, refer to Appendix 3.1. 

 

Hydrogen can also be used for refineries and ammonia production, which currently are 2.1 and 3.6 mtpa of the 7 mtpa 

EU total demand [282]. Part of the hydrogen in refineries comes from internal processes (catalytic reforming), that 

needs to be supplemented by additional production with methane reforming [397], while for ammonia, reforming is 

the step where nitrogen is introduced in the process. For refineries, hydrogen production was disaggregated from the 

rest of the processes subtracting the equivalent natural gas that would be used. Data from [398] was used for 

refineries, which contains the hydrogen demand per country. For ammonia, using pure hydrogen requires changing the 

process configuration by eliminating the reforming step and adding an ASU (Air Separation Unit) to obtain the 

nitrogen and electrolysis to produce the hydrogen. Techno-economic data was taken from [399,400], electricity 

consumption for the combined process (NH3 conversion, compression and cooling plus ASU) is 0.39 kWh/kg NH3 

(still optimistic compared to [400] that estimates a 10 MW consumption for processes other than electrolysis for a 300 

t/d plant) and a hydrogen requirement is close to 190 kgH2/ton NH3. The cost included for this step includes the 

synthesis loop, ASU, compression and ammonia storage since electrolysis is a separate process in the model. This 

leads to a specific CAPEX of 145 €/ton for a size of 2200 t/d. To put these numbers in perspective, cost is almost half 

of the conventional process (270 €/ton for a similar scale [401]). The main reason for this perceived advantage of the 

electrolytic route is that 145 €/ton does not include electrolysis (which is the most expensive component at around 

350-500 €/ton on NH3), while the cost for the conventional process does include hydrogen production (reforming). 

3.3.4. CO2 use 

The CO2 molecule has two possible destinations, either underground storage or re-conversion to an energy carrier. The 

alternatives for CO2 use are shown in Figure 12. 
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Figure 12. Alternatives for CO2 use in JRC-EU-TIMES. 
 

Potential CO2 sources are industrial (steel, ammonia, glass and paper), power and supply (BtL, biogas, H2 production) 

sector. Direct air capture (DAC) is introduced as a separate process. This is done as a sensitivity analysis to avoid 

overreliance on the technology and assess alternatives in case it does not develop as expected. Syngas is not explicitly 

modeled as a commodity, but instead is inside the (clustered) processes and techno-economic parameters. Processes in 

Figure 12 include the electrolyzer, reverse water gas shift, Fischer Tropsch (or methanol) and upgrading section. For 

data used for Power-to-Methane (PtM) refer to 4.3.7 in Chapter 4, while data for PtL (including co-electrolysis) can be 

found in Appendix 3.1. There is a range of chemical intermediates that can be produced from CO2 (e.g. urea, 

carboxyls, carbamates, inorganic complexes, polymers) [402,403] through different processes (e.g. photocatalysis, 

mineral carbonation, photosynthesis, electrochemical reduction, algae) [404]. However, the entire petrochemical value 

chain is not explicitly included in JRC-EU-TIMES, but instead clustered in fewer processes. Therefore, there is no 

technological detail to consider routes that use pure CO2 as feed in order to be able to make trade-offs between the 

alternatives. The other possible sink for CO2 is underground that has a cost between 3.3 and 10 €/ton [405,406]. 

3.3.5. Transport fuels 

The transport sector is divided in road transport, aviation and navigation. Road transport in turn is divided in sub-

sectors (freight and passenger) and can be satisfied with different fuels. The combination of fuels that can be used in 

each transport sector is shown in Table 8, while the alternative intermediate carriers and conversion routes to produce 

the fuels are shown in Figure 13. For specific considerations for this section, as well as fuel shares refer to Appendix 

3.1. 

 
Table 8. Combination of fuels and end users in the transport sector. 

 Gasoline Diesel 

Fuel 

oil 

Jet 

fuel CNG LMG46 LPG Ethanol 

2nd gen 

biofuels Electricity H2 

Bus x x   x x x x x x* x 

Light Duty x x   x  x x x x x 

Heavy 

Duty x x   x x  x x x* x 

Car x x   x  x x x x x 

Aviation    x     x   

Navigation  x x   x   x   
*It means option and data are available, but only done as a sensitivity analysis to avoid an overly optimistic scenario  

 

46 LMG = Liquified Methane Gas, which is used instead of LNG (Liquified Natural Gas) since methane can come from PtM, biogas or natural gas. 

Once they are mixed in the grid, they cannot be differentiated. Henceforth, LNG will be used to refer only to natural gas (i.e. import) 



Potential for hydrogen and Power-to-Liquid in a low-carbon EU energy system using cost optimization 
 

   

65 

 
Figure 13. Technology pathways for fuel production and use for final demand. 

 

The terminology used here follows [407]. Electrofuels is the parent term for fuels obtained from power (i.e. PtX). 

Synthetic fuel is used for XtL (since results do not have coal or gas to liquids, this term implies BtL). Biofuels 

encompass both 1st and 2nd generation. A potential energy carrier for aviation is hydrogen, but this is not included. In 

spite of the vast research on this topic [277–281], its maturity was deemed too low to rely on it as possible low-carbon 

solution. Furthermore, at this point, there is high uncertainty in the cost and efficiency figures and even though 

assumptions could be taken for these values, risks associated to technology deployment, performance and learning 

curve effect are more difficult to capture47. Ammonia as fuel or storage [28,33] is not included in this research. 

 

Similarly, for navigation, several options have been studied, including hydrogen, batteries, anhydrous ammonia, 

compressed air and liquid nitrogen, wind, solar and nuclear powered [408], but it was decided not to include these. 

LMG is also an alternative quickly arising for navigation in EU and where efforts are being done to close the gaps in 

regulatory framework to enable the use of LMG and develop the required infrastructure [409]. This is driven by a 

benefit in sulfur emissions and a stricter regulation [410] rather than having CO2 emissions in mind. LMG is included 

in the model and its potential for heavy duty and marine transport has already been evaluated (see Chapter 4).  

 

For both sectors, there is a large contribution (50-75%) to GHG reduction from changes in operations, mechanical 

design, materials and aerodynamics to CO2 emissions reduction that are not captured as part of the current model, so 

there is an overreliance in fuel switch [411], which in reality might be lower than what the model predicts. The model 

has also been expanded with electric options for heavy duty (battery-based) and buses with data from [412] and has 

been included in Appendix 3.1. Currently, it is foreseen that electric heavy-duty trucks will already be competitive in 

Europe by 2030 for regional distances [413], so it seems feasible that by 2050 it will be possible that all categories are 

electric. Estimates by IEA [414] consider a third of the stock electric by 2050, with another third hybrid and only the 

remaining fraction running on diesel. For buses, already in 2017, 13% of the global municipal bus fleet was electric 

(99% of the electric buses in China), while 1.6% of the EU fleet was electric. Already today, a 250-kWh bus has a 

lower total cost of ownership than a diesel or CNG bus. Barriers are the scalability and business models to promote the 

cost decline, standardization of charging infrastructure and potential effect on the electricity grid [415]. 

 

47 This could be done by changing the interest rate, but it would still require a sensitivity of the technology deployment with different rates, which is 

still not directly risk 
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3.3.6. Biomass 

Biomass competes not only among fuels for the transport sector (biodiesel, ethanol, jet fuel), but also among sectors. If 

combined with CCS for power generation it can lead to negative emissions that can compensate for positive emissions 

elsewhere in the system. Figure 14 shows the variety of sources considered as “biomass”, as well as the potential 

pathways to satisfy the end demand. 

 

 
Figure 14. Biomass sources and sinks covered in JRC-EU-TIMES. 

 

Some notes to bear in mind are: 

• Starch and sugar can only be used for ethanol production, while rapeseed is the one that can be used for 

hydrotreated vegetable oil (HVO). Therefore, for starch and sugar there is no competition with either other 

fuels or sectors. The choice is only if the pathway should be used and to what extent. 

• Wood products can also be used for biogas production (not shown in the diagram) and satisfy demand on the 

cement sector (which otherwise could not be satisfied). 

• “Common uses” in Figure 14 refer to applications that biogas, biosludge, municipal waste and wood products 

have in common, but not for agricultural crops. 

• Biomass conversion to satisfy chemical demand is limited to producing the feedstock (e.g. synthetic oil and 

gas) needed. Explicit alternative processes for olefins, BTX and aromatics were not included.  

 

The potential is between 10 and 25.5 EJ/yr for EU28+ by 2050. This is based on [416] and in agreement with previous 

studies (6.2-22 [417], 14 EJ/yr [418], 18.4-24 [419] EJ/yr). Most (>85%) of the biomass has a cost below 5 €/GJ. Two 

of the ones above this cost are rapeseed and starch (17 and 21.9 €/GJ respectively), which can only be used for 1st 

generation biofuels and ultimately imply gasoline production for blending. Around half of the biomass potential falls 

in the forestry source and could be used for 2nd generation biofuels. Although, it has the largest absolute potential, it is 

in direct competition with uses for electricity, heating, industry and hydrogen. Pathways not included are the ones for 

chemicals production since this is an energy model (sector is partially aggregated). A previous study [14] has shown 
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that biomass gasification with downstream conversion to methanol and ethylene already have a competitive cost 

compared to the fossil route in spite of the much larger energy consumption, while propylene and BTX actually lead to 

a CO2 increase if biomass were used. For the specific values refer to Appendix 3.1 and for assumptions with respect to 

land use, logistics, heating value, scope of each category, potential by country, refer to [416]. 

3.4. Scenario definition 

Methodology falls in the category of technical scenarios, which consider ranges and different values for the input. This 

excludes the synthesis of complete storylines that describe a plausible evolution of the system towards alternative 

futures. These constitute the quantitative part of a scenario analysis, where the purpose has been mainly to analyze 

how changes in the future system can affect hydrogen and PtL capacity and energy. This should be followed up by 

complementary approaches and technology push/pull policies to promote deployment. Scenarios analyzed should not 

be seen as forecasts since it is unlikely they are achieved within the specified time frame. To put the scenarios in 

perspective, CO2 reduction targets analyzed are between 80-95% compared to 1990. From 1990 to 2015, EU achieved 

close to 22% GHG reduction48. In a similar period of time (32 years until 2050), achieving the target would not only 

mean nearly tripling the pace, but also that the more difficult (i.e. expensive) reduction will be achieved faster. Instead 

the scenarios analyzed are meant to provide insights into the critical technology parameters as input to the decision-

making process, assessing the uncertainties in future scenarios and their possible consequences (impact analysis). 

 

The parameters that were varied across scenarios are listed in Table 9. These include parameters impacting the entire 

system and were identified as having a large effect on it (e.g. CO2 reduction target) and specific ones for the 

technology that deal with the uncertainty in data. They were combined in over 50 scenarios (see Appendix 3.4 for a 

full list of scenarios and parameters varied). The combinations were done based on previous studies [63,309–335] and 

results observed in initial runs. They are further reduced to the 8 main scenarios described below, which are used to 

facilitate understanding of results. Insights from the rest are included in the discussion were relevant, but not shown in 

graphs. 

• Low-carbon (2 scenarios). It considers 80 and 95% CO2 reduction with no other constraints. 

• No CCS (2 scenarios). 80 and 95% CO2 reduction with no CO2 underground storage since it has one of the 

largest impact over the technology choices and cost (CO2 price), as well it can present challenges of social 

acceptance in the future. 

• PtL world (1 scenario). It assumes 95% CO2 reduction and the best foreseen PtL performance (“Optimistic” 

in Table SI 10) to establish the upper bound in technology activity in a world with no CCS and high VRE 

(with higher need for flexibility). 

• Hydrogen economy (1 scenario). This uses 95% CO2 reduction, optimistic PEM performance (Table SI 4) 

and has SOEC as possible production technology. No CCS and high VRE are considered to promote 

electrolysis. 

• Biomass economy (1 scenario). It uses the highest biomass potential (~25.5 EJ/yr including import), CO2 

storage is not possible (conservative assumption), 95% CO2 reduction and high VRE potential. 

• Business as Usual - BAU (1 scenario). This implies limited CO2 reduction potential assuming there are 

limited efforts after currently established regulations are achieved. This assumes a 48% CO2 reduction by 

2050, aligned with the EU reference scenario [50]. 

 
Table 9. Key parameters varied across scenarios to identify trends and shifts in the system. 

Parameter Explanation Rationale Scenarios 

CO2 

reduction 

target 

Total emissions target 

for 2050 compared to 

1990 

It is expected that hydrogen and PtL 

will play a larger role as target 

becomes stricter 

• 80% CO2 reduction* 

• 95% CO2 reduction 

CCS Absence of CO2 

underground storage 

This has been identified as key option 

to decarbonize the energy system, 

specially sectors other than power 

• CO2 storage available* 

• No CO2 storage 

Biomass Refers to potential for 

crops, forestry, biogas 

and waste (refer to Table 

Biofuels are an alternative for 

transport, but biomass can also be 

used for other sectors. This assesses 

• Reference (~10 EJ/yr)* 

• Low (~7 EJ/yr) 

• High (~25.5 EJ/yr) 

 

48 Greenhouse gas emissions by sector (source: EEA) (tsdcc210), indicator Profile (ESMS) 
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SI 14 in Appendix 3.1) the current uncertainty with respect to 

potential 

PtL 

performance 

CAPEX, OPEX and 

efficiency (Table SI 8, 

Table SI 10) 

Developments in co-electrolysis, 

catalyst for FT and methanol, possible 

heat integration can lead to a range of 

PtL performance (see Table SI 10) 

• Reference (400 €/kW)* 

• Optimistic (300 €/kW) 

• Conservative (500 €/kW) 

PEM 

performance 

CAPEX, OPEX, lifetime 

and efficiency of the 

technology (Table SI 4) 

Technology is its early stages. 

Learning curve is dependent on 

deployment which is in turn uncertain, 

as well as breakthroughs in research 

• Reference (750 €/kW)* 

• Optimistic (400 €/kW) 

• Conservative (1000 €/kW) 

VRE 

Potential 

Higher PV and wind 

potential 

Initial estimates are conservative. 

More VRE will lead to more 

electricity surplus to deal with where 

H2 and PtL can play a role 

• Ref (320/1650 GW49)* 

• High (1140/3700 GW) 

[215,420] 

*Assumption for the reference scenario 

 

Another set of scenarios is done to establish the price and demand curve for hydrogen by sector. For this, different 

scenarios are done with a fixed supply hydrogen price to determine the uptake in each of the demand sectors. This 

allows understanding (1) the maximum hydrogen price that makes it attractive for a specific application and (2) the 

additional demand for a lower price. In reality, when there is additional demand for example for electrolysis, this 

would affect electricity prices, which in turn affect the competition between hydrogen and electricity in downstream 

use. This supply-demand dynamic is inherently considered in the model, but it is further disaggregated in these 

scenarios. By setting a fixed hydrogen price, it simplifies the analysis by focusing only on the demand side. The 

scenario chosen for the analysis was one with 95% CO2 reduction, no CO2 storage (to have PtX as possible demand 

sectors), high VRE potential (requiring more flexibility) and no other deviations from the reference scenario. When 

changing any of these conditions, the optimal solution (e.g. CO2 price, electricity mix, biomass use) is different, 

leading to a different demand curve. However, results obtained with this scenario were seen to be in line with trends 

observed in other scenarios. 

3.5. Results and discussion 

Results are divided in two main sections. (1) introduction of the overall system, its energy balance and composition 

(3.5.1) as well as the cost breakdown and main contributors (3.5.2); (2) parts of the system that are important for 

hydrogen and PtL since they are the subject of this work, including hydrogen use and sources, PtL contribution to fuel 

demand and CO2 sources and biomass balance. Hydrogen and PtL are expected to play a role in low-carbon systems, 

which will only be achieved in the long term. Mid-term (2030) results had little variance across scenarios since they 

are determined by the existing policy framework. Therefore, results focus on the 2050 time horizon comparing 

alternative scenarios. Only main scenarios are shown in the various sections, but insights from the sensitivities have 

also been included in the discussion. Given the plethora of results, only a few have been selected for this section, 

while some complementary ones can be found as Supplementary Information. To facilitate understanding, each 

section starts with the two most important ideas followed by the more in-depth explanation and each paragraph starts 

with a header with the main topic discussed. 

3.5.1. Energy demand and electricity mix 

Hydrogen complements electricity as main energy carrier and enables the downstream liquid production through PtL. 

Without applying further regulatory instruments, CO2 storage would prolong the use of fossil fuels in the system, while 

still achieving the same CO2 emission target.  

 

To reduce emissions either energy consumption or the CO2 emitted per unit of energy has to be lower. Figure 15 

explores the former by illustrating the total final energy demand for EU28+ with a split by energy carrier. 

 

 

49 First number refers to onshore wind, while the second number refers to solar 
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Figure 15. Final energy demand by delivery carrier for main scenarios. 

 

Energy efficiency. Final energy demand decreases by 2050 (vs. 46.4 EJ/yr for EU28+ in 201650). This is in spite large 

increases in services demand. Demand (traveled distance) increases by 27% (2015 – 2050) in private transport, 20% 

for buses and almost 40% for heavy-duty and even larger (+80-100%) in aviation. Industrial output increases by an 

average of 20%. Therefore, the reduction in final energy demand is achieved by widespread use of more efficient 

options to achieve 5 to 17% reduction by 2050. Across scenarios, demand for space heating in the residential sector 

decreases by 30-40% due to stricter regulations implementing energy efficiency measures (insulation). A 40% 

reduction in demand of the residential sector is also accomplished through a shift to electricity, which has almost 75% 

share across the main scenarios, halving biomass contribution and nearly eliminating gas use (reduction of 90-95% vs. 

2015). Similarly, private transport reduces its energy demand by almost 60% (7.9 to 3.4 EJ) in large part due to 

electric vehicles, which have 60-70% share of the market, while the rest is due to the use of more efficient cars. These 

are cost-optimal results, where political will and policy instruments are required to produce feasible business cases and 

drive the system in this direction. BAU is still different from today due to higher use of carbon neutral biomass, lower 

cost for VRE (and higher deployment) and further allowance reduction for the emission trading scheme.  

 

Energy carrier composition. 40-50% of the total mix of the final energy demand is met by electricity followed by 

liquid fuels that are still used for aviation and marine transport (15-25% of the mix, lower when the system is more 

restricted and higher with the highest biomass potential) and hydrogen (demand for steel constitutes around 5% of the 

total demand, while heavy-duty road transport can shift to hydrogen in some scenarios). Biomass contribution is 

relatively small since its direct use to satisfy end use services is limited and instead it is transformed to one of the other 

energy carriers. Gas is largely displaced by RES in the power sector and by electricity in space heating. More detail of 

the drivers behind gas demand is part of Chapter 4 (see 4.5.3). 

 

Primary Energy Supply. The use of CO2 storage prolongs fossil contribution in the system. For 80% CO2 reduction, 

fossil fuels still provide 60% of the primary energy (see Appendix 3.9), while their contribution decreases to 53% for 

95% CO2 reduction. This quickly drops to 36 and 16% for those two respective scenarios once CO2 storage is no 

longer possible (since that CO2 will ultimately end up in the atmosphere regardless of the fuel substituted) and remain 

at that level once a higher VRE potential is used. With the high biomass potential (~25.5 EJ/yr), biomass is almost 

entirely used and can provide almost 40% of the primary energy supply. With a more modest potential (~10 EJ/yr), the 

primary suppliers are wind and solar with 50% of the mix when their potential is the highest. There are two opposite 

effects for low carbon scenarios: 1. Higher electricity share leads to lower PES; 2. More, biomass, hydrogen and PtX 

lead to higher PES (and lower efficiency). 

 

50 Indicator [tsdpc320] from Eurostat 
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Electricity balance. Close to 50% of the electricity demand is for electrolyzers (in scenarios without CO2 storage). 

This already creates an additional flexibility during winter peak, when these units are turned down and demand is 

almost halved. Additionally, there is around 350-420 GW installed capacity of gas turbines, around 130 GW of 

nuclear, 180 GW of hydro, geothermal, CHP and storage complement the rest of capacity to be able to meet demand 

during winter peak. This is in line with previous studies [418] analyzing a 100% RES scenario for EU that had a total 

electricity generation of almost 12000 TWh with consumption from the electrolyzers at almost 6200 TWh. 

3.5.2. Annual system costs and H2 and PtL contribution 

Annual cost is 8-11 M€/PJ (of demand) for hydrogen, while these are almost 100 € for every ton of CO2 used for PtL. 

The two items that cause the largest decrease in marginal CO2 price are the possibility of CO2 underground storage 

and a high (25.5 EJ/yr) biomass potential. 

 

Understanding of cost is necessary to understand how its structure changes across scenarios and the effects that 

hydrogen and PtL have on the system. To aid this, Figure 16 shows the cost breakdown for the main scenarios. 

 
Figure 16. Sectorial split for annualized system cost for 2050 including H2 and PtL fraction. 

 

System cost breakdown. Total cost includes all costs ranging from facilities and infrastructure on large scale including 

equipment for industry to costs on the consumer side such as heat pumps, district heating, insulation measures and 

vehicles. A large part of this (~1700 bln€) is actually the purchase of transport vehicles (cars, trucks and buses), 

composed around two thirds by private cars and out of which around 75 bln€/yr are from battery specific additional 

costs (compared to diesel/gasoline vehicles). The next largest sector is power (between 500 and 1000 bln€) followed 

by the residential sector. CAPEX represents the largest contributor to cost with around 77-81%51 (4100-4700 bln€) for 

all main scenarios. The single parameter with the largest effect is a high biomass potential, which can decrease annual 

costs by 440-510 bln€/yr compared to a scenario using the reference potential (and with 95% CO2 reduction). The cost 

increase due to the tighter CO2 target is larger (220-440 bln€/yr52) than the respective increase due to the absence of 

CO2 storage (100-230 bln€/yr). This is in line with IPCC reports [6] that indicate CCS as a key technology, whose 

absence can lead to almost 140% higher total discounted cost (2015 – 2100). The combination of a high biomass 

potential with carbon capture (BECCS) allows achieving the lowest annual cost in a scenario that still reaches 95% 

 

51 These are overnight costs. The rest is fixed and variable OPEX, but without fuel prices since that is money transfer between processes to pay for 

their respective costs 
52 Largest cost increase corresponds to scenario without CO2 underground storage 
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CO2 reduction53, but still 4% higher than the BAU scenario. The two sectors with the largest changes across scenarios 

are transport and power. Specific cost for power is around 75 M€/yr per TWh of electricity demand. Deviations from 

this value are due to: (1) lower VRE potential (increasing to 85-90) and (2) higher transmission cost (increasing to 90). 

In the transport sector, cost is 96-98% comprised by the vehicles purchase cost, which is in turn driven by the average 

efficiency target of the fleet. Most efficient cars can be up to 20% more expensive, while heavy-duty trucks using 

hydrogen can be 35% more expensive than their diesel counterparts (see Appendix 3.1 for data and sources). Costs in 

the industry sector fluctuate between 115 and 140 bln€/yr depending mainly on the CO2 price. Major cost components 

are steel and paper with 17 and 50 bln€/yr respectively54. Costs associated to the residential sector are relatively 

constant at 400 bln€/yr, out of which 120 bln€/yr corresponds to the insulation measures, 4-20 bln€/yr for batteries and 

almost 180 bln€/yr are other appliances (for cooking, lighting and similar). The combination of lower gas demand and 

internal production of hydrogen and liquids (BtL/PtL) allows reducing the import bill from 420 bln€/yr in an 80% CO2 

reduction scenario to 350 bln€/yr for 95% CO2 reduction to only 50 bln€/yr with no CO2 storage and only decreasing 

further as more constraints are added since it limits the use of fossil fuels. Higher degree of electrification leads to grid 

expansion whose associated cost is proportional to demand increase. Grid costs range between 60-130 bln €/yr and 

add 10-15 €/MWh to the electricity price only for the new grid. 

 

Discussion of system cost. To put these numbers in perspective, there are different references that can be used. One is 

the total (expected) size of the economy. With an expected growth of 1.7% per year [421], EU economy would reach 

almost 28000 bln€ by 2050. IEA estimates [422] that cumulative investment for EU in energy supply will be almost 

2900 bln€55 (2012€) from 2014 until 2035 for a 450 ppm scenario. However, this scenario considers 20% increase in 

primary energy demand in OECD (assuming a similar trend for Europe) and it only focuses on the supply side (power, 

oil, coal, gas and biofuels). This leads to an annual investment of around 150 billion€/year, which is the same as the 

historical trend for 2013 considering that in the last 15 years, annual investment in global energy supply has more than 

doubled at a global level from 700 to 1600 bln€ (Europe represents on average 10% of the global investment) [422]. 

By adding stricter constraints, including the downstream costs (which are actually larger than supply) and including 

the OPEX component, the costs will greatly increase. A final reference is the total expected costs in a scenario where 

the CO2 reduction is not as drastic (BAU scenario, which has 48% CO2 reduction). With a BAU pathway, the system 

would have annual cost of 3250 bln€. Therefore, the more ambitious scenario of 80% reduction implies a 12% 

increase of the annual cost or around 1.4% of the GDP for 2050 with respect to the BAU scenario. 

 

Hydrogen cost. It is between 20 and 140 bln€/yr, where naturally this is proportionally related to the flows presented 

in Figure 17. The specific cost is between 8-11 M€/PJ of hydrogen demand. For 95% CO2 reduction with no other 

restrictions, infrastructure represents almost half of these costs. This includes pipelines, compression, refueling 

stations, among others. This excludes the downstream use, where vehicles can represent 225 bln€/yr and buses up to 

30 bln€/yr. As additional constraints are added, production contribution becomes larger reaching fractions close to 

85% of the total cost (see Appendix 3.10 for breakdown for each main scenario) for the scenarios where heavy-duty 

transport shifts away from hydrogen (e.g. high biomass potential or electric option possible). The reason for this is that 

with more restrictions, the importance of PtL is higher and the fraction of hydrogen being used for PtL increases (see 

Section 3.5.3). When it is used for PtL, it is assumed they will be co-located and the infrastructure requirement is 

much lower. To put this number in perspective, HyWays [284] estimated in 2007 a cumulative investment for 

infrastructure build-up of 60 bln€ up to 2030. It has been estimated [423] that the total infrastructure (production, 

transport and refueling) for hydrogen is around 600 M€/TWh (1.3 bln€/yr per mtpa of hydrogen demand). Taking the 

hydrogen flow range of 20-120 mtpa (~670-4000 TWh), the total cost would be ~800-2400 bln€ with the annual cost 

depending on the lifetime and interest rate assumed. Assuming 5% and 30 years lifetime, the annual cost would be 25 

to 210 bln€/yr. The same study [423] estimates the cumulative investment for the 2025-2030 period as 60 bln€ (for the 

10 European countries56 included in HyWays) increasing from almost 7 bln€ in the previous 5 years and which was 

enough to reach a 12% penetration of FCEV. Production step was also found to be 60-80% of the hydrogen cost. 

Currently, global investment in hydrogen production only by the petrochemical industry is around 90 bln€/yr with the 

hydrogen market having a valuation of 350-420 bln€/yr [424]. 

 

 

53 This corresponds to Scenario 11 in Table SI 17 and not to the Biomass scenario that does not allow CO2 storage 
54 This does not include fuel cost (which is a major component of steel cost [872] when considered as stand-alone process) since that is endogenous 

in the model and reflected as costs in other sector (e.g. hydrogen production) 
55 Value in reference is in US dollars and a conversion rate of 1.2 $ to € was assumed, which is assumed throughout this article 
56 France, Germany, Greece, Italy, the Netherlands, Norway, Finland, Poland, Spain and the United Kingdom 
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PtL cost. This is between 0-50 bln€/yr. The annualized cost is almost 100 € for every ton of CO2 used for PtL. 

CAPEX constitutes around 75% of the total cost, but this can be related directly to the input data used since the OPEX 

does not include the raw material prices and the other components of the value chain (i.e. CO2 capture, downstream 

use). To put this in perspective, fossil liquids that are displaced by PtL can be used as reference. Global investment in 

exploration and production of oil (and gas) is ~540 bln€/yr, while looking ahead, the cumulative new investment in oil 

facilities for EU28 estimated by the IEA [422] is 330 bln€ (2012€) for the period 2014-2035. 

 

CO2 prices. A BAU scenario leads to 125 €/ton of CO2. By only making stricter the CO2 target, the price increases to 

350 €/ton for 80% CO2 reduction and nearly 740 €/ton for 95% CO2 reduction. This can drastically decrease with 

higher VRE potential achieving a reduction of 120 €/ton, but this is only the scenario when CO2 storage is not possible 

meaning that the system is more restricted, electricity is more needed and a higher VRE potential makes a larger 

difference. The other large positive change is that with a higher biomass potential, the marginal CO2 price decreases 

by 360-540 €/ton, mainly due to the high versatility of biomass to be used across sectors and because combined with 

PtL allows reducing the emissions from the transport sector, which is the one with the highest abatement cost. Among 

the negative drivers, absence of CO2 storage increases CO2 price to 580 and 1300 €/ton respectively, representing the 

largest (negative) change in CO2 price caused by a single variable. This is in agreement with previous findings [6] that 

show the importance of having CCS in the technology portfolio. 

 

To achieve a zero-emissions scenario by 2050, one of the key constraints (CO2
 storage, biomass or VRE potential) 

needs to be relaxed. Otherwise, it might be too costly to pursue (95% CO2 reduction scenarios already reach 1300 

€/ton with electricity system three times as large). Another option is direct CO2 capture from air coupled with low-cost 

VRE. However, the rates of change and investment needed exclude the possibility of delaying action. 

3.5.3. Hydrogen balance 

Limiting the number of flexibility options the energy system has to achieve the CO2 target increases the reliance on 

hydrogen. This means installing around 1000 GW of electrolyzers (plus the VRE capacity upstream) and shifting steel 

production to hydrogen in a time span of 30 years, which will make the transition to low-carbon more challenging. 

 

The key questions to be answered in this section are what the main sources of hydrogen are, where it is being used and 

how the demand changes across scenarios. The hydrogen production and demand are shown in Figure 17. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 17. Technology mix for hydrogen production and sectorial use across main scenarios. 

 

Hydrogen demand. The smallest hydrogen flows are observed for scenarios with CO2 storage, given that with storage 

as possibility, CO2 is not used and there is limited hydrogen consumed by PtL. Even then, flows are in the order of 40-
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60 mtpa (4.8-7.2 EJ), which are still much higher than current total consumption in the EU (7 mtpa [26]). In these 

scenarios, the uses are for two sectors, namely industry (steel) and transport. Within transport, the sector providing the 

largest difference (discussed further in Section 3.5.5) is heavy-duty. Demand in this sector can be up to 4 EJ (~33 

mtpa) and it is driven by either more constraints in the system (making low carbon options more necessary for heavy-

duty) or lower H2 price (e.g. through better PEM performance). Demand for buses is relatively low and constant at 

0.4-0.45 EJ, while FCEV consume around 0.5 EJ. Note that the hydrogen demand for buses changes to electricity as 

soon as the electric option is allowed. Given that buses can already be competitive today, it is realistic to assume this 

demand will shift to electricity. The car fleet is dominated (~60%) by Battery Electric Vehicles (BEV) and FCEVs 

represent around 10-15% of the fleet. A sensitivity done with 30% lower cost for FCEV increased the FCEV share to 

30%. The focus of this article is on the hydrogen/PtL nexus, while analysis of cost and efficiency evolution for 

powertrains and effect on future demand is part of Chapter 5. 

 

Electrolyzer capacity. It is noteworthy that the difference in cost between the 95% CO2 reduction scenario and the 

Hydrogen scenario is relatively small (2.4%). However, when looking at hydrogen flows (and PtL contribution), the 

systems are fundamentally different. This introduces a dimension (other than cost) that can prove fundamental to 

realize the transition, which is rate of change. Whereas the 95% scenario has almost 80 GW of electrolyzer capacity, 

the absence of CO2 storage increases this capacity to almost 1000 GW, due to the combined effect of electrolysis 

having to replace steam reforming in the counterfactual case and doubling of the hydrogen flow for the additional PtL 

demand. This is also in line with previous studies looking at a possible 100% RES scenario for the EU [418] which 

estimated 960 GW. To put this in perspective, current global capacity of electrolyzers is around 8 GW [285], assuming 

this is distributed by regions proportional to hydrogen demand (EU is 7 out of 50 mtpa globally), EU should have 

close to 1 GW of installed capacity. To reach 80 GW of an unrestricted scenario (95% CO2 reduction) implies an 

annual growth of almost 15% a year, which implies a similar growth to what wind has experienced in the 2007-2017 

period (18% a year [425,426]). On the other hand, a capacity of 1000 GW requires a 24% growth per year, which is 

still less than the 32% observed for PV in the 2012-2017 period [425,426], but it seems optimistic to assume this 

sustained growth for the entire period until 2050. Therefore, limiting technological choices of the system could lead to 

a longer timeline for implementation due to the large changes required in the composition of the system linking the 

results from this study to the CO2 reduction target (and associated constraints) rather than a specific 2050 timeline. 

 

Hydrogen in other studies. To be able to compare these numbers with previous studies, two factors should be 

considered (1) most of the previous studies focus on the transport sector (e.g. [362–364]) and (2) the more restricted 

the technology portfolio is, the larger the hydrogen role will be since there are fewer choices to reach the same target. 

Since this study explores those more constrained scenarios, it is expected that hydrogen flows are larger. Reference 

[366] assesses a global scenario with 400 ppmv of CO2, where hydrogen reaches a 20.6% share of final energy 

consumption, but only for 2100, while for 2050 it is between 3-4%. One of the studies by international organizations 

with a prominent role for hydrogen is the Advanced Energy Revolution from Greenpeace. This achieves 100% CO2 

reduction for the energy system by 2050 and uses hydrogen in transport, industry, buildings and power [427]. 

Hydrogen flow is around 27 mtpa (~3.2 EJ) for Europe (excluding steel and PtL) and constitutes almost 11% of the 

final energy demand, which is close to the 33 mtpa in the 95% scenario for this study (excluding steel). Shell Sky 

Scenario reaches 300 MtonCO2 emissions (equivalent to 95% CO2 reduction vs. 1990) by 2060 with a hydrogen flow 

of 1.9 EJ/yr. Most of the hydrogen growth in their case is after 2060, reaching a hydrogen flow of 4.8 EJ/yr [428]. 

 

Hydrogen for steel. Steel demand is expected to be around 177 mtpa for 2050. With a specific hydrogen demand of 17 

GJ/ton of steel [392], the sector could use up to 25 mtpa of hydrogen if satisfied entirely by direct reduction. There are 

3 parameters that define the use for this sector: CO2 price, biomass potential and coal availability. The main driver is 

the possible coal use. If coal is not allowed (e.g. due to general ban of fossil fuels), then almost 95% of the demand is 

satisfied with hydrogen, reaching a demand of 24 mtpa for the sector. This happens even for 80% CO2 with CCS and 

the reference biomass potential. In case coal is allowed, hydrogen satisfies around 25% of the demand for the same 

80% CO2 reduction scenario. In scenarios with higher biomass potential (~25.5 EJ/yr), biomass use enables positive 

emissions elsewhere in the system (usually industry and transport). This happens even for high CO2 prices. For 

example, for 95% CO2 reduction and no CO2 storage (and still coal allowed), the (marginal) price is around 930 €/ton 

for CO2. With this price, around 75% of the steel demand is satisfied with an electric option for the furnace (from only 

about 33% with the reference biomass potential). Note that in EU-27, there are already almost three times as many 

electric arc furnaces as there are blast furnaces (232 vs. 88 for 2013 [107]). Therefore, decarbonization of electricity 

could lead to a potential reduction of the steel CO2 footprint limited by the availability of scrap metal (used for electric 

arc). However, electrowinning (solution or suspension in acid or alkaline solution) [395] is another option to electrify 
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the primary steel production. The complementary technology (to direct reduction) is carbon capture, which is also 

affected by the potential use downstream. In ambitious scenarios where hydrogen constitutes 18% of the final energy 

demand and allows reducing 6 GtCO2/yr on a global basis, steel only shifts around 10% (global basis) to this 

production method [429]. Similarly, [421] estimates that less than 5% of the steel is satisfied with this route. 

 

Hydrogen for PtL. For the scenarios without CO2 storage, PtL becomes attractive and it is the dominant component of 

hydrogen demand. These options (storage/use) are not mutually exclusive, but PtL is only enabled when the most 

attractive (i.e. lower cost) option (storage) is not possible. Hydrogen demand can reach up to 70 mtpa for a scenario 

with a large biomass potential since it promotes the use of BtL and the downstream use of the CO2 for PtL (requiring 

hydrogen). Hydrogen storage becomes larger for higher VRE potential since it allows bridging the daily pattern gap by 

solar, enabling to operate the electrolyzer with large daily load swings, while still satisfying the demand. This is a 

consequence of the large hydrogen flows (electrolyzers can consume up to 50% of the electricity demand) that cannot 

act as “base load” (i.e. constant demand) since there are periods when there is not enough generation. Besides, storage 

that is more suitable for daily patterns (e.g. batteries) would only displace electricity use in time, while that energy is 

not needed as electricity, but as hydrogen instead. The highest demand is from the Hydrogen scenario with almost 120 

mtpa (14.4 EJ). This is enabled by cheaper hydrogen due to an optimistic PEM performance and SOEC use, which 

leads to the cheapest hydrogen in scenarios without CO2 storage (3.8 €/kg). This relatively cheaper hydrogen also 

enables the use in PtM, which is absent in most of the other scenarios. 

 

Hydrogen for other applications. Applications that are missing are the conventional ones in the present (refineries and 

chemicals, specifically ammonia). Given the strict CO2 target, satisfying transport with conventional oil and refineries 

will lead to not achieving the target. Therefore, alternative routes are chosen and in these future scenarios, refineries 

activity is drastically reduced (to 20% or less than their current output) and its associated hydrogen demand as well for 

most of the scenarios. For ammonia, a new process was introduced using pure hydrogen and oxygen (ASU), but the 

process carries the disadvantage of the use of a more expensive commodity (hydrogen vs. natural gas) and the extra 

investment for the air separation. This is in agreement with previous studies [421] that show a limited shift to this 

route in a below 2 ºC scenario. The preferred option to decarbonize ammonia is carbon capture, even when no CO2 

storage is available as the CO2 can be used. 

 

Hydrogen production. In scenarios without CO2 storage, electrolysis is the main technology used for hydrogen 

production while steam reforming with carbon capture is used when CO2 storage is possible. This is in agreement with 

previous studies [430]. This leads to some inefficiency since the hydrogen is used downstream in a sector where 

electricity could be used (private transport). Nevertheless, a key element is VRE contribution for electricity, the larger 

its share the higher the need for options to manage surplus. Electrolyzers represent one of these alternatives to balance 

their variability when equipped with hydrogen storage. Using BEV in combination with control and communication 

infrastructure to use the batteries as storage could be an alternative. Another option is electricity storage which 

continues to get cheaper and could reach prices of 125 €/kWh by 2030 and down to 83 €/kWh in the longer term 

[431,432]. A limitation they have is their low energy density, which is important for this research considering 

electrolyzers produce up to 120 mtpa, equivalent to almost 5500 TWh of electricity input in a year. This (large) 

electricity consumption for the electrolyzer is in line with [418] that estimates 6200 TWh for electrofuels. However, 

this considers no hydrogen for transport and 100% for electrofuels production. 

 

Hydrogen distribution. In terms of delivery pathways, the fraction for transport is delivered through compression, 

centralized storage, distribution and refueling in gas-gas stations at a cost between 4.6 and 6 €/kg. There is no use of 

liquefaction and delivery of liquid hydrogen in any of the scenarios. Use in steel follows a similar pathway with 

compression, transmission and distribution pipelines (~3.6 €/kg). Use in PtL, which represents the largest demand 

when there is no CO2 storage, is assumed to be produced directly where it is needed, similar to the current case in 

refineries. This PtL fraction can be up to 50% of the demand. Refer to Appendix 3.6 for the delivery pathways for the 

main scenarios. 

3.5.4. Price and demand relation by sector 

Higher relative cost to decarbonize transport and industry (in the absence of CO2 storage) makes these sectors more 

resilient to higher hydrogen prices. 
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This section presents changes across the system due to a variable hydrogen price. For this, the hydrogen demand was 

detached from the supply side by providing an external constant price. This was done for a scenario with 95% CO2 

reduction, no CO2 storage (to have PtX as part of the hydrogen demand) and high VRE potential (with a larger need 

for flexibility in power). The price – demand curve is depicted in Figure 18, where the hydrogen price represents only 

the production cost with the distribution cost varying depending on the sector and pathway chosen. Additional results 

are presented in Appendix 3.6. 

 
Figure 18. Price – demand curve for hydrogen in a scenario with 95% CO2 reduction, no CO2 storage and high VRE. 

 

Demand at high prices. Two sectors that are prominent even at high hydrogen prices are PtL and transport. Even with 

7 €/kg (plus distribution cost for transport), demand for these sectors already amounts to almost 60 mtpa. Demand in 

transport is mainly (80%) in heavy-duty trucks, driven by the fact that hydrogen is a zero tailpipe emissions fuel that 

displaces fossil fuels in spite of the higher (+30%) cost for the truck itself. PtL demand is driven by aviation (around 

45 mtpa of hydrogen if satisfied fully with PtL) and by the fact that diesel trucks (even more efficient ones) are 

cheaper than hydrogen ones (see Table SI 12 in Appendix 3.1). This leads to a compensation of the lower pathway 

efficiency by a lower end cost. The last sector to have a demand with the highest hydrogen price considered is 

industry. With a hydrogen price of 7 €/kg around 50% of the steel demand is satisfied with direct reduction. 

 

Demand at low prices. Up to 5 €/kg, these three sectors have marginal increases in demand, with the largest change in 

steel where hydrogen increases its share to satisfy two thirds of the demand. At prices below 4 €/kg, PtM starts being 

attractive. The additional gas covers 35% of the gas demand for a 2 €/kg hydrogen price, with most (80-90%) of the 

extra gas used for heat production, either through boilers for industry or CHP for district heating. Use in the residential 

sector (through µ-CHP with fuel cells), becomes significant at 3 €/kg, while use in the commercial sector does not 

start until it reaches 2 €/kg. In terms of market share, a price of 2 €/kg, translates into a 2.5 and 14% share of the 

heating demand satisfied with hydrogen for the commercial and residential sector respectively. 

 

Interaction with CO2 price. The increase in CO2 price per every unit of increase of hydrogen price is lower as the 

hydrogen becomes more expensive (see Appendix 3.6). This means the largest CO2 price increase is almost 150 €/ton 

for the change from 2-3 €/kg of H2, while the increase from 6-7 €/kg of H2 causes an increase of 50 €/ton in the CO2 

price. This occurs since hydrogen demand decreases and the part of the system that becomes more expensive also 

becomes a small fraction of the total (with increasing hydrogen price). Higher CO2 price also leads to the use of more 

expensive resources for electricity. Particularly, the use of wind and solar in places with a lower capacity factor, that 

translates into a higher cost. This, in combination with the use of more efficient (expensive) options for road transport, 

causes an increase in total annual investments in the system by up to 1%. 
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Drivers for hydrogen price. The hydrogen price is a result of the combination between CO2 and fuel prices. In 

scenarios with CO2 storage, the CO2 prices are (on average) lower (350 €/ton for 80% CO2 reduction) resulting in 

lower hydrogen prices in the range of 2.5-3.4 €/kg with the lower bound corresponding to cheaper methane (~15 

€/GJ), which is the main source for hydrogen. When there is no CO2 storage, CO2 prices are higher (1000-1400 €/ton) 

and this is reflected in the hydrogen price that reaches 3.8-5.7 €/kg. For these scenarios, electrolysis is the main 

technology used and changes that produce cheaper electricity also result in cheaper hydrogen. The use of higher VRE 

potential can decrease H2 price by 1.4 €/kg, while the use of optimistic PEM performance (see Table SI 4 in Appendix 

3.1) can decrease the cost by 0.3-1.4 €/kg with the larger change associated to more restricted scenarios. 

 

Impact on other commodities. Hydrogen price also has an indirect effect on biomass use. With lower hydrogen prices, 

the cost for electrofuels is lower and reduces the share of BtL. This enables biomass use for other sectors, especially 

power (through gasification). A similar effect takes places in the power sector, where PtM becomes more attractive at 

lower H2 prices and displaces the more expensive VRE resources with the lower cost gas (see Appendix 3.6). 

3.5.5. Diesel and jet fuel balances 

These two represent the largest liquid fuels demand for its use in transport and the main fuels produced by PtL when it 

is present in the system. Therefore, it is important to understand what the dynamics with competing alternatives are 

and when PtL prevails over other options. This is linked to where these are being used (specifically for diesel since jet 

fuel only has aviation as end use sector) and highly linked to the use of biomass (next sub-section). The balance for 

diesel is shown in Figure 19, while the jet fuel balance can be found in Appendix 3.5, but it is also discussed below. 

 

The preferred energy carrier in transport is electricity, complemented by hydrogen in applications that are more 

difficult to electrify (i.e. heavy-duty trucks) and synthetic fuels in aviation. PtL acts as a complement of BtL increasing 

its carbon efficiency to produce more liquid fuels. 

 

 
Figure 19. Technology mix for diesel production and consumption sectors across main scenarios. 

 

Diesel demand (80%). The 80% scenario with no restrictions is the one resembling the most the current state. Direct 

import of refined fuels represents almost 50% of the supply, while the other major source is through internal refining 

activities (with imported oil). The share of biofuels is more modest at only 14% of the supply. Heavy-duty is the 

largest demand, which is in turn satisfied 90% with diesel. This scenario uses more efficient trucks, but no fuel change 
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yet. As basis for comparison, the diesel demand for 2015 is in the order of 7.5 EJ. The largest drop in demand (initial 

demand close to 3.5 EJ) is associated to private cars, which shift mostly (60-70%) to electricity. This is followed by 

light commercial vehicles (1.6 EJ), which completely change to electricity as well and buses (0.5 EJ) that shift to 

hydrogen. For jet fuel, it is mostly (> 95%) satisfied with import and refinery output since the CO2 target is not so 

strict as to promote non-fossil options for this sector. In cars, the benefit of lower CO2 footprint and higher pathway 

efficiency prevails over the cost increase for higher electricity network cost. To avoid an overly optimistic scenario 

where almost 100% of the cars are electricity-based, a maximum share of 80% was used. This leads to the remaining 

20% being covered by a mix of hydrogen, BtL and diesel, where the latter comes mainly from PtL. 

 

Diesel demand (95%). For the 95% CO2 reduction scenario, biomass combined with CCS, enables negative emissions 

and the possibility for positive emissions in both diesel and jet fuel. This has also been seen in previous studies [430]. 

The largest difference (with respect to 80% CO2 reduction) is that the higher CO2 prices drive heavy-duty transport to 

use hydrogen, which becomes 50% of the demand, decreasing diesel demand by more than 1 EJ.  

 

BtL/PtL synergy. With no CCS, PtL becomes attractive. Furthermore, for the high biomass potential or 95% CO2 

reduction, BtL also arises as supply option. A disadvantage of BtL is that the energy efficiency is relatively low (~ 

40%). The fraction of the biomass that can be used for BtL is between 4.4 and 17.4 EJ (reference and high potential), 

which translate into 1.8 and 7 EJ of liquid product. Therefore, when the reference potential is used, wood and forestry 

residues are mostly used for jet fuel rather than diesel. Most of the benefit is actually for the CO2 produced (70% of 

the carbon in the biomass), used downstream for PtL, which in turn constitutes 50-65% of diesel supply. This is in 

agreement with previous studies [21]. With a high biomass potential then there is enough biomass to enable BtL for 

diesel production directly. This makes available more CO2 used for PtL and the overall diesel demand doubles 

exploiting this effect and the fact that diesel trucks are cheaper. In this case, PtL is needed since there are no negative 

emissions from biomass plus CCS (no CO2 storage). The combination of these factors leads to an installed capacity of 

almost 600 GW across EU28+ producing almost 6.7 EJ and satisfying 50-60% of diesel and 60-90% of jet fuel 

demand. Another option that arises with a broader scope (than energy only) is a positive effect of agriculture, forestry 

and other land use (AFOLU) that could compensate higher emissions in the energy system. This is the effect seen in 

IPCC reports (AR5 – WGIII [6]) where the scenarios with no CO2 storage has positive emissions from energy 

compensated by negative emissions in AFOLU.  

 

Jet fuel supply. For aviation demand (see Figure SI 14 in Appendix 3.5), there are 3 combinations. For scenarios with 

CO2 storage, it turns out to be better to use biomass in combination with CCS and achieve negative emissions 

elsewhere in the system to be able to have positive emissions in aviation. Therefore, in scenarios with CO2 storage, jet 

fuel demand is satisfied mostly with import (fossil oil outside EU). Once CO2 storage is limited, PtL becomes 

attractive, CO2 from biomass can be used to produce jet fuel. In a scenario with 80% CO2 reduction and no CO2 

storage, part of the supply (60%) has shifted to PtL, with the remaining 40% still being satisfied by import. The last 

scenario is one where there is no CO2 storage (enabling PtL) with a stricter (95%) CO2 target. This makes necessary 

BtL (as source for jet fuel). 

 

Fuel choice for heavy-duty transport. With regards to diesel (see Figure SI 15 in Appendix 3.5), the largest swing 

sector is heavy-duty transport. BAU still has trucks running on diesel, when the CO2 reduction target is increased from 

48 to 80%, LMG arises as potential option composing 40% of the fleet, while decreasing further the CO2 emissions to 

95% of their original level, makes hydrogen more attractive (50% of the fleet with only 20% LMG, 10% biodiesel and 

10% import). When there is no CO2 storage available, the sector is mostly (70%) dominated by hydrogen 

complemented by diesel (from PtL and BtL). LMG is not attractive anymore since it results in tailpipe CO2 emissions 

and PtM is not attractive enough to produce LMG from PtM product as value chain (see Chapter 4 for a more detailed 

discussion on PtM). Diesel contribution is more dependent on biomass potential than on PtL performance. When the 

potential is the highest, diesel can increase its share to satisfy up to 90% of the demand, while changes in PtL 

performance only change diesel contribution by 10%. All these options are rendered not attractive if an electric 

alternative for the trucks is introduced, in which case the share of electricity is between 70-100% for this sub-sector. 

This is in agreement with previous estimates by IEA [421] that show the same order of preference for diesel, hydrogen 

and electricity as energy carriers as the scenario becomes more restrictive, with diesel at around 5-10% of the fleet for 

a below 2ºC scenario. 

 

Effect of different PtL performance. A sensitivity analysis was done (see Appendix 3.7 for results), assessing the 

impact for +/- 150 €/kW change in CAPEX and +5/-10% points in efficiency (due to differences in heat integration). 

The largest effect was due to the efficiency. PtL installed capacity changed around 10 GW (from a reference value of 
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almost 430 GW57) with every percentage change (both directions). A 150 €/kW increase in CAPEX led to 50 GW 

lower installed capacity, while a decrease by the same magnitude only increased capacity by 25 GW. The combination 

of both lower CAPEX and higher efficiency led to 530 GW of installed PtL capacity. Even though the changes in CO2 

use were relatively small, these made a large difference for the other CO2 use option (i.e. PtM). When PtL efficiency 

was 8-10% points lower, PtM capacity increased by 2.5 times from 27 to 67 GW, but it still represented less than 14% 

of the CO2 use. The best PtL performance can lead to lower annual cost by 25 bln€/yr with relatively modest decrease 

in marginal CO2 price of 15 €/ton. When PtL performance was conservative (see Table SI 10), combined with a low 

biomass potential (~7 EJ/yr), then it is the point where atmospheric capture starts to be necessary for the system. At 

this point, < 1% of jet fuel demand is satisfied through this route, but any negative changes (e.g. increase in demand, 

lower CO2 emissions) will make this need larger. 

 

Failure to develop PtL. When PtL is not available (e.g. for social acceptance issues or resource scarcity), it is 

substituted by mostly LMG in heavy-duty transport. This halves diesel demand to around 1 EJ (for 95% CO2 

reduction). At the same time, around 30% of the aviation demand needs to be satisfied with import (outside EU), while 

maximizing the use of biofuels. This leads to 30-80 bln€/yr higher annual cost. The relative flexibility diesel has is 

that it can be substituted by electricity, hydrogen or LMG in its uses, while aviation demand has limited choices and 

the use of BtL without a downstream use for the CO2 limits the carbon-neutral fuel in the system. 

3.5.6. Biomass balance 

The energy system will use most (~95%) of the biomass potential below 12.5 €/GJ since it is considered carbon-

neutral. There is a need to define the potential that still ensures the carbon neutrality of that biomass.  

 

As highlighted before, biomass has high importance due to its possibility to satisfy demand with (close to) zero net 

emissions. Therefore, this section aims to understand the dynamics defining its distribution among the different 

sectors. For this, Figure 20 shows the supply and demand across the main scenarios, whereas insights from all the 

scenarios are included in the discussion below. This includes 13 scenarios that deviate from the reference potential. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 20. Biomass potential use by category and sectorial use across main scenarios. 

 

 

57 Scenario P2GF95CCSVRE, which is Nº 27 from Table SI 17 
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Biomass allocation. At a first glance, the use of biomass seems balanced across sectors. On a closer look, each type of 

biomass is associated to specific sectors with only the wood and forestry having a more complex set of variables to 

define its end use. Industrial and municipal wastes are mainly used for the commercial sector and residential sector 

(60/40 split). Rapeseed and biodiesel displace its oil-derived counterpart. Bioethanol and sugar crops are blend with 

gasoline for private transport. Biogas is used for industrial heat generation and in case no coal is allowed this is more 

than 95% of its use. The complementary use is for electricity production, which becomes more relevant for stricter 

scenarios. Biogas upgrading with either PtM or carbon capture is hardly used, except for the scenarios that combine a 

high biomass potential with cheap hydrogen (better PEM performance). This is in line with current use comprising 

close to 60% for electricity and 30% for heat production, with only around 10% of the biogas injected to the grid and 

most of it having specific users [433]. For wood and forestry, the primary use is for hydrogen production followed by 

electricity (close to 70/30 split) in scenarios with CCS. However, when there is no CCS (and CCU possibility) and 

high (95%) CO2 reduction, then BtL becomes the main alternative. Its share is around 60% for 95% CO2 reduction and 

no CO2 storage and increases to 80% as PtL becomes more limited (e.g. lower efficiency) or only 20% as PtL becomes 

more attractive (e.g. cheaper hydrogen). BtL is also enabled by a higher biomass potential. BtL has a low (~30%) 

carbon efficiency, which means there is more carbon available for PtL than carbon directly in the BtL product. Direct 

use for industry only occurs for relatively low CO2 targets (BAU and 80%) or when the potential is the highest. For 

scenarios with a low biomass potential, the amount of biomass used for hydrogen production has the highest reduction 

in comparison to the reference potential (~80%), followed by industry (~65%) and power (~12-25%). 

 

Potential used. Almost the full potential is used across scenarios for the various levels of biomass explored (7-25.5 

EJ/yr). Even in the less strict scenario (80% CO2 reduction), over 95% of the potential below 12.5 €/GJ is used. Only 

for stricter scenarios (95% CO2 reduction with no CO2 storage) part of the more expensive sources (e.g. rape seed) are 

used for ethanol, leading to almost 95% use of the full potential. This implies the use of even the most expensive 

sources, which are up to almost 30 €/GJ (compared to an average price of 6 €/GJ for the full potential). For scenarios 

with high biomass potential, almost all of it is used. Starch, sugar and crops (leading to 1st generation biofuels) and 

more expensive than 8-10 €/GJ are not used. Accordingly, biomass use is between 22.5 and 23 EJ/yr and it is 1 EJ/yr 

lower for the scenarios with higher VRE potential. The higher potential is mainly driven by higher availability of 

wood products, which is a versatile category given that it can be used in all sectors (see Figure 14). Therefore, an 

increase in its quantity still keeps the flexibility to change its allocation depending on the constraints. 

 

CO2-neutral emissions. Biomass (together with PtL using DAC) is one of the critical alternatives for net zero 

emissions for aviation and navigation (which do not count with an electric or hydrogen alternative). In the balance of 

CO2 emissions (see Appendix 3.8), these two sectors reach up to 60% of the (tail pipe) emissions (for 80% CO2 

reduction) and can only be compensated if the CO2 was originally sourced in the air or if they are compensated by 

negative emissions elsewhere in the system. CO2 originally from air can be obtained through biomass, namely BtL and 

hydrogen production (with gasification) when CO2 storage is not possible. BtL emissions would become significant if 

there were no CO2 sinks since the process needs to remove CO2 to adjust the H2/CO ratio needed for Fischer Tropsch. 

These emissions could be as high as 350 mtpa (more than the total emissions allowed for 95% CO2 reduction) in case 

there is no sink (although these emissions would be carbon neutral). BtL with carbon capture can use the carbon twice 

to satisfy transport demand, directly in the BtL process and by providing the CO2 for PtL. At the same time, BtL is 

favored by PtL by further using the CO2. Ultimately the CO2 is released through the PtL route, but at least fossil fuel is 

displaced. To provide bio-derived fuels, one of the two (storage or use) needs to be possible. PtM does not provide the 

same flexibility since the relative size of marine transport is smaller (in terms of energy demand). The critical factors 

about aviation and navigation are that their demand will greatly increase in the coming decades, more than tripling on 

a global level by 205058 [421] and the other is the absence of electricity and hydrogen. Hydrogen has been identified 

as a main carrier in deep decarbonization scenarios, although it cannot be claimed to be the best alternative [434]. 

 

Competition with hydrogen. Biomass can be a competitor or enabler depending on the scenario. If CO2 storage is 

possible, a larger biomass potential will lead to a greater use for hydrogen production becoming the dominant source, 

but the net hydrogen flow in the system will be lower due to the negative emissions achieved by biomass, which make 

possible higher emissions in transport, decreasing the need for PtL and therefore hydrogen. However, when no CO2 

 

58 Aviation demand is expected to grow by at least 4-5%/year and navigation has experienced over 10%/year growth since 2000 
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storage is possible, a higher biomass potential hardly affects the total hydrogen flow, but instead increases the share 

for PtL use since there is more CO2 available from BtL (+50%). 

3.5.7. CO2 sources and sinks 

Biomass-based processes combined with carbon capture are needed in low-carbon scenarios, either for negative 

emissions or to provide CO2 for downstream use. The role of direct air capture can be significant if it reaches a level 

of 300 €/ton and 7 GJ/tonCO2 of energy consumption. 

 

PtL is an alternative for CO2 use and for maximum abatement the CO2 would come from air (direct capture or 

biomass). This section aims to explore what the sources of CO2 for PtL are, how these flows change for different 

scenarios and the competition with other possible sinks for CO2. Figure 21 shows the sources and sinks for CO2 across 

the main scenarios. 

 

CO2 storage. The low-carbon scenarios with CCS have the largest CO2 flows with nearly 1.4 GtCO2 captured and 

stored underground. To put this in perspective, currently there are 21 projects in operation or under construction that 

capture 37 mtpa with most of the experience being in EOR (Enhanced Oil Recovery) rather than a dedicated 

underground storage [435]. Another standard to add some perspective is the expected CCS contribution in future 

scenarios. IEA estimates CCS contribution will be 6.8 GtCO2/yr to stay within 2 ºC increase and 11.2 GtCO2 for 1.5 

ºC [421]. Although these numbers are for 2060 and on a global level, they show the importance of the technology 

contribution. Consequently, 1.4 GtCO2 is a challenging target given the current progress, infrastructure development 

[436] and investment needed to achieve such order of magnitude. The more ambitious CO2 target leads to more than 

30% increase in the CO2 stored since there is a larger need for neutral and negative emissions mainly to compensate 

for the emissions in transport. CCS leads to lower system cost at the expense of prolonging the use of fossil fuels in 

the system, which are the main source for hydrogen and most of their use in power is with CCS. CO2 sources are 

balanced across sectors with similar shares for power and hydrogen and a smaller role for industry. BECCS supplies 

between 30-40% of the CO2 with the reference potential, while it can provide almost 75% of the CO2 with the highest 

biomass potential. In spite of the relatively low BECCS contribution from power, it makes a big difference in the 

electricity footprint. The zero operational emissions from renewables combined with these negative emissions lead to 

a footprint between -10 and 5 gCO2/kWh for most of the scenarios and it can reach -100 gCO2/kWh for scenarios with 

high biomass potential. This effect is not necessarily due to a high BECCS contribution (although it reaches 10-11% 

of electricity production in scenarios with high biomass potential), but because there are hardly any positive emissions 

besides the occasional use of gas turbines. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 21. CO2 sources and sinks across main scenarios. 
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Sources of CO2 used. This is drastically changed when CO2 storage is not allowed and the flows are reduced to 

between 200 and 500 Mton/yr. One reason for this is that CO2 that goes in either PtL or PtM will ultimately end up in 

the atmosphere and the biomass potential is not high enough to sustain a level above 1 GtonCO2/yr in a carbon-neutral 

way. CO2 is used preferentially for PtL and only marginally for PtM, since the gas demand itself is largely reduced 

and hydrogen used as feed is too expensive to use for methane in most scenarios. Wood, forestry and grassy crops are 

the most versatile sources that can be used across sectors and that have the possibility of CO2 capture in downstream 

uses. For the reference biomass potential, these sources would amount to 350-450 MtonCO2/yr if all would be 

processed with carbon capture (depending on the route followed). When the potential is the highest (Biomass 

economy), this increases to almost 1700 Mton/yr. Therefore, only when the potential is the highest a similar CO2 flow 

as the ones seen in low carbon scenarios could be sustained. Over 85% of the CO2 comes from biomass and ensures 

that the liquid produced downstream is carbon neutral. However, there is a small (~7%) contribution from fossil fuels 

in power generation. The model does not include the match between sources and sinks, but instead assumes the 

production and use of a common commodity. This would be the equivalent of a grid where all the producers and users 

are connected. To allocate specific sources, a model with higher spatial resolution is needed. 

 

One of the sectors providing CO2, both when there is the possibility for CO2 storage and when it is absent, is cement. 

Its flow is relatively small compared to the downstream use in PtL. It is more relevant for the industry itself, since it 

reduces its specific emissions, but the contribution to the overall CO2 reduction is limited. The use of carbon capture in 

cement can have a high energy penalty (5 MJ of additional energy per kgCO2 captured and a CO2 penalty of nearly 0.5 

kg CO2 per every unit of CO2 captured [256]). 

 

Drivers for CO2 use. The main driver is transport since other sectors can be satisfied with hydrogen or electricity. 

Demand in the transport sector is around 5, 4, 2 and 0.5 EJ for heavy-duty trucks, aviation, marine transport and buses 

respectively. Assuming marine transport is satisfied with LMG, while the rest of the sectors with PtL products, this 

establishes the upper bound of 800 MtonCO2/yr that could be used. However, in the scenarios analyzed, two major 

deviations from this maximum use is the use of hydrogen for heavy-duty trucks (which is the preferred (70%) energy 

carrier when there is no CO2 storage and 95% CO2 reduction) and the supply of jet fuel by BtL or import, which can be 

dominant for scenarios with higher biomass potential (BtL) or with CO2 storage (import). Another reference for CO2 

use is the substitution of fossil-based feedstock for the chemical industry, which is estimated to have an upper bound 

of 290 MtonCO2/yr [14]. The same study [14] also estimates that 380 MtonCO2/yr are needed to satisfy the fuels 

demand foreseen in the 2 ºC scenario by IEA ETP [421] for the transport sector. Currently, the global market for CO2 

use is ~200 MtonCO2/yr, mainly for urea and inorganic carbonates (120 and 50 Mton/yr respectively) [437]. 

 

DAC. Direct CO2 capture from air is not shown in Figure 21 since the base assumption is that there is limited 

improvement in technology performance until 2050. However, if DAC is promoted and reaches a performance of 300 

€/ton and 7 GJ/tonCO2 of energy consumption, it can be an important component of future low carbon systems. Its 

deployment is seen in scenarios with high CO2 target (95%), possible CO2 storage and reference or low biomass 

potential (10 EJ/yr). The pathway of air capture for downstream use for electrofuels is very limited (< 10 Mton/yr). 

This occurs since these pathways include the CAPEX for air capture (300 €/ton), the CAPEX for upstream heat and 

electricity consumption of this unit (indirectly reflected as commodity price), CAPEX for hydrogen production 

(electrolyzer) and for the liquid synthesis step. Therefore, this makes this option (of DAC plus CO2 use) too expensive 

and DAC mostly arises in combination with CO2 underground storage. Capacities of over 400 Mton/yr of CO2 were 

observed for the 95% scenario (with CO2 storage and a biomass potential of 10 EJ/yr). With a high biomass potential, 

there is enough carbon neutral CO2 and there is no need for DAC. 

 

CO2 use impact on system efficiency. It has been argued [438] that PtL actually leads to a net CO2 increase compared 

to fossil alternatives and to higher energy consumption [436] with conventional oil having around 20 EROI (Energy 

Return On energy Invested) [439], while PtL will have an EROI lower than 1 leading to an increase in primary energy 

consumption. This is still relevant as long as there are targets for primary energy consumption [440], but it could be 

less relevant in the future when there is abundant supply of electricity from RES. For all the scenarios explored, the 

CO2 constraint was binding and dominant over the primary energy consumption. 

3.6. Conclusions 

This chapter addressed uncertainties about future configurations of the energy system by running an extensive 

parametric analysis for scenarios that achieve 80 to 95% CO2 reduction by 2050 (vs. 1990). Among the insights 



Chapter 3 
 

 

82 

developed from the results is that hydrogen acts as complement to electricity and grows as more constraints are added 

to the system. Action is needed to close the gap between the current focus on renewable hydrogen for refineries and 

fuel cell vehicles to cover applications like steel and heavy-duty transport, as well as to close the gap in deployment to 

kick-start and accelerate the cost decline of the technologies. PtL will be mainly defined by policy adoption on CO2 

storage (CO2 use is favored by absence of storage) and biomass availability (more neutral CO2 to be used). 

 

The three largest drivers for hydrogen are limitations on CO2 storage (e.g. social acceptance), low biomass potential 

(depending on sustainability criteria) and low technology cost. With limited CO2 storage, hydrogen can only be 

supplied by electrolyzers, which could represent almost 50% of the demand. Operational limits for the flexibility of 

electrolyzers including their response time should be validated since they play a large role in dampening VRE 

fluctuations. Attention to demonstration projects should be focused not only in transport, but also in industry. Steel 

proved to be one of the key sectors that shifts to hydrogen for restricted scenarios with up to 25 mtpa (3 EJ/yr) of 

hydrogen demand. Heavy-duty transport seems to be a promising application for hydrogen, especially as the CO2 

target becomes stricter. This application combined with fuel cell vehicles and electric drive-train can contribute to the 

reduction of oil demand, energy security and lower CO2 emissions. For this reason, research in fuel cells should 

continue to ensure that cost and efficiency trends make the business case possible for these applications. Industry and 

transport are resilient to high hydrogen prices (> 5 €/kg), but achieving lower costs through research on electrolyzer 

components and their manufacturing processes can be beneficial as hydrogen proved to be a versatile energy carrier 

for lower costs. A low-carbon energy system can be achieved at 10% higher costs than a business-as-usual scenario. 

 

Noting that today, hydrogen is used mostly in refineries and chemicals, there are large gaps to close in terms of 

regulatory framework to set targets that promote hydrogen use in the various sectors (“market pull”), a subsidy scheme 

to technology specific to improve the business case in these early stages where technologies are still not economically 

competitive, initiatives with stakeholders from all the elements in the value chain (from production to distribution and 

end use) could help overcome the infrastructure barrier (large investment needed). Failure in any of these could 

compromise hydrogen growth reflected in either higher system costs or failure to achieve the CO2 emissions target. 

 

The preferred sink for CO2 is underground storage and only when it is limited, the use for liquid fuels arises. Research 

and demonstration of CCS is necessary if levels of up to 1.4 Gton of stored CO2 per yr are to be reached by 2050 (vs. 

almost 4 GtonCO2/yr of emissions today). Biomass is one of the main CO2 sources and in combination with CO2 

storage, it can lead to negative emissions that allow positive emissions in sectors which are more expensive to 

decarbonize. Biomass gasification for hydrogen production and liquid production (Fischer Tropsch) are the dominant 

CO2 sources for scenarios with limited underground storage. Demonstration projects that include carbon capture in 

these processes are necessary, especially to further develop concepts where carbon use is maximized by additional 

hydrogen. Specifically aviation drives the need for Power-to-Liquid, where a major advantage in the end use sector is 

minimal changes to existing infrastructure. PtL acts as a complement to biofuels rather than a competing alternative. 

When PtL is used, it satisfies between 60-90 % of the aviation demand and 50-60 % of diesel which contributes to EU 

energy security and reduction of the energy-related import bill. 

 

This study should be complemented with a higher temporal (to study electricity grid stability and generation ramping) 

and spatial (potential spots with electricity grid congestion) resolution to better assess the potential of multi-carrier 

energy systems. The potential fuel shift in aviation and navigation should also be complemented by trade-offs with 

energy efficiency and mechanical design. More options for the petrochemical industry like bio-based feedstock should 

also be explored. Better wind and solar resources outside EU could also be exploited to produce electrofuels at lower 

cost. This involves the trade-off between lower production cost vs. additional cost for transport and decreased energy 

security, GDP (through investment) and job creation [17,401]. Ammonia as potential energy carrier for sectorial 

integration should also be evaluated in future studies. 
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Abstract 

Power to Methane (PtM) can provide flexibility to the electricity grid while aiding decarbonization of other sectors. 

This chapter focuses specifically on the methanation component of PtM in 2050. Scenarios with 80 to 95% CO2 

reduction by 2050 (vs. 1990) are analyzed and barriers and drivers for methanation are identified. PtM arises for 

scenarios with 95% CO2 reduction, no CO2 underground storage and low CAPEX (75 €/kW only for methanation). 

Capacity deployed across EU is 40 GW (8% of gas demand) for these conditions, which increases to 122 GW when 

liquefied methane gas (LMG) is used for marine transport. The simultaneous occurrence of all positive drivers for 

PtM, which include limited biomass potential, low Power-to-Liquid performance, use of PtM waste heat, among 

others, can increase this capacity to 546 GW (75% of gas demand). Gas demand is reduced to between 3.8 to 14 EJ 

(compared to ~20 EJ for 2015) with lower values corresponding to scenarios that are more restricted. Annual costs for 

PtM are between 2.5 and 10 bln€/year with EU28’s GDP being 15.3 trillion €/year (2017). Results indicate that direct 

subsidy of the technology is more effective and specific than taxing the fossil alternative (natural gas) if the objective 

is to promote the technology. Studies with higher spatial resolution should be done to identify specific local conditions 

that could make PtM more attractive compared to an EU scale. 
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4.1. Introduction 

Anthropogenic emissions need to be drastically reduced if the increase in global temperature is to be maintained 

within 1.5 ºC compared to pre-industrial times. Global emissions need to be cut by more than 50% by 2050 (vs. 2010) 

with developed countries carrying out a larger change [6]. Key components to achieve this target are energy 

efficiency, renewable energy sources (RES) including biomass and carbon capture and storage (CCS). Wind and 

solar59 are identified as crucial technologies for the early stages of the transformation. A disadvantage they have is 

their great variability in time and space. Therefore, there is a need for complementary alternatives to provide 

flexibility to the system and compensate their fluctuations. Power to Gas (PtG) arises as option to satisfy this need. 

PtG implies the conversion of power to hydrogen, which can be subsequently used as energy carrier (i.e. hydrogen 

economy [25,269,270]) or as reactant for further compounds (e.g. methane, methanol, long chain hydrocarbons). 

Typical efficiencies (energy output vs. energy input) are 65-75% for power to hydrogen (electrolysis), 75% for 

hydrogen to methane [29,86] (HHV). The term PtG refers to the conversion of power to hydrogen and methane (both 

gases) and for that reason PtM will be used henceforth to refer to methane. Key advantages of PtM are: (1) It allows 

converting power into a commodity that can be used to reduce CO2 emissions in other sectors; (2) It uses existing 

infrastructure; (3) When considered as storage option, it has a high energy density (CH4 has >1000 kWh/m3 while 

hydrogen has 270 kWh/m3 and pumped hydro storage has 0.7 kWh/m3 and [441]) and over 1000 TWh of storage 

capacity already deployed and operating; (4) It is suitable for long term and large scale storage. 

 

Nevertheless, the technology does not come without challenges. Currently, it is in the early stages of development 

(Technology Readiness Level – TRL [442–444] 5-7 [445,446]) and more research is needed to de-risk it and promote 

its large scale deployment. Economically, it needs a low electricity price (< 10 €/MWh [255,447]), low specific 

CAPEX (currently up to 1500 € per installed kW of synthetic gas [122,447]) and high number of operational hours (> 

3000 hours to reduce the CAPEX contribution to the cost) to reach a similar price as fossil-derived natural gas 

including additional costs (e.g. CO2 certificates). Environmentally, it needs a low electricity CO2 footprint 

[258,260,448,449] (< 50 gCO2e/kWh) to represent a better alternative than fossil gas and lead to net CO2 reduction. 

These conditions make the use of biogenic CO2 and power from renewable sources the best sources for its process 

inputs. 

 

This chapter aims to explore alternative low CO2 emission scenarios (reduction targets of > 80%), where it is 

envisioned that PtM will play a key role and understand better the drivers that promote its use in the energy system. 

The approach chosen is cost optimization of the entire energy system looking at the longer term (2050) and at a large 

scale (European level). The reasons for this selection are: (1) PtM is a technology connecting various sectors and there 

lies the importance of looking beyond power; (2) Only in the long term low carbon scenarios will be achieved; (3) 

Most previous studies focus on a local or national scale with few considering the dynamics of the entire EU region and 

(4) Cost optimization is the first step to identify the most economically sustainable routes to meet energy demand. 

Some of the key insights that can be gained with this approach are: (1) RES fraction (or CO2 reduction target) that 

makes PtM necessary (or result in a lower cost system); (2) Amount of PtM used in different scenarios (capacity and 

energy); (3) Difference in deployment due to different technology parameters (cost and efficiency); (4) Comparison 

with competing flexibility options (e.g. pumped hydro storage, batteries, demand side management (DSM), grid 

expansion, excess of installed capacity); (5) Additional system cost for presence/absence of the technology. To 

explore these issues, an energy system model is used, which allows analyzing the evolution of the capacity mix 

considering investment and operational components. 

 

The energy model used is JRC-EU-TIMES [368], which covers the EU-28 plus Switzerland, Norway and Iceland60, 

where each member state (MS) is one region. Its temporal horizon is from 2010 to 2050 (although it can be used 

beyond this timeframe). To reduce calculation time, it uses hierarchical clustering into representative hours of a year 

(24 time slices for the power sector and 12 for others), when there are different levels and compositions of supply and 

demand. Prices for all commodities are endogenous considering the supply and demand options, demand elasticity and 

consumer and producer surplus. It covers 5 sectors (residential, commercial, industry, transport and agriculture). The 

 

59 Referred in the rest of the document as VRE = Variable Renewable Energy 
60 Referred from this point onwards as “EU28+” 
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approach followed is parametric analysis, where individual parameters are changed and their effect is evaluated on 

both the entire system and the specific technology. 

 

Key questions that are answered in this chapter are: (1) What is the PtM capacity deployed in potential future low 

carbon scenarios for EU; (2) What are the conditions that promote PtM deployment; (3) How does PtM compare with 

other flexibility options; (4) What is the effect PtM has on system cost and (5) What are the CO2 sources that PtM uses 

when it is deployed in the energy system. 

 

This chapter is structured in the following manner. Section 4.2 makes the comparison between the model used in this 

chapter and literature. Section 4.3 explains model topology and structure with focus on PtM. Section 4.4 is dedicated 

to the scenario definition. Section 4.5 discusses the results for the different scenarios and summarizes key outcomes. 

Finally, Section 4.6 highlights key conclusions, input for further studies and subsequent work. 

4.2. Literature review and gaps 

CO2 methanation is currently not widely employed, with only a handful of pilot projects, most of them located in 

Germany (10 projects) and where the largest scale is 6 MW [450,451]. This technological approach has drawn interest 

in the last couple of years and power conversion to hydrogen only has been more thoroughly discussed 

[26,285,341,452,453]. Before a major technology rollout, further research, pilot and demonstration plants are required. 

CO methanation, on the other hand, is deployed in larger scale, however, often with fossil feedstock [450]. A review 

on PtM was recently done by the authors (see Section 2.7 of this thesis) including 66 studies on PtM and discussing 13 

with a special emphasis on energy system models, which is the scope of the current study. Insights from these studies 

are included in Section 4.5 to put in perspective results from the current study. It has been identified that there are a set 

of features each model can cover, but there are trade-offs to be made to limit model complexity and calculation time, 

where no model includes all features. These are used to compare this study with previous ones and understand the 

remaining gaps. The different features are: 

• Hourly time step. This allows better estimating the electricity surplus and hourly choices on options to 

manage it. It better captures generation flexibility (ramping of power plants) and storage role. 

• Capacity expansion. Some models [254,265,267] focus on the operational component or use a simulation 

approach [225] without finding an optimal PtM capacity for a given scenario. Capacity constitutes an 

exogenous input rather than an output. This could lead to overestimating the role of PtM since the capacity 

used might not be needed. 

• Energy system coverage. Some models [150,254,337,454] focus on the power sector and dealing with power 

surplus rather than using the surplus for other sectors (e.g. PtX61) or finding alternatives routes to deal with 

the gas demand. Therefore, the coverage should be the entire energy system instead of power only. 

• Grid expansion. The model should be able to make the trade-off between using (or curtailing) power surplus 

and investing in the grid to find a sink far enough from the source. For this, the model should have both the 

investment component and at least a simplified grid representation. 

• Other flexibility options. With more alternatives to accommodate fluctuations, there is a lower chance of 

overestimating PtM role. The model should cover as many as possible from: optimal wind/PV ratio (due to its 

complementary patterns [135–137], DSM, short and long term storage, grid expansion, flexible generation, 

PtX, to make sure the model has enough outlets for any possible electricity surplus. 

• Endogenous commodity prices. PtM economic case is directly dependent on the prices for 

electricity/hydrogen and methane. These are determined by supply/demand dynamics. Models should capture 

dynamics that determine these prices rather than take them as exogenous assumptions. 

• Geographical scope. PtM has been analyzed on a local [242,264,337], national [455–457], regional 

[192,197,205] and global [138,454] scale. Resolution, data requirements and conclusions will be different 

depending on the scale of the model. A higher spatial resolution will require either small geographical scope 

or fewer model features from this list. 

 

61 PtX = Power to X = Power to Heat, Hydrogen, Methane, Methanol and other liquids 
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• Technology performance. The study should assess the difference of deployment due to different cost or 

efficiency since this remains a large uncertainty for the technology due to its needs for development and 

limited deployment. 

• Variable RES/CO2 targets. Need for PtM is greater for low carbon systems [181,268] and it is important to 

understand how its role can change for a variable target of the system. 

 

Not all of these have been covered by a single study and the challenge lies in trying to cover as many as possible while 

still using the right tool for the right purpose and still keeping model complexity at a manageable level (both for use 

and understanding of results). For a list of the studies and features included in each one, refer to Section 2.7 of this 

thesis. The current study counts with all the features above, except for an hourly time step. An area where a trade-off 

has been made and where further work will be needed is the temporal and spatial scales. The model represents the year 

in 12 time slices (24 TS for power sector) and additional constraints are introduced to improve the representation of 

possible excess of variable RES, but its output will differ from an hourly model. Each country is a single node, there is 

no spatial allocation within the node for generation and consumption and there is a simplified consideration of the 

transmission and distribution grid. 

 

This chapter works towards closing the gap of determining PtM capacity on a European scale with an energy wide 

model that counts with enough flexibility options to deal with power surplus (storage, hydrogen, Power to Liquid 

(PtL), power to heat and DSM). This is relevant since some studies [242,243,337,458,459] only look at the possible 

use of power surplus for PtM without considering if there are better options or even if the alternative will have a 

positive economic return, while others [241,244,247] look at the potential and possible outlook for the technology 

based on cost, performance and foreseen electricity growth without establishing the trade-off with other options for 

either electricity surplus, CO2 use or meeting final energy demand. Another gap covered is the exhaustive uncertainty 

analysis done on the influence of various parameters and assumptions, these affect future system evolutions and 

methanation. 

4.3. Model topology and representation 

TIMES model is a partial equilibrium, linear optimization, bottom-up technology model created with the generator 

from Energy Technology System Analysis Program (ETSAP) of the International Energy Agency [369–371]. Its 

objective is the satisfaction of energy services demand while minimizing (via linear programming) the discounted net 

present value (NPV) of energy system costs, subject to several constraints. Energy system optimization is different 

from doing NPV calculations for analyzing the business case of a certain technology. The most important difference is 

that in an energy system model, prices (e.g. for electricity) are not predefined, but endogenous. 

 

As a partial equilibrium model, JRC-EU-TIMES does not model the economic interactions outside of the energy 

sector. However, it does capture the most important feedback through the use of price elasticities that change the final 

energy demand of services. This is a proxy for converting the cost minimization to economic surplus maximization. 

Moreover, it does not consider in detail demand curves and non-rational aspects that condition investment in new and 

more efficient technologies. 

 

A key feature of the model is that the end use demand is not defined as power, gas, oil demand, but instead the 

services that are satisfied with those commodities (e.g. number of houses, space to be heated, materials, traveling 

distance) and the energy carrier used to satisfy those needs is an endogenous option.  

 

There are common characteristics and limitations of energy system models, specifically with cost optimization. These 

include in terms of approach: perfect foresight (knowledge in the base year of all the future demand and global prices), 

central optimization (best decision across sectors, which in reality include many stakeholders), rational behavior 

(choice for cost optimal alternative without consideration of politics, social acceptance, personal interests) and perfect 

competition (no market distortions). 

 

The structure and considerations of this specific model have been covered in the past [334,368,382–384]. This section 

builds upon that effort and explains the scope of the model in more detail. The criteria to reflect information in this 

section is either (1) Sections that have been improved with respect to those previous publications or (2) Due to its 
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relevance for PtM to make sure it is clear what is included (and how it is represented) in the model. Some parts of the 

model (e.g. hydrogen or biomass) are explained in more detail in Chapter 3. 

4.3.1. Overview of major inputs 

The key parameters used as input to the model are: 

• Macroeconomic data. This includes energy services and material demand projections, differentiated by 

economic sector and final use service. These are taken from [50], which uses the GEM-E3 model. The other 

macroeconomic variables are the fuel import prices for oil, gas and coal, which are in line with [50] and taken 

from POLES. Global fuel prices reach almost 100$/bbl for oil, 10 $/MMBtu (7.9 €/GJ) for gas and 100$/ton 

for coal. See Appendix 4.1 for more details on price evolution in time for individual commodities. 

• Base year calibration. Mainly done with Eurostat and an internal JRC database62. For more detail on the 

categories used for each sector, refer to [368]. 

• Technology parameters. This covers cost, efficiency and lifetime for the various technologies beyond the 

base year (i.e. learning curves). For electricity, these are mostly taken from an internal database at JRC and 

for the other sectors mostly from [385]. Technology specific discount rates are from [50]. These parameters 

have been published before as part of the full model documentation [368] and data for technologies that have 

been added or modified as part of this research can be found in Appendix 4.1. 

• Resource potentials. The present and future sources (potentials and costs) of primary energy and their 

constraints for each country are from the GREEN-X model and the POLES model, as well as from the 

RES2020 EU funded project, as updated in the REALISEGRID project. 

• Interconnection between countries. This is relevant for electricity (ENTSO-E and Annex 16.9 of [368] for 

specific values), CO2 transport costs (taken from [387]) and gas. The net transfer capacities are used. There is 

a 15% interconnection between EU countries to be achieved by 2030 [460]. 

 

PV and wind potentials are important given that they will affect the electricity price and will determine the variability 

to be compensated. For PV, an initial assumption of 10 m2 per capita is made, which already includes suitable roof 

area, green and brownfields, combined with an average irradiation of 850 W/m2. This could lead to up to 1600 GW of 

PV capacity for the region, compared to ~100 GW deployed by 201663. This is still a conservative value, where using 

data from [215], an average of 33 m2 per capita for EU28+ (see Appendix 4.2) was obtained. Because of this, 

scenarios with a higher potential equivalent to 25 m2 per capita are evaluated as part of the sensitivities. Similarly, for 

wind, JRC-EU-TIMES uses a conservative estimate of 320 GW of onshore capacity (to put it in perspective, installed 

capacity in 2015 was 140 GW [461]) and 730 GW for offshore (only 11.1 GW in 2015 [461]). Other estimates are 

actually between 1020 and 1460 GW [420] respectively and even 1740 GW only for onshore [215]. Therefore, the 

approach has been to use the conservative estimate as reference point to avoid an overreliance on this technology and 

use higher estimates as sensitivities to quantify the impact. See Appendix 4.3 for more information on VRE potentials. 

Biomass potential is relevant since it can satisfy end services where PtM could play a role and because it can act as 

CO2 source for PtM. This potential ranges widely in literature [462] and this chapter considers between 10 and 25.5 

EJ/year (Appendix 4.1 for categories and breakdown). This parameter is more relevant when considering the 

competition with transport and Power-to-Liquid (see Chapter 3). A limitation on CO2 underground storage is not 

considered, since it has been shown [436] that potential is orders of magnitude higher than needed. Global potential is 

almost 11000 GtCO2 when considering saline aquifers, whereas IEA estimates foresee 120-160 GtCO2 of storage will 

be needed by 2050. The limitation assessed is the social acceptance aspect (rather than potential), where the extreme 

case is used (no CO2 storage allowed). 

 

For geothermal potential, there are two contrasting sources. One is the GEOELEC project, which ran from 2011 to 

2013. It assessed geothermal electricity potential across EU28 plus Switzerland and Iceland at 3000 TWh for 2050 

using 100 €/MWh as hurdle for the economic potential. This translates to almost 380 GW of potential installed 

capacity [405]. Among studies performed by international organizations, the highest geothermal capacities are from 

GreenPeace Energy Revolution, which have 50 and 40 GW for EU by 2050 in their “Advanced ER” and “ER” 

 

62 JRC Integrated Database on the European Energy Sector (IDEES) 
63 https://www.eea.europa.eu/publications/renewable-energy-in-europe-2017/download 
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scenarios which achieve 100 and 92% CO2 reduction vs. 1990 [427]. Energy Technology Perspectives by IEA 

(International Energy Agency) has more modest capacities of 9 GW by 2050 for EU, even in their beyond 2 ºC 

scenario. The technology roadmap by IEA estimates a global deployment of 1400 TWh (or 3.5% of the global 

electricity production), equivalent to 200 GW of installed capacity by 2050. For this research, a relatively high 

CAPEX of 8200 €/kW is considered for EGS (Enhanced Geothermal System) [386] to ensure there is a high cost 

penalty in case the potential is used. To account for these extremes and assess any potential impact on PtM, this 

parameter is varied between the potential assessed by GEOELEC and one set of scenarios using 10% of such potential 

(~3000 and 300 TWh respectively). 

 

A potential business case for PtM is to store power surplus over summer as methane and to be able to use this energy 

in winter to satisfy space heating demand or even contribute to closing the gap between electricity supply and demand. 

The model has three features that make it suitable to evaluate this application for heating. It has the actual building 

space that needs to be heated based on houses stock. Differentiation is made among 3 dwelling types with 6 different 

vintages by country (almost 560 classes). Various ceiling, walls, windows and floor alternatives for insulation are 

provided, each one with their own cost and thermal constant [463]. Therefore, it can make the trade-off between lower 

space heating demand through energy efficiency and more efficient heating technologies (e.g. heat pumps) to satisfy 

such need. For more details on this residential sector, refer to Appendix 4.1 and [368]. The other two features are the 

possibility to change energy carrier to satisfy heat demand and that it captures the seasonal component. 

4.3.2. Gas System 

The model has the option of producing indigenous gas, importing from outside EU+ or synthetize gas (through PtM) 

to satisfy demand. In turn, gas can be used directly at each of the five considered sectors or alternatively for hydrogen 

production or gas to liquids technology. The overview for the gas system is presented in Figure 22. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 22. Methane sources and uses considered in JRC-EU-TIMES. 
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Gas from PtM can be either injected in the natural gas grid or used directly in any of the sectors. Biogas can be 

upgraded either with carbon capture and injected in the natural gas grid or coupled with PtM to increase methane yield 

at the expense of hydrogen consumption, which is a common business case for PtM [243,265,458,459,464,465]. For 

specific CAPEX and efficiencies refer to Appendix 4.1. Biogas can also be directly used for heat and power 

generation (not shown in Figure 22), which requires the end users to be adapted for a lower calorific value. This is the 

largest (90%) use (2015) for biogas [433]. PtM needs to compete with indigenous reserves, most of which (60%) are 

held by Norway. Total gas reserves for EU28+ are 610 EJ at an average production cost of 1.2 €/GJ. gas is also 

available and could add 545 EJ of reserves, although at a higher production cost of 15.4 €/GJ. As reference values, 

current gas demand is around 20 EJ/year and a price for the imported gas of 5.2 €/GJ. 

 

Natural gas is connected to the LMG (Liquefied Methane Gas) network. The term LMG is used since it can either be 

imported, liquefied from natural gas or liquefied from PtM gas. Therefore, there is the possibility the gas is not fossil 

and the term “natural” is not applicable. At the same time, once biogas or PtM product is in the grid, it cannot be 

differentiated from fossil LNG. It can be used for heavy duty trucks, buses and marine transport. However, LNG 

competes with hydrogen and electricity in the former two and with synthetic liquid fuels in the latter. Liquefaction can 

be on-site (small scale for PtM) or centralized (large scale for NG). Once PtM gas is injected in the grid, it could also 

take advantage of the centralized liquefaction since it mixes with NG. For LMG use in ships, the reference fuel 

consumption from LMG carriers is taken. These can use a steam turbine that uses boil-off gas (BOG) with an 

efficiency of 26% from BOG to power, dual fuel diesel engines that complement BOG with diesel with an efficiency 

of 47% and slow speed diesel where the BOG is passed through a re-liquefaction unit leading to an efficiency of 43% 

[466]. This leads to operational efficiencies between 12-27 gCO2/(ton*nautical mile) (0.26-0.12 MJ/km) [467,468] 

where the upper range corresponds to old carriers with steam engines. In a scenario where shipping follows an 

emission 2 ºC path, annual emissions need to be reduced by 80% by 2050. This would require design efficiencies of 

less than 2 gCO2/(ton*nm) and would favor shifting away to hydrogen [434]. The more emissions from other sectors 

are reduced, the less strict this target efficiency will be for marine transport. Operations and ship design (related to 

efficiencies) are estimated to be around half of the potential of the mitigation potential in the sector (the other half 

being fuel switch) [411].  At the same time, the more efficient dual fuel engines can have methane slip of 4.6% (in 4-

stroke engines, but not in direct gas injection) that can increase emissions by 115% when considering the higher global 

warming potential of methane leading to operational emissions that are higher than steam turbines [466]. There are 

already oxidative catalysts being developed to reduce this slip, so in the future it is expected these emissions will be 

drastically reduced. Considering these effects, future operational efficiencies of 12 gCO2/(ton*nm) are used. 

Nevertheless, more important than the absolute number is the difference with respect to diesel engines. Therefore, 12 

gCO2/(ton*nm) covers a scenario where it is more efficient than diesel/HFO engines, whereas the base scenario is one 

with higher emissions. 

  

Once PtM product is injected in the grid, it can end up in any of the gas uses. This includes hydrogen production with 

steam reforming, which would lead to inefficiency. In reality, a system with guarantee of origin could be set in place 

to avoid this situation. However, this does not prevent the physical methane molecules from PtM ending back as 

hydrogen if it is part of the same network. In the model, this route would lead to higher costs and does not arise for 

any of the scenarios. Reforming is only present in scenarios with CO2 storage and when there is CO2 storage, there is 

no CO2 use (i.e. PtM). Re-conversion to power in spite of being inefficient is one of the options left to satisfy the 

winter peak, which has zero contribution from wind, solar and wave and does occur to some extent. 

 

The gas network has 3 main components: trading between countries, transmission and distribution. For the trading 

between countries, the base year capacities (reflected in Table 107 of [368] and repeated in Appendix 4.3 for 

convenience) are kept until 2020, year after which, the model can invest in new pipeline capacities. Typical costs for 

gas pipelines are around 715 k€/km for 12” pipelines [469], assuming 500 km of length and 75 bara of transport 

pressure, this translates to ~5 €/(GJ/y). 

 

For the transmission and distribution network, it has to be ensured that in spite of a future gas flow reduction, the cost 

for the network does not decrease as well in time (since the pipelines cost represent an invariable cost and with lower 

demand the cost per unit of gas delivered will actually be higher). Hence, the costs for the assets cannot be expressed 

per unit of energy (e.g. €ct/kWh), but need to be translated to capacity (e.g. €/kW). This ensures that if additional 

capacity is installed or the utilization is lower, the annuity is paid regardless of the energy flow. The procedure 

followed, sources and resulting infrastructure cost are reflected in Appendix 4.4. 
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4.3.3. CO2 Network 

PtM uses CO2 as feedstock. Its compatibility with fossil technologies is low since the CO2 used will ultimately be 

released to the atmosphere (upon combustion). Therefore, biogenic CO2 sources have to be used. The model has the 

flexibility to obtain CO2 from carbon capture in industry, electricity, biogas, hydrogen or the atmosphere directly (data 

in Appendix 4.1). Once captured, it can be used either for underground storage (with an additional cost of 5-12 €/ton 

[406]) or for fuel synthesis (methanol, diesel, kerosene and methane). The different sources and sinks for CO2 are 

shown in Figure 23. 

 
Figure 23.CO2 sources and uses considered in JRC-EU-TIMES. 

 

Possible CO2 uses included in the model are methane, Fischer Tropsch, co-electrolysis to produce diesel and jet fuel 

and methanol production. Therefore, the model is focused on CO2 use for fuels and does not include chemicals and 

other applications [402,403,470]. This is due to the scope on energy system, where sectors such as chemicals or 

polymer production are not explicitly represented and only the largest commodities (ammonia, chlorine) are 

disaggregated. However, this analysis is done from the perspective of changes needed to achieve lower CO2 emissions, 

while CO2 use can only contribute marginally to this challenge [436]. Currently, global CO2 use is 0.2 GtCO2/year and 

only 25% of the CO2 is permanently sequestered. Even assuming an ambitious growth of 3%/year, the total amount 

sequestered would be 3.9 GtCO2 by 2050 [436]. 

 

From the CO2 use perspective, there are various aspects that favor applications other than methanation. Energy-wise, 

conversion to carboxylates, carbonates, urea and polymeric materials are less energy intensive than Syngas-derived 

products [437] and even formic acid and methanol are more attractive (lower energy requirement)64. In economics, 

other products have a higher price per ton of product (e.g. formic acid) and have a lower CAPEX to synthetize65 [471] 

being more attractive than methane which is a relatively simple molecule (compared to carboxylic acids). A 

differentiator in favor of methane is the market size. Methanol is the chemical with the largest market (around 70 mtpa 

on a global scale equivalent to ~1500 PJ), while current gas consumption only in EU is almost 20000 PJ. These 

chemical routes have not been included in this research. 

 

Direct air capture (DAC) can play a key role when it has lower cost than mitigating the last CO2 molecules to reach 

the target. This is defined mainly by the learning curve assumed for cost and efficiency. Performance assumed by 

2050 is close to 300 €/ton and 7 GJ of energy consumption per ton of CO2 (see Appendix 4.1). The technology is 

currently not deployed at large scale and to avoid overreliance on it, this performance is done as sensitivity to identify 

its potential, but not as reference (that assumes limited learning). 

 

64 Methane has a Gibbs of formation of -51 kJ/mol, while methanol has -166 and formic acid has -361 compared to CO2 with -394 kJ/mol [471] 
65 Formic acid has a market price of around 1100 €/ton with a production cost of 200 €/ton, with carbon monoxide having 900 and 300 €/ton 

respectively, while methane has 200 and 4200 €/ton (see [471]) 
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4.3.4. Electricity Network 

The relevance of this component for PtM is that electricity storage competes in some cases with network expansion. In 

places with line congestion and high VRE, an alternative to curtailment or grid expansion is to transform the power 

surplus to gas and use the capacity available in existing gas infrastructure. Even though the model does not include the 

spatial network within a country, it does consider its corresponding cost needed in case of a larger power demand. 

This introduces an additional cost penalty in case the electricity demand increases, but it does not account for line 

congestion. For this, a similar approach as for the gas network was followed. Electricity prices were taken from 

Eurostat (extracting only the network costs which are the transmission tariffs) for industrial (IE Band: 20-70 GWh) 

[472] and domestic (DC Band: 2.5-5 MWh) [473] consumers discounting the taxes and levies. This specific cost 

(€/kWh) accounts for the sum of (1) capital cost caused by past investment e.g. for replacement of equipment or grid 

expansion, (2) OPEX for the observation time range, and (3) the allowed/regulated margin for the system operator. 

Multiplication with the electricity demand yields the total annuity for infrastructure operation. This cost is divided by 

the installed network capacity of the base year to calculate the specific investment cost (€/kW). The network is divided 

in voltage levels, each sector (users) is assigned to a voltage level and the network cost (resulting from a demand 

increase in a specific sector) is assigned to the capacity needed (GW) to satisfy such demand. With this methodology, 

a country like Germany would incur in a total network cost of 1500 €/kW of installed capacity for transmission, while 

requiring almost 2800 €/kW for distribution. These costs are then annualized. An advantage of this method is that it is 

based on actual costs paid by consumers for the network and it does not require explicit distances and locations. This 

allows considering the network cost as electricity demand increases or as expansion is needed in case of high 

distributed generation (e.g. PV). During the summer peak time slice, the capacity factor for PV is 0.8, which 

corresponds to the maximum PV output and ensures that the grid can handle this peak or instead that the energy 

curtailment increases in case the investment in the grid results in a higher cost. Nevertheless, the expansion of 

electricity infrastructure faces not only financial and technical hurdles but also headwind from municipalities and 

population, solutions are expected to follow other criteria than cost only. For more details on the approach and values 

used refer to Appendix 4.5. 

4.3.5. Power surplus estimation 

In the present and coming years, PtM is meant to use only power surplus as input due to (1) PtM only has lower CO2 

emissions than natural gas in cases with low carbon footprint of the electricity (< 50 gCO2e/kWh) [258,260,448,449]; 

(2) PtM provides flexibility to compensate for VRE variability (through the upstream hydrogen production). In the 

future, this situation can change since PtM demand can become so large that it cannot operate anymore only with 

surplus. At the same time, the electricity CO2 footprint is expected to decrease, resulting in a larger number of hours 

where it is attractive for PtM. In such scenario, PtM could operate instead as part of the demand. It will be one of the 

last users to satisfy since it has the possibility of large scale storage and possibility to adjust and follow electricity 

production. 

 

To ensure computational tractability, not all the 8760 hours in a year are used. To simplify the problem, hierarchical 

clustering is used taking advantage of recurrent hourly, daily and seasonal patterns [474]. Even though this method 

does not perform as well as other clustering algorithms [475], it allows maintaining the chronological sequence of 

importance for storage calculations. A day (11 hours), night (12 hours) and peak (1 hour) time slices are used for each 

season, leading to 12 time slices. The range of hours that they cover is from 77-1428 hours. VRE penetration and 

system costs can be estimated with 12 time slices [476], while still avoiding a large increase in calculation time. This 

approach can lead to deviations due to the smoothening of the shape of the profile [474]. 

 

Additional equations are introduced to improve the accuracy of the amount of power surplus and utilization of the 

dispatchable power plants. From a certain threshold of VRE, part of the power production will become a power 

surplus. To account for the variability within a time slice, an additional equation is introduced based on VRE and 

demand (both in energy terms) to estimate this surplus. This equation was validated with a more detailed analysis with 

an hourly model outside JRC-EU-TIMES in which different wind and solar combinations have been made for all 

Member States, using 30 years of meteorological data as explained in Appendix 4.6. The result of the statistical 

analysis is that the parametrization of the surplus power becomes a simple function of VRE. Moreover, we found that 

the inaccuracies of the surplus estimates are smaller than the annual variations. The result of this equation is that each 
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time slice is divided into two sub-periods: one with and one without surplus. As shown in the results section, the 

surplus becomes as important as the power that is directly providing the final electricity needs. 

In addition, summer peak uses the maximum PV output (80%), while winter peak considers zero contribution from 

VRE combined with 10% higher demand, ensuring is enough capacity adequacy for sustained periods of no wind and 

solar. Energy balances are satisfied within a time slice and can be transferred across time slices with storage (daily and 

seasonal). Within a time slice there will be a variable capacity factor because variations in VRE are faster than the 

length of the time slice. To account for this, an additional equation is introduced based on VRE and demand (both in 

energy terms) to estimate the surplus. An additional consideration is that other technologies cannot ramp up as fast to 

compensate for low VRE contribution. Therefore, for estimating the surplus, a minimum generation of 20% should be 

available for dispatch (from nuclear, geothermal, concentrated solar with storage and fossil power plants) to ensure 

system stability. Surplus can be used for DSM, storage, PtX or curtailed. For more details, refer to Appendix 4.6. 

 

Capacity factors for wind and solar are calculated considering the time slice definition provided before (4 seasons, day 

of 11 hours, night of 12 hours and 1-hour peak) using data for 2010. To reduce dependence of the results on this 

reference year, summer and winter peaks ensure there is enough capacity to deal with both a surplus (high capacity 

factor for PV) and a shortage (no VRE contribution) combined with a (10%) higher demand. Therefore, a different 

reference year will only have an impact over the operational costs, but not on the capacity installed. This covers the 

two periods (low and high VRE contribution leading to back-up capacity and potential curtailment) that have been 

identified as the most important in clustering algorithms [475]. Electricity demand is an endogenous variable resulting 

from its use among the end services. 

4.3.6. Other flexibility options (storage and DSM) 

The JRC-EU-TIMES model considers storage solutions that can store energy produced in one time slice and make it 

available in another time slice in form of either electricity or heat. Therefore, storage is the link between day and night 

time slices, but also seasonal (only batteries cannot cover seasonal). The technologies covered are: compressed air 

energy storage (CAES), pumped hydro, hydrogen conversion and batteries (lead acid, Li-ion, NaS, NaNiCl) and 

thermal (low temperature and underground). Batteries of electric cars are also included with different charging modes. 

PtM has the advantage over the above technologies that it can serve as a vector between sectors and that it can provide 

a different commodity other than power back to the system. Since PtM can provide storage capacity for months, it 

would fall in the area where the marginal value of every additional hour of storage is negligible. Even though once the 

gas is produced, it could end up in any of the gas uses (including power if it is a lower cost option). 

 

Each storage technology is represented with two different processes, one for the energy component and one dummy 

component for the power capacity (same process for charging and discharging, but where the amounts of each 

operation can be segregated). For thermal storage, the commodity stored is directly heat leading to interaction with the 

electricity system through allowing a more flexible operation of CHP and gas turbines (when gas is used for heating). 

For the representation and storage technologies covered in the model, refer to Appendix 4.7. 

 

Surplus has so far (Section 4.3.5) been introduced for an entire time slice and in energy terms. This would imply that 

the storage has to be large enough to manage the entire surplus over the time slice. Nevertheless, the storage might 

operate in an hourly/daily mode, which would mean a much smaller energy capacity for the storage. Based on this, 

additional equations are introduced. One to convert the time slice surplus to daily surplus (using the shortest duration 

of a season, which would result in the maximum daily amount) and one for obtaining the power capacity (based on 

energy/power ratio which is different for each technology and covered in Appendix 4.1). 

 

For DSM, it is assumed that a fraction of the demand can be satisfied within the same time slice at no cost (assuming 

the cost corresponds to the IT infrastructure and associated software development, which is considered negligible 

compared to the costs in other parts of the system). DSM constitutes one of the options to manage the available 

electricity surplus (see Figure SI 38). The fraction that can be shifted depends on the sector (25% for water heating, 

15% for space heating and 10% for space cooling, these categories are for electricity consumption in residential and 

commercial sectors) [477]. DSM in industry is only taken in scenarios with high DSM potential to avoid overreliance 

in the flexibility option. The fraction that can be shifted is 10% for aluminum and chlorine, 15% for paper and 25% for 

cement and steel. 
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4.3.7. PtM performance 

For the methanation step, there was a wide range of values found in literature (especially for cost), where in some 

cases it is difficult to identify the specific elements that are included in the cost estimate (e.g. engineering, installation, 

construction) and even in some cases the reference for the cost (e.g. kW of H2 input vs. kW of methane output). To 

tackle this uncertainty a set of values is defined to be used in the base scenario and also an optimistic performance is 

identified to establish the upper bound for the role of the technology. Techno-economic parameters for methanation 

are presented in Table 10. The use of the low CAPEX only made a difference in scenarios where the system drivers 

were favorable for PtM. Two out of the eight main scenarios (see next section) have a low CAPEX, where the low 

CAPEX was evaluated for the other six scenarios as sensitivity (see Appendix 4.8). Range of parameters for 

electrolysis can be found in Appendix 4.1. 

 

Table 10. Base and extreme techno-economic parameters for methanation. 

 Year CAPEX 

[26,250,478] 

Fixed 

OPEX66 

Variable 

OPEX67 

Efficiency68 Availability 

Factor69 

Lifetime 

  €/kW €/kW €/kWh   Years 

Base 

2015 750 [255] 37.5 - 0.75 [150] 0.95 25 

2020 600 30  0.78 0.95 25 

2030 450 22.5  0.81 0.95 25 

2050 250 [479] 12.5  0.85 [250] 0.95 25 

Min 

2020 150 [480] 4.5  0.85 [237] 0.95 30 [181] 

2030 125 3.75  0.87 0.95 30 

2050 7570 [250] 2.25  0.9071 0.95 30 

Max 

2020 1350 [238] 101.3  0.65 [481] 0.85 [250] 20 [447] 

2030 1000 75  0.70 0.85 20 

2050 700 [447] 52.5  0.75 0.85 20 

4.4. Scenario definition 

The scenarios used for this chapter are intended to be a combination of normative and exploratory. They are normative 

given that the system will reach the defined CO2 reduction target (mandatory as constraint for the model), while they 

are exploratory for the range of technologies and routes the model has to meet such constraint and where the choices 

in either techno-economic parameters or possible routes available will lead to different possible future systems. The 

scenarios are not meant to be forecasts on how the energy system will evolve, but instead to shed some light on the 

effect of the uncertainties and inform decision makers on the robustness of the technology and its potential outlook 

under different unfolding sets of events. 

 

The scenarios are created based on parametric analysis. This translates to first selecting parameters that will change 

the entire energy system (e.g. CO2 target) or specific for the technology (e.g. PtM CAPEX). Combinations of these 

parameters were made to understand their effect on the system and outlook for the technology. The ones with the 

largest influence are presented in Table 11, while the rest are listed in Appendix 4.8. These parameters were combined 

leading to over 120 scenarios, out of which 55 were selected (Appendix 4.8) and their insights are included in Section 

4.5. These scenarios were selected based on previous studies and results during preliminary runs. However, to 

facilitate understanding of the results, 8 main scenarios are selected for emphasis in the analysis (see Table 11 for 

more on the assumptions for each parameter): 

 

66 Range is from 3 to 7.5%, as a fraction of the Capex from [17][18] (excluding CO2 cost) 
67 Most of the variable cost is the CO2 source 
68 Efficiency is expressed as energy output (methane plus heat recovered, if any) divided by the energy input (contained in the hydrogen) 
69 The reactor itself usually has limited trip initiators (related to temperature control). Most of the trip in the system impacting the availability will 

occur elsewhere in the system (e.g. compressors) 
70 Biological methanation is cheaper and assuming a capacity of > 3 MW per unit 
71 Assuming part of the heat released is recovered as steam  
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• Low carbon (2 scenarios). Only CO2 target as constraint and full flexibility for the rest of technologies. The 

two scenarios are 80 (reference) and 95% CO2 reduction. 

• No CCS (2 scenarios). Same as above two scenarios, but without CO2 underground storage possible. This can 

be the result of limited social acceptance, a general ban of fossil fuels or limited research on the technology. 

• Realistic (1 scenario). Scenario with what is perceived (by the authors) as highly possible constraints that 

favor PtM. This includes 95% CO2 reduction, no CO2 underground storage, low CAPEX (75 €/kW) for 

methanation step, high wind and solar potential (see Appendix 4.2) and low efficiency for LMG use in ships. 

• Alternative without PtM (1 scenario). Scenario with a different set of constraints that are also likely, but that 

do not favor PtM. This aims to show that it is also possible that the system evolves in a direction where PtM 

plays a limited role. This includes 95% CO2 reduction, CCS possible, high biomass potential, high VRE 

potential, high electrolyzer performance, electric heavy-duty transport possible and low LMG efficiency in 

ships (25 gCO2/ton*nm).  

• Optimistic (1 scenario). This covers the most favorable set of conditions for PtM and establishes an upper 

bound for the technology activity. This includes the set of conditions in the “Realistic” scenario plus low 

biomass potential, high gas price, high cost for the electricity network, high PtM efficiency, high electrolyzer 

performance, low PtL performance, SOEC possible and high LMG efficiency in ships (12 gCO2/ton*nm). 

• Business as Usual (1 scenario). This is only included to establish a reference for cost (CO2 price) and energy 

consumption. However, this only achieves a CO2 reduction of 48% by 2050 and therefore would make more 

challenging achieving the 2 ºC scenario. 

 
Table 11. Key parameters72 varied across scenarios to identify trends and shifts in the system. 

Parameter Explanation Rationale Scenarios 

CO2 

reduction 

target73 

Emissions target for 2050 

expressed as a percentage of 

1990 emissions 

It is expected that PtM will play a larger role 

as target becomes stricter since there is limited 

budget for emissions from gas 

• 80% CO2 reduction* 

• 95% CO2 reduction 

CCS Absence of CO2 

underground storage (e.g. 

due to lack of social 

acceptance) 

This has been identified as key option to 

decarbonize the energy system, specially 

sectors other than power. Not having CCS will 

make the need for other technologies larger 

• CO2 storage available* 

• No CO2 storage 

VRE 

Potential 

Higher PV and wind 

potential (see Appendix 4.2) 

Initial estimates are conservative. If higher 

potential is assumed, more VRE deployment 

will lead to more electricity surplus to deal 

with and a larger need for flexibility where 

PtM can play a role 

• Reference* 

• Higher potential for 

solar and wind from 

[215,420] 

Biomass 

potential 

Refers to the potential 

available for each category 

Biomass can be used in all sectors (where it 

can compete with gas). Limited potential 

requires the development of other 

technologies. 

• Reference* (10 EJ/y) 

• Low potential (7 EJ/y) 

• High potential74 (25.5) 

PtM Cost Lower CAPEX for the 

technology 

Tackle uncertainty in cost learning curve and 

assess how a lower cost can affect its future 

deployment 

• Base performance* 

• Optimistic (Min values 

from Table 10) 

PtM 

efficiency 

Maximum theoretical 

efficiency of 100% 

(including heat recovery) 

Upper bound for technology outlook with best 

possible performance and production of 

additional revenue stream 

• Reference efficiency 

(refer to Table 10)* 

• 100% efficiency 

PtM Subsidy Subsidy to promote the 

technology with 1 €/GJ in 

2025, 2 €/GJ in 2040 and 3 

€/GJ in 2050 

PtM is currently not commercially deployed. 

It might require subsidy to start deployment. 

Subsidy is chosen to be equivalent to 20-30% 

of the gas prices for 2050 

• No subsidy* 

• Increasing subsidy from 

1, 2, 3 €/GJ in 2020, 

2040 and 2050) 

LMG 

efficiency in 

There is a factor 2 between 

the best and worst 

Future performance can further improve and 

become more efficient (MJ/km) than fossil 
• High (12 gCO2/ton*nm) 

efficiency* 

 

72 There are parameters directly associated to hydrogen and PtL, which are discussed (including more detailed data) as part of Chapter 3 
73 There are 3 interlinked variables: RES fraction, CO2 price and CO2 reduction target. This was selected given that the main target is to achieve a 

low carbon system and the response of the other two variables will depend on the set of technologies and constraints (indirect effect) 
74 See Appendix 4.1 for reference, low and high values including breakdown by category 
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marine 

transport 

performers based on current 

data (12-25 gCO2/ton*nm) 

options. LMG role in transport is evaluated for 

this scenario 
• Low (25 gCO2/ton*nm) 

efficiency 
*Assumption for the base case 

4.5. Results and discussion 

First, scenarios are introduced by looking at general indicators such as final energy demand, annual system cost (and 

corresponding CO2 price) and composition of the electricity mix (focus on electricity given it is the largest supply 

sector). Then, specific parameters for PtM are analyzed, specifically (1) the price of its output (which is an indication 

of how competitive it is compared to natural gas); (2) gas balance (including sources and sinks); (3) the seasonal use 

of PtM and (4) the CO2 balance (since PtM should use biogenic sources and to understand how it compares with the 

other possible CO2 sinks). 

 

Previous studies [151,178,181,198,252,255] have estimated that PtM will only play a role in the system for high CO2 

reduction targets, since only then there are adequate hours with low cost and low CO2 footprint electricity, to justify 

the investment from an economic perspective. This is not expected to occur in the short term. Because of these two 

reasons, only numbers for 2050 are shown across scenarios. In case PtM is not used in 2050, it is considered highly 

likely that it will not be part of the system for previous years. Variables like system inertia, market dynamics and 

politics, among others are not captured as part of the model. Because of these, achieving high decarbonization targets 

(such as the ones explored in this chapter) could take longer than foreseen. Therefore, results presented hereinafter are 

to be understood as bounded to a system with such CO2 reduction rather than linked to the specific 2050 time horizon. 

The difference between the annual system cost of a specific scenario and the BAU scenario is an indicator for the 

additional cost of the requirements to the point of an energy system with 80% or 95% CO2 reduction. 

4.5.1. Energy, electricity and cost overview for scenarios 

This section aims to understand how the low carbon system differs from one with higher emissions and how the 

different constraints influence the design of this system. Figure 24 illustrates the changes in energy balance with the 

final energy demand split by energy carrier, while Figure 25 provides insight into the total system cost, sectorial 

contribution and associated CO2 price. Complementary results are included in Appendix 4.9. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 24. Final energy demand by energy carrier across main scenarios. 
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The largest changes across scenarios are in liquid, gas and hydrogen flows. Liquid includes fossil oil-derived products, 

Fischer-Tropsch, biomass conversion to liquid (BtL) and PtL, this forms a large part of the BAU scenario, with mostly 

fossil oil. Transport is one of the more difficult sectors to decarbonize, which leads to still using fossils in this sector 

for the BAU scenario (overall 48% CO2 reduction). The three largest drops in liquid demand are (1) the shift away 

from diesel in private transport (where diesel is more than 8500 PJ in the BAU scenario), (2) the shift in heavy-duty 

trucks (to LMG/hydrogen depending on the scenario), which is a sector that has a demand of 5000 PJ and (3) the shift 

from fuel oil to LMG in marine transport (demand of 2000 PJ). Gas contribution can be high either when CO2 storage 

is possible, lower CO2 target is set or for a high biomass potential, when the biomass is used for negative emissions in 

power and hydrogen and positive emissions can be incurred in the commercial sector with gas. Biomass contribution 

is small since it is converted to another energy carrier (e.g. electricity or liquid) and the final use of direct biomass 

without previous conversion is limited (in industrial or commercial sector). Coal is negligible across all scenarios 

including BAU scenario. 

 

There is a progressive electrification as the scenario becomes more restrictive, with up to 50% of the final demand. 

There is a large difference between the generated electricity and final demand since electricity consumption for 

electrolysis can be up to 40% of generation (reflected as either hydrogen or liquid in the final energy demand, see 

Appendix 4.9). Electricity production in BAU is similar to today (3600 vs. 3200 TWh), but it almost doubles with 

95% as CO2 target and up to 11000 TWh with higher VRE potential (see Appendix 4.9) and when additional 

constraints are added. VRE (wind and solar) can be up to 70% of the mix when their potential is the highest. BECCS 

(gasification) plays a limited role in terms of electricity share for scenarios with CO2 storage, given that scarce 

biomass (10 EJ/year for EU28+) is better used in other sectors and only plays an important role with higher biomass 

potential (25.5 EJ/year). However, it makes a large difference in terms of CO2 emissions and total electricity CO2 

footprint since it can provide up to 180 MtonCO2/year. Electricity generation with fossil fuels using CO2 capture plays 

a larger role in scenarios with CO2 storage, with its largest contribution at almost 900 TWh. Nuclear and hydro are 

relatively constant across scenarios regardless of parameters given that they have low CO2 footprint without the 

variability of wind and solar and therefore tend to be exploited to the maximum. The electricity sector is the most cost-

effective to decarbonize. Because of this, even in BAU scenario (48% CO2 reduction), the total emissions for power 

production correspond to around 20 gCO2/kWh, while for most of the scenarios they are -15 to 0 gCO2/kWh. This is 

drastically lower than current values, which are close to 350 gCO2/kWh for EU28+ (see Appendix 4.10). 

 

 
 

Figure 25. Total annual system cost split by sector and marginal CO2 price. 

 

Values represented in Figure 25 are the total annual costs for the energy system in 2050. This includes also energy 

efficiency measures and actual devices (heat pumps, lighting, stoves, heaters) for the residential sector and the 
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vehicles (cars, buses, trucks) for the transport sector. These can represent around 0.12, 0.3 and 1.8 trillion€/yr 

respectively from values in Figure 25. Such cost covers 97-98% of the transport costs in Figure 25 with the remainder 

represented by BtL and the charging stations for battery electric vehicles (BEV). Scenarios with lower targets use less 

efficient (cheaper) cars and this results in 15% lower cost for BAU (compared to 80% CO2 reduction). Cost in the 

power sector increase with more restricted scenarios75 (higher electricity generation) and the fraction (in cost) for the 

network varies between 15 and 32% of the total sector cost, with the high value actually corresponding to BAU 

scenario and decreasing progressively with more restrictions. This corresponds to 105-140 bln€/yr for most of the 

scenarios (including replacement) compared to around 90 bln€/yr for BAU. A large advantage of low carbon scenarios 

is the reduction of the import bill. Imports represent around 400 bln€/yr for BAU, which is reduced to around 250 

bln€/yr for 80% CO2 reduction and further to 190 bln€/yr with 95% CO2 reduction. As the scenario becomes more 

restrictive, imports are reduced even further reaching levels below 50 bln€/yr. To put these numbers is perspective, the 

GDP for EU28 was 15.3 trillion€ for 201776 and expected to be 22.5 trillion€ by 2050 [50]. 

 

A low carbon scenario does not necessarily translate into a high CO2 price. For the "Alternative" scenario that 

combines a high biomass, wind and solar potential, the marginal CO2 price can be only 10% higher than the BAU 

scenario (136 vs. 125 €/ton). The largest changes in CO2 prices are the CO2 target, CO2 storage absence and biomass 

potential. The CO2 target can more than double the price by the individual changes from BAU to 80% and further to 

95% CO2 reduction. CO2 storage potential has a similar effect of doubling the CO2 price when CCS is not possible. A 

high biomass potential can actually compensate for the cost increase caused by the lower CO2 target. The rest of the 

lower CO2 price in the "Alternative" scenario comes from the rest of the changes (higher VRE potential, electric 

trucks, better electrolyzer performance). 

 

The use or not of LMG in the marine transport has a negligible effect on the CO2 price (< 1% change) and can actually 

lead to an increase in marginal CO2 price for more restricted scenarios77. The impact is through reallocation of the 

biomass since marine transport is mainly satisfied with diesel when LMG is not an option. When biodiesel is used, it 

causes a larger BtL activity and biomass for power and H2 production decreases. The reduction in total costs can be 

between 0.5-1% for scenarios with LMG in transport. However, this is mostly associated with the higher efficiency 

used (0.12 MJ/(ton*km)) compared to diesel engines rather than the specific fuel (LMG). 

 

A sensitivity with an additional 200% for the grid cost decreases total centralized generation by 8% (from 11100 to 

10200 TWh) with limited impact in the electrolysis and industrial capacity (which do not require distribution grid 

expansion and are less impacted by the assumption), while sectors at the distribution level experienced a 15% decrease 

in demand. Nevertheless, part of this is replaced by more decentralized generation with PV that increases by almost 

450 TWh. A higher grid cost makes the power system more expensive (+9%) and also the commercial sector (> 

+100%) since the heating needs to be satisfied with µ-CHP and gas, which represent a more expensive option than 

heat pumps, with a similar effect occurring in the residential sector as potentially positive effects of aggregation of µ-

CHP were not considered in this work. Overall, the change results in a system 5% more expensive (annual costs). 

 

The effect PtM has on marginal CO2 price is 0.5% when the technology is initially deployed (only lower CAPEX), 2% 

with its higher deployment associated to the higher efficiency and up to 10% when it is subsidized. Costs for PtM are 

negligible for the entire system and represent only a fraction up to 0.0005 of the total system cost. This fraction 

increases to 0.0013 for a high efficiency (combined with 95% CO2 reduction, no CO2 storage, low CAPEX and high 

VRE potential), 0.0014 with cheaper hydrogen (better electrolyzer performance) and 0.0024-0.0025 when either no 

PtL is used (no other sink for CO2) or “Optimistic” scenario. When compared to the gas supply system78 (import, 

LMG, storage, without including costs for downstream conversion), the fraction increases to 0.45% for the “Realistic” 

scenario and up to 5.7% for the “Optimistic” scenario. This translates into annual costs of 2.5 bln€ for the “Realistic” 

scenario and up to 10 bln€ for the “Optimistic” scenario, with a split close to 70/30 in CAPEX/OPEX. 

 

 

 

75 “Restricted” means that there are fewer options to achieve the CO2 target (e.g. no CCS) or that the target becomes more ambitious demanding 

larger changes in the system 
76 Code tec00001 from Eurostat 
77 Scenario with 95% CO2 reduction, no CO2 storage, high wind and solar potential and low PtM Capex (“95CCSVRECost”) 
78 These costs range between 200 and 300 bln€/yr 
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4.5.2. Natural gas and PtM gas price comparison 

Even in scenarios where PtM is not used, the model is able to calculate the cost of producing the first unit of gas 

(marginal production) based on: PtM CAPEX, hydrogen and CO2 prices. As the technology becomes more attractive, 

its calculated price will be closer to the NG price and when it reaches price parity, it will start contributing to gas 

supply. Consequently, from an economic perspective, the price gap between NG and PtM is an indicator of how close 

the technology is to being deployed and what the drivers are that cause the largest change in this differential. Figure 26 

shows this difference comparison across the main scenarios. This leaves out local circumstances like social acceptance 

or incentives for early business cases that also play a role in investment decisions. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 26. Price comparison between NG and PtM across main scenarios. 

 

Figure 26 shows the average prices for all the countries and for all time slices for visualization, while the specific 

values by country and time slice were used for analysis and discussion. As an example, the Realistic scenario has 29 

out of 112 time slices when synthetic natural gas (SNG) from PtM is produced in spite of the average values being 

above the gas price (see Appendix 4.11 for all the time slices). Nevertheless, PtM deployment goes in agreement with 

the differential on the average prices. As the system becomes more restricted, hydrogen demand in other applications 

increases its price and makes it less attractive for PtM. With no CO2 storage, hydrogen prices can be 3.8-5.7 €/kgH2, 

which is too high for PtM to be attractive since methane becomes cheaper given that its demand is lower (see Section 

4.5.3)79. Therefore, with more restrictions the gap between H2 and CH4 becomes wider and can only be closed if the 

PtM performance outweighs the decrease in NG price. This occurs in the “Optimistic” scenario where better 

electrolyzer and PtM performance (including higher efficiency and cost) make PtM synthetic product cheaper leading 

to the highest deployment. This scenario considers a high gas price for imported gas, but since favorable conditions 

make PtM cheaper, this (combined with Norway) is defining the gas price. 

 

Contrary to expectations, technology CAPEX has a limited impact on price differential since this ratio is highly 

determined by hydrogen price and variables affecting the entire system. Similarly, higher biomass potential does not 

affect the appearance of PtM as it is used in sectors where there is limited competition with gas (i.e. transport). A 

higher wind potential has a positive effect on PtM, but the one with the largest influence is PV potential. 

 

Gas has to be expensive enough to make PtM attractive, which means it has to have a significant demand. In some 

cases, gas demand in Germany decreased sharply making gas too cheap and unattractive for investing in PtM. In other 

cases (e.g. Greece), gas was mostly (70%) used to satisfy marine transport (LMG), which unlocks a market with a 

 

79 More on the dynamics (production, consumption, prices, drivers) for hydrogen and Power-to-Liquid are part of Chapter 3 
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higher commodity price attenuating the large depreciation in price (but still declining to around 35% of BAU levels) 

and increasing the attractiveness of PtM. 

 

The presence of high VRE capacity is not a sufficient condition for PtM use. An example is Cyprus. In the Realistic 

scenario, Cyprus obtains over 95% of its electricity from solar (PV and CSP). During the day, around 60% of the 

demand is from electrolysis. From the hydrogen produced, almost 40% is stored. During the night, electrolysis 

production is zero. Electricity demand itself is also lower by less than half and the rest of the demand is met with gas, 

wind, biogas and storage (see Appendix 4.12). During a night in winter, when the load is higher due to electrification 

of heating, almost 70% of the electricity is produced with gas. However, this gas is not produced by PtM, but instead it 

results more advantageous to import LNG (through Greece) and use it to generate the electricity needed. This is 

around half of the demand, where the other 50% is transport. There is actually some (around 5% of the gas demand) 

PtM, but this is not significant enough to satisfy demand in winter. Hydrogen and CO2 are instead used for PtL, which 

is used downstream to satisfy aviation and heavy-duty trucks (90/10 split) demand. This will change depending on the 

imported LNG price (exogenous assumption). For the scenario of high (200%) gas price, LNG import is too expensive 

and the use of PtM is more attractive80. However, this results in doubling the marginal gas price (20 €/GJ vs. 11 €/GJ) 

due to the use of PtM. A similar situation in a larger country is Spain. It has almost 90% of the electricity demand 

covered by wind and solar (annual average) with a 1:2 ratio. During the day, electrolyzers are up to 75% of the 

demand and the hydrogen produced is used in a 1:4:4:4 ratio for industry (steel), storage, PtL and transport (buses). 

During the night, electrolyzers load is reduced to around 25% relying mostly on wind. PtL activity does not markedly 

decrease its capacity and uses the stored hydrogen. During winter peak (no wind or solar), demand is satisfied by 

halting hydrogen production, relying on nuclear, hydro and imports from France and Portugal. Methane is used in a 

3:1:1 ratio for industry, residential and other heat generation and it has a relatively low price (8 €/GJ) that makes the 

use of expensive (~ 40 €/GJ) hydrogen not suitable for this application. The liquids produced are used downstream for 

cars, ships and aviation in 1:5:7 ratio. 

4.5.3. Gas supply and demand 

Gas prices are undoubtedly linked to gas demand and supply. Figure 27 shows the sources and sinks for gas across 

scenarios. This serves several purposes: understanding in which sectors the gas is used, storage contribution, PtM 

production in comparison to gas supply total (role in energy security), drivers for fluctuations in demand and 

interaction between supply and demand that determine the prices shown before. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 27. Gas supply (lower) and demand (upper) breakdown across main scenarios. 

 

80 Not even for this scenario is the demand 100% satisfied with PtM, but instead around 80% 
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The range of flows varies between 3800 and 14000 PJ. To put these in perspective, gas demand for 2016 in EU28 was 

close to 18 EJ (~5000 TWh). Even in a BAU scenario, gas demand is not much different than a flexible 80% CO2 

reduction scenario. It only has a different distribution among sectors with the largest difference of LMG use for 

transport. As the system becomes more restricted, gas demand is progressively reduced. A commonality among 

scenarios is the low contribution from the residential sector, which shifts away from gas even for low CO2 target (see 

Appendix 4.13), giving its way to electricity as energy carrier and energy efficiency measures to reduce the final 

demand (which can reduce energy demand by 30-40%). Only Spain and Italy retain 30-40% of its current demand, 

where gas is used for cooking, while countries with a high fraction of gas for heating like Germany and the 

Netherlands make a drastic change away from gas. Similarly, the industry sector is a relative constant across scenarios. 

Its use for heat and steam production varies between 1800 and 3600 PJ depending on the scenario. The largest variants 

are the electricity and the commercial sector. Gas for electricity plays a larger role in the scenarios that have CO2 

storage as possibility. However, it is also required that the biomass potential is at most at its reference value (~10 

EJ/yr) and not higher. In such case (“Alternative” scenario), biomass displaces gas in electricity taking advantage of 

the negative emissions of biomass plus CCS and using this benefit in other sectors. This last effect is what in turn 

causes the fluctuations in the commercial sector. When biomass is used for electricity (and hydrogen) production, the 

negative emissions can balance the positive emissions in the commercial sector, which are more costly to reduce. Only 

when the scenario is more restrictive (either target or alternatives), the more expensive emissions from the commercial 

sector are reduced resulting in a lower gas demand. If CO2 storage is available, methane is used for hydrogen 

production (instead of the opposite). 

 

In terms of supply, the largest contribution is from Norway. It has the advantage of large reserves (350 EJ) and low 

production cost (1.2 €/GJ). In spite of having an upper annual production bound (of around 4400 PJ), it satisfies up to 

80% of the demand. This level of production is feasible considering its current production is around 4000 PJ. The 

largest fraction is attributed to the lower total gas demand. This is complemented by import by pipeline from outside 

the EU and LNG import. Gas from the Netherlands has decreased by at least 70% compared to current values to 100-

700 PJ/year. Other sources include gas from UK, Germany, Romania and the upgrading of biogas with carbon capture. 

 

The role of PtM is limited in most of the scenarios and it only contributes significantly to energy independence in the 

“Optimistic” scenario. It provides up to 1.5% of the gas demand in the “Alternative” scenario or even with 95% CO2 

reduction and no CO2 storage. In the “Realistic” scenario, it has 40 GW (280 PJ) of installed capacity (see Appendix 

4.9) and satisfies close to 8% of the gas demand. If the efficiency in marine transport is attractive enough to cause a 

shift in energy carrier to LMG, then PtM capacity increases to 122 GW (840 PJ) and 19% of total demand. The largest 

PtM contribution is when all the conditions that favor PtM are present. This implies the co-occurrence of 11 

conditions away from the reference scenario (see Table SI 34 in Appendix 4.8). For this scenario, PtM capacity 

reaches 546 GW (4900 PJ) across EU28+ and providing 75% of the gas demand. This “Optimistic” scenario has 

almost 6% higher annual costs compared to the “Realistic” scenario (see Figure 25), mainly because drivers that favor 

PtM (such as high gas price for import, higher cost for electricity grid expansion and low PtL performance) actually 

result in a higher cost to achieve the same CO2 target. The gas allocation among sectors is similar to the scenario with 

80% CO2 reduction and no CCS. Some changes are that there is no H2 production from methane when PtM is the 

source and that LMG completely covers the marine transport and heavy-duty sectors. 

 

The single change that causes the largest positive change in PtM deployment is when the other options for CO2 sink 

are not available. In the scenario when there is no PtL (in addition to no CO2 storage), PtM total capacity is 482 GW 

(4400 PJ). A better electrolyzer performance enabling cheaper hydrogen can lead to 263 GW of PtM capacity (vs. 122 

GW). A high CO2 reduction target and absence of CO2 storage, even together, prove to be necessary, but not sufficient 

to make PtM attractive, with only 7 GW of PtM deployed in this scenario. The system drivers have a larger influence 

than the technology drivers. This means that even with low PtM CAPEX (< 100 €/kW) and highest efficiency for the 

technology, the deployment is zero if CO2 storage is still an alternative81. 

 

Three regulatory measures to promote PtM technology have been assessed within this chapter: (1) direct PtM capex 

subsidy, (2) indirect fossil gas tax, and (3) minimum target share of methane from PtM. With gas tax and minimum 

 

81 Scenario “80CostEff”, which means 80% CO2 reduction, low PtM Capex and high efficiency testing if the positive technology drivers outweigh 

the negative system drivers 
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target share increasing the commodity price, they cause unwanted side effects such as a reduction of gas demand 

potentially motivating a fuel shift. The more effective instrument between tax on gas and PtM subsidy in terms of 

capacity installed is direct subsidy of the technology which leads to almost 6 times the deployment of a higher tax. A 

reason for this is that tax will increase gas price and will decrease the demand (through elasticity), while subsidy only 

has influence over the technology making it directly more attractive. This is in agreement with previous studies that 

identify that “SNG from PtM processes is not competitive with natural gas or even biomethane [from fermentation 

processes]” and different simultaneous drivers are needed [86]. However, both instruments do not guarantee a certain 

minimum target share of methane from PtM as instrument (3) does. Setting a minimum target share that is the same 

for all European countries seems not advisable as it does not consider nationally differing hydrogen demand and 

supply structures that make PtM unequally attractive across European countries. 

 

To put these figures in perspective, PtM estimates for Germany are 7.5 GW [478], 6-12 GW [151], 28 GW [63], 1-59 

GW [482], 48-87 GW [198] and even 89-134 GW [455]. For Ireland, 0.5 GW has been explored [265], 5 GW in UK 

[483], 7-13 GW in Spain with 27% VRE [484], Finland had 25 GW for a 100% RES system [456]. On the global 

scale, PtM had over 2300 GW [266], which even considering a small fraction of this being deployed in EU28+ is still 

far above the results for most unrestricted scenarios in this chapter. Some differences of the present study with respect 

to the previous references are: system boundaries, most of these studies [151,265,266,455,478,483] focus only on the 

power system. This leaves options like Power to Liquid and hydrogen for transport (the two dominant flexibility 

options for this research) out of scope, which might overestimate both electricity storage and PtM role. Other 

approaches (e.g. [484]) only estimate the power surplus and its potential use for PtM. Some of the studies focus on the 

operational aspect (e.g. hourly electricity price and operating hours) rather than the investment component and only do 

PtM capacity as sensitivity, which might lead to sub-optimal combinations, whereas in the current study the capacity 

is an output of the calculation. Finally, some studies (e.g. [265,485]) have gas demand as an exogenous variable, 

whereas in this resarch it is the result of the competition among technologies (endogenous). 

 

Today, almost 20% of the gas is used in the residential sector for heating and gas constitutes 40% of the fuel mix to 

satisfy the heating and cooling services across EU [486]. This represents one of the main reasons to support PtM, 

where it is foreseen that to continue satisfying the heat demand, a lower carbon route has to be found for the gas. 

Nevertheless, across the range of scenarios evaluated, remaining heating demand after considering energy efficiency, 

is mainly satisfied with electricity (a range between 70-85%), complemented (5%) by biomass, solar (0-15%) and 

district heat (10%). Gas role in residential heating is limited to central CHP with carbon capture (see Appendix 4.13) 

distributed using the district heating network. 

 

Since LMG constitutes a large part of gas demand, drivers that promote LMG have a positive impact on gas demand. 

The order of magnitude for the energy consumed in heavy-duty, marine transport and buses (sectors where LMG can 

be used) is 5000, 2000 and 500 PJ respectively. The fuel choice for marine transport is directly dependent on 

commodity price and efficiency (leading to €/km). Consequently, when the efficiency is high enough, this sector is 

satisfied with LMG rather than diesel/HFO82. Buses are fueled with hydrogen in most scenarios, except if the electric 

option is possible or by diesel in BAU. Heavy duty is both the largest demand and the one with the largest changes 

across scenarios (see Figure SI 54 in Appendix 4.14 for the fuel mix for the different transport modes across the main 

scenarios). LMG is used either if the CO2 target is low (80%) or if CCS is available (which leads to negative emissions 

when combined with biomass and positive emissions can be afforded in transport). In scenarios with a high biomass 

potential, where CO2 could be used for PtM, CO2 is used instead for PtL to produce diesel. 

 

The lower efficiency of the PtL process (78% for Fischer Tropsch [412], while it is 85% for PtM, see Table 10) is 

compensated by the higher efficiency and lower cost of diesel trucks downstream (7.5 vs. 8.9 MJ/km and almost 20k€ 

cheaper by 2050 [412]). However, recent studies [487,488] also show this gap might already be closing with the total 

cost of ownership of LNG trucks falling below diesel trucks in less than five years, while subsidies of up to 12 

k€/truck in Germany decrease the difference in CAPEX compared to diesel trucks. Even in the scenarios where LMG 

is used across these sectors, the LMG is sourced in imports for the scenarios where LMG is used in heavy-duty trucks 

complemented by large scale liquefaction of imported gas. The value chain of liquefaction of PtM product is not 

selected. Therefore, the same conditions that favor the use of LMG for heavy-duty trucks are the ones that do not favor 

PtM (low CO2 target and use of CCS). This proves that the additional cost for hydrogen distribution and refueling 

 

82 Diesel from Power-to-Liquid/Biomass-to-Liquid when LMG efficiency is low and HFO only for BAU scenario  
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(4.6-6 €/kgH2) plus the higher (+35%) cost of the end vehicle itself is still smaller than the extra cost caused by 

efficiency losses in PtM (10-15%), liquefaction (6-8%), end use (energy consumption in an LMG truck is 45% higher 

than one with fuel cell [412]). However, this represents the outlook for 2050, while LMG could be attractive in the 

transition period. Considering as well that the PtM route involves extra CAPEX for both steps (PtM and liquefaction), 

while the saving is the distribution infrastructure. This does not even consider the extra costs for refueling stations that 

would be needed for LMG. Gas application in the transport sector requires another system to be in place to track the 

source of the CO2 emitted and legal frameworks to ensure compliance. In contrast, hydrogen has zero tailpipe 

emissions and CO2 emissions (if any) are centralized. In the long term, these two reasons make hydrogen more 

attractive for these two sectors (heavy-duty and buses) as the scenario becomes more restricted. 

 

From the above, a key parameter is the efficiency considered for LMG in ships. However, diesel engines are also 

expected to improve their performance and this could actually represent up to a third of the CO2 mitigation in this 

sector [421]. If this is considered, efficiency for both fuels would be comparable and fuel choice is left to other factors. 

LMG would have the disadvantage of the need to develop new bunkering infrastructure. Doing this in the major 160 

ports around the world, would cost around 11 bln$ [421], excluding all the upstream costs. LNG can have up to 200% 

of the life cycle emissions compared to conventional NG [489], which would make it more challenging until PtM is 

large enough to satisfy all demand. The methane losses in the parts of the system that would remain with PtM (e.g. 

storage, long distance transport by pipelines, distribution to costumers) can be 1.4-3.6% of the gas produced [490]. 

This can increase the GHG life cycle emissions by 25-50%. LMG also implies a more complex on-storage system for 

the vessels, additional training, less space for loads (since the storage is larger), additional investment for ship 

adaptation and new safety regulations [421]. For these reasons, the “Realistic” scenario in this chapter does not 

consider LMG as dominant fuel for navigation. 

4.5.4. Seasonal component of PtM 

VRE represents up to 70% of the electricity mix. This introduces a strong seasonal and daily component in production. 

Electrolyzers (mostly for the scenarios without CO2 storage) represent up to 40% of the electricity demand and even 

larger fractions for specific countries or time slices. Their share is large enough to influence electricity prices by 

manipulating demand. There is almost (< 1%) no hydrogen production during the winter peak (when there is no wind 

and solar contribution) and for countries dominated by solar, a similar behavior is observed during night. Production 

during summer peak can be up to 3-4 times higher than peak for the other two seasons. This produces a flattening 

effect of the electricity prices. Prices in summer can be 25% lower than in spring or fall, while prices in winter can be 

up to 80% higher (this also includes a capacity adequacy component to ensure there is enough capacity to satisfy the 

winter peak). Hydrogen prices in turn are attenuated by both the use of hydrogen storage (in tanks for daily 

fluctuations) and relatively flexible demand (when it is used for PtX). Consequently, hydrogen prices only fluctuate up 

to +/- 10% across time slices. This flexible operation causes the electrolyzers to be operating only close to 50% of the 

time. In spite of the higher CAPEX contribution caused for this, it still represents an attractive option. This lower 

difference in daily prices reduces the incentive for price arbitrage through storage, which will only become smaller as 

the storage capacity increases [115]. 

 

PtM makes use of these small price differences across seasons and there is a seasonal pattern observed for PtM 

activity (see Figure 28 and Appendix 4.9). The seasonal storage fraction (primary Y-axis in Figure 28) indicates the 

fraction of PtM gas that is stored each season compared to the total amount of PtM product routed to storage. The 

secondary Y-axis on Figure 28 indicates the fraction of PtM routed to storage for every scenario compared to the total 

PtM energy produced. Stored fraction during summer can be up to double the fraction stored in spring or fall, while 

the fraction stored in winter can be around half of these, only sustained by countries with a significant wind 

contribution. This effect is more pronounced (see Figure SI 47 in Appendix 4.9) as the scenario becomes more 

restricted. Similarly, around 70-90% of the PtM product is routed through storage and then mixed with the rest of the 

gas, although it can be used in some cases within the same season. 

 

The main driver for seasonal storage is satisfying demand when there is a low contribution from VRE in a system 

where other dispatchable RES technologies capacity is low. This application is investigated using the winter peak time 

slice. The intermediate case (only wind) presents itself over every night time slice. The technologies that provide 

flexibility when there is no VRE are nuclear, geothermal, biomass (biogas and CHP), hydro and to a less extent fossil 

with CCS. This is in agreement with previous studies with hourly resolution that show low VRE periods of up to one 
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week can be bridged with limited contribution from PtM and with relatively small additions of gas capacity or biomass 

for the case of 100% RES [482]. When there is no solar, the combined effect of a larger wind output with a lower 

demand (on average half of the diurnal demand) aids covering the gap left. PtM will be favored as any of these 

technologies satisfying the winter peak demand is constrained. For example, if geothermal potential is constrained to 

10% of the reference scenario value (to ~300 TWh), then gas demand for electricity almost doubles83, while also 

increasing the share of biomass. Use of gas with CCS also doubles for winter peak. Similarly, the case for PtM 

becomes more attractive and its capacity increases by 20% (263 to 313 GW). This increases the PtM contribution to 

gas demand from 25 to 33%. A similar effect can be expected when restricting any of the other dispatchable RES and 

nuclear technologies, even though this was not tested. For a more detailed breakdown of the technology contribution 

by time slice and by country, refer to Appendix 4.15. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure 28. Fraction of PtM production stored in each season across all scenarios. 

4.5.5. CO2 sources and sinks 

PtM should use CO2 from biogenic sources for the following reasons: (1) The CO2 will ultimately be emitted and if 

the CO2 is sourced from fossil it will cause a net positive increase of CO2 in the atmosphere; (2) if CO2 comes from an 

ETS (Emissions Trading Scheme) sector (e.g. power) and ultimately ends up in a sector not covered by ETS (e.g. 

transport), it could lead to an emissions reduction for ETS, while in reality not leading to a reduction of CO2 emissions 

for the entire system; (3) it could prolong the use of fossil fuels in the energy system. The sources and final sinks of 

CO2 across the main scenarios are shown in Figure 29. Note that for the second reason, the model does contain the 

ETS and ESR (Effort Sharing Regulation covering non-ETS sectors) policies until 2030 (43 and 30% reduction 

respectively compared to 2005 levels). For 2050, the CO2 target is for the entire system regardless of sectors. 

 

For the scenarios where CO2 underground storage is possible, it is the preferred sink for CO2. Sources are varied 

across power (BECCS, fossil CHP and gas), H2 production (with biomass gasification and most of “Others” category) 

and industry (two largest contributors are cement and steel). With the reference biomass potential, biomass provides 

around 25% of the CO2 that ultimately ends up underground (three main routes: combined cycle for power, H2 

production through gasification and BtL). With the highest biomass potential (e.g. “Alternative” scenario) biomass 

supplies close to 80% of the CO2 stored. These emissions allow for (the most expensive) positive emissions elsewhere 

in the system. Only when CO2 storage is not possible, CO2 use arises. This techno-economic approach supports the 

 

83 Scenario used was 95CCSVRECostPEM which has conditions that favor PtM including cheaper hydrogen not to make the case optimistic, but 

instead to establish an upper bound for the benefit. A similar effect was observed in other scenarios with limited geothermal potential 
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environmental conclusion that when CO2 storage is an alternative, that is the best sink for the CO2 when compared to 

methane [257,258,260]. Furthermore, when there is CO2 use, the preferential sink is Power-to-Liquid. In the 

“Realistic” scenario PtL is almost 25 times larger (in terms of CO2 consumption) than PtM. A key sector that promotes 

this trend is aviation. The total demand for EU28+ is close to 4000 PJ, which translates to almost 0.3 Gton of CO2 if 

all that demand were to be satisfied by PtL. Not all of it is satisfied with PtL and the ratio is about 4:1 PtL/BtL. It even 

has fossil-derived fuels for 80 and 95% CO2 reduction scenarios. Another driver is the use in heavy-duty trucks with 

diesel, where the lower conversion efficiency of the Fischer Tropsch route (fuel production) is compensated by a 

higher efficiency of the engine and lower cost in the fuel use (compared to methane). More detail on the dynamics of 

PtL is part of a separate study focused on H2 and PtL (see Chapter 3). Electricity dominates private transport and the 

extra cost of the electricity network is outweighed by the higher pathway efficiency. To avoid an overly optimistic 

reliance on electric vehicles, their share is limited to 80% (assumption by authors). Part of the 20% remaining is 

covered by diesel vehicles (most efficient ones [491]), biofuels and  hydrogen. When there is neither PtL nor CO2 

storage, PtM is used, but CO2 flow is reduced by 30%. CO2 use for PtM can be up to one third of the total CO2 

captured when PtM has a higher efficiency and almost 75% for the “Optimistic” scenario. A tax on gas has limited 

effect on CO2 use, as its main effect is to reduce natural gas consumption rather than significantly increase PtM. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure 29. CO2 sources and sinks across main scenarios. 

 

The largest CO2 consumption is for the “Optimistic” scenario. Close to 270 Mton/yr are used for PtM, representing 

close to 5000 PJ of methane, which translates to 6000 PJ of H2 input and almost 2000 TWh of electricity input 

required to satisfy such demand. This is more than half the current annual generation for EU (at 3200 TWh) only 

because of the additional constraints introduced (see Appendix 4.8 for constraints of “Optimistic” scenario). A key 

biogenic CO2 source is BtL. Biomass has a low (~0.5) hydrogen to carbon ratio and it needs to be adjusted (i.e. Syngas 

shift) to be suitable for Fischer Tropsch (H2/CO of 2). This gas shift produces CO2 that can be captured downstream. 

For this scenario, 70% of the CO2 used for PtM comes from biomass (BtL), 18% comes from industry (cement and 

ammonia) and even a 10% from combined heat and power with fossil (see Figure SI 48 in Appendix 4.9). Two 

alternatives are identified. In one case, specific BtL plants could be co-located with wind farm/commercial solar plants 

and there would be a one-to-one match of CO2 sources or sinks. In another one, there is a CO2 network and all the 

producers and consumers are connected to the network without the possibility of allocating a consumer to a specific 

producer since they are all interacting through the grid. The model uses the second approach, coupled with the 

representation of one country per node, it is not possible to allocate specific BtL sources for PtM. However, it is 

optimistic to assume that all the CO2 produced by BtL can be used by PtM, because it would imply that all the sites 

would have either wind or solar surplus, a nearby (suitable) biomass source, limited electricity grid capacity and 

enough gas grid capacity (otherwise PtM loses its claimed advantage of using existing facilities). This representation 

does not necessarily imply that full nationwide CO2 networks need to be developed. Instead, main sources and sinks 

could be connected through critical pipeline corridors, perhaps even partly using former natural gas infrastructure. 
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DAC capacity is a function of the CO2 target, underground storage and biomass potential. Capacities of over 400 

Mton/yr of CO2 were observed for the “95” scenario (with CO2 storage and a biomass potential of 10 EJ/yr), while 

there was limited deployment for 80% CO2 reduction scenarios. Capacity was larger when underground storage was 

possible. For these scenarios, the cost of reducing emissions is the CAPEX for the unit (~ 300 €/ton), the energy 

consumption (depending on the source, but it can be as high as the CAPEX component) and the cost for transport and 

storage (usually less than 15 €/ton for each step). DAC arises since the sum of these costs is still lower than the 

reduction of the marginal CO2 unit. The heat used for DAC is mainly provided by CHP with gas and CCS. In the 

opposite case (of limited CO2 storage), additional costs to displace the marginal unit of fuel are the CAPEX for 

electrolysis and fuel synthesis, plus their energy consumption (main cost component in the case of electrolysis). This 

increases the pathway cost leading to actually a decrease in amount of CO2 directly captured when no CO2 storage is 

possible to around 150 Mton/yr (still with the reference biomass potential). With the high biomass potential (25.5 

EJ/yr), the need for DAC decreases since biomass provides enough carbon neutral feedstock for downstream processes 

and DAC is not necessary anymore regardless of the CO2 storage assumption. 

 

A CO2 source that has a limited contribution across scenarios and that has been identified as preferential for PtM is 

biogas production. CO2 capture on biogas occurred only when CO2 storage was possible. Raw biogas is directly used 

for electricity, heat and steam generation through CHP for industrial use. This even assumes a cost penalty in CAPEX 

due to adaptation of equipment to use the lower heating value gas. Throughout the scenarios studied, biogas was used 

around 75-90% for steam and heat generation in industrial processes in scenarios with CO2 storage and mainly (65%) 

for electricity generation when CO2 storage was absent. Additionally, studies [465] suggest that upgrading with 

amines (standard process) has lower GHG emissions and other LCA indicators (human health, ecosystem and 

resources) than upgrading with PtM. Only for scenarios with a high biomass potential, PtM for biogas upgrading 

appeared as potential option. A high biomass potential, promotes the less efficient gas use in residential and 

commercial sector (due to the negative CO2 emissions), which increases gas prices (in some countries even doubles), 

while at the same time causing a saturation effect in the biogas (industrial) users that produces a decrease (20-70%) of 

the biogas price. A cheaper feed and more expensive methane increase PtM attractiveness, but even then, it only 

supplies up to 0.3% of the gas demand. 

4.6. Conclusions 

Scenarios explored in this chapter range from 80 to 95% CO2 reduction by 2050 (vs. 1990). Uncertainty in possible 

evolution of parameters has been tackled by doing an extensive sensitivity analysis resulting in 55 scenarios. Trends 

observed include the importance of carbon capture and storage and high biomass potential to achieve a low system 

cost. Total electricity production reaches at least 5200 TWh (over 11000 TWh for scenarios with more limited 

choices) with carbon footprints near zero and a reduction of the import bill for fossil fuels to at least 190 bln €/y (vs. a 

current bill of 400 bln €/y with 100 $/bbl oil). Specifically, for power-to-methane (PtM), it was present in 21 of the 55 

scenarios with a capacity ranging from 40 to 200 GW and it represented between 0.45 and 5.7% of the gas supply cost. 

System drivers such as limited CO2 storage, high (95%), CO2 reduction targets and high (> 60%) VRE penetration had 

a larger impact over methanation deployment than technology drivers like investment for the technology. High VRE 

penetration is a necessary, but not sufficient condition for PtM. Countries with up to 95 % electricity from VRE did 

not have PtM. Flexibility for these countries was mostly provided by electrolysis, but it did not extend to methane. 

 

Periods of low VRE generation are bridged by a combination of hydro, nuclear, biomass (biogas and CHP) and 

geothermal. If any of these options is constrained further, the outlook for PtM improves. The system could evolve in a 

direction where PtM plays a crucial role and that is why it is important to continue R&D to have the technology 

available in case future conditions make it necessary. In an optimistic scenario where all the drivers are favorable, 

almost 75% of the gas is supplied by PtM with a simultaneous reduction of 70% of the total gas demand. To promote 

technology deployment, direct subsidy (up to 3 €/GJ) is more effective than taxing the fossil alternative (i.e. natural 

gas) and this is a measure that can be used in early stages of development to improve the economic case for private 

investors. A high efficiency of PtM had a large positive impact in deployment. Projects that include heat recovery and 

where there are local users for the heat should be the target for deployment. 

 

Use of liquefied methane for navigation and heavy-duty transport can make a large difference in PtM capacity 

deployed. For both sectors, LMG is promoted when the end use fuel efficiency for methane is higher than liquid fuels. 

Gas trucks reaching parity in total cost of ownership in the near future might shift the heavy-duty transport supply 
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structure from diesel to LMG and then eventually to hydrogen for the more restricted scenarios. Therefore, research on 

gas engine, combustion process and focus on reducing the methane slip could improve the outlook for PtM. Follow up 

work includes improving the temporal (hourly) and spatial resolution, where local conditions such as electricity grid 

congestion might make the technology more attractive using gas technology for integration of local gas infrastructure. 

Potential complement between production of synthetic fuels inside EU as well as imported should be studied. 
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Abstract 

Fuel cell electric vehicles (FCEV) currently have the challenge of high CAPEX mainly associated to the fuel cell. This 

chapter investigates strategies to promote FCEV deployment and overcome this initial high cost by combining a 

detailed simulation model of the passenger transport sector with an energy system model. The focus is on an energy 

system with 95% CO2 reduction by 2050. Soft-linking by taking the powertrain shares by country from the simulation 

model is preferred because it considers aspects such as car performance, reliability and safety while keeping the cost 

optimization to evaluate the impact on the rest of the system. This caused a 14% increase in total cost of car ownership 

compared to the cost before soft-linking. Gas reforming combined with CO2 storage can provide a low-cost hydrogen 

source for FCEV in the first years of deployment. Once a lower CAPEX for FCEV is achieved, a higher hydrogen cost 

from electrolysis can be afforded. The policy with the largest impact on FCEV was a purchase subsidy of 5 k€ per 

vehicle in the 2030-2034 period resulting in 24.3 million FCEV (on top of 67 million without policy) sold up to 2050 

with total subsidies of 84 bln€. 5 bln€ of R&D incentives in the 2020-2024 period increased the cumulative sales up to 

2050 by 10.5 million FCEV. Combining these two policies with infrastructure and fuel subsidies for 2030-2034 can 

result in 76 million FCEV on the road by 2050 representing more than 25% of the total car stock. Country specific 

incentives, split of demand by distance or shift across modes of transport were not included in this chapter. 
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5.1. Introduction 

To have a likely probability of staying within a global warming of 2ºC by end of this century, greenhouse gas (GHG) 

emissions need to be reduced by 40-70% on a global basis by 2050. Cumulative emissions need to stay between 550 

and 1300 GtCO2e (2011-2050) whereas annual emissions today are ~50 GtCO2e [6]. This is translated into 80 to 95% 

CO2 reduction for the European Union (EU) (compared to 1990) [47], corresponding to a less strict target of 60% for 

the transport sector84 [288] considering its more difficult nature to decarbonize [492]. In the EU, transport demand 

accounts for almost 33% of the final energy use (out of which road transport represents 82%) and 31% of the GHG 

emissions [493]. Transport is the only sector exhibiting an increase in CO2 emissions when compared to 1990 (+23% 

in 2015 [494]). Strategies to reach those targets are increased efficiency, alternative fuels with a lower CO2 footprint, 

modal shift (e.g. from private cars to public transport) and reduced need for travel (e.g. urban planning, home-office) 

[6,495,496]. There is also the need to introduce alternative powertrains in the transport sector to improve energy 

independence, since more than 80% of the oil is imported in the EU with an import bill of 400 bln€/yr (at an oil price 

of 100 $/bbl) [497]. 

 

The EU has adopted several initiatives to foster the deployment of alternative fuels. In the Renewable Energy 

Directive (RED) [51], there is a target for advanced renewable fuels (6.8% for 2030) and it has specific targets for 

biofuels (3.6%), but none for hydrogen. RED was revised in June 2018 [286] and includes a mandatory minimum of 

14% of renewables in transport by 2030 via obligations on fuel suppliers. At the same time, conventional (i.e. first 

generation) biofuels EU-wide are capped at a maximum of 7%, which indirectly promotes second generation biofuels 

and other energy carriers like electricity, hydrogen and synthetic fuels. Electricity and hydrogen are included in the 

strategy of alternative fuels [287], considered as part of the deployment of alternative fuels infrastructure [409]. The 

new proposal of the CO2 emission standards for the average new passenger cars and light commercial vehicles (LCV) 

sold in the EU post-2020 [54] defines benchmarks of 15% electric vehicle (EV) sales by 2025 and 30% by 2030 

(exceeding these values will be rewarded with less strict CO2 targets for manufacturers). There is also support in terms 

of financing of 70 bln€ to support low-emission mobility including 39 bln€ from the European Structural and 

Investment Fund, 24 bln€ from Connecting Europe Facility (in total) and 6.4 bln€ from Horizon2020 program for 

research activities [498]. Specifically for hydrogen, most of the EU research funding is managed via the Fuel Cell and 

Hydrogen Joint Undertaking (FCH JU), which is a public private partnership and has a budget of 1330 M€ (2014-

2020). 

 

Among zero emission vehicle (ZEV) market deployment, battery electric vehicles (BEV) are currently ahead of fuel 

cell electric vehicles (FCEV). On a global level, there are over 5.1 million EV (BEV and plug-in hybrid electric 

vehicles (PHEV)) [499], while there are only close to 11200 FCEV on the road [22]. How these powertrains compared 

in the future will depend on the learning achieved by deployment. With learning rates of 6-9% [431] or even 16% 

[432], lithium-ion EV batteries could reach a cost between 50-75 €/kWh by 2040 [432,500], while fuel cell cost could 

be reduced from 233 €/kW85 to an ultimate cost of 25 €/kW [501]. While the most affordable BEV in the C segment 

are being sold for around 30-35 k€ (plus VAT) [502], FCEV sales are currently dominated by a single model (the 

Toyota Mirai on the D segment) marketed in Germany at 78.6 k€ [503]. Specific energy consumption is better for 

BEV (0.33 MJ/km vs. 0.63 MJ/km for FCEV [234,504] with a wider difference for long distance [505] or when the 

entire pathway is considered [506]). Both powertrains have limitations, driving range and charging time are the main 

issues for BEV, while fuel cell cost and lower efficiency are issues for FCEV [502]. A possible complement between 

both is to use BEV for short driving range and smaller vehicles size, while FCEV are used for longer distances and 

larger cars [501]. 

 

Another key barrier for both powertrains is infrastructure. By end of September 2017, there were over 120000 publicly 

accessible recharging points for EV in the EU, of which almost 15000 were fast charging [507]. In contrast, only 82 

hydrogen refueling stations are in operation in the EU [507,508]. The EU directive (2014/94/EU) specifically 

addresses the need for infrastructure deployment of alternative fuels [508]. An assessment of the national policy 

 

84 The White paper on transport has a target of 60% emission reduction target versus (vs.) 2008, while the Energy Roadmap [873] suggests 60% on 

average (54-67%) reduction vs. 1990. Emissions in 2008 where 33% higher than in 1990 (including maritime transport) 
85 Throughout this report a currency conversion of 1 € = 1.2 $ has been used 
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frameworks submitted as part of this directive, indicates that the investment needed is almost 900 M€ for electricity by 

2020 and 700 M€ for hydrogen by 2025. This would be on top of 3.9 bln€ by 2020 for 440000 public accessible 

recharging points and an ambitious target of 4 million EV on the road [508]. 

 

There are multiple ways to model transport at different spatial and temporal scales from agent-based, system 

dynamics, engineering and integrated assessment models [509]. System dynamics (simulation) usually focus on the 

transport sector and associated agents, while cost optimization usually disregards factors like budget (or income), time 

availability, preferences and risk aversion, that also influence decisions [510,511]. This chapter soft-links these two 

types of models, combining their strengths and making trade-offs across the entire energy system [512–514]. The 

specific models used are JRC-EU-TIMES86 which covers CO2 emissions from the energy system and allows assessing 

the effect not only of technology assumptions (e.g. electrolyzer efficiency and cost), but also the effect that systemic 

parameters (e.g. CO2 underground storage) have on cost and commodity prices. JRC-EU-TIMES has been used in the 

past to assess the parameters that promote and hinder hydrogen use in alternative future scenarios (see Chapter 3). The 

other model is Powertrain Technology Transition Market Agent Model (PTTMAM) which has 4 market agent groups 

(manufacturers, users, infrastructure providers and authorities) and has been used in the past to assess scenarios for the 

road transport sector [515] and provide policy insights [516,517]. In both cases, the geographical scope is the same 

(EU28) and they are used for the time horizon of 2050, when the shares for FCEV are expected to be the highest. 

 

The reason to focus on FCEV is twofold. First, from a purely economic perspective, the case for FCEV is more 

difficult to justify (compared to BEV), so applying a system dynamics model that covers non-cost related attributes 

will shed light into the potential role FCEV can play when considering a more holistic evaluation. Second, transport 

has one of the highest willingness to pay for the hydrogen given its higher difficulty to decarbonize [518,519]. This 

will help to justify the potential investment in hydrogen production and facilitate the integration of variable renewable 

energy (VRE) [144] (when produced through electrolysis). The hydrogen potential for transport extends beyond cars. 

When converted to other energy carriers such as ammonia or liquid fuels, it can satisfy demand in aviation or the 

maritime sector [22]. Even within the road transport sector, hydrogen can be attractive for heavy-duty long-haul trucks 

and buses that have higher power requirements (leading to larger batteries if BEV are used). However, given that the 

fuel choice for these sectors is fundamentally different from cars, this chapter focuses in passenger transport. 

 

Based on this, the main objective of this chapter is twofold: (1) assess how soft-linking affects the stand-alone output 

of each model; (2) quantify the effect that different policies and subsidy schemes can have in FCEV penetration and 

the cost effectiveness of these policies. The main novelties are: (1) the soft-linking of the two mentioned models with 

complementary features; (2) the coverage of the entire EU (rather than one country); (3) the use of ambitious CO2 

targets and (4) analyzing the effect different policies can have on FCEV penetration. Some of the questions to be 

answered are: how does the soft-linking process affect total system cost and commodity prices, what are the system 

drivers that favor FCEV, what actions are needed (from the manufacturers, authorities and infrastructure) to promote 

FCEV deployment, what is the incentives scheme (amount and timing) required to increase the FCEV share, how does 

R&D subsidy compare with vehicle and financing of refueling stations. 

 

The rest of the paper is organized as follows. The next section presents a literature review and identifies gaps in the 

literature. Section 3 describes the methodology and modeling approach. Section 4 covers the data and assumptions, 

while Section 5 goes through the scenarios and policies evaluated. Section 6 presents and discusses the results and 

lastly Section 7 summarizes the conclusions. 

5.2. Literature review and gaps 

This section is split in various clusters where each one looks at a different element of the present study: 1. Use of 

stand-alone system dynamic models for alternative fuel vehicles and specifically for FCEV; 2. Use of stand-alone 

optimization models for hydrogen use in low-carbon systems; 3. Incorporation of the behavioral component in 

integrated assessment models; 4. Incorporation of the behavioral component in energy system models. This literature 

review does not cover studies for the hydrogen supply chain (commonly referred as HSC) or specific geographical 

 

86 TIMES = The Integrated MARKAL-EFOM System; MARKAL = Market Allocation; EFOM = Energy Flow Optimization Model 
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match between sources (e.g. high renewable potential locations) and sinks. As starting point for that discussion, refer 

to [293,295] for a review of the different models, [520] for UK or [327,335,521] for Germany. Other approaches to 

model diffusion of alternative fuel vehicles including agent-based modeling [522], computable general equilibrium 

[523] and econometrics (usually suitable for short-term forecasts) have been left out of the review since they use a 

different modeling approach. For a review of applications of these other approaches to BEV, refer to [524]. 

5.2.1. System dynamic models for FCEV 

System dynamic models have been applied to various areas of transport including uptake of alternative fuel vehicles, 

supply chain management, highway maintenance and construction, air travel and urban planning [525]. For alternative 

fuels, they have been used to evaluate the penetration of EV in the Netherlands and UK [516], Compressed Natural 

Gas (CNG) in Switzerland [526] and biofuels in US [527] and EU [528]. The applications for FCEV are limited and 

these are reflected in Table 12. 

 

Some of the gaps these previous studies have in common that the current one will cover are: (1) consideration of other 

market players (like providers of refueling stations and manufacturers) that also play a role in influencing FCEV 

penetration; (2) the consideration of the rest of the energy system and how updated demand affects prices (through 

soft-linking with the energy system); (3) cost effect of FCEV and hydrogen refueling stations on total system cost; (4) 

endogenous cost development as a function of both deployment and choices made by car manufacturers. 

5.2.2. Energy system models for hydrogen and FCEV 

Hydrogen is a common topic studied with energy system models [63,309–335]. With the potential use in FCEV, 

hydrogen for transport was one of the first hydrogen applications and in some cases the only one evaluated. With 

stricter CO2 targets and a potential “hydrogen economy” [11,25,335], uses in other sectors started to be included. 

While most of the studies focus on the (now) conventional application of FCEV penetration, some studies go a step 

further and have an additional element in one of two directions: 1. Higher spatial resolution to match supply (e.g. high 

renewable energy sources) and demand centers (e.g. cities) and have a better estimate of the infrastructure cost to 

connect these two [321,329,335,529]; 2. Including intangible costs (like range anxiety, refueling stations, model 

availability) that influence the choices made by consumers when selecting a powertrain in an attempt to improve the 

initial optimization based purely on cost [530]. There are examples for Germany [63,327,328] with both high spatial 

and temporal resolution that determine the best locations for hydrogen production (using power surplus from VRE) 

and the amount available (based on hourly profiles). These still lack the energy system perspective, where demand 

from all sectors is considered in competition for the hydrogen produced, effect on prices and endogenous calculation 

of the hydrogen demand. Taking as starting point energy models that have looked into hydrogen and then added more 

details, the most advanced examples can be seen in California with a combination of ambitious CO2 and ZEV targets 

and in the UK. Both of these are briefly explained below. 

 

CA-TIMES [320,531–533] is managed by the Policy Institute for Energy, Environment and Economy at UC Davis. 

[320] looks at hydrogen delivery pathways including distance and flow for transmission and population density and 

market penetration for distribution. It uses such detailed analysis to update TIMES. Another boundary that has been 

partially crossed is the behavioral one, where [530] has taken output from MA3T and fed it back to TIMES through 

introducing: more segments in the market, an inconvenience cost for refueling infrastructure (additional distance to be 

traveled to fuel the vehicle), range limitation cost, risk attitude and consumer heterogeneity. Follow up work included 

even a finer segregation by introducing clones within a market segment (20 clones for each of the 36 segments) that 

capture randomly distributed unobservable differences in preferences [534]. A proof of the compromise and 

complexity associated to combining different complementary approaches is that this version of TIMES is extended to 

cover the spatial component by splitting California State in 8 different regions to determine the specific production 

technologies, delivery pathways and hydrogen demand in time [300,303]. However, such version is treated as a 

separate model (H2TIMES [329]) and does not capture the interaction with the other sectors in the energy system. 
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Table 12. System dynamic models applied for FCEV penetration. 

Model Region Soft-

linking 

Findings Gaps Reference 

HyDIVE California N Highly non-linear thresholds for tax credits, subsidies 

and intangible costs were identified beyond which 

FCEV and refueling stations is self-sustained. Clustering 

of refueling stations around metropolitan areas. 

Alternate transition strategies. Better quantification of 

the level and duration of subsidies. Evaluation of 

different spatial distributions of initial hydrogen 

refueling stations. Improved understanding of the effect 

of various technology performance and cost targets. 

[535] 

H2VISION Generic / 

Washington 

D.C 

N A coordinated policy approach to promote FCEV sales 

in parallel to infrastructure development is the most 

effective measure for FCEV adoption. 

Consider other agents besides infrastructure. Introduce 

heterogeneity for consumers. Include additional 

attributes for consumer choice. 

[536] 

ASTRA EU25 + NO 

+ CH 

Y – With a 

hydrogen 

transition 

model 

It is used with market penetration from HyWays project, 

focused on Germany and assesses the impact of limited 

subsidies, infrastructure development and hydrogen fuel 

taxing, where failure of any of these three measures 

results in failure of significant FCEV penetration 

(especially the first two). 

Include a sensitivity analysis for FCEV performance. 

Exogenous FCEV share. Exogenous learning curve for 

fuel cell. 

[537] 

FCEV 

Transition 

Model 

Germany N Three incentives are needed to ensure that FCEV reach 

one third of the fleet by 2040: 1. Subsidy equivalent to 

the CAPEX difference with ICEV (minus 2000€); 2. 

Initial infrastructure deployment (500 stations for 

Germany); 3. Fuel tax exemption (until the first million 

vehicles is reached). This leads to a cumulative budget 

deficit of 4.8 bln€. 

Focused only on hydrogen and no competition with other 

powertrains. Exogenous fuel price assumption. 

Exogenous learning curve for fuel cell. 

[538] 

- US N Multiple equilibrium levels are possible for the 

alternatives, meaning that certain value thresholds must 

be met for the alternatives to penetrate the market. Small 

differences in infrastructure development can make a big 

difference for penetration of alternative fuels. 

Use of alternative data and assumptions. Introduce more 

technologies. Consider multiple regions. Creation of an 

interface. Alternative plausible scenarios.  

[539] 

- Korea N There were critical thresholds for each of the parameters 

analyzed that promoted FCEV adoption in the various 

market segments. Leading infrastructure development 

was essential for FCEV adoption. Financing and 

subsidies of initial refueling stations was needed. 

Introduce heterogeneity for consumers. Additional 

attributes for consumer choice. Include a sensitivity 

analysis for FCEV performance. Exogenous learning 

curve for fuel cell. 

[540] 
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In the case of UK, projects requiring an energy modeling component use UCL MARKAL. It has over 35 years of 

history as preferred tool to provide advice on national energy policy [541]. The hydrogen system was developed in 

two stages, as part of each phase of the UKSHEC (United Kingdom Sustainable Hydrogen Energy Consortium87). As 

part of the effort to improve the transport representation, additional technologies were introduced leading to a finer 

market segmentation, incorporating the supply chain and infrastructure from previous studies and using a lumpy 

investment option88 [542]. The revised model resulted in 99% penetration of hydrogen cars by 2050 with an 80% CO2 

reduction, which was compared to other studies in UK [529]. The soft-linking with a simulation model (UKTCM89) 

has also been done where the feedback to MARKAL was the demand (fixed activity) and efficiency for each type of 

car, excluding the elasticity effect in MARKAL which was already included in UKTCM [543]. 

 

The range of studies that have used energy system models to assess hydrogen potential as energy carrier are shown in 

Table 13 highlighting the ones that have looked beyond transport and the ones that have included either a higher 

spatial resolution for infrastructure or the behavioral component. 

 
Table 13. Energy models used for hydrogen potential assessment for different geographical regions 

Region Model H2 use90 Infrastructure
91 

Behavioral 

component 

Application Reference 

Belgium MARKAL R,P,T,Ref No No Hydrogen potential 

(with focus on 

transport) 

[309] 

California CA-TIMES T Yes Yes FCEV penetration, 

infrastructure 

development 

[320,329] 

Canada TIMES-

Canada 

T No No BEV penetration [330] 

China MARKAL T No No FCEV penetration by 

2045 

[332] 

China China-

TIMES 

T No No Transport sector with 

10, 20 and 50$/ton 

(CO2 price) 

[333] 

Europe REACCESS R,C,I,P,T No No Hydrogen potential 

for transport 

[544] 

Europe JRC-EU-

TIMES 

R,C,I,P,T No No Current policies and 

80% CO2 reduction 

by 2050 

[334] 

Germany MOREHyS 

(Balmorel) 

P,T Soft linking No Hydrogen role and 

link with GIS 

[335] 

Global GMM T No No FCEV role and 

promotion linked to a 

climate model 

[310] 

Global TIAM-ECN T No No H2 potential for 

Europe 

[312] 

Global GENeSYS - 

MOD 

T No No 1.5 ºC scenario for 

2050 

[545] 

Italy MARKAL-

Italy 

R,P,T,Ref No No Hydrogen role in 

future system 

[313] 

Japan MARKAL T No No FCEV penetration [314] 

 

87 From 2003 to 2007 and funded by the Engineering and Physical Sciences Research Council 
88 The model chooses to invest in infrastructure with a minimum size (to ensure a minimum threshold is passed to deploy infrastructure) 
89 UK Transport Carbon Model covering vehicle ownership, travel patterns, fuel efficiency (driving style), vehicle ownership, stock turnover and 

valuation of external costs, among others 
90 This refers to the sectors where the model has the choice of using hydrogen; R=Residential; C=Commercial; I=Industry; P=Power; T=Transport; 

Ref=Refinery 
91 This refers to the linking of a model with explicit consideration of the spatial component or optimization of the hydrogen supply chain 
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Japan METANet T No No FCEV penetration [315] 

US MARKAL 

EPA US9R 

T No No FCEV penetration [316,317] 

UK UK 

MARKAL 

R,P,T Yes Yes FCEV penetration, 

infrastructure 

development, 

residential FC 

[318,319,546] 

Norway TIMES-

Norway 

T Soft-linking No Coupling with 

infrastructure 

[321] 

Scandinavia Balmorel P,T No No H2 role in the 

transition to a low 

carbon transport 

[322,547] 

Spain 

(Madrid) 

MARKAL T No No FCEV share for 3 

scenarios for 2050 

[323] 

Switzerland MARKAL T No No Lower primary 

energy consumption 

[324] 

Switzerland STEM 

(TIMES) 

T No No FCEV penetration [325] 

South Africa TIMES-

GEECO 

T No No Transport emissions 

and energy demand 

[326] 

 

The main gap covered in this chapter compared to previous ones is the consideration of some of the intangible costs 

that also affect the consumer decision and additional market agents besides the consumers themselves that can either 

promote or limit FCEV penetration. 

5.2.3. Incorporation of behavioral aspects of transport in IAM 

FCEV have also been evaluated with Integrated Assessment Models (IAM). The added value (for this chapter) of 

looking at IAM is that since they cover a wider set of modules, they also need to simplify the representation of the 

transport sector to avoid a highly complex model. IAM differ from energy system models since they also include land 

use, agricultural, forestry, macro-economy and climate modules and they have a global scope [548]. To improve the 

representation of the transport sector, mainly two features have been introduced (the same as with energy models): one 

is a higher segregation of the consumers, fine enough to represent different socio-economic groups that will have a 

different perception and weights for the attributes when choosing a specific vehicle. The other one is monetization of 

intangible costs that are usually not considered in cost minimization tools such as range anxiety (in the case of BEV), 

refueling station availability (for early stages of infrastructure development), risk premium (to represent perception of 

new technologies risk), model availability (in early stages) and BEV chargers [511]. Only recently, these behavioral 

features have been introduced and more time is needed for it to become widely adopted. Heretofore, IAMs have been 

used in the conventional way to assess FCEV penetration (see Table SI 36 in Appendix 5.1) usually with logit 

functions for the market shares and with elastic demand that is sensitive to fuel prices and only some of them include 

modal shift. With respect to FCEV some limitations that arise are: some IAMs do not have hydrogen as option for 

passenger vehicles (e.g. WITCH [492]) or do not have endogenous learning linking cost reduction to FCEV 

deployment (e.g. GCAM [492]), establish a maximum share that FCEV can acquire or have limited representation of 

the infrastructure (critical for both BEV and FCEV). In spite of this, most of them show that hydrogen does not play a 

role (< 5%) by 2050 and only under strict (450 ppm CO2) scenarios, it becomes a significant energy carrier for 

transport by 2100 [366,495,549]. In some cases [363,366], carbon capture and storage (CCS) also becomes critical 

since it is the main route used to produce (and decarbonize) the hydrogen. 

5.2.4. Incorporation of behavioral aspects of transport in energy system models 

There are three main features that have been introduced: modal shift, consumer heterogeneity and use of intangible 

costs. A set of studies [550,551] looked into incorporating modal shift by introducing new parameters such as travel 

time budget, monetary budget, speed of the different transport modes, infrastructure requirements (e.g. bike lanes) and 

additional constraints such as maximal modal shares and maximal rate of shift. This is also linked to the demand split 
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by distance traveled to be able to account for the different time variation in case of choosing an alternative transport 

mode. The aim of introducing travel time in a cost optimization framework is twofold: (1) It enables the use of more 

expensive modes of transport that are able to reduce traveling time; (2) It relates the investment in infrastructure to a 

reduction of travel time of public transport modes. 

 

Additional efforts have been made to split demand further and account for its heterogeneity with different 

characteristics (e.g. income) and attributes evaluated by the different types of consumers [530,552]. Particularly in 

[552] the split is made based on region, type of residential location (urban, suburban and rural) and income level, 

which has resemblance but yet different from the split chosen for IAM (residential location, distance traveled and 

attitude toward technology adoption). To exploit this demand segregation and the different weight each one gives to 

each attribute, additional intangible costs are introduced including refueling infrastructure, range limitation (for BEV), 

risk attitude and model diversity [530]. In every case, this requires the collection of additional data (e.g. number of 

trips per person, average trip distance, travel time for public transport, average speeds by distance, load factors for 

cars, infrastructure utilization) to be gathered. In the case of California and Denmark [530,552], there was a highly 

disaggregated simulation model for the transport sector (regional models which had respectively over 1450 consumer 

segments and over 1200 zones) that contained all the information necessary to introduce both the modal shift and the 

intangible costs. For the case of Ireland [551], mostly national sources of statistics were used. Since the present work 

has a wider geographical scope (EU28), there is no single source that has consistent input in terms of market 

segmentation, demand split by distance, mode of transport and growth in time. Therefore, a simulation model 

(PTTMAM) is used where the trade-off has been wider geographical coverage at the expense of focus only on the 

passenger car market without modal shifts. 

 

There are two examples of soft-linking an energy model based on cost optimization with a simulation model 

[504,553]. One [504] was for Ireland, using TIMES and a model for the car stock evolution based on activity, stock 

composition, energy intensity and emission factors where the choice of future sales was based on a combination of 

income and fuel elasticities. The possibility of an 80% CO2 reduction by 2050 (vs. 1990) was explored. Three 

measures were analyzed: improved energy efficiency (75 gCO2/km by 2050), level of biofuel blending and degree of 

reduction of intangible costs for alternative vehicles (i.e. BEV). The other one [553] focused on France and Germany 

for 2030, while also using a Pan-European TIMES to assess the powertrain mix for 2050 with 80-90% CO2 reduction 

scenarios. 

 

There are two reviews of E3 (energy, economy, environment) models focusing on the transport sector. One [554] 

reviews 13 models and identifies some key characteristics: elastic demand based on price, endogenous modal choice, 

choice of no physical travel (avoid demand), demand split by distance (urban and intercity) and infrastructure (to 

establish a maximum capacity for the transport mode or alternatively investment needed to increase capacity) [554]. 

The dimension covered by most (11) of the models reviewed was the demand response to price through elasticity, 6 of 

them had endogenous modal choice, while demand split by distance and infrastructure capacity were covered by only 

one model respectively. The other one [67] reviews 27 energy and transport models with variable degrees of 

integration. Behavioral features to be considered in energy and transport systems are: technology choice (also 

including non-energy cost parameters), modal choice (using travel time budget or constant elasticities of substitution), 

driving patterns (considering distance and speed) and new mobility trends (e.g. carpooling or autonomous vehicles). 

 

Two previous studies look at FCEV penetration at the EU level. In the deep decarbonization scenario with PRIMES 

[38], the share of hydrogen in road transport is only 2% with an 84% CO2 reduction target, while this increases to 31% 

when the overall CO2 target is reduced to 96%. This corresponds to a share of 10% of FCEV in the car fleet. A 

previous assessment with JRC-EU-TIMES has indicated that hydrogen use in transport can be as high as 40 mtpa (4.8 

EJ/yr), but where the largest share is actually for heavy-duty trucks and FCEV only represent 10-15% of the car fleet 

with BEV having a 60% share (see 3.5.3 of Chapter 3).  

 

In summary, the gaps from literature that are covered in this chapter are: (1) from the perspective of system dynamic 

models, the wider scope beyond transport to include interaction with other sectors and how it can affect the total 

system cost; (2) from the energy system model perspective, it is a step in the direction of improving the behavioral 

representation characteristic of consumer choices, but where still further work will be needed to consider the potential 

shift among transport modes and endogenize this behavioral aspect rather than relying on a soft-linking methodology.  
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5.3. Modeling approach and structure 

This chapter is based on the soft-linking between two models with EU coverage managed by the Joint Research Center 

(JRC): the JRC-EU-TIMES model and the PTTMAM. The reason for this choice is that both models are bottom-up 

(technology-rich) and have complementary features [524,542]. In this section, each model is briefly described 

separately, followed by the advantages of combining them and concluded by the parameters that each model uses from 

each other. 

5.3.1. Description of JRC-EU-TIMES 

The model makes the choice for optimal system configuration based on investment, fixed, annual, decommissioning, 

operational costs and salvage value. It covers EU28 plus Switzerland, Norway and Iceland. To reduce complexity, it 

uses 12 representative time slices (24 for power sector) to represent a year and it has one node per country [368]. The 

model generator used is TIMES [369–371]. It combines a normative approach, meaning that the system will reach the 

pre-established policy constraints, with an exploratory one, meaning that different future scenarios can be used to 

understand their impact over the technology mix. It is used by more than 250 institutions in 70 countries [42].  Several 

policies can be added including CO2 tax [372], technology subsidy [373,374], regulations, targets, energy efficiency 

[375], feed-in tariffs, emission trading systems [376] and energy security [377], among others. A common application 

involves the exploration of decarbonization pathways [331,378–380]. 

 

Technologies are represented through their input-output relation, CAPEX, OPEX and lifetime. Individual processes 

are linked through commodities. Prices are endogenously calculated through supply and demand curves. Some of the 

key output of the model is the capacity needed for each technology, energy balance for each country in each time 

period, trading, emissions and total cost. Key assumptions of the approach include: perfect foresight (all technology 

costs, demand for services and balances are known from the beginning of the period), perfect competition (there are no 

individual players that can influence prices), central optimization (lowest cost decisions made regardless of sectors or 

borders), no short-term market consideration (e.g. day-ahead, intra-day) and rational behavior. Due to the focus on 

energy systems (leaving changes in agricultural practices, forestry, other land uses, petrochemical, solvents out of the 

scope) and only CO2 (no CH4, N2O, NOx and air pollutants), the model effectively covers around close to 80% of CO2 

emissions. 

5.3.2. Description of PTTMAM 

PTTMAM is a simulation model that captures the interactions of the major stakeholders in the light-duty road 

transport system. Four market agent groups represent these stakeholders: users, manufacturers, infrastructure 

(refueling and recharging stations) providers and authorities. These market agents are conceptual groupings and not 

individual agents as in agent-based modeling [555]. Each market agent group follows a set of decision rules that lead 

to different choices and therefore there is no single objective function. Through a complex interaction between supply 

and demand time-varying conditions, powertrain choice is determined by the users group. This market agent is 

influenced by a series of vehicle attributes and a measure of the willingness to consider a certain powertrain. The 

former includes financial attractiveness (based on powertrain-specific total cost of ownership), convenience to 

effective refueling and recharging infrastructure, performance, reliability, environment (i.e. emissions levels) and 

safety (see Tables 2 and 3 of the model manual [556]). The latter is a modified version of the formulation proposed by 

[557], affected by marketing and social exposure. PTTMAM captures the most pertinent EU regulations and initiatives 

(for a sub-set, see Table SI 37 in Appendix 5.2). Because of this, the model can be used to conduct policy analysis and 

explore the impact of certain policy measures on the market uptake of vehicle powertrains. 

 

The model is grounded on the system dynamics modeling approach invented by Jay W. Forrester [558]. This method 

stresses the importance of relating feedback structure with dynamic behavior and conceptualizes systems as stock-and-

flow structures [559]. System dynamics models are based on ordinary differential equations, often solved via Euler 

numerical integration. The mathematical formulation of PTTMAM leads to over 1500 parameters, out of which 250 

are exogenous, and 700000 elements in the model. Heavy-duty vehicles and alternative modes of transport such as rail 

and buses are not included in the model. PTTMAM has been applied in [515–517,556,560]. The model was built in 

Vensim® and is openly accessible through EU Public License [561,562]. 
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5.3.3. Advantages of soft-linking 

A key input for PTTMAM is the prices for energy carriers. In JRC-EU-TIMES prices are the result of the interaction 

between supply and demand. The supply curve can be changed by introducing new technologies with different raw 

materials and cost structure, while the demand curve varies when a different energy carrier or end-use technology (e.g. 

heat pump or gas boiler) is used to satisfy the service. These endogenous prices are also defined by the exogenous 

import prices assumed for fossil fuels, which are aligned with the EU Reference Scenario [50] and where history has 

shown that prediction for outlooks is usually poor [563,564] since it can be influenced by sudden fluctuations. 

 

An advantage of using JRC-EU-TIMES as part of the modeling framework is the insight into the competition between 

sectors for the same commodities. Depending on the scenario, biomass can be more useful in other sectors (even 

within transport) or hydrogen demand can be mainly defined by a specific application. Similarly, policies affecting the 

entire system, such as overall CO2 target, can have different effects depending on the rest of scenario conditions that 

would be missed if only a target for the transport sector is used. Lastly, alternative supply chains for fuels are also 

captured and will have an impact on the price of the fuel used by the powertrains (e.g. difference for supplying diesel 

with Power-to-Liquid or import). 

 

With respect to hydrogen, JRC-EU-TIMES can assess the impact of: (1) different production technologies (e.g. 

electrolysis vs. biomass gasification); (2) different delivery pathways (there are 20 possible options, see 3.3.2 of 

Chapter 3 for associated cost); (3) hydrogen price as a function of electricity price (which in turn is defined by VRE 

potential and degree of electrification); (4) learning curve for the electrolyzer (which is actually an exogenous 

parameter, but can be modeled as a sensitivity). These account for elements outside PTTMAM that will be reflected in 

the hydrogen price. Some of the other elements that are captured better in one of the models and where each one will 

benefit from soft-linking are captured in Table SI 38 in Appendix 5.2. 

 

JRC-EU-TIMES deploys powertrains based on CAPEX, OPEX, efficiency and price for the input commodity. In 

reality, there are more factors determining the choice for powertrains, for example: disposable income per household, 

average distance per trip, marketing strategies, risk aversion of consumers, popularity and availability of refueling 

infrastructure, among others. In contrast, powertrain choice in PTTMAM is more elaborate as other factors beyond 

financial attractiveness are also considered (see Section 5.3.2). Furthermore, the role of taxation is explicitly 

accounted for in this model. In this way, PTTMAM can not only increase the resolution of the dynamics that are 

usually overlooked in cost optimization, but also complement JRC-EU-TIMES by illustrating that consumer choices 

are not necessarily based on a purely economic behavioral framework. 

 

Furthermore, economic attributes such as the purchase price and the operating cost of powertrains are shaped by car 

manufacturers. This aspect of the system, which is absent in the JRC-EU-TIMES model, is covered by PTTMAM. 

Specifically, supply-side decisions related to pricing and marketing strategies, investment in research and development 

(R&D) and in vehicle manufacturing capacity are modeled. In PTTMAM, the manufacturers market agent group 

reacts to planned EU regulation (e.g. CO2 target), thereby anticipating the prospect of emission penalties and making 

business decisions that favor certain powertrains over the rest. As a result, the CAPEX and OPEX evolution for each 

powertrain vary. Since this remains an exogenous input for JRC-EU-TIMES, incorporating the values of these 

economic variables from PTTMAM turns out to be desirable. 

5.3.4. Overview of soft-linking process 

The purpose of the interaction is to complement the strengths of each model mentioned earlier and by doing so, 

improve the quality of the resulting policy recommendations. To accomplish this, first, each model needs to be 

characterized to understand better what the complementary areas and the remaining gaps are. This is presented in 

Table 14, while the overall framework is shown in Figure 30. 

 
Table 14. Characterization of modeling approach for JRC-EU-TIMES and PTTMAM. 

Model dimension 

[514] 

JRC-EU-TIMES PTTMAM Soft-linking consideration 

Spatial coverage EU28 EU28 No adaptation required 
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Spatial resolution 1 node per country 1 node per country No adaptation required 

Time horizon 2015-2050 2015-2050 Focus on 2050 given that significant 

FCEV deployment is not expected in 

the short and medium term 

Temporal resolution 12 time slices per year Annual (delta-time = 

0.25) 

Annual values taken for commodity 

prices and powertrain technology mix 

Degree of competition Perfectly competitive One manufacturer 

conglomerate92 

Each model retains its own approach 

Demand split93 4 (executive, upper and 

lower medium, small) 

3 (small, medium, 

large) 

3 categories are chosen by merging 

upper and lower medium in JRC-EU-

TIMES 

Powertrain class 4 (ICEV with different 

efficiency classes, BEV, 

hybrid94 and FCEV) 

4 (ICEV, BEV, 

hybrid and FCEV) 

No adaptation required 

Energy carriers 10 (gasoline, diesel, 

CNG, LPG, electricity, 

gaseous hydrogen, liquid 

hydrogen, ethanol, 

synthetic gasoline, 

synthetic diesel) 

8 (gasoline, diesel, 

CNG, LPG, 

electricity, gaseous 

hydrogen, biodiesel, 

bioethanol) 

No liquid hydrogen in PTTMAM. 

Diesel and gasoline prices from JRC-

EU-TIMES already reflect the fuel mix 

(i.e. include synthetic and biofuels 

since those are part of the supply 

curve) 

Sectoral coverage Power, residential, 

commercial, industrial, 

transport, agriculture 

Transport (cars) PTTMAM provides a detailed 

representation of the passenger 

transport sector to be used with the 

other sectors in JRC-EU-TIMES 

Mathematical 

formulation 

Linear programming Differential equations  

Solution method Single objective (cost) 

optimization 

Euler integration Each model keeps their own solution 

method 

Purpose Normative Explorative Each model keeps their own purpose 

References [368] [556]  

 

Two dimensions where the models need to be harmonized are the categories for users and the number of energy 

carriers. The choice has been made based on simplicity and completeness to leave 3 categories for the former and 8 

energy carriers. There is also common input to both that needs to be harmonized to ensure consistency in the output. 

These are: data for base year (car stock, occupancy, distance traveled), population growth assumption which in turn 

affects demand, the assumption for the year on which a specific powertrain will become available (2015 for FCEV) 

and if there is any maximum growth for specific powertrains, to avoid the situation where a particular one attains a 

large part of the market that might be too drastic or highly optimistic (see Section 5.4.2). 

 

The other aspect is to understand what variables will be used from one model to the other and how this changes the 

stand-alone use. This is shown in Figure 30 along with the basic components of each model. 

 

Figure 30 only has the choices in the transport sector for JRC-EU-TIMES, while the rest of the system has been 

omitted. However, relevant input for this module from the rest of the model is the competition of energy carriers 

among sectors, CO2 constraint and resulting CO2 price that will affect the commodity prices, potential for renewable 

options (solar, wind, geothermal, biomass) that will affect electricity prices and the cost associated to infrastructure 

development for electricity, gas and hydrogen. 

 

 

 

 

92 Meaning there are no individual manufacturers with different strategies and competition 
93 Small = Segment A and B, Lower Medium = Segment C, Upper Medium = Segment D, Executive = Segment E [874,875] 
94 “Hybrid” refers henceforth to the sum of plug-in hybrid electric vehicles and conventional hybrid ones. In the scenarios analyzed, most (80-90%) 

of these are PHEV 
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Figure 30. Soft-linking methodology between JRC-EU-TIMES and PTTMAM. 

 

Three approaches to soft-link both models were identified: 

1. Exclude the choices for powertrain mix in JRC-EU-TIMES and leave the choice and evolution in time to 

PTTMAM. This can be fed back through fixed shares for each powertrain, country and year that JRC-EU-

TIMES will use to determine new supply and demand curves and therefore new commodity prices, new costs 

to reach the targeted CO2 constraint, new competition among sectors. The effect of these new prices should 

be assessed with PTTMAM. For the scenarios analyzed in this chapter, two iterations were enough to reach 

stable commodity prices. 

2. Leave the choices for powertrain mix in JRC-EU-TIMES as part of the optimization process, but instead 

change the exogenous input to make these choices. This includes CAPEX and OPEX of powertrains by 

country, size and their (annual) evolution in time, which are an output of PTTMAM (and therefore scenario 

dependent). This improves the estimate for the input, while reducing changes in JRC-EU-TIMES, but still 

makes the powertrain choice purely based on cost. Since this approach would still lead to drastic changes in 

shares, the constraints from the original JRC-EU-TIMES are kept (see Section 5.4.2). 

3. Change the representation of the transport sector in JRC-EU-TIMES and include additional features such as 

disaggregated market segmentation to capture different risk adoption profiles, annual driving profile, 
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additional cost for limited spatial distribution of refueling stations, additional cost for cars with limited range 

and larger disaggregation of vehicle categories for richer choices in powertrains. 

 

For this chapter, the first two approaches are followed. This allows assessing the difference due to soft-linking 

methodology, as well as the gap between pure cost optimization and the output from PTTMAM that considers in 

addition the non-financial aspects. For the first approach, two variations are tested: 1. Specific shares by country and 

powertrain; 2. Shares at EU level by powertrain (leaving the choice of shares by country to JRC-EU-TIMES). 

 

The third approach to soft-linking, in essence reproducing in JRC-EU-TIMES the additional calculations performed in 

PTTMAM, implies larger model changes that need to be validated for a wider range of scenarios. Opting for this 

modeling approach constitutes one step beyond soft-linking and towards model integration. The incorporation of the 

features of one model onto the other has already been used in a TIMES model for California [530]. A crucial 

difference of that model is the scale (a state in a country) in comparison to EU28 covered by the current study. 

5.4. Data and assumptions 

5.4.1. Base year calibration in JRC-EU-TIMES 

Part of the exogenous input for JRC-EU-TIMES is the “base year” data, which refers to the start year where all the 

capacities, energy balance and fuel prices are known and used as starting point for investment choices in the future to 

satisfy demand for the different services. Specifically for transport, this base year data (see Figure 30) includes: (1) car 

stock; (2) mileage per type of car; (3) occupancy rate (different by region) and (4) energy consumption. These 

parameters are taken from TRACCS database [565] that has enough level of segregation (by country) and coverage 

(EU28). To have the same starting point as PTTMAM, the car stock has been updated to match the fuel mix and split 

by size (small, medium and large) in PTTMAM. The other three parameters (mileage, occupancy rate and energy 

consumption) have been kept from the original JRC-EU-TIMES data since it is more detailed than what is available in 

PTTMAM. In particular, mileage (i.e. average annual vehicle-km traveled by car (VKT) or the distance traveled per 

year) is not differentiated by fuel in PTTMAM. In JRC-EU-TIMES, there are large differences in distance traveled 

between fuels (diesel and gasoline) based on TRACCS (see Figure SI 56 in Appendix 5.3 for data on medium size 

vehicles). Therefore, those are used for existing vehicles. For new ones the average distance is prorated with car stock 

and used for all powertrains, assuming cars with similar size will travel the same distance regardless of fuel. In 

PTTMAM, mileage is an endogenous parameter and this was used to decide if the parameter was soft-linked. Since 

the average based on car stock in JRC-EU-TIMES was already close to the values used in PTTMAM, no additional 

change was implemented. There is no further stock or demand split by journey distance. 

 

For calibration in the JRC-EU-TIMES model, the base year is 2010. The main differences in the car stock for the base 

year were in the split by size and total number of vehicles across EU (see Figure SI 57 in Appendix 5.3). The total car 

stock in JRC-EU-TIMES was originally 240.8 million vehicles [565], while in PTTMAM it was 228.5 million 

vehicles (6.6% difference). The variation in shares by country was not that significant (see Figure SI 58 in Appendix 

5.3 for comparison). The other major difference was that JRC-EU-TIMES had almost 10 and 30% more vehicles in 

the small and large categories, while having 4% lower medium vehicles. The potential effect of this is that the CAPEX 

differences for powertrains of the same size are different. As an example, BEV might be more attractive than diesel in 

small cars, but this could be the opposite for large vehicles. Therefore, it will affect the powertrain shares for each size 

and overall for the total stock since the assumption is that these shares will remain in times (in JRC-EU-TIMES). 

5.4.2. Demand growth for 2050 and exogenous constraints 

For subsequent years (until 2050), growth in travel demand by car (total passenger-km (PKM)) has been also aligned 

with PTTMAM. In JRC-EU-TIMES, total demand of distance traveled is an input to the model. This usually comes 

from a macro-economic model that takes into account population growth, gross domestic product, employment, 

among others to estimate such demand. The original demand is aligned with the EU Reference Scenario [50]. In 

contrast, this parameter is an output of PTTMAM based on the composition of the car stock. To avoid large 

differences in output due to this parameter, the demand growth from the baseline scenario for PTTMAM has been 
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used to calibrate the input to JRC-EU-TIMES (see Figure SI 59 in Appendix 5.3). For assumptions on hydrogen use in 

other sectors refer to Chapter 3 and Appendix 3.1. 

 

Since JRC-EU-TIMES is based on cost optimization, it will invest in the most attractive (lower cost) powertrain for 

each period. This could create large swings in car stock [530]. There are additional constraints introduced to prevent 

this from taking place: 

• A range is introduced for the share of new sales of diesel cars within the total sales of fossil cars. A 30 

percent point range is calculated around the average share in 2015, which is calibrated by country based on 

average diesel shares monitored by the European Environment Agency. This prevents diesel or gasoline 

being suddenly overtaken by an alternative fossil fuel from one period to the next. 

• A minimum of 5% of the 2015 value (in share) for new sales of gasoline vehicles. 

• A maximum of 20% of new sales by 2020, 50% by 2040 and it can only reach 100% by 2060 for the total of 

BEV and PHEV, based on [566]. 

 

These constraints are only used in the second approach to soft-linking (see Section 5.3.4) since the shares come 

directly from PTTMAM in the first approach. This already introduces a preference for the first approach to soft-

linking since it does not require these additional constraints. 

5.4.3. Energy efficiency by powertrain 

The FCEV efficiency assumed will have a large influence over its market share since it affects fuel consumption and 

in turn, the operating cost of the car. In JRC-EU-TIMES this is an exogenous input, which originally came from [567]. 

When benchmarking FCEV efficiency in JRC-EU-TIMES with previous studies (collected by [532] and [529]), it was 

found that it lies within the range in literature with similar improvement over time (see Figure 31). Because of this, it 

was decided to take the efficiencies from JRC-EU-TIMES as input for PTTMAM. This does not mean that R&D 

investments are no longer affecting the model results, for those investments still have an impact on other car attributes. 

However, the variation in time observed in the results was minimal. It is to be noted that in JRC-EU-TIMES, there is 

an efficiency variation by country and size (based on actual data [565]) for diesel and gasoline vehicles. To avoid 

promoting FCEV just based on the efficiency difference for specific countries, the FCEV is varied to keep the same 

ratio by country (see Figure SI 60 in Appendix 5.3 for the range by size). On the other hand, this is an endogenous 

parameter in PTTMAM influenced by R&D investments. Nevertheless, the improvement in time is limited even in 

cases where its deployment is significant. 

 

 
Figure 31. Energy efficiency for (medium size) FCEV in comparison to previous studies [529,532]. 

 

For ICEV, JRC-EU-TIMES has a relation between efficiency (operational CO2 emissions) and cost [367]. Different 

than BEV or FCEV, the efficiency improvement in time is not pre-defined, but it is instead an indirect result of the 
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CO2 target. A lower CO2 target will trigger more investment in more expensive (and efficient) vehicles increases. 

Similar than for FCEV, ICEV efficiencies have limited improvement in time and the ones from JRC-EU-TIMES are 

used as input, assuming that the most efficient vehicles will be deployed by 2050. 

5.4.4. Component cost and price by powertrain 

In PTTMAM, the costs of 8 key vehicle components are explicitly modeled. Of particular interest to this chapter are 3: 

the fuel cell system, the hydrogen storage tank and the BEV battery. The inclusion of the latter is motivated by the fact 

that, given strict CO2 emissions standards for cars that promote the uptake of ZEV, BEV and FCEV enter into direct 

competition. Component costs are the result of the level of component maturity and the effect of the learning curve in 

PTTMAM. Whereas the former is influenced by R&D investments (see Appendix 5.4), the latter depends on the 

assumed cost reduction fraction associated with learning from cumulative production. Given the future uncertainty of 

the cost evolution of these components, sensitivity analyses on the assumed learning rate (by default 10% for each 

component, except for the ICE which is 1%) were conducted. Based on Monte Carlo simulation (200 runs using a 

uniform probability distribution) performed in PTTMAM on the three components, the BEV battery cost was 

identified as the most influential variable. In Figure 32a, the BEV battery price resulting from learning rates of 5% 

(low – dashed curve) and 15% (high – dotted curve) can be seen (see also Figure SI 63 in Appendix 5.3). 

Figure 32. Price evolution of key powertrain components: (a) BEV battery; (b) FCEV. Source: data / projections 

shown in the legend and own simulations [415,429,432,500,501,568,569]  

 

Figure 32 also shows the price evolution of these three components in PTTMAM, compared with information from 

various sources (for the EV battery, refer also to figure 5.1 in [570]). The price of components was derived using a 

default mark-up of 10% over the costs (also applied to values from literature whenever it was interpreted they were 

referring to cost). With regards to the simulated price evolution of the BEV battery (Figure 32a), it is higher than the 

historical data until 2018 and the values projected by [432]. The price in 2030 is, however, within the values available 

in the literature. By 2040, a value of 57 €/kWh was simulated, which falls to 52 €/kWh by 2050. With respect to the 

FCEV components (Figure 32b), both the fuel cell and the hydrogen tank have a steep price decrease until 2030 with 

almost a flat trend after 2030. Compared to literature, the initial price values found by the Hydrogen Council [429] and 

[501], based on low volumes, are lower than the ones from PTTMAM. Particularly ambitious seems to be the 2020 

target value of 33 €/kW (page 69 [429]), given the purchase price of FCEV currently available in the market and the 

limited number of models expected to be launched in the near future. In 2040, PTTMAM simulates a price of 14 €/kW 

for the fuel cell. It is assumed that the medium BEV has a battery size of 30 kWh and the medium FCEV features a 90 

kW fuel cell system and a 4.8 kg storage tank. Figure 32b shows that faster price reductions in the two main FCEV 

components occur in the Ambitious H2 scenario than in the No CCS scenario (see Section 5).  

 

In PTTMAM, R&D investments by manufacturers are influenced by the possibility of incurring in CO2 emission 

penalties. Strict CO2 emission targets can be expected to divert R&D investment towards ZEV. Overall, the cost 

simulations in PTTMAM reflect the anticipation of manufacturers to the prospect of more stringent CO2 targets, which 

eventually lead to faster cost reductions for the three powertrain components and subsequent fluctuations in cost 

reduction from one year to the next (as shown in Figure 32). This introduces a more realistic cost curve that is not 

completely smooth, while also carrying an uncertainty associated to the relation between CO2 target, long-term profit 

expectation by powertrain and fraction of R&D invested. 
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5.5. Scenario definition 

The scenarios approach used is technical, in the sense that they do not rely on storylines [41,571,572]. This means that 

key input parameters are changed to analyze their effect rather than relating them into plausible dynamics to depict 

alternative futures. This analysis was already done with JRC-EU-TIMES (Chapter 3) and the three parameters that 

have the most influence on hydrogen deployment (other parameters in Table SI 38 in Appendix 5.2) are: 

• CO2 target. 95% CO2 reduction by 2050 (vs. 1990) could increase hydrogen flows by 50-80% compared to an 

80% CO2 reduction target. This CO2 target is for the entire energy system, whereas the reduction by sector 

(e.g. passenger transport) is a result of the cost optimization. 

• CO2 underground storage. This option could be limited due to social acceptance or political interests. In such 

case, it excludes gas steam reforming as hydrogen production technology, requiring a larger electrolysis 

capacity. At the same time, limiting the technology portfolio, demands more from the options left (including 

hydrogen) in order to achieve the CO2 target. 

• Biomass potential. Biomass can be used across all sectors (including hydrogen production) and can provide 

neutral CO2 for electrofuels downstream (if sustainability criteria is established and respected), so it provides 

CO2-free energy. Ranges explored for EU28 are 7-25.5 EJ/yr (Table SI 14). 

 

In PTTMAM, the assumption on further evolution of the CO2 emission regulation for cars is crucial for the market 

penetration of FCEV. Without a strict CO2 target for the EU28 average new car sold, the uptake of this powertrain is 

minimal (as already analyzed in [560]). 

 

These parameters and policy instruments are combined in 3 main scenarios with the rationale explained below and 

with the choice for parameters shown in Table 15. 

• Low Carbon. It has 95% CO2 reduction for JRC-EU-TIMES, possibility of CO2 underground storage and a 

biomass potential of 10 EJ/yr. 

• No CCS. CO2 underground storage has a large impact in CO2 prices and technologies chosen. At the same 

time, it faces social acceptance issues and it has a large impact on technology choices. The only difference of 

this scenario compared to Low Carbon is the absence of CO2 storage. 

• Ambitious H2. Under this scenario, which is derived from the No CCS scenario, a pro-FCEV policy package 

comprising the 5 policy instruments (see Table 16) is simulated. 

 
Table 15. Parameter combination for main scenarios. 

 JRC-EU-TIMES PTTMAM Soft-linking 

Scenario CO2 

target 

CO2 

storage 

Refueling 

station 

Purchase 

subsidy 

Vehicle 

discount 

Fuel 

subsidy 

R&D 

subsidy 

 

Low 

Carbon 

-95% Y N N N N N Approach 1 and 2 

No CCS -95% N N N N N N Approach 1 

Ambitious 

H2 

-95% N Y Y Y Y Y From JRC-EU-TIMES 

to PTTMAM 

 

The Low Carbon scenario has already been explored in detail with JRC-EU-TIMES (see 3.4 in Chapter 3), but it 

represents a new space explored for PTTMAM, where the Baseline scenario from [556] had much higher CO2 

emissions (84 gCO2/km for 2050 vs. 5.2 gCO2/km in the Low Carbon). The comparison of this previous scenario from 

PTTMAM with the Low Carbon scenario in this chapter is discussed in Figure SI 64 and Figure SI 65 of Appendix 

5.5. 

5.5.1. Policy instruments explored for FCEV 

In addition to the system-wide parameters considered above, there are also technology-specific policy instruments that 

are relevant for hydrogen, especially to kick-off deployment and the learning process needed for cost reduction. The 

range of policies that can be used for low-carbon transport is covered in Appendix 5.1, including its coverage by JRC-

EU-TIMES and PTTMAM. The ones selected for this chapter (use for the Ambitious H2 scenario) are: 
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• FCEV purchase subsidy (or tax exemption) by authorities. The same way it has been applied for BEV [573], 

reducing the cost penalty for the consumer could increase attractiveness, uptake and minimum deployment 

level to reduce cost (besides wider set of choices for the consumer and an optimized manufacturing process). 

• Vehicle discount by manufacturers. In theory, this could happen if car manufacturers forecast that they will 

have to pay emission penalties unless they sell more ZEV. It can also be considered to be a marketing tool. 

• Fuel subsidy (or tax exemption). Currently CAPEX for electrolyzers is still relatively high (1200-1500 €/kW 

for PEM) and it could lead to high hydrogen prices without taxes (depending on operating hours and average 

electricity price paid) of 6-8 €/kg [574]. This subsidy is also equivalent to financing of the rest of hydrogen 

infrastructure (e.g. pipelines, delivery trucks, compression). 

• H2 refueling station investment. Governments could financially support in an initial development to reduce 

risk for investors and provide certainty for investment. Infrastructure availability affects the convenience 

attribute and consequently the car choices made by the users. 

• R&D subsidy (see Appendix 5.4). This would tackle the “learning-by-research” component rather than 

“learning-by-doing”, with the same common target of reducing the CAPEX. The two most expensive 

components of FCEV are the fuel cell and the hydrogen tank. R&D subsidy is tested for the fuel cell only and 

for both components. This considers the relation between R&D subsidy and potential cost decrease, but it is 

not technology explicit (e.g. consider a different technology for storing hydrogen). This subsidy is triggered 

by the Authorities agent of PTTMAM. 

 

This list of instruments does not cover all the possibilities for policy-making. Other financial incentives with the 

potential to influence powertrain choice are vehicle tax (exemptions) such as registration, circulation and value-added 

taxes [575]. Even though technology specific policies can result in a higher cost for society [576], there are cases (e.g. 

R&D) where it is attractive [577]. Technology-specific policies are also favored to bridge the gap between invention 

and large scale diffusion and that have potential to reduce cost by economies of scale [577] making possible a lower 

life cycle cost in the long term [578]. 

5.5.2. Sensitivities on policy instruments for FCEV 

Table 16 shows the assumed timing and numerical values for the 5 aforementioned policy measures. The individual 

effect is explored in the results and when simulated together, they represent the pro-FCEV policy package under the 

Ambitious H2 scenario. A numerical value of 100% for hydrogen infrastructure investment means that the cost of 

building a H2 station for infrastructure providers becomes fully subsidized by the authorities over the period 2030-

2034. The proportion of FCEV subsidy, equal to 25%, translates into government subsidies that range from 

approximately 8-11 k€ in 2020 to 0.3-1.5 k€ for small FCEV in 2024 (for medium and large FCEV, the price 

differential reaches zero by then). For comparison, rebates amounting to 4-6 k€ are offered for FCEV in California 

[579]. Concerning fuel subsidies, the assumed value leads to H2 pump prices that are on average 60% lower than 

without subsidies. The R&D subsidy refers to expenditure in improving the fuel cell system. For reasons of simplicity, 

changes in subsidies have been implemented in the model runs as step changes and not gradual changes. This means 

for example, the subsidy for refueling stations in 2029 and 2035 is zero, as compared to 100% during the 2030-2034 

period. These policies are implemented for all Member States. 

 
Table 16. Pro-FCEV policy measures under the Ambitious H2 scenario. 

Policy instrument PTTMAM parameter Period for subsidy Subsidy 

Vehicle discount Manufacturer vehicle subsidy 2030-2034 5 k€/car 

Purchase subsidy Authorities vehicle subsidy proportion95 2020-2024 25% 

H2 refueling station investment Authorities desired infrastructure support 2030-2034 100% 

Fuel subsidy Authorities fuel subsidy 2030-2034 100% 

R&D subsidy Authorities subsidy for R&D expenditure 2020-2024 5 bln€ 

 

Concerning H2 refueling infrastructure, due to these subsidies in the Ambitious H2 scenario and subsequent economies 

of scale, the simulated cost of a H2 station decreases from 1.6 M€ in 2030 to 0.5 M€ after the policy period. Figure 33 

 

95 Of price differential between the FCEV and the gasoline car. 
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shows how H2 station deployment and cost varies by scenario (endogenous in PTTMAM). Whereas the European 

Alternative Fuels Observatory (EAFO) data point [507] is based on 82 H2 stations, the National Policy Framework 

(NPF) point is the result of summing up the 2025 values communicated by the Member States in the context of the 

Directive 2014/94/EU [580]. In all the scenarios, the total number of refueling stations in the EU28 is 118000, as 

simulated in PTTMAM. As can be seen, H2 refueling availability is wider in the Ambitious H2 scenario than in the 

Low Carbon and No CCS scenarios, facilitated by the drastic decrease in the cost that infrastructure providers face due 

to the subsidy. The impact of infrastructure investment over the 2030-2034 period leads to achieving the minimum 

cost of 0.5 M€ earlier than the other scenarios and a maximum coverage of H2 refueling stations of 70%. However, the 

simulation shows that this market is not yet self-sustained and there is a slight decrease in H2 refueling availability 

once financial support is removed in 2034 and infrastructure providers need to pay the investment. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure 33. Share of H2 refueling stations in the EU28 [507,580], by scenario, and cost of deployment (right) 

5.6. Results and discussion 

Results are divided in three sections: (1) transport in context of the energy system (Section 5.6.1) (2) soft-linking 

process, how it affects the stand-alone output of each model and the impact it has on the rest of the energy system (i.e. 

total cost and hydrogen prices) (Sections 5.6.2 and 5.6.3); (3) FCEV deployment to identify drivers, most effective 

policies and the level of investment or subsidies needed (Section 5.6.4). To facilitate understanding, each section starts 

with the two most important ideas followed by the more in-depth explanation and each paragraph starts with a header 

with the main topic discussed. 

5.6.1. Overview of the transport sector and relation with the rest of the energy system 

BEV and FCEV can increase electricity demand by around 600 TWh at a cost of 800 bln€/yr and a benefit of 60% 

reduction in energy consumed. PtL can be attractive for cars in a world with high biomass potential and no CCS. 

 

The CO2 footprint of ZEV is largely defined by the upstream production of the fuel (different from current ICEV 

where most of the emissions are upon end-use combustion). The electricity mix for the Low Carbon scenario is shown 

in Figure 34a. At the same time, it is expected that the higher ZEV efficiency leads to lower energy consumption and 

the share from passenger transport is put in context of the total transport energy demand (Figure 34b).  
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Figure 34. (a) Electricity mix (b) Energy demand for transport in the Low Carbon scenario. 

 

Electricity production. Electricity production grows from almost 3200 TWh in 2015 to 6300 TWh by 2050. The 

largest contributors to this growth (see Appendix 5.6) are the electrification of heating in the residential and 

commercial sectors (+750-850 TWh), hydrogen production (+700-800 TWh) and industry (600-650 TWh). This 

scenario still has CCS as a possibility, resulting in gas reforming as main production route (see Section 0). In case 

CCS is not possible, combined with the efficiency loss for electricity to hydrogen conversion, the total electricity 

demand increases to almost 10000 TWh (3x current system) and almost 1000 GW of electrolyzers are needed. To be 

able to achieve a low electricity footprint and reach the desired benefit in downstream sectors, fossil fuels are phased 

out. Coal is phased out by 2025-2030 and most of gas by 2040. These are partially replaced by gas in combination 

with CCS to be able to provide flexibility to the power system, while still restricting the CO2 emissions. Nuclear and 

hydro remain mostly at the current level, considering that further expansion of the nuclear capacity in some countries 

is combined with nuclear phase-outs in other countries. These conventional sources have a similar production level 

(2800 TWh) than in 2015. Most of the growth is supplied by VRE that reach almost 3300 TWh by 2050. This in turn 

translates into almost 1000 GW of solar and 850 GW of wind needed by 2050. 

 

Transport energy demand. Due to electrification of the passenger transport, its energy demand decreases from 

almost 10 EJ/yr in 2015 to 3.8 EJ/yr by 2050. Heavy-duty trucks instead increase their demand 40% by 2050 (vs. 

2015). They shift mostly to hydrogen and the higher efficiency (compared to ICE) compensates the higher ton-km 

demand keeping the overall energy demand increase to only 27%. With these changes, the share of energy demand 

from passenger transport halves from 56% in 2015 to 28% in 2050. This also translates into a smaller increase in the 

electricity demand of 550 TWh. 

 

System cost breakdown. The total (sum of CAPEX, OPEX and fuel for all powertrains) cost contribution of the 

passenger transport sector is 800 bln€/yr for the Low Carbon scenario. The split is close to 65/35 in CAPEX/OPEX. 

To put this in perspective, the cost of the overall road transport sector (including heavy-duty trucks and buses) is 

almost 1700 bln€/yr by 2050 (see 3.5.2 in Chapter 3), while the total energy system costs (including other sectors) is 

3500-4000 bln€/yr. Already by 2030, the cost differential between ZEV and ICEV has closed considering the learning 

effect for the former and the higher CAPEX due to efficiency improvements for ICEV. 

 

Higher biomass potential. Using a higher biomass potential (25.5 EJ/yr [416]) in the Low Carbon scenario increases 

the number of gasoline and diesel vehicles in 2050 compared to the scenario with the reference biomass potential, 

increasing their share from 7% of the fleet to almost 34%. This growth does take some share away from FCEV, which 

decrease to 4.3% of the car fleet. This increase in ICE is not the direct product of more biofuels due to the higher 

biomass potential. Instead, more biomass is coupled with CCS, which allows negative emissions and enables positive 

emissions from the use of fossil fuels in transport. Fossil fuels go from 0.4 EJ/yr with a reference biomass potential to 

3.5 EJ/yr with a high biomass potential (see Figure SI 69 in Appendix 5.5). This is still lower than the 12 EJ/yr of the 

base year. Biofuels for cars increase from 0.75 EJ/yr to 2.2 EJ/yr. Without CCS, there is no possibility of offsetting the 

positive emissions from transport and even in this scenario, ICE reach around a third of the car stock. However, the 

largest change in the fuel mix is from a higher supply from PtL that uses the biogenic CO2 and nearly triples its 

production to reach almost 60% of the diesel supply, while biofuels (mainly through BtL) supply the balance of 

demand. Therefore, even with a high potential biomass plays a limited role directly in passenger transport. With a 
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reference potential of 10 EJ/yr, biomass is better used in sectors like aviation, maritime transport and heavy-duty (see 

Section 3.3.6 in Chapter 3). 

 

For more details on the outlook of the wider energy system and changes due to low carbon scenarios as well as 

sensitivities, refer to Section 3.5 of Chapter 3. 

5.6.2. Soft linking – Approach 1 – Powertrain shares 

Considering the behavioral aspects in passenger transport deviates the solution from the cost optimal resulting in 

14% higher total cost for this sector. During early stages of deployment, using hydrogen from gas reforming for 

FCEV can be attractive. 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 35. EU28 powertrain mix from (a) JRC-EU-TIMES before soft-linking; (b) PTTMAM (equivalent to the “after 

soft-linking” since the shares are an input to JRC-EU-TIMES in this approach) for the Low Carbon scenario. 

 

FCEV shares. For both soft-linking approaches, a stricter CO2 target was introduced in PTTMAM that was taken 

from JRC-EU-TIMES results (5.2 gCO2/km. The fleet is dominated by hybrid vehicles (30%) followed by BEV 

(24.5%), ICE (24%) and FCEV (16.5%). This allows achieving 16.7 gCO2/km for the new vehicles. This is better than 

the 84 gCO2/km PTTMAM had as starting point, but still not low enough to achieve the target set by JRC-EU-TIMES. 

To put this in perspective, in a scenario with PRIMES looking at 80% CO2 reduction (for the entire system) with faster 

learning curve for fuel cells and a CO2 standard of 16-23 gCO2/km, FCEV achieve 16% of the car stock by 2050, BEV 

have the largest (51%) share and hybrids are 17% [581]. When targeting a net-zero emissions pathway, which 

translates into 90% GHG reduction for transport and 0 gCO2/km for new vehicles from 2040 onwards, FCEV remain 

at a similar level (16%), while BEV increase their share to 80%. Nevertheless, no combination of a net-zero emissions 

pathway and a high learning rate for fuel cells was considered in [581]. Another study with PRIMES [582] looking at 

a scenario where the decarbonization strategy fails to develop during the 2020-2030 decade. This translates into higher 

emissions during this decade that are compensated later on with a CO2 target of 5 gCO2/km in 2050 to stay within the 

155.5 GtCO2 of cumulative emissions until 2050. With this stricter target, the fleet has 7% FCEV and 78% BEV in 

2050 (where the latter grows from 27% of the car stock in 2040). The Hydrogen Council has 400 million FCEV on a 

global basis as part of their 2050 vision [429], which would imply a larger FCEV stock in EU than the 48 million 

FCEV obtained in the present study. 
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Figure 36. Country specific powertrain shares for the Low Carbon scenario in 2050 (a) Shares from PTTMAM (b) 

Optimized shares when using shares at EU level. 

 

In the first approach, the choices for powertrain mix are excluded from JRC-EU-TIMES. The car stock shares were 

fed back from PTTMAM to JRC-EU-TIMES in two modes: (1) Country specific for four milestone years (every 10 

years from 2020 to 2050); (2) Overall EU shares (leaving the degree of freedom in JRC-EU-TIMES to allocate shares 

to specific countries). Figure 36a shows the country specific shares obtained from PTTMAM. In one scenario these 

shares are exactly achieved by JRC-EU-TIMES since it is used as constraint. However, this leads to a more 

constrained system. 
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Country vs. EU shares – Hydrogen prices. When only using the overall EU share as constraint, it can be seen 

(Figure 36b) that it is better to exploit the countries with low electricity and hydrogen prices to increase the BEV and 

FCEV shares in those countries, while leaving gasoline and diesel vehicles for the countries with higher prices (noting 

that gasoline and diesel prices are almost the same across countries since taxes are not included). This is also the case 

for the No CCS scenario (see Figure SI 70 in Appendix 5.5). This enables lower hydrogen prices, since countries with 

expensive hydrogen do not need to use it anymore and on average hydrogen is 0.4 €/kg cheaper when taking the EU 

shares, but the benefit can be as high as 2.2 €/kg for Sweden (see Figure SI 66 in Appendix 5.5). Differences for the 

two scenarios can be explained based on: 1. The technology mix for hydrogen production; 2. Distribution route for 

hydrogen and 3. Magnitude of hydrogen demand for FCEV compared to the total demand. For example, for Sweden, 

hydrogen is mainly produced by biomass gasification when the hydrogen demand is the lowest (i.e. EU shares – 

Figure 36b). However, when the hydrogen demand is forced to be higher (by fixing the FCEV share), the marginal 

contribution is by gas reforming with CCS and a more expensive distribution route (smaller refueling stations that 

have a more pronounced effect than production technology) leading (mainly the latter) to a higher hydrogen price. 

 

Country vs. EU shares – CO2. Similar to the large fluctuations in powertrain mix by country when the shares at EU 

level are used, there are large differences in CO2 emissions for the car fleet depending on the approach used (see 

Figure SI 67 in Appendix 5.5). For example, Denmark has an average CO2 emission for the fleet of 43.4 gCO2/km 

when the country specific shares are used, but only 9.1 gCO2/km when the overall EU shares are used (in 2040). 

Exploiting the wind potential in Denmark leads to lower electricity prices and to increase the BEV share beyond the 

output from PTTMAM leading to lower average emissions from the fleet. Similar cases occur in Finland, Austria and 

Ireland. 

 

Country vs. EU shares – Total cost. In spite of these large changes in composition, when looking at the total cost for 

passenger transport including CAPEX, OPEX and fuel cost, the differences are smaller (see Table SI 40 in Appendix 

5.5 for the cost breakdown). The cost is only 0.5% lower for the entire period when shares at EU level are considered 

(compared to country shares) with a larger difference (1.2% lower annual cost for EU shares vs. country shares) for 

2050. When the boundaries are expanded to cover the entire energy system, cost differences for the additional 

flexibility translate into a marginal CO2 price increase of 20 €/ton. This is an indication that there are alternative 

pathways with very similar cost (i.e. near optimal), but with large differences in technology mix. This is a well-known 

characteristic of energy cost optimization models [583], where other factors such as energy security, exposure to high 

commodity prices [584], risk [585], societal aspects [586], sustainability [587], among others should be considered to 

select the best set of policies and pathway to achieve the low-carbon future. 

 

Soft-linking effect – Cost. When comparing the costs for the Low Carbon scenario before and after fixing the shares 

from PTTMAM (see Figure SI 68 in Appendix 5.5), there is a 14% increase in the total (CAPEX, OPEX and fuel) 

costs for passenger vehicles. This means adding the extra attributes that PTTMAM covers (e.g. performance, 

reliability and convenience), deviates the solution from the cost optimal. Therefore, feeding back the shares from 

PTTMAM does cause a large difference in both cost and powertrain mix. The limited impact is on how these shares 

are fed back (country specific vs. EU level).  

 

Hydrogen production pathways. The hydrogen price was found to actually increase in time instead of decreasing 

along with the cost curve for electrolyzers (see Figure SI 71 in Appendix 5.5). For the first few years when FCEV are 

starting to enter the market, it results better to use relatively cheap hydrogen from steam reforming (starting at 1.5 

€/kg). This allows compensating a high CAPEX for the vehicles with a low OPEX (decreasing the need for subsidy) 

and it still results in lower well-to-wheel CO2 emissions than ICEV [588–590]. At the same time, hydrogen flows in 

these early years (before 2030) are relatively small (1%) of the full demand in 2050, decreasing the possibility of a 

lock-in effect. By 2030, the CO2 target becomes more stringent leading to higher CO2 prices, while hydrogen is also 

being used for other sectors increasing the demand. Both of these effects lead to higher hydrogen prices (2.5 – 5 €/kg). 

The higher CO2 price also leads to reforming becoming less attractive due to the higher penalty associated to the 

remaining emissions after capture. In parallel, CAPEX for electrolysis is lower and there is more wind and solar 

capacity leading to lower cost electricity and need for flexibility. Therefore, after 2030, when hydrogen flows start to 

increase substantially, most of the growth (> 98%) is in electrolysis (complemented by biomass gasification). The 

factor with the largest influence on hydrogen production (and electrolysis) is the use of CO2 storage (see Figure 37 and 

Section 3.5 of Chapter 3). With CCS available (Low Carbon scenario), gas is used as dominant technology and 
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electrolysis is deployed 10 years later to a smaller extent. The effect on hydrogen prices is that without CCS, there are 

fewer options to achieve the CO2 target, leading to higher CO2 prices and therefore higher hydrogen prices (by ~1 

€/kg). To put these numbers in perspective, [327] estimated a hydrogen cost of 4.35 €/kg (including wind turbines, 

electrolyzer, storage and transmission) for a hydrogen-to-mobility scenario in Germany, [63] estimated a production 

cost at the refueling station of 3-6.4 €/kg considering the cost uncertainty for each step in the production chain and 

[251] estimated between 6.5 and 8 €/kg including electricity, hydrogen production, storage and refueling considering 

an electrolyzer cost of 720 €/kW and a corresponding efficiency of 70%. 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 37. Hydrogen production mix for passenger transport in (a) Low Carbon and (b) No CCS scenarios. 

5.6.3. Soft linking – Approach 2 – CAPEX and OPEX 

Only using the costs from the simulation model has the disadvantages of still needing additional constraints in the cost 

optimization model and not capturing fully the behavioral aspects rendering this approach less attractive than using 

the powertrain shares directly. 

 

This approach evaluates the difference in powertrain mix when using JRC-EU-TIMES, but with the CAPEX and 

OPEX updated from PTTMAM. The comparison between the original CAPEX for ZEV (continuous lines) and the 

ones from the Low Carbon scenario in PTTMAM (dashed lines) are shown in Figure 38. The reason to focus on ZEV 

is that these are key options to achieve so low CO2 targets (< 10 gCO2/km for the average fleet) in 2050. Originally in 

JRC-EU-TIMES there was no differentiation of CAPEX by size because the shares by size were fixed throughout the 

entire period and there was no possibility of changing demand from one size to the other. This leads to only two lines 

presented in Figure 38 for the original JRC-EU-TIMES. In contrast, the CAPEX used from PTTMAM does have the 

differentiation by size and considering the evolving fraction for each size. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 38. CAPEX comparison for BEV and FCEV between original values in JRC-EU-TIMES and output from 

PTTMAM for the Low Carbon scenario. 
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FCEV CAPEX differences. The CAPEX for all the FCEV sizes is below the one from JRC-EU-TIMES beyond 2026 

with a difference of almost 4 k€ for the small vehicles in 2050. At the same time, the CAPEX for BEV from 

PTTMAM is higher than the original one in JRC-EU-TIMES. Given that the Low Carbon scenario already had almost 

a 16% FCEV share in the car stock by 2050, it is expected that these more optimistic CAPEX for FCEV will only 

increase this share, unless the higher share, which results in higher hydrogen demand increases the price enough to 

make FCEV too expensive (in terms of total cost of ownership) in spite of the lower CAPEX. However, this is not the 

case and FCEV dominate due to the lower CAPEX (see Figure 39). 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 39. EU28 powertrain mix for the Low Carbon scenario from JRC-EU-TIMES (a) Only updating CAPEX and 

OPEX from PTTMAM (b) Updating CAPEX and OPEX plus adding original constraints. 

 

Powertrain shares. When taking the updated cost from PTTMAM and leaving the choice to JRC-EU-TIMES with no 

constraints, it chooses FCEV from 2040 onwards when the CO2 target is strict enough to require low emissions from 

this sector and given that it is more attractive than BEV, it becomes the dominant powertrain (Figure 39a). Since this 

drastic change based on pure cost optimization is optimistic, that is why the additional constraints on diesel, gasoline, 

CNG, LPG and BEV were added in the first place (see Section 5.4.2). Only when the original additional constraints 

are added, the transition has less abrupt changes (Figure 39b). However, in the competition among ZEV, FCEV still 

dominate. The lower FCEV CAPEX outweighs the higher pathway efficiency for BEV. Even though these constraints 

can be seen as artificial (and will differ by specific TIMES model), they do avoid highly optimistic and ambitious 

changes (FCEV go from 0% of the car stock in 2030 to 93.3% 10 years later) in the car stock. The use of this approach 

does result in 12% lower transport cost (see Figure SI 68 in Appendix 5.5) since FCEV is the dominant powertrain and 

the soft-linked CAPEX is lower than originally in JRC-EU-TIMES (Figure 38). As soon as the additional constraints 

are added, the total cost increases by 20% reaching the same level as Approach 1 (with country shares). 

 

When comparing this Approach 2 (i.e. updating CAPEX and OPEX plus additional constraints) to Approach 1 

(directly use the shares), Approach 1 has the clear advantages of: (1) avoiding additional constraints that might be 

arguable or ad-hoc; (2) considering other aspects besides cost and it is the preferred method to soft-link it both models. 

5.6.4. Policies effect on FCEV deployment 

Combining R&D investment in 2020 with infrastructure, purchase and fuel subsidy in 2030 is the most effective policy 

mix to promote FCEV deployment. 

 

This section shows the market share for FCEV for different scenarios (see Section 5.5.2). Support policies are 

implemented individually to evaluate their effectiveness in 3 different periods. The effectiveness is measured through 

cumulative number of sales over the entire period (2015-2050) since (1) the timing for each one is different and (2) 

they can have an effect after the policy has been removed. All the policies have been evaluated in the No CCS scenario 

(assuming the reference learning rate of 10% for FCEV) and the policies with the largest impact are combined in the 

Ambitious H2 scenario. This scenario includes soft-linking from JRC-EU-TIMES to PTTMAM, but feeds back neither 

the shares nor the CAPEX and OPEX to JRC-EU-TIMES and it is only meant to assess the effectiveness of the 

various policies in FCEV diffusion. The individual and combined effect is shown in Table 17 and Figure 40. 
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Table 17. Effect of timing and level of policy support on EU28 FCEV cumulative sales (million vehicles sold 2015-
2050) 

Policy Policy instrument value Implementation period / FCEV cumulative sales 

  2020-2024 2025-2029 2030-2034 

No policy - 67 

(P1) Purchase subs authority 25% 67.4 67 N/A 

(P2) Purchase subs OEM 5 k€ 72.9 76.2 91.3 

(P3) Purchase subs auth+OEM 25% / 5 k€ 74.3 76.2 91.3 

(P4) Infras inv+fuel subs 100% / 100% 67.3 70.8 81 

(P5) R&D (FC+tank) 2.5 bln€ / 2.5 bln€ 72.6 69.7 67 

(P6) R&D (FC only) 5 bln€ 77.5 71.5 67 

Ambitious H2 P1+P2+P4+P6 123.5 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 40. EU28 FCEV market share by policy scenario (left axis) and cumulative cost (right) 

 

Policy effectiveness. The effect of each instrument on cumulative (2015-2050) FCEV sales is shown in Table 17. The 

No CCS scenario (without any FCEV policy) has cumulative sales of 67 million vehicles. The main insights are: 

• The measure with the largest net impact is the 5 k€ vehicle discount over 2030-2034, which reaches 24.3 

additional million FCEV for a total incentive of 84 bln€. The largest impact occurs when it is introduced in 

the latter period, where the 5k€ represents 22-28% of the FCEV CAPEX (depending on the size). 

• The policy with the highest specific impact is R&D, where the FCEV sales increase is 2.1 million for every 

bln€, while it is only 0.28 million FCEV for every bln€ spent as purchase subsidy (from manufacturers). 

• Infrastructure and fuel subsidy have the lowest specific impact at 0.12 additional million FCEV for every 

bln€ spent (113 bln€, most of which goes to infrastructure development). 

• R&D investment is more effective when used for the fuel cell system rather than equally split between the 

fuel cell and the tank. The effect of the same 5 bln€ results in 10.5 additional million FCEV when invested in 

fuel cell, while only 5.6 additional million FCEV when equally split in both components. 

• Contrary to expectations, delaying the infrastructure support to 2030 has a beneficial effect on sales resulting 

in 14 additional million FCEV when introduced in 2030 compared to only 0.3 additional million FCEV when 

introduced in 2020. This is because in early periods there is limited infrastructure deployment that takes 

advantage of the subsidy, while later deployment results in a higher total subsidy. 

 

Policy mix. R&D expenditure is more effective in 2020, while infrastructure, fuel and purchase subsidies are more 

effective in 2030. These are combined in the Ambitious H2 scenario, which reaches an additional 56.5 million FCEV 

of cumulative sales for a total incentive of 252 bln€. There is a synergistic effect between policies and the increase in 

total number of sales from the Ambitious H2 scenario is larger than the sum of sales for each individual policy. This 
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comes however, at a higher cost of 252 bln€, which actually means a lower effectiveness of incentive at 0.22 

additional million FCEV for every bln€ spent. If the policy target is to promote FCEV deployment, the combination 

from the Ambitious H2 is the most attractive since it comes at a similar marginal benefit for the incentive. Part of the 

benefit not reflected in Figure 40 is that this extra cost is partially offset by the lower CO2 emission penalties that 

manufacturers would face in the Ambitious H2 (vs. No CCS scenario). When looking at FCEV sales (Figure 40), the 

Ambitious H2 scenario reaches more than 25% already in 2030, staying at a similar level in 2040 and increasing 

slightly until 2050. 

 

Comparison with previous studies. To put some of these numbers in perspective, [579] claims that the cost to 

construct 60 HRS in 2017 was 167 M€ and the Hydrogen Council [429] indicates that around 17 bln€ are needed to 

build an HRS network of 15000 stations. In 2008, it was estimated by the HyWays project that an HRS network 

between 13000 and 20000 HRS would cost around 15 bln€ [284]. McKinsey estimated a cost of 54 bln€ for the 

hydrogen distribution and retail infrastructure for a 25% (68 million) FCEV penetration in EU by 2050, while this cost 

would rise by another 75 bln€ for 50% FCEV penetration [591]. In Germany, the total (production, distribution and 

refueling) infrastructure cost for an FCEV fleet of 20 million was estimated at 20 bln€ [592]. The same study [592] 

has an overview of the infrastructure for previous studies including 100 bln€ (total infrastructure cost) for a fleet of 

42-45 million. In terms of R&D, the European automotive industry invests around 54 bln€ in R&D each year [593]. 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 41. PTTMAM simulations: (a) EU28 FCEV sales and stock for the No CCS and Ambitious H2 scenarios; (b) 

EU28 powertrain mix for the Ambitious H2 scenario. 

 

Ambitious H2 scenario. In Figure 41a, the evolution of the FCEV sales and stock in the EU28 between 2015 and 

2050 on an annual basis under the No CCS and Ambitious H2 scenarios is shown, where the periods when policies are 

in place are shaded. As expected, R&D has limited immediate impact on sales when it is applied (2020-2024) and only 

seen later by providing a higher starting point (4.6 vs. 1.6 million FCEV as part of the car stock) when the rest of the 

policies come in place in 2030. The combined effect of fuel, infrastructure and purchase subsidies results in the 

increase of sales to 9 million FCEV a year by the end of the period (2034) compared to only 1.8 million FCEV in the 

No CCS scenario. Even though sales drop to 4 million a year as soon as the incentives are removed, these FCEV sales 

stay 1.5-2 million higher than the No CCS scenario, which translates into an offset of 25-30 more million FCEV in the 

car stock post-2030 and changing the 2050 share from 16.4% in the No CCS to 26.4% in the Ambitious H2 (Figure 

41b). In combination with very stringent CO2 targets, the proposed FCEV policy package leads to a situation where 

FCEV becomes the most widespread powertrain technology in the European car market in 2050 (see Figure SI 73 in 

Appendix 5.5 for the car stock composition by MS for this Ambitious H2 scenario). 

5.7. Conclusions 

With the challenges of lower CO2 emissions and a more intertwined energy system, there is a need for using more 

overarching models that capture the various interdependencies of the energy system. Transport models need to 

consider the interaction with the rest of the energy system through commodity prices, resource constraints and energy 

supply while energy models need to consider the intricacies of the choices in the transport sector. The literature review 

in this chapter showed that there are multiple efforts to bring these two types of models together, where lessons can 

also be drawn from similar engineering models such as Integrated Assessment Models. This chapter looked at one 



Soft-linking of a behavioral model for transport with energy system cost optimization applied to hydrogen in EU 
 

133 

potential alternative to bridge these two worlds by soft-linking a system dynamic model with an energy system model 

applied specifically for FCEV in a 2050 future with 80 to 95% CO2 reduction for the entire energy system. Two 

approaches for this soft-linking were explored, one feeding back the powertrain shares from the simulation to the 

optimization model and one where the cost for the various powertrains was the parameter exchanged. It was found that 

the most useful approach is when the shares are fed back. This enables exploiting the behavioral aspect of the end 

users that is part of the simulation model, it avoids large swings in shares characteristic of the optimization model and 

it still captures the interaction with the rest of the energy system. 

 

In turn, two approaches to feed back the shares were explored, one with the shares at EU level (leaving the choice of 

country shares to the optimization framework) and one with fixed country shares (i.e. less flexibility). The benefit of 

doing it at EU level were limited. The cumulative costs (2015-2050) were 0.5% lower and on average 0.4 €/kg cheaper 

hydrogen (compared to an average H2 price of 5 €/kg) when shares at EU level were used. However, large swings of 

up 70-80% in powertrain shares for individual countries were observed. In this approach, FCEV started to be deployed 

earlier (before 2030). In this early period, it was more attractive to use gas reforming combined with CO2 storage to 

produce relatively cheap hydrogen and only later on when FCEV and refueling stations have become cheaper use 

electrolysis as main production technology. 

 

Policies that promote FCEV were also analyzed including purchase (by government and manufacturers), fuel, R&D 

and infrastructure incentives. Their effect was quantified in terms of change in cumulative sales over the 2015-2050 

period. A no-policy scenario had 67 million FCEV sales by 2050 to reach a stock of almost 45 million FCEV. The 

measure with the largest net impact was a purchase subsidy by manufacturers of 5 k€ per vehicle. This had a total cost 

of 84 bln€ with a net effect of 24.3 additional million FCEV sold. A 5 bln€ invested in R&D resulted in 10.5 

additional million FCEV, while 113 bln€ in infrastructure and fuel subsidy only increased the cumulative FCEV sales 

by 14 million. The timing of each policy had a large impact, where R&D had the highest impact in the 2020-2024 

period, while the rest of incentives were the most effective in 2030-2034. The combination of these policies led to 123 

million cumulative sales with an annual peak of 9 million resulting in a FCEV stock of 76.8 million by 2050, which 

represent 26.4% of the total car stock, at a cost of 252 bln€. This is to be compared with 47.8 million FCEV (by 2050) 

in a scenario where no incentive scheme is in place. 

 

Soft-linking introduces the need for iterations and increases the complexity to produce multiple scenarios and analyze 

the results. Nevertheless, the aforementioned benefits outweigh these costs and soft-linking is overall beneficial. 

Looking ahead, the expansion of the modeling framework should continue to include features such as: modal shift, 

demand split by distance traveled, consideration of travel time budget, consideration of a second hand market, 

spillover effect of other transport sectors over battery and fuel cell costs, different car use pattern for households with 

multiple cars and higher heterogeneity in terms of consumer attributes, while applying this framework to ambitious 

CO2 scenarios with new energy carriers such as hydrogen. Further research on improving these features of the two 

models as well as on policy analysis and design by building additional policy scenarios is needed. This chapter only 

covers the use of hydrogen for cars which should be evaluated in the broader context of transport and potential 

hydrogen (or derivatives) use for heavy-duty, trains, ships and planes where its potential can be high due to its higher 

energy density (vs. electricity) and potential chemical conversion. 
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Abstract 

As the EU energy system transitions to low carbon, the technology choices should consider a broader set of criteria. 

The use of Life Cycle Assessment (LCA) prevents burden shift across life cycle stages or impact categories, while the 

use of Energy System Models (ESM) allows evaluating alternative policies, capacity evolution and covering all the 

sectors. This chapter does an ex-post LCA analysis of results from JRC-EU-TIMES and estimates the environmental 

impact indicators across 18 categories in scenarios that achieve 80 to 95% CO2 emission reduction by 2050. Results 

indicate that indirect CO2 emissions can be as large as direct ones for an 80% CO2 reduction target and up to three 

times as large for 95% CO2 reduction. Impact across most categories decreases by 20 to 40% as the CO2 emission 

target becomes stricter. However, toxicity related impacts can become 35-100% higher. The integrated framework was 

also used to evaluate the Power-to-Methane (PtM) system to relate the electricity mix and various CO2 sources to the 

PtM environmental impact. To be more attractive than natural gas, the climate change impact of the electricity used for 

PtM should be 123-181 gCO2eq/kWh when the CO2 comes from air or biogenic sources and 4-62 gCO2eq/kWh if the 

CO2 is from fossil fuels. PtM can have an impact up to 10 times larger for impact categories other than climate change. 

A system without PtM results in ~4% higher climate change impact and 9% higher fossil depletion, while having 5-

15% lower impact for most of the other categories. This is based on a scenario where 9 parameters favor PtM 

deployment and establishes the upper bound of the environmental impact PtM can have. Further studies should work 

towards integrating LCA feedback into ESM and standardizing the methodology. 
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6.1. Introduction 

The EU energy system has to change from fossil-based (71.5% in 2014 [594]) to renewable energy-based in order to 

decrease the environmental impact and contribute to limiting global temperature increase to less than 1.5 ºC [6]. To 

achieve this, decisions have to be made across sectors to introduce new technologies and provide alternative ways to 

satisfy the energy demand. In these choices, it is important to consider a wide range of criteria that allow assessing the 

trade-offs of the consequences to weigh competing scenarios. These consequences are usually encompassed in 

economic, environmental and social aspects [595,596]. At the same time, due to the highly integrated nature of energy 

systems, changes need to be evaluated using the entire life cycle rather than isolated components [597]. 

 

Life Cycle Assessment (LCA) has positioned itself as a widely used tool to assess environmental impact (damages to 

human health, ecosystem and resources) [598] throughout all the life cycle stages of a product or a process, from the 

extraction of the raw materials through production, operation, use and end-of-life [599,600]. It quantifies the energy 

and materials used, as well as the pollutants and wastes released [601]. The LCA methodology is recognized as a 

powerful sustainability assessment tool [602,603], mainly due to two advantages. First, it prevents shifting the burden 

from one life cycle stage to another (e.g. from operation of a power plant to the necessary infrastructure) aiding the 

impact allocation and establishing clear boundaries [604]. Second, by covering a wide range of impact categories (e.g. 

climate change, water use, land use, metal depletion, toxicity), it enables the identification of trade-offs across 

categories and ensures and reduces the risk of burden shifting from one category to another (e.g. improving climate 

change at the expense of a much higher water use). LCA has insofar mostly been applied to single technologies, with 

recent efforts targeted at enlarging the boundaries to cover sectors [605,606], national [607] and global systems [608], 

thus making an effort to have a broader scope and cover the entire energy system [609]. 

 

Energy system models (ESM) focus on cost-optimal pathways to achieve environmental and policy targets (introduced 

as user-defined constraints) [610,611]. Constraints can be added on emissions, energy consumption, efficiency targets, 

among others, which the final solution has to meet. They are technology-rich [555] and the main added value is the 

understanding of the possible evolution of the system over a long term horizon under various policies. The 

environmental aspect is covered by introducing constraints on energy use, CO2 emissions or pollutants (NOx, SO2 and 

particulate matter) [612] or monetizing these emissions to take them into account as part of the cost optimization and 

make trade-offs with the investment and operational costs [68,69]. Similar to LCA, there is also a trend to expand the 

scope of ESM beyond pure economics. One of the most explored areas is the power sector, where the water 

implications for generation technologies have been assessed [613] and integrated in long term pathways [85]. ESM 

have also used life cycle emissions (rather than operational emissions only) [614–616], which is more relevant as 

renewable energy sources (RES) increase their share of electricity production. The specific ESM used in this chapter is 

JRC-EU-TIMES (The Integrated MARKAL-EFOM System) [334,368,382,384]. The reasons for this choice are: (1) 

the EU coverage; (2) it covers the entire energy system (residential, commercial, power, industry and transport) and 

(3) it has been used in the past to analyze the role of Power-to-Methane (PtM) (Chapter 4). The model covers CO2 

emissions from the energy system (i.e. excludes agriculture and land use) and it does not have other greenhouse gases 

(GHG) or pollutants. The energy use for all stages of the fuel cycle (upstream fuel production, conversion and end use) 

is covered and the corresponding emissions are accounted as CO2 from fuel combustion. Emissions from plants 

construction and dismantling are not included. The boundaries of the system are the EU borders and CO2 emissions 

from either imported fuels or manufactured assets are not included [368]. 

 

In this chapter, the environmental performance of PtM is explored. PtM refers specifically to the pathway from 

electricity to hydrogen and subsequent methane production [29]. PtM is seen as an option to satisfy gas demand while 

decreasing the emissions of the gas system. At the same time, it provides a source of flexibility to the power system 

and makes possible the integration of a larger fraction of variable renewable energy (VRE) [617]. Its environmental 

impact is largely defined by the sources of electricity and CO2 [258], hence the need for a life cycle approach in its 

assessment. The electricity mix depends on the constraints chosen for the system (e.g. no nuclear) and has a temporal 

variation (e.g. nights when there is no solar contribution). JRC-EU-TIMES is suitable to capture both of these 

components. Furthermore, JRC-EU-TIMES allows looking beyond the process itself and considering the changes in 

the rest of the system in alternative future scenarios [618]. Research on the technology has greatly increased in the last 

decade [619] with a continuous growth in demonstration plants [450,620]. 
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There are multiple benefits of combining LCA into ESM and there is an increasing need to use methods that are 

overarching and considering trans-disciplinary issues [621]. LCA can benefit from ESM since the latter includes the 

learning curve and technology developments over time (i.e. efficiency), but also the evolution of electricity mix and 

material demand over time. It also allows making the bridge with the economic dimension by considering the relation 

with different supply and demand curves that will lead to different technology mixes with varying environmental 

impact. Lastly, ESM provide the means to relate the effects of policies in various sectors, assessing the consequences 

of changes across the energy system and the evolution in time on the environmental impact for alternative energy 

pathways [618]. On the other hand, the added value LCA gives to ESM includes the consideration of the other life 

cycle stages of the assets (construction and dismantling), other impact indicators besides climate change and the 

impact associated to imported commodities beyond the ESM boundaries [622]. As the CO2 emissions decrease, the 

indirect emissions from these background processes will become more relevant [623]. 

 

LCA has already been used before in combination with ESM. Hitherto, most of the studies have focused on the power 

sector [624–626], which has the advantage of fewer technologies to match between the model and the life cycle data, 

but it limits the feedback from other sectors (e.g. industry for supply of materials). Most of the studies have conducted 

ex-post analyses [606,608,626–628], either as stand-alone analyses, where results from the ESM are used to estimate 

the life cycle impact or as part of a wider methodology like Multi-Criteria Decision Analysis (MCDA) [586]. Studies 

that have made the LCA endogenous have either been limited to CO2 emissions [629] or to the power system [630]. 

The two approaches for endogenization have been multi-objective optimization [629] and monetization of externalities 

[630]. A third approach where reduction targets are set in the ESM for impact categories has not been found in 

literature. The areas where compromises are done are: (1) sectoral coverage (power vs. energy); (2) impact categories 

covered; (3) degree of endogenous calculation, where no single study has covered them all. For this chapter, the gaps 

that are covered are the extension to cover residential, commercial, power, industry and transport sectors, EU coverage 

(instead of specific countries or regions) and 18 impact categories, while remaining as an ex-post analysis. The range 

of scenarios explored target 80 to 95% CO2 reduction by 2050 (vs. 1990). The reasons for this choice are: (1) Assess 

how alternative scenarios compare in other impact categories for a similar climate change impact; (2) PtM role is 

expected to larger as the CO2 emissions approach zero; (3) It is in line with the EU decarbonization strategy [283]. The 

focus on 2050 is due to the larger changes in the system and higher PtM capacities envisioned for more ambitious CO2 

reductions (see Chapter 4), establishing an upper bound for the changes in environmental impact across categories. 

 

The key questions to be answered in this chapter are divided in two major aspects, the LCA integration into ESM and 

the PtM evaluation with focus on 2050. Research questions in the LCA-ESM integration are: (1) what is the ratio 

between direct and indirect emissions for an energy system with low CO2 emissions; (2) what is the scenario with the 

lowest impact across categories; (3) are there specific technologies that drive the environmental impact for some 

impact categories or is the environmental burden evenly spread across a multitude of technologies? The research 

questions related to the PtM evaluation are: (1) what is the environmental impact of PtM considering the spatial and 

temporal differentiation of the electricity mix in future low carbon scenarios; (2) how does PtM environmental impact 

compare with natural gas; (3) what is the environmental impact of not having the technology available. 

 

The rest of the publication is organized in the following manner: Section 6.2 goes through the literature to identify the 

main studies done in this area, scope of the work to establish a basis for benchmarking the current study; Section 6.3 

addresses the methodology, this includes sources used, ESM description, issues found and solutions adopted; Section 

6.4 goes through the scenarios analyzed that have been selected based on PtM characteristics and previous assessment 

(Chapter 4); Section 6.5 goes through the analysis of results and Section 6.6 summarizes the conclusions, remaining 

gaps and subjects for further study. 

6.2. Literature Review 

The objectives of this section are to discuss the alternative approaches to integrate the environmental aspect in energy 

models and understand how LCA integration to comparable models can shed light into the LCA-ESM combination. 

Since this chapter analyzes PtM, previous studies on LCA for PtM are summarized. For both areas, the gaps in 

literature are identified. 
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6.2.1. Approaches to assess the environmental impact from ESM 

There are trade-offs when including the environmental component in the analysis. Some of the dimensions where 

choices have to be made are: sectorial coverage (power, heating, transport), temporal and spatial scope (time horizon 

and region/country/world), temporal and spatial resolution (time steps and number of nodes), life cycle stages 

(operational vs. “cradle to grave”96), qualitative vs. quantitative (the former influenced by subjectivity, while the latter 

requires more effort), feedback to results (endogenous vs. ex-post analysis) and number and types of impact indicators 

used to quantify environmental impact (GHG emissions, pollutants externalities, LCA impact indicators, global 

temperature increase). Therefore, when a model extends in a certain dimension, there is a compromise that is (usually) 

done in other part of the modeling approach and this creates clusters of studies with a similar methodology. These are: 

 

• Ex-post analysis. These take output from the energy optimization to perform the LCA for specific 

technologies [631,632], specific sectors (power [626,633,634], heating [635]) or a global level [608], but do 

so to assess the environmental impact and lack the interaction with other parts of the energy system since 

there is no feedback to the results. In most of the cases, evaluations are static in time and do not consider the 

dynamic effect of technology improvements. 

• Multi-criteria decision analysis (MCDA). These also include risk, resource, social and political aspects, the 

compromise is that the environmental part is neither considered through representative indicators (e.g. land 

use, water footprint) [587] nor that the LCA component feeds back to the energy model [586,605]. In this 

category, there are also studies [628,636,637] that assess the environmental dimension (of the electricity 

sector), but without including a modeling (optimization) component as part of the study. A limitation of this 

type of study is the weight allocation to each objective and how to choose the solution from the Pareto 

frontier. 

• Monetization. When emissions have been considered in the objective function, this has been done through 

monetization of externalities. The compromise for this set of studies is that the focus has been on air 

pollutants rather than total emissions and impact across categories. A relatively explored area is power 

models [638–647], most of which have built upon the effort done in NEEDS [648] and ExternE, with 

applications also on a global level [649]. There are also examples of the applications of this approach to 

energy systems [68,69,650–652], heating [653] and buildings [654]. There are also efforts in the direction of 

co-benefits of climate change and air pollution [68,69,655]. The clear advantage of this approach is the 

feedback to the optimization problem and influence on technology mix, while the compromise is uncertainty 

in the monetization step, that they follow the damage cost approach (as opposed to a detailed pathway 

analysis which would include dispersion, fate, concentration and vulnerability of the local environment) and 

the neglect of other impacts (e.g. water, land). There is one case [630] that already includes the monetization 

of two impact categories (climate change and human health) and not only the pollutants. A variant of this 

approach is to expand the GHG emissions to life cycle and analyze how it affects the system cost (due to the 

extra emissions) [655]. 

• Multi-Objective Optimization. The uncertainty associated to monetizing externalities can be decreased by 

considering the environmental dimension as a separate objective. This is the approach taken in Multi-

Optimization problems [629,656–659]. The compromise is that the focus is on the trade-offs between the 

objectives (e.g. weighing) with only CO2 (or GHG) emissions considered and disregarding other impact 

categories. Even if LCA emissions are used [629,659], this has been only for GHG emissions rather than all 

the LCA indicators. Similarly, it carries a higher model complexity and evaluations have been limited to 

power. 

 

For the monetization approach, it can be done through Willingness to Pay (WtP) and Willingness to Accept (WtA) 

studies, which are the stated preference through contingent valuation of participants and represents a proxy for the 

value people give to the impact [660]. A pigovian tax could also be used, which should include the negative 

externalities not internalized in the market price and the social cost [661]. Alternatively, tradable emission permits 

allow for a larger degree of competition and can be more efficient to achieve the environmental target [662]. 

 

 

96 Cradle to grave refers to emissions in mining, transport, manufacturing (upstream) and disposal and decommissioning 
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From the above review, the two options identified from literature that have been used to endogenize LCA in ESM are 

monetization and multi-objective optimization. A third approach is to introduce constraints to set maximum impact 

levels for the various environmental categories. This will ensure achieving a minimum improvement over time. A 

difficulty arises on the targets to set to ensure an improvement without causing unnecessary additional costs. No 

example of this approach was found in literature. 

6.2.2. Lessons from similar models to ESM 

ESM are partial equilibrium models and do not consider the interaction with macro-economy unless they use the price 

elasticity of demand [555]. Input-Output are models that capture the economic flows of the society including 

production, consumption, employment and import/export [663]. The I/O model establishes the relation between 

processes along specified pathways, while the LCA provides the inventory for each process leading to a hybrid 

approach called Environmentally Extended Input-Output (EEIO). EEIO allow calculating the impact for entire sectors 

or for the entire economy rather than focusing on specific processes [664]. The combination of macro-economic 

models and bottom-up models is relatively common [65,665,666]. However, the combination of EEIO with bottom-up 

models remains limited to few examples [623,667–670]. 

 

Integrated Assessment Models (IAM) are similar to ESM since they can also use cost optimization, can be technology-

rich and do not cover other impact categories (e.g. toxicity) [671]. The main difference is that existing IAM also cover 

global carbon cycle, land use, other non-CO2 GHG, temperature dynamics and a global economy description to assess 

the marginal welfare costs of emissions [76,77]. The emergence of IAMs was based on the need for representing the 

dynamics between humans and the environment. Therefore, the extension to LCA is a natural step to cover materials, 

energy and resources use across different sectors to add to the integrated approach. This gap is also being closed 

[618,672], but because this type of model is different from energy system models (although both types are 

engineering, economic and environmental models), a detailed discussion has been left out and the reader is referred to 

[77]. 

 

A lesson from IAM is that there already is a methodology proposed to decompose the LCA coefficients into life cycle 

stages and energy carriers use by industries [672]. This aids LCA integration to IAM by facilitating data manipulation 

and consistency in background inventory. The approach has already been applied to scenario modeling for the power 

sector [673]. An insight from EEIO is that these also have the geographical boundaries and allow quantifying the ratio 

of direct emissions within the studied region and indirect emissions due to imported materials. Issues EEIO have in 

common with ESM are dealing with double counting when the level of segregation is not the same in the I/O model 

and ESM or the lack of standardization to match the processes from ESM to the corresponding I/O sector [667]. 

6.2.3. Common issues when combining LCA and ESM 

Some of the common issues identified across previous studies [622] are reported below, while the way to tackle them 

in the current dissertation is described in Section 6.3. 

• Double counting. This issue can arise in three ways. 1. When expanding to LCA, there will be additional 

energy and material demand for upstream processes (e.g. mining and manufacturing). This demand might 

already be part of the final demand for the model. Therefore, adding this life cycle demand on top of the final 

demand could lead to double counting; 2. Some processes use input from another one that is part of the model 

(e.g. a heat pump using electricity). If the entire LCA is used for all the processes, there would be a double 

penalty (i.e. electricity would be counted on the production and consumption ends); 3. When using EEIO 

tables complemented by process-based LCA. For this, only direct and “gate to gate” emissions should be 

used from the process-based, since the indirect ones (e.g. infrastructure, chemicals, materials) are already 

accounted for in the EEIO framework [670]. 

• Import, export and emissions target. CO2 (GHG) targets are usually set for direct emissions within a region. 

Energy and CO2 for imported goods and commodities are not included. These can be significant (e.g. 60% of 

the total emissions for UK in 2050 [667] or more than 50% on a global level [673]), expanding to LCA and 

including these emissions can have a large effect over the cost (it can double the carbon price for the same 

target [667]). 
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• Spatial differentiation [674]. Some of the impacts are global (e.g. global warming), while others are local 

(e.g. soil pollution) [602]. For the local ones, conditions like population density, susceptibility and weather 

will affect the dispersion, fate and effect of pollutants. Ecoinvent aims to make a differentiation by country of 

the impacts. However, it lacks of it for many processes [675] making the use of global values necessary.  

• Temporal differentiation [676]. When emissions are monetized, these are usually discounted and traded-off 

with the rest of the costs. This implies that future impact has less weight than closer one, which is not 

necessarily applicable to environmental values. 

• Biomass emissions. Not all the models cover land use change as part of their scope and the impact for 

biomass depends directly on assumptions rather than on modeling output. 

• Multi-functional (multi-output) processes. This can be an issue when matching processes between LCA and 

the energy model and allocating the impact. This is dealt by using an energy-based allocation [599,677,678] 

and using changes in efficiency for changes in the ratio among the streams. 

• Future performance of technologies. Some studies consider a learning curve for immature technologies 

through higher efficiency (and lower fuel consumption or higher output). However, the effect across all the 

life cycle stages remains highly uncertain. 

6.2.4. LCA of Power-to-Methane 

An overview of the key studies for PtM LCA is shown in Table 18. Some key findings from these literature sources 

are: 

• Synthetic CH4 from a PtM system shows the highest greenhouse gas emission benefit if biogenic CO2 sources 

are used for methanation [448,449] and if the hydrogen used is produced via renewable electricity driven 

electrolysis [448]. 

• Higher load hours for PtM will lead to larger greenhouse gas benefit [258]. 

• The largest contributor to the environmental impact of PtM is the electricity source [258,260,449,679]. 

• Transport distance of the produced gas has a direct effect on the environmental impact. Longer transport 

distances require more energy for compression and subsequently higher greenhouse gas emissions [449]. 

• If the CO2 used for PtM was supposed to be stored underground, a negative value would be required to make 

PtM the preferred option) [257]. 

• If there is power surplus, the best use from an environmental perspective is to satisfy heating demand (power 

to heat through heat pumps). This is followed by transport (electric cars), direct electricity storage (e.g. 

batteries) and the last alternative is the conversion to another energy carrier [257]. 

• Benefit for new technologies will highly depend on the reference processes [257,260]. 

 

An area where a trade-off is necessary with the economic dimension is the operating hours. From the economic 

perspective, these hours should be as high as possible to be able to reduce the CAPEX contribution to the production 

cost. However, more operating hours mean operating with the electricity from the grid rather than only VRE. 

 

 Gaps that remain from these studies are: 

• Integration of LCA and energy systems modeling. Most of the studies focus only on the electrolysis, 

methanation and CO2 capture system with a functional unit of 1 MJ or MWh of output. Nevertheless, the 

actual effect of the technology will depend on the energy and technologies being displaced, given that with 

lower environmental impact of the initial system, the lower the benefit for PtM will be. Thus, the interaction 

with the rest of the energy system for alternative future scenarios has not been explored. 

• Single reference comparing all possible PtM pathways. Most of the studies cover specific pathways (e.g. 

transport [449]) or miss some of the downstream applications for the methane. 

• Temporal and spatial differentiation. Consider the different electricity mix for various regions and periods of 

the year in a single study. 

• Expansion to other indicators besides climate change. Most studies focus on CO2 emissions and climate 

change. Only [257] and [258] using ReCiPe 1.08 explore 11 and 14 impact categories respectively to estimate 

the impact of the methane produced. While [680] uses ILCD 2011 to estimate the impact across 9 categories. 

Using other categories such as land use or water consumption would allow comparing PtM with pumped 

hydro storage (competing technology for energy storage) or biomass gasification for power generation 

(competing technology for balancing the power system. 
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Table 18. Overview of literature review on Life Cycle Assessment of PtM systems 

 

97 Concentrated Solar Production, Hydro and electricity surplus were also evaluated as electricity sources 

 CO2 source Electricity source Operation mode Functional unit Key conclusions 

Ref. Power Biogas Cement Air Wind PV EU mix Threshold Full Partial   

[260] x x   x x x x x x Produce 1 MJ of CH4 

(LHV) 

Global Warming Potential (GWP) of electricity 

used for PtM has to be lower than 113 gCO2eq/kWh 

to be more attractive than fossil gas 

[258] x       x x x Produce 1 MJ SNG / 

0.049 kWh electricity 

GWP of electricity used for PtM has to be lower 

than 80 gCO2eq/kWh to be more attractive than 

fossil gas for steady state operation and lower than 

48 gCO2eq/kWh for partial load operation 

[257] x x       x  Use 1 MWh of power 

surplus 

CO2 use only contributes to global warming impact 

reductions if the CO2 supply avoids emissions. If 

CO2 is used which otherwise would be stored, 

GHG emissions even increase 

[449] x  x x x x x  x  Satisfy 1 km with 

CNG / 1 kWh of input 

to electrolysis 

PtM effect depends on where the boundaries for the 

system are defined 

[448]97 x x x x x x x  x  Produce 1 MJ of CH4 

(HHV) 

Use of PV as electricity source can actually lead to 

a GWP increase compared to conventional gas. 

Biogenic and atmospheric CO2 lead to the largest 

decrease 

[680]  x  x x x x  x  Produce 1 MWh of 

heat with SNG 

combustion 

Synthetic gas has higher potential impacts than the 

combustion of conventional Swiss natural gas 

under all impacts, even with the biogenic carbon 

origin of emissions 

[465]  x     x  x  Produce 1 MJ of CH4 

(LHV) 

Using EU electricity mix (560 gCO2eq/kWh) results 

in a PtM footprint higher than conventional gas, 

while the opposite is true when a French mix (100 

gCO2eq/kWh) is used 
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• Consideration of future efficiencies. Since the largest contribution to PtM LCA is the electricity mix, the 

technology efficiencies (both electrolysis and methanation) are important. At the same time, electrolysis and 

methanation are not yet in full commercial scale, there is learning and research that will improve the 

efficiency (and cost) and this uncertainty should be considered in the LCA. 

• CO2 allocation methodology. When PtM is introduced in the system, the RES fraction will be larger, either 

because curtailment is reduced or because when the energy is released from the storage is displacing a 

conventional technology (with a higher environmental impact). A question remains on how to allocate the 

CO2 benefit among the different components of the system. This allocation can be based on energy, exergy, 

economic value, among others. This step would include quantifying the difference with the different 

indicators. 

 

From these gaps, the ones addressed within this chapter are the consideration of the PtM interaction with the rest of 

the energy system, the temporal and spatial differentiation of the electricity used for PtM, the use of the methane 

produced for all the applications (captured in JRC-EU-TIMES), the consideration of 18 impact categories and the use 

of efficiency improvements for both electrolysis and methanation (also captured through JRC-EU-TIMES). 

6.3. Methodology 

This section goes through the overall procedure followed, assumptions and solutions to the common issues when 

integrating LCA into ESM. Further information is provided in Appendix 6.1. 

6.3.1. Overall procedure 

The procedure includes expanding the processes in JRC-EU-TIMES to a full life cycle perspective by considering 

construction and end-of-life stages and to a broad range of impact categories besides climate change caused by CO2 

emissions. The general framework for the methodology is shown in Figure 42 followed by a brief explanation of the 

main steps. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 42. Framework for integrating LCA and energy modeling followed in this study. 
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Figure 42 shows the two main elements of this chapter: ESM and LCA. ESM have the general structure of resources 

(with potential and price curves associated) used to satisfy final demand services through primary (e.g. power) or 

secondary (e.g. heat pumps) conversion processes. Multiple policies can be introduced as constraints. Typical output is 

the energy balance, cost breakdown and technology mix needed. The information used from JRC-EU-TIMES for the 

LCA is mainly: (1) static, related to using efficiency, lifetime and capacity factors used to modify the original 

inventory from the databases and needed to ensure consistency; (2) scenario-dependent (orange box in Figure 42) that 

are combined with the life cycle inventory to estimate the environmental impact. In this chapter, there is no feedback 

from LCA to the optimization process. The main methodological steps followed are: 

 

1. Reduce number of processes from JRC-EU-TIMES to facilitate inventory collection (see Section 6.3.4.1) 

2. Identify entries from the LCA database that are closest to the processes screened (see Section 6.3.3.2) 

3. Complete LCA data with alternative sources and individual studies from literature review (see Section 

6.3.3.2) 

4. Harmonize data between JRC-EU-TIMES and LCA. This refers to taking TIMES data for efficiency, 

capacity factor and lifetime and modifying the LCA data, which allows considering the improvement in time 

and add the dynamic component to LCA 

5. Adjust LCA datasets to avoid double counting (see Section 6.3.4.2) for upstream emissions that are also part 

of JRC-EU-TIMES scope 

6. Run set of defined scenarios with JRC-EU-TIMES (see Section 6.4) 

7. Extract activity (production level) and capacity for -selected technologies in Step 1 from JRC-EU-TIMES 

8. Calculate LCA mid-point indicators for each scenario 

9. Understand drivers for changes across indicators and run additional scenarios for confirmation. 

6.3.2. Energy model description 

For this research, JRC-EU-TIMES is used [334,368,382,384]. The geographical scope is EU28 plus Norway, 

Switzerland and Iceland (henceforth referred as “EU28+”), with one node per country. Its temporal scope is from 2010 

to 2050 (although it can be used beyond this timeframe) with a time resolution of up to one hour. To reduce the 

calculation time, it uses time slices that represent periods with similar supply and demand patterns. There are 24 time 

slices for the power sector and 12 for other sectors (4 seasons and 3 periods of the day). It covers 5 sectors (residential, 

commercial, industry, transport and agriculture). TIMES [369–371] is one of the most widely used energy models 

[42], this specific version has a EU coverage and will not draw conclusions based on a specific region and because this 

version is technology rich in both the supply (generation) side, but also on the demand side. 

 

The model uses price elasticities of demand to capture part of the macroeconomic feedback (change in demand as 

response to price signals), which allows transforming the cost minimization to maximization of societal welfare. 

Stages of the life cycle that are covered are: mining (energy and emissions for extraction of resources), operational 

(e.g. energy efficiency and conversion losses), combustion (heat and power generation or for chemical conversion). 

Emissions outside EU due to imported goods, materials or commodities is not included as part of the CO2 target. 

Coverage of asset cycle does not include construction or decommissioning since their contribution is negligible when 

compared to the operational and combustion for conventional technologies. The model has been used in the past to 

assess the role of hydrogen (Chapter 3) and Power-to-Methane (Chapter 4). 

 

It includes biomass potentials for woody biomass, agricultural crops, biogas, municipal waste and biosludge. The 

range for total biomass potential in EU28+ is between 6650 and 21860 PJ for all categories without considering 

imports [416]. The model uses technology learning curves with improvement of efficiency over time, which will in 

turn affect the operational emissions. It covers all the materials demand (e.g. steel, cement, copper, aluminum, see 

[368] for more detail). This demand is exogenous and it is not affected by endogenous variables (other than through 

elasticity and prices). The model focuses on CO2 and does not include other greenhouse gases (CH4, N2O). It does not 

include pollutants (particulate matter, NH3, SO2, volatile organic compounds, NOx). The CO2 emissions covered are 

from fuel combustion in the downstream applications, which is ~77% of the total GHG emissions for EU (3390 

MtCO2 [381] vs. 4427 MtCO2eq [493] for 2014). 
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There has been no attempt for multi-criteria optimization (given the model complexity), nor the model output has been 

used so far for Cost-Benefit Analysis or MCDA. No externalities are included as additional costs and environmental 

aspect is mainly through constraints to reduce CO2 emissions and primary energy consumption. Previous versions of 

the JRC-EU-TIMES model included monetized externalities for the most important emissions and materials [639]. 

6.3.3. Life cycle assessment 

LCA is an established methodology [600,681]. It covers 4 phases: goal and scope definition, inventory analysis, 

impact assessment and interpretation. It is based on the input-output (energy, materials and emissions) of every stage 

of the life cycle. 

6.3.3.1. Goal and scope definition 

The study has been conducted following the standard structure of LCA studies defined in ISO standards 14040/14044 

[600,681]. The study has two main goals: 1. To assess the environmental impact across a range of categories for a 

future EU energy system that achieves 80 to 95% CO2 reduction by 2050 (vs. 1990) in EU; 2. To assess the 

environmental impact PtM has in the system and the potential consequence of not having the technology available. 

The functional unit is not the production of a specific product or commodity, but instead, following a similar approach 

as [682], is defined as the satisfaction of all the energy and services demand (including residential, commercial, 

industry, mobility and agriculture) in EU28 by 2050. To facilitate the understanding of the results and identify trends 

across sectors, the impact has been allocated to sectors. The system boundaries for each sector of the five sectors 

considered are illustrated in Figure 43. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure 43. Boundaries to assess environmental impact of each energy sector (some connections have been omitted for 

simplification. For example, gas, electricity and hydrogen can be used in almost all downstream applications). 
 

CO2 has a more complex set of sources and sinks (4.3.3 in Chapter 4), but it can come from biogenic sources, air or 

from any of the sectors. Processes for secondary conversion (e.g. heat pumps) have been used for representation, but 

the complete list of processes can be found in Table SI 41. Most of the CO2 emissions are accounted for in the 

“Supply” sector, except for coal, which has the CO2 emissions in the power sector. The reason for this distinction is 

that gas and liquid have a network with multiple sources (scenario dependent) that can have a different environmental 

impact, while coal is assumed to have a single source. For biomass, the impact is allocated to its users since there is no 

equivalent network (as in gas or liquid) and each user is linked to a specific type of biomass. 
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Gaseous fuels can come from natural gas (imported or indigenous), liquefied, biogas, Power-to-Methane (4.3.2 in 

Chapter 4), while liquid fuels can be imported, product of refineries, synthetic fuels through Fischer-Tropsch or 

methanol, biofuels or Power-to-Liquid (see 3.3.5 in Chapter 3). Depending on this source, the environmental impact of 

the fuel production stage will be different. At the same time, when the carbon contained in the fuel ultimately comes 

from air (e.g. biomass or PtX with a biogenic source), the impact for CO2 emissions during combustion is much lower. 

To account for this: (1) the combustion emissions have been subtracted in all the processes (e.g. cars or power plants); 

(2) a gas/liquid supply has been calculated considering the supply mix for each scenario (from JRC-EU-TIMES 

output) and a representative life cycle entry for each source; (3) assign neutral CO2 emissions for fuels using biogenic 

sources (reference biomass potential is 10 EJ/yr, which assumes no land has to be transformed to produce this amount 

causing no upstream land use change emissions [416]). This approach also includes indirectly the efficiency 

improvement in time for the various technologies since this would translate into lower fuel consumption seen in the 

overall fuel balance. 

 

Upstream processes in both the asset cycle (i.e. construction and manufacturing) and the fuel cycle (production / 

extraction) are included as part of the assessed system in spite of occurring in many cases outside the geographical 

scope of the demand. In terms of energy consumption, the data includes upstream processes (e.g. mining of resources 

and raw materials, fuel processing, transport) and downstream processes (operation, transmission, distribution). In 

terms of materials use, the scope only includes only the construction phase and not the decommissioning and 

subsequent waste management. The reason for this is that the circular economy strategy, which includes waste 

treatment and critical materials, is clearly defined for 2030 [683], but it is difficult to assess its evolution to 2050. 

Since this could introduce more uncertainty and it is not the focus of this chapter, this stage has been excluded. 

6.3.3.2. Inventory analysis 

The Life Cycle Inventory (LCI) phase provides the balance of resources and emissions upon which the assessment 

will be calculated. For this chapter, process-based data is used (from Ecoinvent database v3.3) [684], while the 

relation with upstream and downstream processes is provided by the energy model (e.g. the impact of a gas boiler is 

not fixed, but dependent on the gas source that comes from JRC-EU-TIMES). Therefore, this overcomes a limitation 

of process-based LCA by widening the boundaries and a limitation of the EEIO approach by maintaining the 

technological detail. Allocation at the point of substitution is used. This system model subdivides multi-output 

activities by physical properties, economic, mass or other properties allocation. By-products of treatment processes are 

considered to be part of the waste-producing system and are allocated together. Markets in this model include all 

activities in proportion to their current production volume. This model was called “Allocation, default” in Ecoinvent 

version 3.01 and 3.1. 

 

As complementary databases for power technologies (e.g. with carbon capture and storage, CCS), NEEDS98 (New 

Energy Externalities Development for Sustainability) and CASES 99  (Cost Assessment for Sustainable Energy 

Systems) were used. An advantage of NEEDS is that it has a wider range of technologies, while a limitation is that 

only the total life cycle inventory (input-output for entire activity) is provided and no segregation can be done between 

the construction and the operational components. However, since the database is mostly used for fossil technologies, 

which have a much larger impact contribution from the operational phase, the need to split the impact in construction 

and operational phases is less motivated. The dataset also provides fuel consumption, which allows estimating 

efficiency and modifying accordingly the process LCI to capture the improvement in time. 

 

Other data sources included demo sites in the Store & GO project [685] for methanation and [686] for an alkaline 

electrolyzer. The RENEW project was used for Biomass-to-Liquid [687,688], as well as for the inventory of the 

Fischer-Tropsch reactor and downstream processing for Power-to-Liquid [689]. For vehicles, the GREET database 

from Argonne National Laboratory [690] was used since it is available online and has the complete material 

requirements for the vehicle and various types of battery. One limitation of Ecoinvent is that the wind turbines 

 

98 http://www.needs-project.org/ 
99 http://www.feem-project.net/cases/links_databases.php 
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available are relatively small size (up to 4.5 MW for onshore and 2 MW for offshore), while already today there are 

10-MW turbines available100. 

 

The inventories were corrected when possible to account for potential improvements in efficiencies and upstream 

emissions associated to equipment production (see Section 6.3.4.3). This also corrects the major material consumption 

for technologies like wind and solar. However, for biomass no changes in cultivation methods, spatial differentiation 

of land, land productivity and alike were considered. 

6.3.3.3. Impact assessment 

The pollutant emission and resource consumption inventories (i.e. LCI) of the system were translated into impact 

indicator scores using the life cycle impact assessment (LCIA) methodology ReCiPe 2008 v1.11 [691]. The reasons 

for this choice are that it combines a framework with midpoint and endpoint indicators; it was the result of combining 

the strengths of the previous approaches and the harmonization of modeling principles and choices; it also covers a 

broad range of environmental problems through its 18 midpoint indicators. The differentiation between midpoint and 

endpoint levels reflects where the indicators are positioned along the cause-effect chain. Endpoint indicators 

characterize damages to so-called areas of protection, namely human health, ecosystems quality and/or natural 

resources. Impact indicators are midpoint level only include part of the impact pathway from emission to damages. 

For example, climate change scores at midpoint level expressed in kg-CO2eq reflect the impact on radiative forcing 

from emitted GHGs; at endpoint level, indicator scores would express the damages from emitted GHG to human 

health due to e.g. spreading/increase of diseases occurrences, or to ecosystems (e.g. loss of biodiversity). The 

perspective used was hierarchical, which is in between the short-term interest of the individualist perspective and the 

egalitarian one which is more precautionary. 

6.3.4. Simplifications and assumptions 

Below is the explanation of how the main issues have been dealt with, while some specific assumptions and remaining 

limitations have been included in Appendix 6.1. 

6.3.4.1. Selection of representative technologies 

JRC-EU-TIMES covers over 3000 individual processes (including import, mining, duplication for fuels), which 

represent over 450 technologies. To reduce the effort of the LCA data collection step, the number of technologies has 

been reduced by: 

• Only processes that have significant (> ~1%) contribution to CO2 emissions of their specific sectors across a 

wide range of (screening) scenarios (over 100 different ones, see 3.4 and 4.4) were considered. This assumes 

CO2 emissions are representative of climate change impact and its relation with other impact categories. This 

has proven to be the case for urban systems [692] with the lowest correlation for processes that emit toxic 

substances. However, this is only an approximation and further refinement in this area is needed [693]. 

• Selection of representative processes. For example, JRC-EU-TIMES has 10 technologies for gas turbines 

(variations of open cycle, combined cycle and carbon capture for conventional, industrial applications and 

advanced versions of the technology). These were reduced to only 3 technologies: open cycle (peak 

contribution), combined cycle and one with carbon capture. 

• Fuels simplification. A large part of the residential and commercial heating demand is satisfied with boilers 

and heat pumps. JRC-EU-TIMES has over 40 different processes to satisfy space heating (variations for air, 

ground heat pump, combination with water heating, condensing type, position, among others). The overall 

heating and cooling technologies were narrowed down to 12 entries for LCA data assuming for example that 

a liquefied petroleum gas boiler has a similar footprint than a natural gas boiler (with respect to impact of the 

asset cycle). This was done based on the technical similarities and applications. 

 

100 http://www.mhivestasoffshore.com/mhi-vestas-launches-the-first-10-mw-wind-turbine-in-history/ 
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• Aggregation of value chains. Some industries (e.g. aluminum, chlorine, cement) involve several processing 

steps until the final product is obtained. Instead of assessing the impact for each of these steps, the entire 

value chain has been grouped and the impact is related to the material produced. 

 

After this process, the 450 original technologies were reduced to 100 representative entries. The list of processes can 

be found in Table SI 41. 

6.3.4.2. Double counting 

A potential issue is double counting. Two different variations can occur. One is the overlap between material demand 

for an industry and potential material consumption from the construction stage. The other is the case where the life 

cycle inventory for one process includes energy flows from processes that are already within the boundaries 

established in JRC-EU-TIMES. An example of the former is the cement needed for constructing wind turbines and if 

that demand is already accounted for in the final material demand, it should not be added on top. An example of the 

latter is electrolysis, which has most of its impact defined by the electricity source [20,694]. Since its electricity 

demand is already part of the power sector, it is not accounted for in the “supply” sector. An alternative view to the 

same problem is that either the impact or the (energy/material) demand for upstream processes should be accounted 

for (see an illustrative example in Appendix 6.1). 

 

For processes without direct emissions, the contribution for the feed is removed from the process, since the commonly 

indirect emissions will be covered as direct for other processes included in the model. Furthermore, since the 

emissions for these processes (without combustion) are only for the asset cycle (i.e. construction), impact is expressed 

per unit of installed capacity (rather than energy flow). Expressing the impact in terms of capacity also eliminates the 

need to harmonize the capacity factors for wind and solar, which will be different for every country and are already 

implicit in the calculated installed capacity from JRC-EU-TIMES. 

6.3.4.3. Interaction between industry and power sectors 

Extending the analysis to a full life cycle perspective, leads to additional demand of energy and materials. This could 

be fed back to the demand in JRC-EU-TIMES. Nevertheless, this contribution is expected to be small compared to the 

total demand and the feedback from background processes was not implemented. As an example, from an initial 

estimate, the consumption (steel and concrete) for wind turbines is between 1 and 2% of the demand for these 

materials in 2050. Even without considering that more than 90% of steel can be recycled once the turbines are 

decommissioned [695] and can lead to halving the GHG emissions embodied in the wind turbine [696]. Previous 

exercises [623] have shown that this contribution is in the order of 0.05-0.5% of the demand. This order of magnitude 

does not justify the effort of including this demand as endogenous. Furthermore, the original material demand already 

assumes implicitly the deployment of new technologies [50]. 

 

The usually indirect emissions (or background processes) from industry are accounted for as direct emissions from the 

electricity sector, since electricity and heat demand for industry is included in the model. To account for this, the 

electricity impact and the fuel supply chain have been subtracted from the industry impact. An advantage of this 

approach is that demand for both electricity and industry sector come from the same model (i.e. JRC-EU-TIMES) 

rather than from different models (which could lead to additional inconsistencies [697]). A similar approach to the 

above has been followed for renewable electricity technologies without direct emissions (i.e. wind and solar) where 

the electricity impact has been subtracted from the manufacturing stage. See Appendix 6.2 for the contribution 

electricity has across impact categories for wind and solar. 

 

For vehicles, GREET database has the material requirements for the vehicle and battery [690]. This allowed making 

the relation with the industry sector in the model (steel, aluminum, copper and glass) and corresponding reduction in 

CO2 emissions depending on the scenario, assuming that the reduction in impact for other categories decreases 

proportionally to climate change. For plastic and composite materials a reduction of 72 and 85% was assumed for 

2050 based on [698]. Considering these reductions, the climate change impact of the vehicles can be reduced by an 

average of 60%. Aluminum and plastic are the most important materials in conventional vehicles with around 40% of 

the impact (only deviating for FCEV, for which their contribution is ~20%). Carbon fiber constitutes 60% of the 
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impact for lightweight vehicles (see Figure SI 79). Furthermore, the impact for vehicles is computed without 

accounting the impact of the electricity used in the production step. FCEV is still in its early levels of deployment 

(almost 7200 FCEV at a global level [503]), so the uncertainty in its environmental impact is the highest [699]. 

6.3.5. Consequential analysis for PtM 

The information used from JRC-EU-TIMES output to estimate the PtM impact is: (1) electricity mix; (2) CO2 source 

and (3) impact for steel, cement and copper. The electricity mix largely defines the environmental impact of PtM in 

cases where electrolysis is used for hydrogen production [258,260,449,679]. Output from JRC-EU-TIMES has the 

electricity mix differentiated by: (1) scenario; (2) country and (3) time slice. The model covers 31 regions and 12 time 

slices (372 combinations for each scenario). Specifically for the power sector, each time slice is further sub-divided in 

a period of pure VRE surplus and one where the rest of the technologies can contribute to satisfy demand. For the 

construction component, the total impact by country and scenario is calculated and allocated by time slice proportional 

to the length of each one [368]. The CO2 used for methanation comes mainly from biomass (either gasification for 

hydrogen or Biomass-to-Liquid – BtL – see 4.5.5). Therefore, it is considered that the CO2 emissions upon 

combustion of the synthetic gas are neutral and for this consequential analysis the upstream emissions for biomass 

production and collection are outside the boundaries. This is different for natural gas, where the CO2 from the end use 

will be positive. 

6.4. Scenario definition 

Six scenarios were analyzed and divided in two sets (see full description in Table 19). One set (first four scenarios in 

Table 19) is meant to analyze how the indicators change across alternative low carbon futures by varying parameters 

that have a widespread impact over the system. The other set (last two scenarios in Table 19) varies parameters that 

will have a more specific effect over PtM. From previous studies (Chapter 4), the variables having the largest impact 

over the system are the CO2 reduction target and limitations for CO2 underground storage, while for PtM it is a higher 

process efficiency (leading to heat recovery) and direct technology subsidy combined with a low CAPEX and higher 

Variable Renewable Energy (VRE) potential that leads to a larger need for flexibility in power. 

 
Table 19. Description and reasoning for scenarios explored. 

Name Description Justification 

80 80% CO2 reduction101 vs. 1990 

by 2050 [700] 

Target is an intermediate point between ambitious 

targets (ultimately leading to zero emissions) and 

current energy system, which will allow identifying 

trends and critical technologies 

80_NoCCS Same as above, but without 

possibility of CO2 storage 

CO2 is not widely spread and could face political and 

social resistance that prevent its deployment 

95 95% CO2 reduction vs. 1990 by 

2050 

Allows evaluating changes for deeper decarbonization 

and identifying the areas with the largest impact in high 

renewable scenarios 

95_NoCCS Same as above, but without 

possibility of CO2 storage 

Similar reasoning as above with the extra information of 

different CO2 storage effect with lower carbon scenarios 

95_Optimistic Same as above, but with 

additional system and 

technology drivers that favor 

PtM deployment102 

This establishes an upper bound for PtM capacity and its 

environmental impact and will allow identifying its 

effect over the rest of the system, also when making the 

comparison with a less constrained scenario (e.g. 

95_NoCCS) 

95_Optimistic_NoPtM Same as above, but PtM is not 

part of the technology portfolio 

This quantifies the regret cost in terms of environmental 

impact for not developing the technology. It is the 

 

101 As mentioned in Section 6.3.4 this target does not cover background processes for imports, construction and decommissioning 
102 Low (75 €/kW) Capex (only for methanation), low biomass potential (7 EJ/yr), high gas price (almost 20 €/GJ by 2050), high cost for the 

electricity network, high PtM efficiency (> 85% including heat recovery), high electrolyzer performance (400 €/kW and 86% efficiency), low PtL 

performance, SOEC possible and high LMG efficiency in ships, see 4.4 in Chapter 4 
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maximum penalty that can be incurred since it has the 

largest PtM capacity 

 

These are technical scenarios which consist of using ranges and different values for the input, but not making 

complete storylines to represent the future [41,571,572]. The scenarios analyzed in this chapter are both normative and 

exploratory [701,702]. Normative since the technologies chosen will reach the CO2 target constraint, but exploratory 

in terms of what the choices are to reach this target with different technologies available.  These constitute the 

quantitative part of a scenario analysis. The relation between the input used and dynamics between technical, political, 

economic, social drivers that could lead to such conditions has not been done. 

6.5. Results 

The results are divided in two main sections describing the environmental impacts across categories for the various 

scenarios and sectors in 2050 (Section 6.5.1); and the environmental impact of Power-to-Methane compared to natural 

gas and impact of not having the technology available (Section 6.5.2). 

6.5.1. Environmental impact from the energy system 

This section starts by analyzing the contribution of the each sector (power in 6.5.1.1 and other sectors in 6.5.1.2), then 

comparing across scenarios (6.5.1.3) and then quantifying the indirect emissions added by LCA and putting them in 

perspective with the direct emissions from JRC-EU-TIMES (6.5.1.4). 

6.5.1.1. Environmental impact from the power sector 

The least ambitious scenario (and closest to current system) is the scenario with 80% CO2 reduction. The relative 

contribution by impact category and technology group for the power system is shown in Figure 44. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure 44. Impact for the power sector by category and technology in the 80 Scenario (EU28+). 

 

For gas-based technologies, only the contribution of the construction component is accounted for in the power sector 

since the operational emissions are part of the “supply” sector (see Section 6.3.3.1). For all the other technologies, the 

operational emissions are included. For climate change, almost 40% of the impact is due to coal. In spite of being used 

in combination with CCS, its emissions are still relatively high (~100 gCO2eq/kWh). It produces almost 600 TWh of 

electricity (see Figure SI 80), leading to 60 MtCO2 produced. This is still optimistic since CO2 emissions from coal 

with CCS can be twice as high [703,704]. Two main reasons for still having coal in the mix by 2050 are: (1) this 

scenario has CCS, which allows reducing the net CO2 emissions; (2) the price ratio between gas and coal. In case coal 
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is either banned or more expensive, it would be mostly replaced by gas and the operational emissions would be 

displaced from the power to the “supply” sector (see Figure SI 81 for the impact profile without coal). In spite of the 

large capacities for wind and solar (630 and 520 GW respectively), their combined contribution is only 25% of the 

total CO2 emissions from the power sector. The rest of the climate change impact is due to hydropower (15%) and 

geothermal (< 5%). The total emissions from the power sector are ~135 MtCO2eq/yr, considering the high 

electrification rate that leads to a total production of 5200 TWh, it results in specific CO2 emissions for the electricity 

of ~24 gCO2/kWh. To put these numbers in perspective, the CO2 target of 80% reduction, translates into total (for the 

entire system) CO2 emissions of 914 MtCO2eq/yr. The CO2 emissions from combustion in the power (and heat) 

production were reported to be over 1000 MtCO2eq in 2016103. Considering the total gross electricity production was 

3250 TWh for the same year104, the average EU emissions are ~310 gCO2eq/kWh. 

 

The two largest contributors to water consumption are nuclear and coal (with CCS). These consume on average 3.1 

and 2.2 m3/MWh of water respectively (data from Ecoinvent). This is in agreement with literature [705], where the 

range for 6 different studies was 1.9-5.0 m3/MWh for nuclear (wet tower and excluding the “high” from [706]), while 

IGCC (integrated gasification combined cycle) with carbon capture had a range 2.2-2.6 m3/MWh. Among other 

renewable technologies, geothermal and CSP have a relatively high water consumption (1.9 m3/MWh for enhanced 

geothermal system with dry cooling and 3.8 m3/MWh for CSP with cooling tower). However, since their relative 

contribution to power generation is small (125 and 0 TWh respectively for this scenario), the impact over the total 

water footprint for the system is small. The largest technologies in terms of capacities are wind and solar (1150 GW 

combined), but since their water footprint is relatively small (< 0.01 m3/MWh for wind [706,707] and ~0.1 m3/MWh 

for solar [708]), they represent less than 4% of the total footprint. The average for the entire power system is 0.8 

m3/MWh. 

 

For land occupation, hydropower is the largest contributor (25%), along with onshore wind (25%). In spite of being 

less than 4% of the electricity production, biomass gasification combined with CCS contributes with almost 10% of 

the land impact (using wood). This is considering an impact of 1100-1400 m2/GWh for onshore wind (sum of natural 

land and urban land occupation), 500-800 m2/GWh for offshore wind and 600-2100 m2/GWh (depending on size and 

run-of-river vs. lake) for hydropower. These numbers are within the range from literature, where wind has 1100-2100 

m2/GWh and hydropower has 151-4100 m2/GWh according to [671], while [709] reports 2090-3230 m2/GWh for 

wind in Germany and Denmark and up to 25000 m2/GWh for generic hydropower (although in US). At the same time, 

the order of magnitude for the production process of biomass is in the order of 360000-700000 m2/GWh [709] 

(145000 m2/GWh considered in this chapter), which explains its high contribution to this impact category in spite of 

the relatively small contribution to total production. Based on the electricity mix, the average for the power sector is 

~1300 m2/GWh. Using the electricity production of 5700 TWh, the land transformed is ~7400 km2, which is less than 

0.2% of the total land available in EU (4.42 million km2). 

 

For human toxicity, the benefit for PV and wind is much lower than the benefit in climate change [693]. The impact 

for a Si-based panel on a roof can be within 10% of a natural gas plant with CCS [627]. Given the large installed 

capacities these two technologies have, they constitute almost two thirds of the human toxicity impact, while only 

representing around one third of the electricity mix. Similarly, solar represents the largest contributor to terrestrial 

ecotoxicity mainly due to the metal emissions during the manufacturing stage of the panels. 

 

Some of the categories are dominated by a single technology. Ionizing radiation and ozone depletion are almost 95% 

due to nuclear. Fossil depletion is dominated by coal, since the upstream gas production is accounted for in a separate 

part of the system. Photochemical oxidation and terrestrial acidification are about 50% due to coal with carbon 

capture, which has 0.63 kgNMVOC105/MWh and 0.66 kgSO2eq/MWh for those two categories respectively. The 

contribution from gas is relatively small in the ecotoxicity, eutrophication and even fossil depletion categories since 

the stage considered for this sector is only the construction. 

 

103 Fuel combustion in public electricity and heat production from indicator env_air_gge in Eurostat 
104 Total gross production from indicator nrg_105a in Eurostat 
105 Non-methane volatile organic compounds 
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6.5.1.2. Environmental impact from other sectors 

For heating and transport, only the construction component is taken into account. For heating, in case it is satisfied 

with gaseous and liquid fuels, the upstream impact considers the production route (see Section 6.3.3.1) and in case it is 

satisfied with electricity is accounted for in that sector (see Section 6.3.4.2). For transport, it considers the impact 

reduction by scenario for the materials that are included in JRC-EU-TIMES (e.g. steel, cement, aluminum, among 

others; see Table SI 43 for the list of industries and CO2 emission reduction by scenario). Figure 45 shows the impact 

by powertrain and category in the 80 scenario, while Figure SI 79 has the material contribution for each powertrain 

with and without feedback from the industries in JRC-EU-TIMES and Figure SI 82 has the corresponding figure for 

the heating sector. 

 

The impact due to so-called “zero emission vehicles” (BEV and FCEV) is between 70 and 90% of the total for most of 

the impact categories, which is expected since they constitute 75% of the fleet (see Figure SI 83) and the impact only 

compares the manufacturing stage. FCEV impact across categories is similar to their share of the transport demand. 

There is potential for impact reduction as the efficiency of the manufacturing process (especially the fuel cell) 

improves [699]. The production of steel, aluminum, copper and glass, which are the ones with endogenous feedback 

from the industry sector constitute around 35-50% of the manufacturing impact. Plastic and rubber, which constitute 

around 40% of the impact, also see their effect reduced by 2050 with the factors from [698]. Therefore, the impact 

reduction for the manufacturing stage is ~60% to reach 15-29 gCO2/km for most powertrains. The contribution from 

the battery and fuel cell to BEV and FCEV is between 7-11% of the total (reduced) impact (depending on the size). 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure 45. Impact for the transport sector by category and powertrain in the 80 Scenario (EU28+, only manufacturing). 

 

For the heating sector, most of the contribution is due to the biomass-based processes (furnaces and boilers with wood 

pellets). In spite of their relatively small contribution to the total heat demand (between 3-5% for the scenarios 

analyzed), their contribution for most of the impact categories is more than 60-70% (see Figure SI 82). The main 

reason is that for these processes, there is no “supply” sector and the upstream impact due to biomass production is 

considered directly in the process where it is consumed, while the impact for heat pumps or gas boilers does not 

include the electricity production (power sector) or the gas production and combustion (supply sector). Because of the 

combination of these two effects (low biomass contribution and only construction for other technologies), the share of 

the heating sector is less than 0.1-0.2% for most of the impact categories. 

 

For the industry sector (see Figure SI 84 for breakdown by impact category and type of industry), the reduction in 

emissions can be clustered in 3 main groups. First, the impact CCS has, since this scenario has this possibility. This is 

used for part of the steel demand, achieving 65% reduction in emissions when using it in combination with top-gas 

recycling in the blast furnace. For cement, CCS allows achieving almost 80% CO2 reduction (although with a high 

energy penalty of 3.4-4 GJ/tCO2 captured [394,710]). Ammonia already has a stream with a high CO2 concentration 
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and this CO2 is already used today for urea production (115 MtCO2 at a global level [437]). Second, the reductions 

caused by the use of hydrogen from electrolysis. This is mainly relevant for steel (35% of the steel demand shifts to 

direct reduction in the 80 scenario), but can also help to reduce the emissions from aluminum. Third, energy efficiency 

leads to smaller fuel input for heat and power generation, while electrifying as much as possible each industry. 

 

The supply sector is constituted by the different gas and liquid sources (see Section 6.3.3.1) and biomass use for 

sectors other than power. Figure 46 shows the impact breakdown by each of these activities across categories for the 

95 No CCS scenario. This scenario was chosen since it has a balance between the least fossil-based fuels and the 

highest (since it is the most restricted) biomass use. In less restricted scenarios (e.g. 80 or 95), the fossil-based fuels 

are higher and dominate most of the categories (which is already the case for some categories in 95 No CCS scenario). 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure 46. Impact for the supply sector by category and source in the 95 No CCS Scenario (EU28+, including 

upstream production and combustion) 

 

Biofuels (which includes BtL) dominate land occupation and water depletion, but they also represent up to 70% of the 

impact in the toxicity categories resulting in the commodity with the largest impact across all categories. Natural gas 

production has the largest impact for fossil depletion (this scenario has less than 1% of fossil-derived liquids since 

most of them have been replaced by BtL/PtL) and ozone depletion. Figure 46 has the contribution by activity, but this 

needs to be put in perspective with other sectors (see Section 6.5.1.3) since for example in ionizing radiation gas 

production has the highest impact, but this is relatively small when compared to the impact of nuclear in the power 

sector.  

6.5.1.3. Impact variation across future scenarios 

From the economic perspective, adding constraints to the system leads to fewer choices to achieve the CO2 emission 

reduction target and hence a more expensive system with a higher marginal CO2 price (Appendix 4.9). The LCA 

analysis allows establishing if a similar trend occurs from the environmental perspective. Figure 47 shows the ratio by 

impact category between the energy system without CCS compared to the one with CCS (both for 80% CO2 

reduction). Noting that only the capture component has been considered (CO2 transport and storage are not included), 

assuming that similar to the economic impact [711], the largest share is due to the capture step. 
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*Red means highest impact in the respective sector across scenarios, while green is the lowest. Relative weights are assigned by impact category. 

Figure 47. Impact ratio by category and sectors across scenarios. 
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The color scale in Figure 47 is assigned with the highest impact within a specific sector. For example, looking at 

climate change, the two scenarios with 80% CO2 emission reductions are darker red than the other four scenarios, 

which have 95% CO2 emission reduction. A similar trend is observed for the other sectors, except for power, where 

the Optimistic – No PtG has the highest impact. This is due to the higher installed capacity (and associated 

construction impact) needed to replace gas capacity in power (further explained in 6.5.2.3). For power, most of the 

highest impact (i.e. red) is in the 95 No CCS scenario. This is expected since this scenario has the double constraint of 

ambitious CO2 target without a key technology such as CCS. This requires a higher electrification rate and more 

hydrogen through electrolysis, which results in larger installed capacities and therefore higher environmental impact 

for most categories. For ionizing radiation in power the impact is relatively the same across scenarios, since it is 

mainly defined by nuclear which remains at a similar level than today for all scenarios. Terrestrial ecotoxicity is 

dominated by solar (since combustion is not part of this sector) and this nearly increases by a factor 6 in the 95 No 

CCS scenario to reach 50% of the total impact the system has in this category. 

 

Industry and transport are the most expensive (i.e. higher marginal CO2 price) sectors to decarbonize. This means they 

emit most of the allowed emissions from the target. Impact for the first 11 categories in Figure 47 can be 30-70% 

lower in a scenario with 95% CO2 emission reduction compared to a scenario with 80% mainly through the larger 

fraction of steel that shifts to direct reduction with hydrogen. This is different for the toxicity categories that actually 

show a higher impact as the CO2 emissions decrease. This is in agreement with previous studies [693] that show that 

carbon footprint has the weakest correlation with toxicity categories. Transport is the worst for the 80 scenario. 

However, the impact for the other scenarios remains within 5% for most categories, since only the manufacturing step 

is considered in this sector (see Table SI 44). 

 

For 80% CO2 emission reduction, most of the impact is dominated by the “Supply” sector (see Figure SI 85). This is 

expected since this scenario still has significant fossil gas and liquid demand and in spite of the lower specific impact, 

the net impact is higher due to the larger energy flows. As the system becomes more restricted (either CCS or CO2 

target), the same fossil fuel supply cannot be sustained and the contribution from this sector to the total of the system 

decreases (i.e. see in Figure 47 how the shade for the supply sector changes from red closer to green). This enables a 

reduction of 75% for freshwater ecotoxicity and fossil depletion for the change from 80 to 95 No CCS. A lower 

reduction in impact (20-40%) occurs across the ozone depletion, particulate matter formation, photochemical oxidant 

formation and terrestrial acidification categories. Overall, the scenarios with 80% CO2 reduction have the highest 

impact, while for 95% CO2 reduction there are trade-offs across impact categories. 

 

Previous studies [703] have shown that there may be an increase in other environmental impacts when the climate 

change impact is reduced with CCS. This would mean that in scenarios without CCS, these impacts would be smaller. 

This is the case for most categories, which have 5-10% lower impacts in the No CCS variations, with the exception of 

freshwater and marine eutrophication for which indicator scores remain the same. The toxicity impact categories show 

higher impact when CCS is possible is not possible. Particularly terrestrial ecotoxicity can be 50-80% higher in the No 

CCS variation, mainly driven by the larger electrification, wind and solar capacity and associated mineral production. 

6.5.1.4. Direct and indirect CO2 emissions 

This sub-section aims to quantify the additional (indirect) emissions that are not part of the CO2 target implemented in 

JRC-EU-TIMES (which is in line with the current accounting and target setting). These are related to either upstream 

activities (for fuel or asset) or emissions that are outside the EU geographical boundaries and therefore currently not 

included in the EU CO2 target. Figure 48 shows the contribution by activity sector for the main scenarios, while Table 

SI 45 has the corresponding values. 

 

The direct emissions mostly originate from the “Combustion” category (in Figure 48) minus the CO2 that is stored 

underground. These (yellow dots in Figure 48) closely resemble the CO2 targets of 914 MtCO2 for 80% reduction and 

293 MtCO2 for 95% reduction. The advantage of the combustion category is that the accounting is done upstream, 

where the gas and liquid are produced and considering the different sources, rather than downstream in all the specific 

gas and liquid uses. This has the advantage of not correcting the emissions from all the equipment downstream 

(depending on the fraction of renewable gases) and that this gas and liquid consumption already considers the 

efficiencies of the downstream equipment. For the 95 No CCS scenario, part of the CO2 is not fully renewable (see 

Figure SI 87). Around 25% of the CO2 used comes from gas use for power generation, while only around 20% of this 
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gas is supplied by PtM. Therefore, most of the gas (for this scenario) comes from non-renewable sources and it is 

affecting the combustion emissions. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure 48. Climate change impacts and breakdown by activity sector for all scenarios (see Appendix 6.4 for values). 

 

The largest contributor to indirect emissions in the 80% CO2 reduction scenarios is upstream production of biomass, 

gas and liquid (see Figure SI 86 for further breakdown of these two categories). Between 67 and 75% of this impact is 

in turn just for the gas production (for these two scenarios). These are highly dependent on the gas source and methane 

leakage associated. One entry with high impact (Slovakia - SK) and one entry with intermediate (50% of SK) impact 

were chosen as representative of the spectrum of gas sources. This represents emissions of 280-360 MtCO2 (which is 

already 30-40% of the CO2 target). Similarly, the 80 scenario has biomass combined with CCS, which allows positive 

emissions in the transport sector (harder to decarbonize), resulting in upstream emissions for the fossil liquids 

production of almost 100 MtCO2. This decreases to 25 MtCO2 with no CCS possible since the amount of fossil liquids 

used decreases (partially replaced by PtL, see 3.5.5 in Chapter 3 for a more detailed discussion). Contribution from 

both fossil gas and liquid production reduces drastically for scenarios with 95% CO2 reduction and no CCS, since 

there is not enough CO2 allowance for fossil fuels and they cannot be compensated by CCS. For these, the upstream 

emissions are only 30-85 MtCO2 related to the minimum gas use in the system. In contrast, upstream emissions for 

biomass have an opposite trend. As the system becomes more restricted, the biomass use is closer to its potential and 

emissions increase from 65 MtCO2 in the 80% reduction scenarios to up to 100 MtCO2 for the 95 No CCS scenario. 

 

For industry, the remaining impact is mostly for mining and production of minerals, chemical conversion, metals and 

materials use. Considering that the impact for the different industries has the same trend as the CO2 emissions (which 

come from JRC-EU-TIMES), the total impact for industry is reduced to 245 MtCO2 in the 80% CO2 reduction 

scenarios and to 125-145 MtCO2 in the 95% CO2 reduction scenarios. This is already subtracting the impact for 

electricity (see Section 6.3.4.3). The original impact for the same set of industries is equivalent to 410 MtCO2 when no 

correction is introduced. The emissions from construction of power plants has the opposite trend (increases with 

stricter targets) since most of the leftover emissions comes from wind and solar. Production from these resources 

increases with lower CO2 target resulting in CO2 emissions from 135-155 MtCO2 for 80% CO2 reduction and 210 

MtCO2 for 95 No CCS. 

 

Accounting for these indirect emissions results in total climate change impacts twice higher than the CO2 target for 

80% CO2 reduction, while it is close to four times the target for the 95% CO2 reduction scenarios. These additional 

emissions can be explained by 3 clusters of sources: (1) Coverage of other GHGs, especially methane in gas 

production; (2) Mining and upstream processing in industries not covered in JRC-EU-TIMES, e.g. materials used for 

vehicles production; and (3) emissions from construction and manufacturing. 
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A couple of previous studies have also quantified the indirect emissions, mostly from the power sector. In reference 

[668], the ratio of indirect to direct emissions was found around 2 to 1 for a scenario that only optimized the direct 

emissions. The additional cost for mitigating indirect emissions as well was 5.2% absolute cost increase compared to a 

scenario with mitigation of only the direct emissions. In [667], there was also a 2:1 ratio when optimizing direct 

emissions only. This increased to almost 5:1 when the direct CO2 emissions were kept fixed at a level that would 

allow reaching the CO2 target counting the indirect emissions. In [623], the indirect emissions from power are 

quantified as 10% of the direct emissions. All of these studies were for 80% CO2 emission reduction by 2050. This is 

expected to be worse for more stringent targets as shown in the present study where a ratio of 4:1 was found for 95% 

CO2 reduction. 

6.5.2. Environmental impact of PtM 

6.5.2.1. CO2 emissions allowance for electricity input 

Most of the PtM impact is defined by the electricity mix used upstream. Examples of the variability across time slices 

and effect over environmental impact of hydrogen is discussed in Appendix 6.5. This section estimates the maximum 

climate change impacts the electricity mix can have in order for PtM to be better than natural gas. Figure 49 shows the 

breakdown of PtM process contributors to climate change taking Germany in the 95 No CCS scenario as example. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 49106. Breakdown of the climate change impact for synthetic methane from PtM (all numbers in gCO2eq/MJ) in 

Germany for the 95 No CCS scenario. 

 

Figure 49 uses an electricity footprint of 25 gCO2eq/kWh representative of a wind (1-40 gCO2eq/kWh [614]) and PV 

(10-190 gCO2eq/kWh [614]) mix. The actual mix by time slice is available and discussed in Figure SI 88. Using this 

mix, the impact for PtM is 13.3 gCO2eq/MJ. Natural gas is between 58 and 85 gCO2eq/MJ107, where the source of 

variability is mainly the upstream emissions. Conventional gas production can have methane leaks in the upstream 

system (i.e. at the well site and gas processing) equivalent to 0.2-2.0% of the gas production [490]. The minimum 

impact PtM can have is the equipment contribution (0.7 gCO2eq/MJ from methanation and 0.5 gCO2eq/MJ from 

electrolysis). This leaves 57-84 gCO2eq/MJ that can be emitted in the electricity production stage. This translates to 

122.6-180.9 gCO2eq/kWh (considering a 60% efficiency from electricity to methane [29]). Downstream emissions 

(storage, long-distance transport and distribution to local customers) can be 0.4-2.5% of the gas production. 

Nevertheless, these emissions will be the same for both synthetic and natural gas. 

 

106 “Imp” 1 to 3 are just sub-totals of the impact with the overall one corresponding to “Imp3” 
107 Range for 22 entries included in Ecoinvent (“natural gas, high pressure//[XX] market for natural gas, high pressure”, where “XX” is the region) 
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The above calculation assumes that PtM does not incur in positive CO2 emissions upon combustion. To fulfill this 

condition, CO2 should come from biogenic sources or air. For the 80 No CCS and 95 No CCS scenarios, 91 and 94% 

of the CO2 comes from biomass. However, when the carbon used for PtM results in positive GHG emissions, the 

allowance should be estimated only considering the upstream emissions from natural gas (since the GHG emissions 

will be positive for both natural gas and PtM). This is the case for the Optimistic scenario where 10% of the CO2 is 

from fossil fuels use for combined heat and power and another 17% from industry. This happens because the multiple 

incentives in the Optimistic scenario that promote PtM make it cheaper to use this fossil CO2 compared to the option 

of not using the CO2.Subtracting the CO2 emissions from combustion, the upstream emissions for natural gas are 3-30 

gCO2eq/MJ. Subtracting the fixed emissions from the PtM equipment, leaves an allowance of 3.8-62.2 gCO2eq/kWh. 

When looking at the electricity impact for each country across the main scenarios (see Figure SI 92), all the countries 

are below the maximum allowable impact of 122.6-180.9 gCO2eq/kWh. All the countries are also below the least 

stringent value of 62.2 gCO2eq/kWh when the part of the CO2 does not come from biogenic sources. However, all the 

countries are also above the minimum of -6.2 gCO2eq/kWh since PtM is attractive when CCS is not possible and this in 

turn prevents the electricity impact to be negative. In scenarios with CCS, the electricity impact is on average lower, 

given that some countries have some (5-10%) contribution from biomass and its negative emissions, the average for 

the grid can be -40 gCO2eq/kWh for the countries with the highest biomass share. Therefore, either high upstream 

emissions from natural gas production are needed for production of synthetic methane to be equivalent or the CO2 

used for PtM needs to come from biogenic sources. The latter conclusion is in line with [448]. 

 

To put these numbers in perspective, previous studies are used. In [258], the allowance for electricity impact was 

estimated at 80 gCO2eq/kWh. For that case, only the upstream process (without combustion) was used since the CO2 

was assumed to come from a coal power plant. The system boundaries in that study also included the electricity 

produced from the power plant providing the CO2 and this constituted most (85%) of the emissions in the reference 

process. The allowance became 120 gCO2eq/kWh when credit for by-products (e.g. steam) was used and nearly -20 

gCO2eq/kWh when PtM was compared to a reference where the CO2 was assumed to be stored (instead of used). In 

[260], the electricity impact was estimated at 73-113 gCO2eq/kWh, which was only achieved when the CO2 was 

considered as a waste product (emitted if not used for PtM). When this is not the case and direct emissions (as well as 

the energy consumption from separation) need to be allocated to PtM, then the allowance becomes negative. 

6.5.2.2. PtM comparison with natural gas across impact categories 

For impact categories other than climate change, three dimensions are analyzed: (1) variability by time slice; (2) 

contribution of steps in the PtM value chain; (3) comparison with natural gas. The daily and seasonal variability can be 

found in Appendix 6.5 (for both electricity and methane). It follows the same pattern as hydrogen, where the time slice 

with the highest impact is the winter peak. Average impact (considering time slice length) for most categories is 

around a third of the winter peak. The environmental impact of the synthetic methane produced during the nights, 

highly depends on the technologies covering the gap from solar. Depending on the country, this can be hydro, nuclear, 

gas, biomass or geothermal. Considering that it is not only about marginal unit of production (that defines the impact), 

but also about the energy balance (much lower production overnight), the production of synthetic methane decreases 

drastically by night, so it will reduce its contribution to the total impact. The contributions of each step in the synthetic 

methane value chain, as well as the comparison of the total impact with natural gas are shown in Figure 50. 

 

PtM has similar or lower impact than natural gas for 10 out of 18 categories. For most of these categories, the major 

contribution is the electricity consumption in the electrolyzer. For climate change, even though the 95 No CCS 

scenario has average emissions of less than 20 gCO2/kWh for the electricity, its contribution is almost 90% of the total 

impact for PtM. This is due to a relatively small impact from the construction of the electrolyzer and methanation 

plant, which makes the electricity share larger. Electrolysis equipment does contribute up to 40% in some categories 

given that the high renewable contribution to the electricity mix reduces this share of the total impact. Overall, the 

construction of power plants has a relatively large contribution across categories due to the large share of wind and 

solar in the electricity mix and for these two technologies most of the impact is during construction. Some examples 

are that 80% of the land occupation impact is due to wind or that 60% of the climate change impact due to equipment 

construction is due to PV. 
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Figure 50. Breakdown by individual steps of PtM environmental impact across categories (left axis) and comparison 
with natural gas (right axis) in the 95 No CCS scenario (average electricity for all countries). Note: PtM/NG impact 

ratio for metal depletion is 16.3 for terrestrial ecotoxicity, omitted for readability of the rest of categories. 
 

The worst performing categories for PtM are: (1) metal depletion; (2) water depletion; (3) ionizing radiation and (4) 

terrestrial, marine and human toxicity. PtM metal depletion is more than 10 times higher than natural gas, given that a 

share of the construction of upstream electricity production is allocated to the PtM plant. These plants sole purpose of 

construction is to satisfy PtM demand and hence their impact is directly allocated to PtM. At the same time, natural 

gas production is relatively efficient and simple (a well vs. a chemical plant for PtM). The same effect justifies the 

higher PtM impact in land related categories (these represent an inventory of land occupation rather than impact) and 

toxicity categories. Water depletion is also expected to be higher since that is the main source of hydrogen for 

electrolysis, while natural gas production requires limited water use. Figure 50 has the entire water consumption of the 

electrolyzer. However, this impact could be halved by treating the water produced by PtM and recycling it as feed to 

the electrolyzer. Ionizing radiation is higher for PtM due to the nuclear share of the electricity consumed. Figure 50 

has the average for all countries with a corresponding 10% share of nuclear in the 95 No CCS scenario. For the 

toxicity related categories, it should be noted that uncertainty is high and a large difference could still mean that PtM 

and NG have similar impacts. 

 

Hitherto, a limited number of studies has assessed the environmental impact of PtM for categories other than climate 

change. In [258], PtM was more attractive than natural gas only in global warming and fossil depletion. For marine 

eutrophication, particulate matter formation, terrestrial acidification and photochemical oxidant formation, the impact 

for both was comparable. For the rest (8 categories), the PtM impact was higher including 3 categories with an impact 

ratio over 100. One category where the current study differs is in natural land transformation. The higher land 

occupation for PtM is spread across three categories related to land, resulting in a higher overall PtM impact, while in 

[258] land was expressed in a single category. Another study [257] also assessed the impact for other categories. It 

compared the potential uses of 1 MWh of surplus VRE electricity covering electricity storage and Power-to-X. For 

freshwater and marine eutrophication, human toxicity, particulate matter formation and terrestrial acidification, PtM 

had a similar effect than natural gas, while for mineral resource depletion PtM performed better. Similar results were 

obtained in [680]. Higher (than NG) PtM impacts were obtained for ionizing radiation, particulate matter, acidification 

freshwater and terrestrial eutrophication with a lower impact for climate change and ozone depletion. 

 

For some categories, PtM impact can be higher than NG, but if the original NG was already small in comparison to the 

total impact of the system, then an impact increase by PtM would have less relevance. The total PtM impact is 

expressed as a fraction of the total system impact to understand its contribution (see Figure SI 95). For 7 (out of 18) 

categories, PtM impact is relatively small (less than 3%). Most of the impact across categories is dominated by the 

electricity input, which covers both construction and operational components. So for example, fossil depletion is 

mainly defined by fossil use for power generation (through combined heat and power and for the winter peak and 
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some nights). Similarly, metal depletion is dominated by the construction of upstream power plants just to supply the 

electricity for the electrolyzers and subsequently to methanation. The PtM equipment itself (electrolyzer and 

methanation) has limited impact across categories, except for water consumption and terrestrial acidification that are 

driven by the water consumption for electrolysis (the latter could be halved by recycling the water produced by PtM).  

 

The relative PtM impact also reaches a significant share (10% or more) for 6 of the categories for the Optimistic 

scenario. This is to be expected since almost 75% of the gas demand is satisfied by PtM in this scenario. The other 

factor contributing to making PtM impact larger is that the rest of the system is also decarbonizing to achieve the 

overall 80 to 95% CO2 reduction target, so PtM relative contribution increases since the total is also smaller. 

6.5.2.3. Environmental impact for not developing PtM 

Currently PtM has not been deployed on large commercial scale. There is the risk that it does not go beyond the 

“valley of death” [712] typical of technologies in development. This sub-section assesses the consequence of not 

having PtM in the technology portfolio. The approach was to establish the upper bound for this impact by using the 

Optimistic scenario where PtM capacity is the largest compared with the same scenario and boundary conditions, but 

without PtM. This Optimistic scenario has all the drivers in favor of PtM (see Table 19), resulting in an installed 

capacity (for methanation) of almost 670 GW. It satisfies almost 75% of the gas demand. This gas demand is largely 

reduced to around 7 EJ/yr (compared to 18 EJ/yr in 2015), where the largest demands are power (~2 EJ/yr), marine 

transport (~1.5 EJ/yr) and industry (~1.5 EJ/yr). This requires investments in the order of 8 bln€/yr by 2050. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure 51. Impact ratios by LCA category of the Optimistic scenario with PtM over Optimistic scenario without PtM. 

 

In case the technology is not available in such favorable conditions, more expensive options are chosen throughout the 

system. 1 EJ/yr of biomass is diverted from BtL (i.e. transport) to heating, where it replaces the heat recovered from 

PtM (since the Optimistic scenario assumes a higher efficiency through heat recovery) through centralized gasification 

and district heating. Biogas is partially (0.2 EJ/yr) diverted from heat generation industry to power to cover part of the 

gap left by PtM. There is a lower gas demand for power generation (1.1 EJ/yr) and VRE resources with lower capacity 

factors are chosen for power generation to compensate for the lower gas-based generation. 70 MtCO2 from direct air 

capture are needed and used for PtL. CO2 use for PtL increases from 60 Mt/yr to 225 Mt/yr to be able to use the 

biogenic CO2 to satisfy transport demand. This displaces fossil fuels and allows the equivalent CO2 emissions from 
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gas combustion, which now comes mainly (75%) from Norway. Based on this, total gas demand reduces from 8.7 

EJ/yr to 5.5 EJ/yr. These changes make the removal of those last CO2 molecules 15% more expensive. However, the 

total discounted cost for the system is only 1.2% higher. The corresponding changes in the environmental impact are 

presented in Figure 51. 

 

The main change without PtM is that a larger installed capacity (and corresponding construction emissions) is needed 

in the power sector to replace PtM contribution. This results in 20% higher impact for climate change without PtM. 

This negative impact is attenuated by the relatively small contribution (less than 5%) gas has in the overall electricity 

mix. At the same time, power is only 25% of the overall impact for the system (see Figure SI 96). 50% of the impact 

comes from the “Supply” sector, where the increase in emissions due to upstream gas production is compensated by 

lower combustion emissions from liquid fuels resulting in the same total emissions. The fossil-based liquids are 

further displaced by PtL given that (1) the CO2 budget is now needed for gas; (2) PtL is the only CO2 sink left (neither 

CO2 storage nor CO2 use in PtM are possible in this scenario). Biomass is not used anymore for hydrogen production 

and replaced instead by electrolysis. Therefore, the scenario without PtM has a climate change impact just over 4% 

higher than the same scenario with PtM, mainly due to the higher construction of the additional power generation. 

 

When looking at other categories, the main changes come from the different gas and liquid balances. For fossil 

depletion, natural gas replaces part (considering that gas demand is lower when there is no PtM) of the PtM gap, 

which increases fossil depletion. However, that is partially compensated by PtL displacing part of the fossil-based 

liquids. Even considering this, the impact for the “Supply” sector is 15% higher upon PtM absence which translates 

into 9% higher for the entire system. In the eutrophication and toxicity categories, the change is mainly associated to 

the lower impact that natural gas has in these categories (compared to PtM), resulting in slightly (~5%) lower impact 

for the system without PtM. Metal depletion is overall 20% lower for the scenario without PtM. This change is driven 

by the “Supply” sector, where the 670 GW of PtM are not present anymore combined with 200 GW less of 

electrolysis. This is replaced by only 285 GW of additional PtL capacity. Therefore, one reason for the large 

difference is the equivalent difference in capacities and materials needed for construction, as well as the level of detail 

in the inventory data used. While the methanation step uses data from the Store&GO project [685], which seems to 

introduce a higher construction penalty (see Figure 49), while PtL uses data from the RENEW project [687,688] and 

carries a small penalty (when using impact per unit of energy produced). No studies assessing systems designed with 

and without PtM (to consider replacing technologies) were found in existing literature, hence precluding any 

benchmark of these findings. 

6.6. Conclusions 

This chapter has evaluated future scenarios for an energy system that reaches 80 to 95% CO2 reduction by 2050 in line 

with the EU decarbonization strategy. For this, an energy system model, based on cost optimization (JRC-EU-TIMES) 

has been used to evaluate the different pathways. Ex-post analysis of the output has allowed to expand the 

environmental impact to 18 midpoint categories using ReCiPe methodology. Conclusions are drawn on two aspects: 

(1) for the entire system; (2) with emphasis on PtM. 

 

For the entire system, indirect GHG emissions can be as large as direct ones for 80% CO2 reduction targets, while they 

can be up to three times as large for 95% CO2 reduction. Up to 50% of these extra emissions are associated to the 

upstream production of fossil fuels that are left in the 80% CO2 reduction scenario, while these are more evenly 

distributed across sectors for a 95% CO2 reduction including the manufacture of vehicles, construction of power plants 

and remaining emissions from the industry sector. This is even considering significant improvement in time for 

industry and corresponding impact for materials during the construction phase. Currently, part of these emissions is 

not covered in the CO2 target for EU, but could mean lower actual reductions when accounted for, especially for low 

carbon targets. Impact across categories does improve as the CO2 target decreases, but to a smaller extent. A change 

from 80 to 95% CO2 reduction can translate into improvements of up to 30% in categories other than climate change. 

A large share of the impact is defined by the mix of fuel sources. The use of Power-to-X technologies presents a clear 

opportunity to decrease the climate change impact, but it can be detrimental in other categories such as metal 

depletion, eutrophication or toxicity-related impacts. The sector with the next largest impact across categories is 

power, where the largest impacts are due to the construction of wind turbines and solar panels. These contribute up to 

75% of the electricity production in scenarios without CO2 storage since additional power is needed to produce 

hydrogen through electrolysis. Impact for the transport sector had limited changes across the scenarios evaluated. 
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For PtM, the contribution from construction of the plants was found to be 4.3 gCO2eq/kWh (1.2 gCO2eq/MJ) of CH4. 

Considering that the impact associated to natural gas production can be between 10-108 gCO2eq/kWh (3-30 

gCO2eq/MJ), the allowable electricity footprint is 3.8-62.2 gCO2eq/kWh for PtM to be more attractive than natural gas 

production. When adding combustion emissions from natural gas, this allowance increases to 122.6-180.9 

gCO2eq/kWh, as long as the CO2 used for PtM comes ultimately from air (biogenic or direct air capture). In the low 

carbon scenarios analyzed, all the countries were below 50 gCO2eq/kWh (on average for the entire year). PtM has 

similar or lower impact than natural gas for 10 out of 18 categories. For most of these categories, the major 

contribution is due to the electricity consumption in the electrolyzer. The electrolyzer does contribute up to 40% in 

some categories (water depletion and terrestrial acidification) given its large (compared to the total system) water use. 

This impact can be halved by using the water produced by PtM back in electrolysis. The worst performing categories 

for PtM (compared to natural gas) are: (1) metal depletion; (2) water depletion; (3) ionizing radiation and (4) 

terrestrial, marine and human toxicity. 

 

The impact of not having the technology was assessed in a scenario where all the drivers (co-occurrence of 11 

parameters in JRC-EU-TIMES in favor of PtM) are in favor of the technology. PtM reaches 670 GW of installed 

capacity across EU providing around 75% of the gas demand. This establishes the upper bound for the environmental 

impact. Upon its absence, climate change impacts become worse by ~4% and fossil depletion by 9% (since it is 

partially replaced by natural gas). In contrast, there is an improvement for most of the other categories mainly 

associated to the absent impact of the construction of methanation (and associated upstream equipment) facilities. 

 

Among the limitations of this work are the ex-post nature of the analysis and the lack of feedback to the optimization 

results. The level of technological detail for life cycle data in industry was not at the same level as the ESM. Factors 

like waste use, recycling rates and circular economy were not explicitly included as part of the analysis, but are 

expected to play a large role in the path to a low carbon system. The level of detail for Power-to-Liquid inventory 

needs to be improved as new demo sites or plants are constructed. LCA and ESM integration is largely beneficial for 

both methods. It can benefit from standardization, having a centralized database to use as reference for common 

processes in ESM, criteria for matching technologies with ESM and alternatives to handle the data. 
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Abstract 

As the energy system decarbonizes, wind and solar are expected to increase their share in the energy mix. Electrolyzers 

can support renewable integration while at the same time providing a carrier that can be used beyond the power sector. 

This study combines a cost optimization model that covers the use of hydrogen across the energy system with a power 

model that increases the temporal resolution to analyze the operability of the power system. A scenario with high 

(~1000 GW) electrolysis capacity and 95% CO2 reduction by 2050 (vs. 1990) is used to understand what is the 

maximum impact that electrolyzers can have in the power system and how it differs from the current operation. With a 

willingness to pay (WtP) of 60 €/MWh for the electricity by the electrolyzer, the average electricity prices are 30-40 

€/MWh combined with a CAPEX of 400 €/kWel, the hydrogen production price is 2-3 €/kg with operating hours 

between 2000 and 6000 hours for the electrolyzers. The additional money flow (from the hydrogen to the power 

market) causes that 70-90% of the countries recover the capital investment for wind and solar. With such a large 

capacity, there is an inversion of roles in the power market and the electrolyzers are the price setters for 2000-6000 

hours a year, are the flexible units to match supply and demand and could satisfy the balancing and reserves needs (as 

opposed to generators today). Further work includes using the capacity expansion capability of the power model, 

optimizing electrolyzer to wind/solar capacities with the hourly model and creating variable WtP curves for each 

country. 
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7.1. Introduction 

The 2030 climate and energy framework for the EU includes a 32% share for renewable energy [713]. Looking at the 

shorter term, the corresponding target for 2020 is 20% [714]. By 2017, this share was already 17.5% [715]108, though 

with an even distribution across sectors. Transport only has around 7.5%, heating almost 20% and the share in 

electricity is over 30% [715]. The share in electricity has been achieved mainly through wind and solar deployment 

with 11.3 GW of wind and 8 GW of solar deployed in 2018 (as a reference the total installed capacity in EU is around 

1000 GW) [716]. The disadvantage these sources have is their variability and that they require higher flexibility from 

the power system to follow their production as its share increases [227] (see Chapter 2). Power-to-X (PtX) can provide 

a double benefit. On one hand, it can be a load-follower (electrolyzer) and adjust its operation depending on electricity 

generation to reduce curtailed electricity and spikes in prices supporting renewable integration. On the other hand, it 

represents a bridge between the electricity sector, which already has the highest renewable share and where low-cost 

options like wind and solar are already available with a sector like transport that is inherently more difficult to 

decarbonize requiring higher CO2 prices [4]. Other advantages PtX has are that it can: (1) Exploit the use of existing 

infrastructure for transporting and storing hydrogen and synthetic fuels; (2) transform electricity into a carrier that it is 

easier to transport and store; (3) supply hydrogen that can be used in combination with CO2 from biogenic sources (or 

even air) to produce synthetic fuels and feedstock for chemical industry [14]. The high cost of electrolyzers (currently 

at 1000-1500 €/kW [26,86,251,304,308]) is a key barrier to overcome [717]. 

 

Since PtX is a sector-coupling technology, two main aspects are needed. First, how PtX product compares with 

competing technologies across different sectors. This applies both to the production side (e.g. how electrolytic 

hydrogen compares with hydrogen from gas reforming) and end use (e.g. how synthetic liquid from Fischer-Tropsch 

compares with biofuels). PtX need will also be different as the energy system moves towards low CO2 emissions and 

how the remaining emissions are allocated among sectors (see Chapters 3 and 4). Second, a key cost for electrolytic 

hydrogen is the electricity input. Therefore, there is a trade-off between making use of the hours with the lowest 

electricity prices and achieving enough operating hours to reduce the CAPEX contribution to the hydrogen production 

cost [22]. To tackle these two angles, two complementary tools are used in this study. One is a cost optimization 

model that covers the entire energy system and that captures all the supply and demand balances and PtX competition 

across sectors and with other technologies (see Chapters 3 and 4). The other is a power model that increases the 

temporal resolution to an hourly step and evaluates the operational feasibility of the power system, as well as the hour-

by-hour optimal system configuration and the role that electrolyzers can have. The combination of these models, 

therefore, has both a system-wide coverage and an hourly resolution for the power system. Furthermore, both models 

have an EU28 coverage, which makes the study relevant for the entire EU rather than being limited by specific 

national constraints that are not applicable to other regions and instead captures the interaction and trading between 

Member States and makes the direct link (without need for hypothesis or adaptation) with the EU energy strategy. 

 

The cost optimization model is JRC-EU-TIMES [369–371]. Its main advantages are: (1) it makes trade-offs among 

flexibility options (where PtG is in direct competition with storage, Power to Liquid (PtL), power to heat and demand 

side management); (2) it calculates prices endogenously based on supply and demand curves; (3) capacity expansion is 

considered, leading to the optimal PtG capacity being an output of the model. The other is a power model (called 

METIS [718]) which is able to determine the optimal operation of the installed capacities defined by JRC-EU-TIMES. 

The main gap from JRC-EU-TIMES that METIS covers is the temporal resolution (hourly for METIS vs. 24 time 

slices for JRC-EU-TIMES), which is important to capture variable renewable energy (VRE) fluctuations and potential 

hours with surplus. The main gap JRC-EU-TIMES covers is the link with the rest of the energy system, potential 

downstream use of hydrogen and effect over its price. A common approach to define the electrolyzer operation in the 

power system is to define an electricity price threshold that the electrolyzer is willing to pay [719–721]. Above such 

threshold, the electrolyzer would shut down (or at least reduce the load to its minimum) since the input is too 

expensive, while for the hours below the threshold it would operate at full load. This resembles the operation of 

generators, where operating when the electricity prices are below the marginal production cost is not attractive. This 

threshold electricity price will be defined based on the electrolyzer income (mainly defined by the hydrogen price, 

which is in turn is defined by the market where hydrogen is sold) and the marginal cost of run (explained in more 

detail in Section 7.2.5). 

 

108 See also indicator [nrg_ind_ren] from Eurostat 
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From the technology (PtG) perspective, most of the studies so far are limited to a specific dimension. Some models 

[254,265,267] focus on the operational component without finding an optimal PtG capacity for a given scenario. Some 

models [150,254,337,454] focus on the power sector and dealing with power surplus rather than using the surplus for 

other sectors (e.g. PtX 109 ). PtG has been analyzed on a local [242,264,337], national [455–457], regional 

[192,197,205] and global [138,454] scale. The multi-model approach used in this study allows overcoming some of 

the limitations previous studies had. From the modeling scope perspective, some previous studies [719,722] disregard 

the rest of the power system, trading between neighboring countries and focus on the PtG system and take historical 

electricity prices or just estimate PtG profitability with a fixed electricity price [723] to avoid making the link with the 

power system operation. Some models do have a more detailed hourly resolution of the power system and even the 

potential congestion of the network, but lack the capability of optimizing the generation capacity [343,724]. The need 

for capacity expansion has been highlighted by [725] that showed that hydrogen production from electrolysis will lead 

to a higher increase in production cost than if the generation side is allowed to adjust to the new demand (since the 

electrolyzers would just represent additional electricity demand). Looking forward, with higher VRE shares, more 

storage, demand response, heat pumps, among others, the supply, demand and prices are expected to look different 

than now. There are also studies [327,574,726] that do use hourly, and a high spatial, resolution modeling the grid and 

potential locations where the electrolyzers could decrease the potential surplus. These, however, lack the integrated 

power and hydrogen optimization where the electrolyzers are sized based both on the hydrogen demand and the effect 

on the power system and as one more component of the demand curve (rather than only dealing with surplus and 

supporting renewable electricity integration). From the electrolyzer perspective, some studies focus on using surplus 

electricity [726–728] or off-peak power [729] rather than having the electrolyzer as part of the demand curve. 

Electrolyzers have also been evaluated to improve the utilization of nuclear energy [344,347,730] and integrate wind 

[349,352,731–733], solar [734] and even wave energy [350], but these usually tend to fall in two categories: either 

focusing on the economic evaluation of the stand-alone case and equipment size ratios considering a single plant 

rather than the interaction with the power system; or based on historical profiles for VRE and demand and residual 

loads rather than a power dispatch model.  

 

Comparing with the above literature, some of the gaps that are covered in this study are: electrolyzers do have an 

effect on electricity price and are not only price-takers; the optimal generation capacity is calculated (by JRC-EU-

TIMES) rather than as an input from an exogenous scenario; consideration of the hydrogen demand across sectors; use 

of future electricity prices (rather than historical) based on future VRE profiles (climatic year); covering the entire 

power generation portfolio (rather than only the stand-alone plant); EU scope (rather than regional); fully renewable 

scenario with large electrolyzer capacity (rather than a transition one). The main added value (and complementary 

aspect of the literature) of this study is that the other extreme of the operation of the power system is analyzed. Most 

of the previous have as starting point the current system and aim to understand how marginal capacities of 

electrolyzers can deal with potential surplus, avoid wasted energy while achieving low hydrogen production cost. This 

study aims to understand the end state and assess if a system, where the power sector provides enough electricity to 

produce hydrogen for all the other sectors, is feasible. For this, a scenario with a high electrolyzer capacity produced 

with JRC-EU-TIMES (see “Hydrogen” scenario from Chapter 3) is used and analyzed in detail with METIS to 

determine: its operational feasibility; the effect that electrolyzers have on the power market including electricity prices 

and surplus; how do the electrolyzers affect the supply and demand balance; in what ways do electrolyzers support 

VRE integration (operational and economic); if this electrolytic hydrogen is attractive considering its downstream 

markets. The large electrolyzer capacity used in this study corresponds to a low-carbon future (95% CO2 reduction by 

2050 vs. 2005), where electricity is supplied mostly with renewables (remaining CO2 emissions are in other sectors). 

 

This study excludes the use of the electrolyzer for reserve [18,249,735,736], which can contribute to their profitability 

by providing an additional source of revenue [724] and can contribute 10-30% to the total revenues, but can make a 

large difference in profitability [574]. However, this would require an even more detailed modeling exercise (e.g. sub-

hourly [737]), which can still be done with METIS, but it would be one more step beyond the core modeling of JRC-

EU-TIMES and a more difficult interpretation of the results. In spite of considering a future climatic year affecting 

VRE profiles, still a deterministic approach is used, while other studies [343] do incorporate a stochastic approach. 

 

Section 7.2 explains the methodology used, 7.3 describes how the future low-carbon system could look like, 7.4 shows 

the main results, 7.5 puts in perspective the results by making the contrast with the current system and the changes 

 

109 PtX = Power to X = Power to Heat, Hydrogen, Methane, Methanol and other liquids 
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needed to achieve the low-carbon system, 7.6 draws additional insights from the study, while 7.7 concludes and 

highlights opportunities for further work. 

7.2. Methodology 

This section aims to explain the methodological aspects of the soft-linking to be able to understand the context of the 

results. JRC-EU-TIMES and its capabilities have already been introduced in previous chapters (see Chapters 3-6), so 

only METIS is covered in Section 7.2.1. This is followed by previous examples of coupling energy and power models 

(Section 7.2.2) to understand better the strengths and weaknesses of the approach followed in this study (Section 

7.2.3). Given the large electrolyzer capacity (almost 1:6 ratio when compared to the total installed capacity for 

generation), it is important to understand what is the operation strategy of the electrolyzer (Section 7.2.4) and how its 

economic profitability is defined based on the electricity price threshold (Section 7.2.5). 

7.2.1. The METIS model 

METIS (Markets and Energy Technologies Integrated Software) is a novel and robust tool that combines multiple 

unique aspects. It covers the energy system (cost and operation) and the energy markets (competition and prices) for 

electricity, gas and heat with an hourly resolution for power and daily for gas [738]. The market module can provide 

insights on the day-ahead, intraday and balancing markets [739]. The power system uses a rolling horizon approach 

and embeds a model for frequency reserves that can be optimized simultaneously with power dispatch [740]. It counts 

with capacity expansion capability (when run in high-performance computers). It uses an approach110 that allows 

reducing calculation time by clustering same types of units without losing the capability of capturing the dynamic 

constraints [740]. It can use a stochastic approach for power plant outages, demand and VRE profiles [739] 

(uncertainties of future weather variations by considering climatic years profiles). For the power market, various 

bidding strategies can be used by each participant (marginal, strategic, oligopoly or fixed operating costs) [739]. The 

geographical scope is flexible and can be adjusted to cover EU and interactions between Member States or at a 

regional level [741]. Each node can represent a country or a region at a NUTS2 level [742]. It was developed by 

Artelys for the European Commission (DG ENER). METIS follows the recent trend of open models for transparency 

and collaboration [512] and publishes all the data of scenarios and studies [743]. It uses Python (language) and FICO 

Xpress (solver) [738]. The tool has a modular structure, which makes easy the addition of new modules, modification 

of existing ones and scalability of the model (see Figure 52). The development process ended in 2018 and the source 

code will soon be published. 

 

Some of the issues that METIS can look into are [744]: 

• The impacts of mass Renewable Energy Sources integration to the energy system operation and markets 

functioning (for one or all sectors); 

• Modelling of electricity and gas markets under different market designs; 

• Modelling of electricity and gas flows between zones; 

• Cost-benefit analysis of infrastructure projects, as well as impacts on security of supply; 

• Generation adequacy analysis; 

• Studying the potential synergies between the various energy carriers (electricity, gas, heat); 

• What is the cost / savings of a specific measure for a given year? 

• Impact of new energy usages (e.g. electrical vehicles, demand response) on the network reinforcement and 

generation costs. 

 

 

 

110 Linear programing clustered unit commitment 
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Figure 52. METIS structure and components (from [718]). 

 

In terms of flexibility options, METIS counts with demand response [745] including heat pumps, electric vehicles and 

industrial loads (see Table 20), storage in the form of pumped hydro and batteries (besides gas and heat storage). For 

grid expansion, the model uses one node per country with corresponding net transfer capacities (NTC – maximum 

trading between neighboring countries). Given its modular nature, it can easily integrate linear network models such as 

flow-based or DC load flow [718]. Lately (after this study), it was also expanded to include electrolyzers and 

methanation [746]. This is additional to the inherent flexibility measures of curtailment and flexible operation of the 

power plants. 

 

Table 20. Flexible demand parameters by sector considered in METIS [718]. 

Sector Technologies Parameters 

Residential Heat pumps Load profile (temperature 

dependent) 

Maximum load shifting capacity 

Electric vehicles Arrival / departure time series 

Charging capacity 

Available storage volume 

Boilers for hot water Load profile 

Capacity 

Commercial Short-term load shifting (cooling, ventilation, water 

supply) 

Demand profile 

Maximum load shifting potential 

Industry • Load shedding (aluminum, copper, zinc, chlorine, 

steel) 

• Short-term load shifting (industrial ventilation, water 

supply) 

• Long-term load shifting (paper, cement, production 

processes, industrial cooling) 

• Demand profile 

• Maximum load shifting potential 

• Shedding activation costs 

 

METIS has already been used in several studies, from the conventional analyses in the power system for role of 

storage (in 2030) [747] and RES integration [748] to less conventional ones using its stochastic capability to analyze 

how weather-driven uncertainties could affect the flexibility needs, system adequacy and revenues for firm capacity 

[749] or focusing on alternatives structures for the power market [750]. It has also been used for district heating 
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evaluations [751] and gas security of supply [752]. In the space of sector-coupling, it has been used for decentralized 

Power-to-Heat (heat pumps) [753], the impact of BEV on the power grid [754] and even already for PtX options [755] 

with the difference (respect to the present study) that the demand for PtX is as an assumed fraction (5-15%) of the 

hydrogen and liquid demand from exogenous studies rather than coming from an economic comparison of competing 

supply technologies. For more detailed and updated information on METIS, refer to [743]. 

7.2.2. Soft-linking from previous studies 

Energy models have the fundamental trade-off of covering a wider part of the energy system with a wide-ranging set 

of policies at the expense of simpler representation of some of its aspects to ensure computational tractability [701]. In 

particular the right spatial and temporal boundaries and resolution needs to be set [512]. A lower temporal resolution 

can lead to overestimating the VRE penetration and underestimating the CO2 emissions from the system [756] and this 

has been proved to be more important than introducing the operational constraints of the generators [757]. A solution 

can be to select better time slices111 that capture this variability [475,476,758] or introduce additional equational and 

constraints aiming to capture that variability [759]. The other way is through soft-linking, which can be unidirectional 

to check the flexibility requirements, operational feasibility and potential technical constraints of the power system 

with the overall solution provided by the energy model or can be bidirectional to consider such factors and feedback to 

the energy model through changes in parameters or constraints aiming to be closer to the solution provided by the 

power model [760]. The latter one has the advantage of considering the effect over the generation mix and being 

closer to the global optimum with the disadvantage of identifying what are the best constraints and parameters in the 

energy model to change to be closer to the solution from the power model and the need for various iterations for 

convergence. In this case, since the intention is to check the operational feasibility of the system and potential effects 

that it can have on the power market, the link is only from the energy to the power model. Table 21 has some of the 

key previous studies that have looked into soft-linking an energy and a power model to be able to benchmark the 

methodology used in this study (Section 7.2.3). 

 

Table 21. Previous soft-linking studies between a cost optimization energy model and a power model. 

Tools Scope Type of soft-link Notes Reference 

EM: 288 time slices. 

PM: simulation, no 

capacity expansion 

30% lower CO2 

emissions in 

Portugal by 

2050 (vs. 2005) 

Bidirectional. 

Criterion: < 10% 

diff. in capacity 

factors for VRE 

6% lower VRE and 85% lower 

surplus when using PM for a 

scenario with low storage 

capacity 

[761] 

EM: 12 time slices with 

6 regions. PM: Same 

VRE profiles for all 6 

regions 

Power system 

security for Italy 

in 2030 

Unidirectional, each 

tool assesses a 

different dimension 

of system security 

Distinctive feature is the 

application to various time 

horizons of power system 

security 

[131] 

EM: 12 time slices, 

storage as a single 

process. PM: individual 

plants rather than 

clustered 

16% RES 

penetration in 

power for 

Ireland in 2020 

Unidirectional since 

main added value 

was to test the effect 

of operational 

constraints 

PM was run with increasing 

level of technical constraints 

for generators 

[762] 

EM: 9 time slices, only 

power, no trading, only 

for capacity expansion. 

PM: trading and 

reserves included 

NL in 2030 and 

2050 with up to 

95% CO2 

reduction (vs. 

1990) 

Unidirectional Focus on operation rather than 

reliability of the power system 

[763] 

*EM: Energy Model; PM: Power model 

 

None of the references above does the soft-linking for EU (specified as follow-up work in [131]), but instead focus on 

a single country. The methodology for soft-linking in these studies is relatively consistent and used as input for 

defining the steps to perform the soft-linking in this study. 

 

 

111 Through clustering algorithms such as k-medoids, k-means or fuzzy C-means [475] 
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7.2.3. Soft-linking in this study 

Soft-linking is not new for either model. JRC-EU-TIMES has been coupled with behavioral (see Chapter 5), 

environmental (see Chapter 6) and grid [764] models. TIMES itself is commonly coupled with macroeconomic 

[65,66,665,666] models, but also climate [765] and air pollution and health [766] models. Similarly, METIS was 

developed in the framework of the EC modeling framework and meant as complementary tool of PRIMES112 and 

POTEnCIA [767]. Therefore, it is actually common that it takes large part of its input from PRIMES and this has 

already been done and standardized [768]. Such soft-linking however, is much more extensive including demand, 

installed capacities by technology and country, techno-economic parameters (CAPEX, OPEX, efficiency, availability 

and CO2 emissions but also the operational parameters113) for the generators, NTC, fuel prices, capacity factors for 

wind, solar and run-of-the-river plants. 

7.2.3.1. Steps for soft-linking 

The procedure for soft-linking is similar to previous studies [131,762] since the fundamental nature of the models is 

similar (energy and power models): 

 

• Select the scenario and targeted year from JRC-EU-TIMES. 

Harmonize data between both models. Fuel prices and techno-economic parameters for generators (see  

• Table 22 based on JRC-EU-TIMES and capacity factors for VRE from METIS (since it has hourly profiles). 

• Extract scenario dependent information from JRC-EU-TIMES to METIS (capacities for generators by country 

and technology and hydrogen demand by country, electricity demand – average and peak – by country, CO2 

price). 

• Run METIS in operational mode to quantify curtailment by country, potential congestion of interconnection 

between countries, hours of loss load. 

• Run METIS with capacity expansion to increase gas turbines capacities and solve loss load and adjust the 

capacity of interconnectors as necessary to avoid excessive congestion. 

 

After these steps, some checks can be to identify if there are country or hours with very high electricity prices (use of 

expensive generation and there might be alternative solutions), if there are large differences in electricity prices 

between countries (sign of potential limited interconnection), low operating hours for the electrolyzer (indicating 

oversizing with respect to VRE capacity) or low average electricity price paid by the electrolyzers with respect to their 

WtP (which can indicate either too much generation or similarly, an undersized electrolyzer). 

7.2.3.2. Soft-linking parameters 

Output from JRC-EU-TIMES was used as input for METIS (scenario dependent) and underlying assumptions have 

been aligned between both tools (scenario independent, e.g. fuel prices). An overview of all the parameters involved in 

the process is shown in Figure 53, while  

Table 22 shows more detail on the parameters exchanged for soft-linking. There was limited feedback from METIS to 

JRC-EU-TIMES. 

 

 

112 Modeling framework used for official impact assessment and studies for the European Commission [48,50] 
113 Minimum generation, positive load gradient, negative load gradient, start-up cost, off-state minimal duration, efficiency as a function of load 



Chapter 7 
 

 

168 

 
Figure 53. Key parameters for the individual models and for soft-linking. 

 

Table 22. Parameters taken from TIMES used to modify input to METIS. 

Parameter Level of detail Scenario 

dependent 

Notes 

Installed 

power capacity 

By country, by 

technology 

y Some technologies (e.g. CHP, geothermal, tidal) were not 

available in METIS and aggregated in a similar category 

Load By country, peak and 

average 

y Demand was available by sector, but the version of 

METIS114 used did not include sectoral demand profiles. 

Therefore, total demand time series were used. 

Hydrogen 

demand 

By country y This was in energy terms (considering the electrolyzer 

efficiency) with the degree of freedom for the power model 

to select the number of operating hours 

CO2 price One for the entire 

system 

y This is the marginal and not the average price 

Fuel prices Oil, gas, coal by 

country 

n Aligned with reference scenario 2016 [21] 

Techno-

economic data 

for generators 

By technology n Cost (CAPEX, OPEX), net efficiency and CO2 emission 

factors for different types of generators 

 

The analysis of the power system with METIS was conducted at an hourly resolution, which meant that the following 

additional input not available in JRC-EU-TIMES, was required:  

• Hourly load profile (by country) 

• Hourly capacity factors for wind and solar (by country) 

• Hydrological data for pumped hydro storage 

• Reserves 

 

Time series data from METIS EUCO30 2050 were used since this was identified as the closest scenario to the ones 

modelled. For the specific case of capacity factors, the hourly profiles from METIS were used to update JRC-EU-

 

114 METIS v1.3 
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TIMES and ensure consistency between both tools (since this affects potential electricity surplus and levelized cost of 

electricity). 

7.2.4. Modeling the electrolyzers 

There are two ways of modeling the electrolyzers. One by taking the electrolyzer capacity from JRC-EU-TIMES, 

using a willingness-to-pay (WtP) and having the hydrogen demand and the operational hours as a result. In this 

approach, there is no freedom to increase the electrolyzer capacity in instances where there are still significant hours of 

electricity surplus (this should not be the case since the capacities come from an optimization model, but it might arise 

when the hourly VRE profiles are used). The other approach is to ensure that the annual hydrogen demand, in energy 

terms, is met. This is done to ensure that all the hydrogen demand from the other sectors is fulfilled. Since the WtP is 

fixed, this would imply changing the electrolyzer capacity to match the demand. This option is preferred since it is 

ensured that all the hydrogen demand is satisfied. 

 

The electrolyzer demand load-following ability was modeled as an equivalent generating unit with a variable cost 

equal to the maximum acceptable power or WtP by the electrolyzer operator. The maximum acceptable power price 

was set at 60€/MWh (see next section). Electrolyzer fleets across the EU were modelled with the same WtP price and 

hence identical bidding behavior. It is also assumed that hydrogen production has access to a large-scale storage 

(otherwise the electricity consumption would have to follow the hydrogen demand) which could be in the form of 

underground storage, representing a marginal addition (0.1-0.2 €/kg [15]) to the hydrogen cost. 

7.2.5. Willingness-to-pay (WtP) of the electrolyzers 

Similar to [343], there are three possible situations for the electrolyzer operation based on the electricity price: 

• Electricity price is below threshold. Increase electrolyzer load as long as the price remains below the 

threshold (if the electrolyzer capacity is large enough it could affect the demand curve enough to change the 

price by matching or exceeding supply). 

• Electricity price is above threshold. Reduce electrolyzer load to the minimum or even shut it down (similar 

effect as above where already a reduction of the load could have a positive effect on price and it might not be 

necessary to shut it down). 

• Electricity price matches threshold. This translates into partial load of the electrolyzer, where deviations from 

this point most likely translate into changes in the price. 

 

The WtP can be calculated based on the competing technology for hydrogen production and the electricity price below 

which electrolysis is competitive. The alternative production technology is assumed to be steam methane reforming 

(SMR) with CCS. This technology still has some CO2 emissions (90% capture assumed), but the main cost contributor 

is the gas used as feed. The gas price assumed is 8.7 €/GJ, corresponding to the import price for 2050 in the 2DS (2 

ºC) scenario from IEA ETP [421]. Given the low carbon nature of the future scenario, a CO2 price of 200 €/ton is 

used. This can be seen as high compared the current (February 2019) EU ETS CO2 price, which is close to 20 €/ton. 

However, it is much lower than marginal prices seen with JRC-EU-TIMES, that are 300 €/ton of CO2 for the most 

flexible scenarios and can be as high as 1000 €/ton for the most restricted (Appendix 4.9). This is also in line with 

estimates with PRIMES that range between 230 and 310 €/ton [47] or prices above 1000 €/ton that have been 

observed in studies looking at hydrogen penetration in energy system models at a global level [44]. These assumptions 

give a hydrogen production cost of almost 3.5 €/kgH2. 

 

The hydrogen production cost through electrolysis will directly depend on the operating hours that affect the CAPEX 

contribution to total cost. Since the hours are not known ex-ante, an average of 4000 hours was used (also using as 

indication the output from JRC-EU-TIMES). The future (2050) CAPEX for the electrolyzer is highly uncertain (400 – 

1000 €/kW [304]). A specific CAPEX of 400 €/kW was used, in line with the large (1000 GW) capacity deployed in 

this scenario and corresponding to the Optimistic scenario from Chapter 3 and assessments that estimate that the 

CAPEX for the PEM electrolyzer could be as low as 290 €/kW in high hydrogen deployment scenarios [769]. 

 

The influence of the different parameters on hydrogen production cost is shown in Figure 54. 
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Figure 54115. Hydrogen production cost for steam methane reforming and electrolysis as a function of electricity and 

gas prices. 

 

An alternative approach for the WtP for electricity could be to estimate this value, based on the WtP for the hydrogen 

by the different sectors (see Figure 55), which can be as high as 7-10 €/kg in the case of transport, 6-9 €/kg for 

industry [519,574] and the lowest usually for the heating sector with 1.5-3 €/kg [22]. 

 

 
Figure 55. Hydrogen production cost vs WtP from various sectors (from [25]) 

 

This demand driven approach would probably favor the case for hydrogen, however at present the uncertainty 

regarding the evolution of hydrogen distribution costs and competing technologies to satisfy those same end services 

(both pathway dependent) is considerable. Since the present analysis with METIS focuses on the power sector (see 

 

115 Discount rate: 7%; lifetime: 30 years; efficiency (LHV): 70.9% , hydrogen storage of 8 hours (480 €/kg), 25% installation factor; SMR Capex: 

580 €/kW (including CCS) 
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Figure 56) it was decided to use the competing technology approach, as more conservative and involving less 

exogenous assumptions. 

 

 
Figure 56. Hydrogen pathways in comparison to METIS scope 

 

From the point of view of the electrolyzer, the WtP will be as low as possible in order to have the lowest production 

cost. However, lower WtP also translates into lower average electricity prices, which decreases the average revenues 

of the renewable generators, making them unprofitable. At the same time, given that the average electricity paid by the 

electrolyzer is lower than the maximum WtP, the final electricity costs are lower. 

 

A limitation of the work is the use of a single electricity threshold price. However, higher thresholds would translate 

into higher hydrogen production cost that would limit the competitiveness of the electrolytic hydrogen (compared to 

other production routes) or at least (in the case CCS is not available and electrolytic hydrogen is the only route) 

decrease the hydrogen demand (through elasticity) making the overall system more expensive. Lower threshold prices 

instead would be favorable for the demand use, but could mean that the electrolyzer does not raise the electricity 

prices enough for the VRE facilities to recover their CAPEX, which is already the case (see Figure 67) for a WtP of 60 

€/MWh. 

7.3. Scenario definition 

The approach used for the first modeling step (with JRC-EU-TIMES) was to do a parametric analysis. Parameters 

were varied to determine the ones having the largest impact on the system and on PtG. A total of 22 parameters were 

varied leading to over 120 scenarios. 55 of these were selected for a more detailed analysis and 8 were chosen to 

visualize results (these are analyzed in detail in Chapter 3). For the soft-linking with METIS, only one of those was 

selected since it could be time consuming to even model the 8 scenarios selected. The scenario selected had the 

combination shown in Table 23. 

 
Table 23. Scenario chosen from JRC-EU-TIMES for analysis in METIS. 

Parameter Value Reasoning 

95 % CO2 reduction 228 Mton of CO2/year 

for EU28+ by 2050, 

which represents 95% 

CO2 reduction vs. 1990 

It is expected that PtG will play a larger role as target 

becomes stricter since there is limited budget for 

emissions from gas 

No underground CO2 

storage 

Absence of CO2 

underground storage 

(e.g. due to lack of 

social acceptance) 

This has been identified as key option to decarbonize 

the energy system, specially sectors other than power. 

Not having CCS will make the need for other 

technologies larger 

High wind and solar 

potential 

Higher PV and wind 

potential (see Appendix 

7.1) 

Initial estimates are conservative. If higher potential is 

assumed, more VRE deployment will lead to more 

electricity surplus to deal with and a larger need for 

flexibility where PtG can play a role 
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Best PEM (electrolyzer) 

performance 

Electrolyzer cost of 400 

€/kW and efficiency of 

86% (including heat 

recovery) by 2050 

Technology is its early stages. Learning curve is 

dependent on deployment which is in turn uncertain, as 

well as breakthroughs in research 

Limited geothermal 

potential 

Maximum of 300 TWh 

for EU28+ (see Section 

4.3.1) 

There are optimistic estimates from GEOELEC with 

almost 3000 TWh for EU [405], while geothermal 

contribution to power is at most 2-2.5% of generation 

for most of global studies 

 

This scenario was also chosen because it represents an extreme case for the installed capacity of electrolyzers. As the 

scenario is more restricted, the reliance on electricity and hydrogen is higher. This means for example that the absence 

of CO2 underground storage leaves out some degrees of freedom to achieve low emissions (i.e. no power or hydrogen 

generation with carbon capture and storage), which makes higher the reliance on the remaining options. The 

parameters with the largest influence over the system were the CO2 target (range explored in Chapter 3 and Chapter 4) 

was 80 to 95 % reduction), CO2 storage, biomass potential (7 to 25.5 EJ/yr for EU28+ by 2050) and VRE penetration 

(leading to a larger need for flexibility). When no CO2 storage is possible, hydrogen can no longer be produced with 

gas (reforming) and carbon capture, but has to be produced with electrolysis. At the same time, constraining the 

technology portfolio, increases the reliance on hydrogen. It also results in higher costs given the lower limited 

portfolio and this scenario has only 3% higher annual costs compared to a fully flexible 95% CO2 reduction scenario, 

but it is 17% more costly (annual costs) than a scenario with both high biomass potential (24 EJ/yr) and CCS. 

 

Whereas the 95% scenario has almost 80 GW of electrolyzer capacity, the absence of CO2 storage increases this 

capacity to almost 1000 GW, due to the combined effect of electrolysis having to replace hydrogen in the 

counterfactual case and doubling of the hydrogen flow for the additional PtL demand. To put this in perspective, 

current global capacity of electrolyzers is around 8 GW [285], assuming this is distributed by regions proportional to 

hydrogen demand (EU is 7 out of 50 mtpa globally), EU should have close to 1 GW of installed capacity. To reach 80 

GW of an unrestricted scenario (95% CO2 reduction) implies an annual growth of almost 15 % a year, which implies a 

similar growth to what wind has experienced in the 2007-2017 period (18 % a year [425,426]). On the other hand, a 

capacity of 1000 GW requires a 24 % growth per year, which is still less than the 32 % observed for PV in the 2012-

2017 period [425,426], but it seems optimistic to assume this sustained growth for the entire period until 2050. 

Therefore, limiting the technological choices the system has available could lead to a longer timeline for 

implementation due to the large changes requires in the composition of the system linking the results from this study 

to the CO2 reduction target (and associated constraints) rather than a specific 2050 timeline. 

7.4. The 2050 renewable-based power system 

The 2050 power system specified in the present analysis is essentially a continuation of the current trend where VRE 

dominates the new capacity deployed increasing its share in the energy mix. Three quarters of the annual power 

generation are provided by wind and solar. Enabling this level of VRE penetration into the power system would 

require addressing challenges stemming from the stochastic nature of VRE generation. One further complication stems 

from the fact that the variable production cost is almost zero, which decreases the average electricity price potentially 

leading to longer payback times or even not recovering the CAPEX invested. This effect was already seen in one of the 

previous soft-linking exercises [763] where the electricity prices only covered 84% of the total power system costs per 

MWh. 

7.4.1. Installed capacities 

Figure 57 provides the total installed capacity of generating and consumption assets (electrolyzers) in 2050, compared 

to today and compared with an official EC scenario used for impact assessments (EUCO30116) that targets a 28% RES 

share and 30% energy efficiency by 2030 [770]. More than 1000GW of electrolyzers are required to produce the 

 

116 The EUCO30 scenario has been developed to reach all the 2030 targets agreed by the October 2014 European Council (at least 40% reduction in 

greenhouse gas emissions with respect to 1990, 27% share of RES in final energy consumption and 30% reduction in the primary energy 
consumption) and the 2050 decarbonisation objectives, continuing and intensifying the current policy mix. The 'EUCO' scenario has been 

developed by ICCS-E3MLab with the PRIMES energy system model. 
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volumes of hydrogen needed to supply a decarbonized (primarily steel) industry, heavy-duty trucks and synthetic 

liquids for maritime transport and aviation (see Chapter 3). 

 
Figure 57. Installed capacities for generation and consumption assets in three time horizons (today, 2030, 2050) 

 

The necessary wind and solar generation capacity figures are more than 5 and 10 times higher compared to the central 

policy projections for 2030 (EUCO30). In spite of this large expansion, both are still much lower than the calculated 

wind and solar potential for EU and represent on average around 40% of the 3500 GW of onshore wind and 10000 

GW of solar potential [28] (see Appendix 7.1 for a comparison of the renewable installed capacities with the respective 

potentials and datasets for potentials are available from [771]). 

 

Thermal capacity vs. reversible electrolyzers 

 

It is surprising at first that the installed capacity of thermal power plants is similar to current levels (400 GW). 

Approximately half (190GW) are peaking plants (open cycle gas turbines), 80 GW are coal fired power plants fitted 

with CCUS, while the rest are combined cycle gas turbines. The latter two are based on the JRC-EU-TIMES and open 

cycle turbines are output from METIS and needed in order to reduce the occurrence of any loss of load below 3 

hours/year. The gas-fired power plants in the system would be the legacy power plants installed during the transition 

period. They could eventually be entirely replaced if one third of the installed capacity of the electrolyzers is 

reversible. 

7.4.2. Interconnections 

The interconnection capacity between EU-28 member-states, Switzerland and Norway was based on the output from 

JRC-EU-TIMES combined with a high RES scenario from the e-Highway 2050 project [772] that had a high share 

(55%) of wind and solar. Figure 58 provides the most important interconnection capacity upgrades between 

neighboring member states until 2050. Detailed information on the interconnection capacity values is provided in 

Appendix 7.2. 
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Figure 58. Interconnection capacity increase between EU28 member states (2050 vs. 2020) 

 

7.4.3. Demand 

 
*assuming an average operation of 4000 hours of the electrolyzers for illustration purposes, but this is an output of the 

model (see Figure 63).  

Figure 59. Firm vs potential electrolyzer demand. 

 

Demand time series were generated by scaling of the existing time series from the METIS EUCO30 2050 scenario in 

order to match the annual total demand calculated by JRC-EU-TIMES. 

 

A flat demand profile dimensioned according to the electrolyzer installed capacity was then added to the resulting time 

series. The potential consumption of the electrolyzers impacts significantly the demand. A mid-merit electrolyzer 

operation of 4000 hours would double the electricity demand in most member states (see Figure 59). 

7.5. Modeling results 

The operation of the power system described in the previous section was simulated with METIS, by performing an 

optimal dispatch of the power system at hourly resolution for one year. 

7.5.1. The generation mix 

Figure 60 provides the share of electricity generated by each category of generating technologies. Wind and solar 

dominate, providing around three quarters of the total generation. Nuclear and hydro contribute together a further 

15%, while the role of thermal power plants and storage is limited to providing energy at times of scarcity and 
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reserves. This is in high alignment with the results from JRC-EU-TIMES and it is the product of the pre-calibration of 

all the parameters (see Figure 53) before soft-linking. Comparing with previous studies, [763] also found that the unit 

commitment and dispatch model produced a generation mix very similar to the optimization model. 

 

 
Figure 60. Electricity generation mix in 2050. 

 

7.5.2. Renewables production and curtailment 

Figure 61 provides the annual production for each member state from renewable generation per source, stacked. The 

solid line provides the total demand in each member state, also used in Figure 59. The production surplus is evident, 

but not uniform among the member states. The surplus is higher in countries where the climatic conditions favor the 

development of VRE generation. This surplus is a major part of the energy feeding the electrolyzers. 

 

Norway is one country where the electricity generation is much higher than the firm demand. This is product of low 

electricity prices (due to high capacity factors for wind which reduce the CAPEX) that make the operation of the 

electrolyzer more attractive (i.e. more operating hours). A similar effect occurs in Spain and Italy, but instead led by 

the higher capacity factor for solar. 

  

 
Figure 61. Renewable annual production (stacked) vs firm electricity demand (line) at member state level. 
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A power system based on VRE (75% of the annual generation) would expose these technologies to significant levels 

of curtailment if the necessary infrastructure, capable of absorbing the excess power, were not present. This fraction of 

production above the firm demand is not really surplus or curtailment since the system was designed to have such 

excess to be able to feed the electrolyzers. In the 2050 scenario the installed electrolyzer capacity can provide the 

ramp-down reserve capability to minimize curtailment of variable renewable generation. Electrolyzers are fast enough 

to follow such variable pattern in a matter of seconds [19] and flexible enough to reach a minimum load of 10% [773] 

without affecting significantly the efficiency or purity [345], but it can lead to a faster degradation [774]. 

 

 
Figure 62. Curtailed production as percentage of total generation from variable generation. 

 

In spite of the large electrolyzer capacity, there are still some hours of the year where energy recovery is not attractive. 

This is the result of the trade-off of operating hours and CAPEX for the electrolyzer. The larger the electrolyzer, the 

higher the revenues from hydrogen (since previous curtailment is transformed into hydrogen) at the expense of a 

higher CAPEX for the additional capacity. At some point, the marginal addition of electrolyzer is not justified by the 

additional revenues leading to some unrecovered energy and the curtailment shown in Figure 62 (showing curtailment 

as a percentage of the total available potential). 

 

The observed higher curtailment of generation from wind is partially explained by the fact that generation from wind 

is curtailed before solar and run of river with the default model parameters. Comparing this with previous studies, it 

follows a similar trend than [762], resulting in higher curtailment rates from the power dispatch model when compared 

to the energy model. This is the product of the hourly variations and the few hours of the year with significantly higher 

surplus. 

7.5.3. Electrolyzer operation 

The equivalent full operating hours (EFOH) is one of the key parameters (the other being the average electricity price) 

that defines the hydrogen production cost since a minimum around 3000 hours is needed to reduce the CAPEX 

contribution [22], otherwise it results in too much capacity that stays idle most of the year making it more difficult to 

justify the investment. The EFOH for all the countries are shown in Figure 63. There is a direct correlation between 

the ratio of total generation to firm demand and the EFOH. Thus, Norway had a close to 5:1 ratio of total generation to 

demand (see Figure 61) and has accordingly the highest EFOH, followed by Sweden with a 2:1 ratio. On the lower 

end, Czech republic has the opposite behavior where the total generation is not even enough to satisfy the firm demand 

(relying on imports) and the electrolyzers make little sense given the need to run (less than 2000 hours) the 

electrolyzer with imported electricity (or alternatively use periods of surplus that still lead to higher imports in other 

periods of time making the use of batteries or long-term storage more suitable). 
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Figure 63. Equivalent full operating hours (EFOH) for the electrolyzers across member states. 

 

7.5.4. Marginal electricity prices 

A major challenge posed by increased shares of variable renewable generation is the effect on power day-ahead 

market prices. During hours of expected high injections of power by wind and solar prices tend to drop to zero. In 

markets where rules allow it negative prices are observed. 

 

One of the outcomes of the present analysis is the fact that the electrolyzer as a centrally dispatched variable load unit 

can be the vehicle to not only restore balance to the power system, but also to the day-ahead market. Figure 64 (red 

line) provides the average marginal price for every country during one year plotted against the background of the 

EFOH provided in Figure 63. 

 

The patterns observed in Figure 66 allude to a market-driven operation of the electrolyzers. Their operators bid for 

energy at their highest acceptable cost or Willingness to Pay (WtP), set at 60 €/MWh. Whenever the marginal price is 

higher than 60 €/MWh, the area is facing scarcity and the electrolyzers are not operating. Whenever the marginal price 

is lower than 60 €/MWh, the electrolyzers are operating at full load. When the electrolyzers are operating at part load 

the marginal price is 60€/MWh (The electrolyzers are the marginal technology). 

 

 
Figure 64. Average marginal price 

 

Under the above market arrangement and assumed electrolyzer operator bidding behavior, the cost of electricity 

procured by the electrolyzers is always lower than the average marginal price. Figure 65 illustrates that the difference 

between the two widens in countries with low EFOH of the respective electrolyzer fleet. 
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Figure 65. Average electrolyzer power cost 

 

With the exception of two outliers (LU and MT) and the triad IE, NL and the UK which is marginally above 

40€/MWh, the cost of electricity powering the electrolyzers is below 40€/MWh. By combining the above results and 

the factors presented in Section 7.2.5 (CAPEX and efficiency) we may derive the resulting average production cost of 

H2 in each country. 

 

Comparing with previous studies, one approach has been to use historical electricity price curves and reduce the 

average electricity price by either avoiding the hours with the highest electricity price [722] or producing hydrogen 

during off-peak periods [720,729]. [722] arrived at an optimal threshold price of 56 €/MWh leading to a hydrogen cost 

of 3.27 €/kg. This was using France as reference (2000-2007), a 900 €/kW and a resulting 75% of capacity factor. It 

should be noted however, that the price curve was relatively flat after 50 €/MWh and even with a threshold price of 

200 €/MWh, the hydrogen production cost was ~3.4 €/kg. This analysis was extended to Germany and Spain [729], 

resulting in a similar outcome of average prices of 2.7-3.5 €/kg and 6200 to 8400 operating hours (70-95% capacity 

factors). A similar analysis was done by [720], that a WtP of 48 €/MWh resulted in a 64% load factor and 2.56 €/kg of 

hydrogen production cost. In this case, the optimal operation led to more significant cost benefit (than in [722]) with 

up to 20% lower cost at the optimal point (compared to full operation). This benefit however, varied widely depending 

on the market (France, Scandinavia, Canada and US were included) from almost zero to over 20% with a capacity 

factor variation of 50 to 95%. In the other extreme, [719] determines a negative (up to -100 €/MWh) WtP when using 

historical (2013-2017) electricity prices for Germany, France and Denmark. The main reasons for such a low WtP 

were the use of a relatively high CAPEX (1250 €/kW) and low hydrogen price (1.25 €/kg), which create a penalty if 

the operating hours are too low (CAPEX) and low revenues to justify the electricity use (without even considering 

efficiency or CAPEX, 1.25 €/kg is equivalent to 37.5 €/MWh, representing the absolute maximum WtP). 

 

There are three fundamental differences (stemming from the same fact) of the present study compared to the reviewed 

above. First, the use of historical prices (that bear no relation with future prices, even more so in light of the changes 

ahead including VRE penetration, storage, distributed generation, smart grid, among others) in contrast to the future 

electricity prices (for a hypothetical scenario). With the large VRE penetration in the scenario proposed, the operation 

of the power system is expected to be fundamentally different (see Section 7.6.1), which makes the comparison with 

historical prices more difficult. Second, an operation of the electrolyzer in the range of 50-90% of the year would lead 

to negative climate change impacts in most European countries. For example, [729] includes Germany as part of the 

study using the 2010-2012 period. From Eurostat117, the average CO2 emissions for the electricity generated were 

between 500-520 gCO2/kWh. This would lead to a specific CO2 emissions of above 25 kgCO2/kgH2, while production 

from gas reforming is about 9 kgCO2/kgH2 and the grid emissions need to be below 185 gCO2/kWh to have lower 

emissions than gas without CCUS [22] (this would be even lower with a life cycle approach [694,775], but it gives an 

order of magnitude). Even considering that by not using the peak periods and avoiding emissions from OCGTs, it 

would still lead to higher CO2 emissions. In contrast, the present study considers a high RES system where the average 

grid emissions are below 30 gCO2/kWh (see Chapter 6), but where additionally, the electrolyzers continuously adjust 

their operation to make use of low-cost electricity, which in most cases coincides with high generation from VRE and 

therefore periods of lower average CO2 emissions. Lastly, these studies assume the electrolyzer is a price-taker where 

 

117 Fuel combustion in public electricity and heat production from indicator env_air_gge and total gross production from nrg_105a 
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the capacity is relatively small and will not affect the supply-demand balance. In this study however, the electrolyzer 

are actually price-setters (see Section 7.6.2) and have a large influence on the demand curve. 

 

There are some studies that do look forward, particularly using energy models (see Table 13 in Chapter 5). One in the 

relatively short-term (2017-2025), evaluates business cases for hydrogen in EU (DE, FR, UK, DK, Sardinia) and finds 

attractive cases for the mobility and industry (food) sector with an electricity price between 40 and 50 €/MWh [574]. 

A difference was the consideration of frequency regulation services from the electrolyzer to the grid, which made a 

large difference in profitability (+40-80% net margin). Another one [776] takes historical prices in Denmark to 

estimate what the future prices will be with increasing wind penetration of up to 100% resulting in an average 

electricity price of 50 €/MWh and a resulting hydrogen price of 3.8-4.2 €/kg. The operating hours are close 8000 for 

20 and 50% penetration while these decrease to 4300 with 100% penetration. [721] looks at Ireland in 2030 with 25, 

40 and 60% RES penetration and the use of a relatively small (10 MW) electrolyzer finding an optimal bidding price 

of 50 €/MWh with a relatively flat behavior and a similar product (methane rather than hydrogen) cost at 80 €/MWh. 

7.5.5. Production cost of hydrogen 

 
Figure 66. Average electrolyzer power cost vs alternative technology production costs and EFOH 

 

The average production cost of H2 is, as explained in paragraph 7.2.5, a function of the CAPEX value of the 

electrolyzer infrastructure, the equivalent full load operating hours (Figure 63) and the average electrolyzer power 

cost. Other factors being equal between countries (CAPEX and electrolysis efficiency) this cost will vary depending 

only on the variation of the EFOH and the cost of power. Figure 66 provides this variation between countries. 

 

The results indicate competitiveness of H2 production with electrolysis in countries where the EFOH are above 3500 

hours. Small deviations from this rule are observed were the cost of electricity is close to or above 40 €/MWh (NL, 

DK, MT and IE). 

7.5.6. Generator income vs. electrolyzer cost 

The electrolyzers are setting the price in the power day-ahead market during a considerable number of hours. For most 

countries this number of hours ranges between 2000 and 5000. This restorative effect of electrolyzers on the market 

price directly affects the revenues of generators. For most of the countries, the average electricity price is below 40 

€/MWh, resulting in a hydrogen production cost below 3 €/kg. This effectively shifts the prices up since in many of 

those hours there would be much lower demand in the counterfactual case where electrolyzers are not used, leading to 

surplus and potentially prices of zero. 
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Hydrogen electrolyzer operators receive income from outside the boundaries of the power system (through an 

established hydrogen market and downstream users). Therefore, the hydrogen price sets the willingness to pay for the 

electricity by the operators of the electrolyzers, which in turn increases VRE revenues. 

 

Generator revenues, are calculated based on the hourly production and hourly marginal prices for each country. A 

simplified assessment of the viability of the offshore wind investments can be conducted by comparing the annual 

income of each VRE technology with the respective required annuity calculated for 2 discount rates: a low value at 

5% and a higher value at 9%. The annuity for each technology is based on CAPEX values of 1200 €/kW, 2030 €/kW 

and 400 €/kW for onshore wind, offshore wind and PV respectively [386]. Figure 67 provides the calculated annual 

income of offshore wind (a), onshore wind (b) and PV (c) generators vs the annuity of the technology estimated with 

the two discount rates. 

 

Results from Figure 67 indicate that onshore wind power generation would generate, in almost all countries, income 

above the lower discount value threshold. Lithuania and Norway are two exceptions, suggesting overcapacity in 

onshore wind (which was leading to the high surplus from Figure 61 and the high operating hours from Figure 63). 

Similarly, Romania and Bulgaria are two examples where solar generating capacity is higher than justified by the 

market or system needs. 
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Figure 67. Generator income (blue bars) vs. annualized CAPEX (solid lines) with 5 and 9% discount rates for (a) 

offshore wind, (b) onshore wind, (c) solar 

7.6. Discussion of results 

The power system simulation of the 2050 scenario with METIS revealed some insight in how a future power system 

based on VRE could operate. The power system analyzed in this study is economically feasible. The results indicate 

that in most countries hydrogen production with electrolysis is very likely to produce hydrogen at competitive prices 

(2-3 €/kg) compared to the main alternative technology (SMR with CCUS). At the same time, they indicate that all 

three VRE generation technologies (with a ranking of onshore wind, offshore wind and PV) could in most (70-90%) 

countries, depending on the discount rate applied (5-9% evaluated), recover all or most of their investment 

requirement from the day-ahead power market. This is contrast to previous studies [763] that found a cost recovery as 

low as 50% for a scenario with around one sixth of VRE contribution (from that study it was observed that more 

parameters  than VRE penetration only are needed since another scenario with almost a third of the generation from 

VRE had an electricity price 15% higher than the average generation cost). The reason for this contrast is the 

additional source of income for the power system as a whole that comes from hydrogen sales, resulting in higher 

average electricity prices and contributing to the VRE cost recovery. This can be a solution for the missing money 

problem (when energy prices do not fully reflect the value of investment) [777], but more importantly to ensure a 

reliable system in satisfying electricity demand. For a full solution, however, the reserves market should also be 

included in the analysis [778] and where electrolyzers can also participate [18].  

 

The operation of a power system based primarily on VRE generation was simulated assuming an optimal dispatch of 

all generating technologies bidding at their variable cost. The VRE generation installed capacity is very high (85% of 

the total installed capacity on average for all countries), much higher in fact than the level required for supplying the 

electricity demand (hydrogen demand and firm electricity demand is almost 1:1 ratio). Without the electrolyzers 

participating in the market, a significant proportion of time during the year (more than 2000 hours) a generation 

surplus would be present, forcing VRE generation curtailment. During these hours, market prices, assuming they are 

based on the prevailing marginal price, would be zero. This is expected, since different than today, this power system 

is designed to satisfy both firm electricity demand and supply hydrogen to other sectors. This is a paradigm shift 

compared to the current system, where alternatives are searched to absorb or deal with the electricity surplus and 

instead the system is designed to inherently produce more than the firm demand with the excess used for the variable 

demand (i.e. electrolyzers). The other paradigm shift is that today, most of the demand is fixed and needs to be 

satisfied at all times (demand response and smart grids [144] are only relatively recent), while in the future the demand 

from the electrolyzers would be responsive to electricity prices (assuming there is hydrogen storage to ensure a more 

steady supply to the downstream users). This last concept is not new [720], but it is now closer to realization with the 

potential large scale deployment of electrolyzers. 
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7.6.1. Mirroring the current power system to 2050 

The electrolyzers are present in the simulated 2050 power system with an installed capacity in the order of magnitude 

of the current thermal generation capacity in Europe (i.e. ~1000 GW). Their primary mission is to produce the 

volumes of H2 necessary to supply the industry and to feed the synthetic fuel production processes by absorbing the 

excess production from VRE generation. However, while doing so they can also act as balancing service providers. 

This function can be realized if they have the capability to provide synchronous reserves by adjusting their 

consumption in a way similar to the current practice of thermal power generators. 

 

Besides producing the hydrogen feedstock required by other sectors and providing balancing and regulation services 

there is a third, and perhaps more important role, that of a price-maker. A simple way to explain this is by mirroring 

the current energy system (see Figure 68). VRE generation in 2050 mirrors load in the current power system: It varies 

with time in a way which is not controllable but can be predicted with some error, is inflexible, is a price taker and, 

when curtailed, sets the price, albeit at a minimum instead of a maximum (VOLL) set by load when curtailed today. 

 

Today                                                  2050 
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Figure 68. Generation and demand in 2050 mirroring current market functions for the participants. 

 

Similarly, electrolyzers in 2050 mirror centrally dispatched power generation units in the current power systems. They 

are flexible, cycling and ramping as required to balance the system and while competing for acquiring the cheapest 

electricity, are setting the power market price. 

7.6.2. The electrolyzer fleet as a price-maker 

The electrolyzer can have a potential role as a price-maker in the electricity market. This appears possible in a 

deregulated competitive power market where a sufficiently large number of electrolyzer operators (possibly with small 

differences in plant efficiency) compete to consume the maximum amount of electricity at the lowest possible cost. 

For each electrolyzer operator there is a willingness to pay (WtP) price set by the plant technical and economic 

performance, the downstream contracts and the prevailing hydrogen commodity price (defined by the downstream 

hydrogen market). The WtP price for the electrolyzer operators in one country or region will probably be very close to 

neighboring countries (limited by the capacity of the interconnectors and the trading between the downstream 

hydrogen markets, which is expected to be high), much like the variable cost of generation is for current CCGT 

operators. 
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By extending the logic of mirroring current participants in the power system of 2050, it is possible to understand the 

factors driving the electrolyzer operator participation, in this instance, of a future power system (and market). 

Electrolyzer operators competing in a power market with a uniform market clearing price would be exposed to very 

similar dilemmas and options as current power plant operators. Power plant operators today, so long as competition is 

effective bid at (or close to) their marginal production costs. Similarly, if electrolyzer operators participate in the day-

ahead market with the same rules as power plants they would bid for the energy they will consume at (or close to) 

their WtP. If they opt to bid at a lower price, they risk being displaced by a competitor, not accessing the power they 

need for producing the hydrogen volumes to fuel their downstream operations. 

 

The individual WtP and capacity value pairs, when known would be used to generate an electrolyzer price demand 

curve. The present analysis and power system simulation is considering a flat demand curve bidding the entire 

electrolyzer capacity in each country at the WtP price of 60 €/MWh. This assumption may seem simplistic at first but 

it should not deviate significantly from reality assuming that competition will be fostered between electrolyzer 

operators via proper regulatory oversight and system planning. 

7.6.3. Fostering competition among electrolyzer operators 

Contrary to the power markets today, where the supply side (generation) is setting the price, in the VRE-based 2050 

power market simulated in the present report the electrolyzers will be the price setters for a significant amount of time. 

This means that the primary concern of ensuring competition in the power market will shift from the production side 

to the supply side and in particular to the electrolyzer operators. The enhanced oversight could involve new indicators 

and monitoring. 

 

New indicators for assessing the reliability and, more importantly, the viability of the power system should be devised. 

One such indicator would be the ratio of VRE installed capacity to electrolyzer capacity (V/E). Methodologies may be 

developed for assessing the desired level of the V/E ratio, similar to current adequacy assessments. The thresholds of 

this indicator would indicate whether the power system is in need of investments in VRE generation or electrolyzer 

capacity. 

 

Monitoring electrolyzer operator bids would build upon the current practice of monitoring power plant bids. This task 

could be carried out by Regulators or Competition Authorities with the mandate to intervene and avert collusion. 

7.7. Conclusions and further work 

This study mainly focused on a scenario with a high (~1000 GW) electrolyzer capacity that could arise in a future 

system without CCS or with low biomass potential. The main purpose was to understand if such system would be 

operationally feasible and understand how it differs from the current operation. The analysis showed that such system 

is feasible and it leads to some fundamental changes. The electrolyzers represent almost half of the electricity demand 

in order to satisfy downstream hydrogen markets and would allow making use of low-cost wind and solar to satisfy 

demand from other sectors (e.g. industry and transport). With such large demand, the upstream production is sized 

accordingly and the electrolyzers no longer operate with surplus or excess energy. The electrolyzers raise the 

electricity prices (that would be zero in their absence), increase the revenue for the generators and support in most (70-

90%) countries to pay for the investment in wind and solar. The additional money flow that ultimately supports VRE 

(Variable Renewable Energy) investment comes from outside the power market by selling the hydrogen to 

downstream users. The hydrogen price could be as high as 9-10 €/kg for the transport sector, but the actual income for 

the electrolyzers need to subtract the storage and delivery and compete with other technologies such as gas reforming. 

Using a willingness-to-pay (WtP) of 60 €/MWh, results in average actual electricity prices of 30-40 €/MWh for most 

countries and a real hydrogen price of 2-3 €/kg (with a CAPEX of 400 €/kWel), which would be competitive with gas 

reforming using gas at 8.7 €/GJ (high price) and a CO2 price of 50-100 €/ton. The operating hours of the electrolyzers 

were mostly in the 2000 to 6000 range given that the upstream electricity production is sized to satisfy their demand. 

 

With such a large electrolyzer capacity, there is a paradigm shift compared to the current power system. Currently 

(with low VRE fractions), demand is inflexible, price taker and sets the price when it is curtailed (value of lost load) 

and the balancing function is satisfied by the generators. In this future system, demand (largely composed by 

electrolyzers) is flexible, following a variable generation, it provides the balancing function since it can respond 
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quickly to changes and it sets the price when curtailed (price goes to zero). In such a scenario, effective market 

monitoring is necessary to avert collusion and to monitor adequacy indicators for electrolyzers and VRE generation. 

Another change is the concept that demand needs to be satisfied at all times (or at a very high cost) no longer holds in 

this future system since the electrolyzer can adjust its load. Some parameters that can change this are the variable 

operation of the electrolyzer can lead to faster degradation which translates into shorter lifetime and higher production 

cost, the use of hydrogen storage is needed to ensure a steady supply to downstream users in spite of the variable 

electrolyzer operation. This can lead to a higher production cost if storage tanks are used or limit the locations where 

electrolyzers can be located since they would have to be close to suitable underground facilities. Having CCS  

available, a high (> 20 EJ/yr) biomass potential or in general, more flexibility than foreseen provided by other 

pathways (e.g. Power-to-Heat for industrial facilities) could lead to a much lower (~80 GW) need for electrolysis. At 

the same time, this can also lead to lower (3-17%) annual costs given the broader set of technologies used (besides the 

ones for hydrogen). This would be overall, more beneficial and would not rely on the 24% growth per year needed for 

electrolyzers to reach 1000 GW by 2050. 

 

Until the system reaches this future state, electrolyzers might still need incentives. A close cooperation between 

utilities, generators and regulators could close the gap between WtP of the electrolyzer and actual price paid due to 

taxes and tariffs targeting to be as close as possible to the wholesale price. Exempting electrolyzers from these would 

bring these two values closer and improve the economics for electrolytic hydrogen. Electrolyzers are already exempt 

from taxes (not tariffs) in Norway [779]. Taxes are already exempted on the end-use (fuel cell electric vehicles) side 

for various countries (including Belgium, Norway, Spain, France, the Netherlands and Germany) so exempting the 

supply side can be seen as an extension of the boundaries. This could lead to a large benefit since most of the hydrogen 

production cost is the electricity used as input and grid tariffs and fees can be as high as 20% of the price paid at the 

transmission level118 [780,781] (even higher when considering distribution which can be the case for decentralized 

production). A closer integration between the hydrogen and the power market would also be required so that there is 

an efficient interaction from the hydrogen WtP of the downstream users to the electrolyzers and ultimately to the 

electricity generators. Similarly, a pan European hydrogen market, as it exists today for gas, oil and to an extent 

electricity, would allow taking advantage of places with better renewable resources and would not require installing 

electrolyzers in all countries. 

 

The soft-linking methodology used proved to be useful and it is recommended for subsequent work. The power model 

did give additional insights with regards to differentiation of full load hours of operation for the electrolyzer, relation 

between willingness to pay and average hydrogen production cost and relation between wind, solar and electrolyzer 

capacities to reduce curtailment. Some limitations of the method however, are that the direct link between hydrogen 

production cost (in the power model) and demand (in the energy model) is broken, that the harmonization of data and 

calibration of the scenario was more time consuming than expected leading to being able to analyze a single scenario 

in comparison to almost 100 when a single tool is used (see Chapters 3 and 4) and that additional data is needed for the 

power model that might not be readily available. The barrier on calibration process can be overcome by setting up 

clear templates from the beginning with input (both scenario dependent and independent) and output for each model, 

while the barrier for data was circumvented by using preexisting data in METIS. 

 

Possible further work includes: the use of the capacity expansion module of METIS to assess the potential for 

optimization in 2050 system; deriving WtP price versus volume curves based on input from the energy model and 

literature; assessing the VRE to electrolyzer capacity ratios for every country; identifying the reasons for a lower 

performance in some countries in terms of CAPEX recovery for VRE and optimizing capacities to improve this could 

be an area of further work. 

 

 

 

 

 

118 Ref [780] estimates an average tariff of almost 12 €/MWh, while nrg_pc_205 has electricity prices of 60-80 €/MWh for non-household 

consumers in the first half of 2018 
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Chapter 8 

Conclusions and further work 

8.1. Main insights from each chapter 

The insights in this section are meant to complement the conclusions from each chapter (to avoid duplication) and put 

the research in perspective, while overlap with such section could not be fully avoided. 

 

Chapter 2 – Long-term storage and Power-to-Methane 

 

Storage need. A robust portfolio of power generation technologies including hydropower, concentrated solar plants 

with storage, nuclear, biomass, fossil fuels with CCS, geothermal and even import from neighboring countries can 

drastically reduce the need for long-term storage since those technologies can bridge the periods of low renewable 

generation. Thermal storage is also an option if the electricity demand was meant for heat production (e.g. heat 

pumps). Furthermore, a small storage size (< 2% of the energy demand) can already have a large impact on system 

operation and electricity prices. Most of the storage capacity need is in the form of short-term that batteries can cover. 

Storage in the 4 to 8 hours range has the largest benefit to compensate wind and solar fluctuations. Such short-term 

storage can also exploit the applications with the largest value (e.g. reserves). 

 

Long-term storage. The case for long-term storage is difficult to justify since the marginal value of additional hours 

of storage has diminishing returns. It is only suitable when the system is approaching 100% renewable energy and 

when low-cost storage (in energy terms) such as underground storage of hydrogen or methane are available. Existing 

underground gas storage facilities have enough capacity to provide the long-term storage needs of a low-carbon 

system. These can be adapted for hydrogen storage (storing only around a third of the energy) making use of salt 

caverns as preferential reservoir since porous rock can lead to reactions with microorganisms and hydrogen losses. 

 

Modeling features. The storage need decreases as the number of flexibility options increases. Grid expansion and 

demand response usually go first in the merit-order. An ideal model to estimate the storage needs should have hourly 

resolution, include capacity expansion, all the flexibility options, include other sectors and PtX. The consideration of 

all these features usually leads to more calculation time. Therefore, most of the studies omit some, which can result in 

overestimating the role of storage. 

 

Chapter 3 – Power-to-Hydrogen and -Liquid in a low-carbon energy system 

 

Hydrogen use. The model should include all the hydrogen pathways. This should be done not to increase the 

hydrogen potential in a future system, but instead because giving more choices to satisfy energy demand translates 

into lower costs, investment and therefore energy prices. An example is fuel cell trucks. Originally, they were not 

included as potential hydrogen use and more expensive synthetic fuels were being used. During the literature review, a 

similar effect was observed where hydrogen was used only for cars and naturally not coming out as use in other 

sectors. The most attractive uses for hydrogen were found to be for buses, trucks, direct reduction of steel, as a means 

of storage and to increase biofuels production through BtL/PtL integration. Total hydrogen demand increased by 

nearly 5 times from current production level even in the least ambitious scenario, while the increase was over 15 times 

for the most ambitious scenarios. PtL can become the largest hydrogen consumer for scenarios without CCS, while 

use for trucks, buses and some cars can provide the equivalent of 2-5 times current production. However, if electric 

vehicles become competitive in these applications, part of this transport demand might be eroded. 

 

CO2 sources and sinks. CO2 use for fuels, such as PtL, only arises when CO2 underground storage is limited. 

Otherwise, it results cheaper to combine biomass and CCS to achieve negative emissions compensating positive 

emissions in transport where PtL would be used. Given that PtL implies investment in additional electricity generation 

capacity, investment in CO2 capture only to release it downstream and investment in the PtL facility itself, it is only 

left for cases where there are very limited choices to mitigate those CO2 emissions. This also explains why PtX 

options only arise for strict CO2 reduction targets. Given that CO2 use is relatively inefficient, there could be a 

scenario where direct air capture (DAC) is used in combination with CCS achieving negative emissions to compensate 
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for the use of fossil fuels in ships, planes and even some trucks. This can occur if the biomass potential is not high 

enough (~ 10 EJ/yr) and with DAC costs as high as 300 €/ton given that this level is still below the marginal CO2 price 

for most of the 95% CO2 reduction scenarios. 

 

Hydrogen prices. Transport and PtL have the highest willingness to pay, having a substantial demand even for 

hydrogen prices as high as 7 €/kg. In contrast, use in the commercial and residential sector required prices of 2-3 €/kg 

to start becoming attractive. Industry (steel) is relatively insensitive to hydrogen price and other parameters (such as 

biomass or coal availability) have more influence. 

 

Hydrogen and PtL drivers. The system drivers (such as CO2 storage, CO2 target or biomass potential) have larger 

weight in the role hydrogen and PtL can play than the technology drivers (e.g. electrolyzer performance). If the system 

requires hydrogen (e.g. because of an ambitious CO2 target and no other energy carrier choice), then a parameter like 

electrolyzer CAPEX has a more limited influence on hydrogen use. Not having CO2 storage can almost double 

hydrogen flows and at the same time eliminates the option of using gas. This increases the need for electrolysis and 

implies a growth of 24% a year to reach the targeted capacity by 2050. Relying on such a high growth for such a long 

period can raise some doubt regarding the feasibility of such scenario. In scenarios where hydrogen and PtL 

deployment was the highest, the fraction of imported fuels was the lowest leading to the highest energy security. The 

largest deployment was in scenarios with limited CO2 storage that prevents reducing the CO2 emissions from imported 

fuels. This causes a shift from imports to domestic hydrogen and PtX products (at a higher total and marginal cost). 

 

Heavy-duty transport as a swing sector. One of the sectors with the largest changes in fuel mix is heavy-duty 

transport. For low CO2 reduction targets, it stays based on fossil fuels. For intermediate CO2 reduction targets, 

liquefied methane can become attractive and dominant. However, when more ambitious targets (95%) are used, the 

fleet shifts mostly to hydrogen. If electric trucks are an option then these are preferred for ambitious CO2 scenarios. 

Introducing a high biomass potential can lead the fleet back to liquid hydrocarbons (biofuels satisfy aviation and there 

is enough potential to satisfy heavy-duty as well). 

 

Biomass interaction with hydrogen. When there is CO2 storage available, part of the biomass will be used for 

hydrogen production (and negative emissions), but the overall hydrogen flow stays low. For a high biomass potential 

or absence of CO2 storage, part of the biomass will be used for BtL and given the low process efficiency, part of the 

unconverted CO2 will be further treated with PtL to increase the process yield. If biomass is provided in a carbon-

neutral manner, it will be used to its maximum potential. Given that biomass is versatile and can be used across 

sectors, it can satisfy energy demand without CO2 emissions (assuming the potential is sustainable). Waste is mainly 

used for the residential and commercial sector, biogas for heat and power production and wood and forestry are either 

combined with CCS or used for biofuels. 

 

Chapter 4 – Power-to-Methane in a low-carbon energy system 

 

PtM drivers and limitations. Given the above, there is a very specific set of conditions that promote PtM. The basic 

ones are an ambitious CO2 reduction target (95%) and no possibility of CO2 storage (7 GW of PtM119). High wind and 

solar potential (increasing the need for flexibility), low CAPEX for methanation improve its outlook (40 GW). The 

consideration of a high efficiency for ships resulting in satisfying most of that demand increases it further (122 GW). 

The maximum potential would require low biomass potential, high gas price, high cost for the electricity network, 

high PtM efficiency, high electrolyzer performance, low PtL performance, SOEC possible on top (546 GW) to satisfy 

almost 75% of the gas demand (that has shrunk from 18 EJ/yr in 2016 to 6 EJ/yr by 2050). In such scenario, PtM does 

contribute significantly to energy security. In most of the uses, methane can either be replaced or does not represent a 

suitable long-term solution. In heating by electricity, in heavy-duty trucks by hydrogen or even electricity, in ships by 

hydrogen for short routes and ammonia for international shipping, in industry by electricity and by hydrogen for low 

and high temperature heat. In power, the case for seasonal storage is bleak (see Chapter 2) and the periods of low wind 

and solar can be bridged with other technologies. The potential use for trucks and ships (as liquefied methane) carries 

the risk of developing new fueling infrastructure that would either prolong fossil fuels use or imply a large electricity 

production upstream that requires wind and solar construction rates not seen before. 

 

 

119 This is just used to show the relative impact of measures and does not need an anchor value 
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PtM for heating. The model used does have a segregation of the building stock by types of dwelling (3), vintage (6) 

and country (31), leading to almost 560 individual categories. In each of these, the trade-off between energy efficiency 

and technology choice is made, resulting in heat pumps used in most cases. However, there might be historical 

buildings or simply old building difficult to renovate or where the technology switch is not so applicable, where gas-

based heating will remain attractive. In this space, hydrogen could be a competitor for methane in the case that the 

distribution network is converted to transport it or given that the fraction of demand is small, biogas could also be an 

option. PtM however, would have the limitation that it will certainly have higher commodity price than hydrogen 

(since hydrogen is used as input). 

 

CO2 and seasonal aspect of PtM. For scenarios where PtM was used, the CO2 was mainly sourced from biomass. 

The main process, supplying at least 80% of the CO2, was BtL. Other sources like cement and ammonia supplied the 

balance of CO2 for the most ambitious PtM scenarios. DAC in combination with PtM did not occur in any scenario. 

There was a seasonal component observed in its use. PtM stored during summer could be almost double of the PtM 

produced in fall or spring. The amount of PtM routed through storage (although still could be used at another time 

during the same season) was 70-90%. Its role covering the periods of low wind and solar production was more 

pronounced in countries that had limitations in the other generation technologies (e.g. biomass, hydropower, nuclear, 

geothermal). 

 

PtM cost and economics. The investment needed for PtM was relatively small in comparison to the total gas supply 

cost (2.5-10 bln€/yr for PtM vs. 200-300 bln€/yr for the gas supply). PtM also had a marginal effect on CO2 price (for 

95% CO2 reduction) of 0.5% change. PtM price did become lower as more favorable drivers were added in the 

scenario, but at the same time natural gas also became cheaper since with more restrictions, methane is not the 

preferred molecule, demand decreases and therefore price decreases. PtM CAPEX had a relatively small impact on 

PtM deployment. Similar to hydrogen and PtL, system drivers had more influence than technology performance. A 

key factor affecting price differential (between PtM and natural gas) was the hydrogen price used as input for PtM. As 

the system approaches zero emissions, hydrogen is more used across sectors, this increases its price. At the same time, 

natural gas demand throughout the system decreases, which decreases its price and makes the gap between hydrogen 

and methane (justifying PtM) wider. 

 

Chapter 5 – Fuel cell electric vehicles penetration including cost and behavior 

 

Soft-linking – Is it worth it? Going through the trouble of soft-linking a behavioral model with cost optimization is 

worthwhile since the results are significantly different and they have complementary features. For the passenger car 

sector, it is recommended to consider attributes beyond cost. These additional attributes can also make FCEV more 

attractive. The process does not have to be cumbersome, only exchanging commodity prices and powertrain shares 

(besides ensuring data consistency) for a few iterations already captures most of the benefit. Pure cost optimization 

assumes consumers are fully rational and, in most cases, disregard groups with different preferences. This results in 

drastic changes of the fleet composition, as soon as a powertrain becomes economically attractive. To prevent this, 

additional constraints are introduced. However, this indirectly forces the results and a wide range of results can be 

obtained depending on the formulation of the constraints used and is therefore not the recommended approach when 

analyzing the passenger car sector. 

 

Policy and FCEV deployment. The most effective policy in terms of best value for money (i.e. highest FCEV 

deployment for every € spent) is R&D producing an increase of 2.1 million FCEV for every bln€ spent (around 500€ 

per car). This R&D budget is better in the fuel cell than the hydrogen tank. However, the most effective policy in 

terms of total net deployment is purchase subsidy that can lead to almost five times as much additional deployment 

than R&D. The best timing for the policies is 2020-2024 for R&D and 2030-2034 for the purchase subsidy. During 

early stages of FCEV deployment, when fuel cells are still expensive, it is critical to ensure a low hydrogen price to 

have a low cost of ownership. This can be achieved by using hydrogen from gas reforming (with CCS). This early 

stage capacity is low (~1%) when compared to the capacity needed for a full-scale FCEV deployment and there is no 

risk of a lock-in effect. 

 

Chapter 6 – Integration of life cycle assessment and cost optimization 

 

Integration – Is it worth it? Expanding the analysis beyond cost and to cover impacts other than climate change is 

worthwhile to make sure technology choices do not result in lower cost at the expense of lower environmental 

performance. Similarly, a life cycle perspective avoids burden shifting between life cycle stages of impact categories. 
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At the same time, it expands the boundaries of the LCA beyond a single process to cover the entire system making it 

truly consequential. The integration of these two methods would benefit from a standardized approach (like the ISO 

for LCA), a common database with all the relevant technologies, an interface to easily modify the LCA data (to ensure 

consistency with the energy model). The methodology followed in this research can be applied to any energy model. 

However, it would require significant work to have all the data. LCA data for industry in particular was not found at 

the same level of technological detail that the energy model had, making it more difficult to estimate the potential 

impact evolution. 

 

Environmental impact of PtM. Most of the impact for PtM comes from the electricity and CO2 sources. The 

variability of the electricity mix provided by the energy model was useful to understand how the PtX impact changed 

in time and identify the periods of time where the impact is the highest. This allowed, in combination with electricity 

prices, to identify the most attractive periods for operating PtX. PtM should use biogenic CO2 or CO2 from air. If this 

is the case, the CO2 emissions from the electricity can be 122.6-180.9 gCO2eq/kWh to have lower emissions than 

natural gas. All EU countries achieved this value in a low-carbon scenario, but this will not be the case during the 

transition period. Therefore, when trying to increase the number of operating hours by using electricity from the grid, 

it should be ensured that the average emissions stay below the threshold. 

 

Environmental impact of the system. The sectors with the largest impact in a low-carbon scenario are the supply of 

fuels (e.g. if synthetic routes are used for gas and liquids and how are those produced) and indirectly industry, since it 

affects the impact of all the materials used downstream to construct wind turbines, solar panels (in a low-carbon power 

system, its emissions are reduced to the construction step), cars and alike. Ensuring a low impact for these will enable 

the achievement of a low-carbon system. 

 

Chapter 7 – Feasibility of a power system with a high share of electrolyzers 

 

Soft-linking – Is it worth it? Using the power model did provide additional useful insights such as the trade-off of 

operational hours with electricity price curves and corresponding hydrogen production cost and insights into the 

optimal ratios between variable renewable capacity and the electrolyzers. It also provided an unforeseen insight of the 

electrolyzers providing access to another market (hydrogen users) that have a higher willingness to pay, increasing the 

average electricity prices and paying for the CAPEX of zero marginal production cost technologies such as wind and 

solar. The most valuable soft-linking would be to establish a bi-directional link between the power and the energy 

model. However, in this chapter, the information flow was only from the energy to the power model and that was 

already insightful to understand the operation of the future power system in more detail than the energy model could 

analyze. This reduces the complexity (e.g. iterations) without compromising the results. 

 

Inverted roles in the power system. In a system where the power sector supplies the hydrogen and other carriers to 

other sectors, the demand side can be the follower of the production profile. This is the opposite of the current 

situation where generation has to be continuously adjusted to demand changes or unexpected events. Instead, given 

their fast response, electrolyzers can be the degree of freedom that keeps the supply-demand balance. This would need 

in combination intermediate storage, where underground caverns would provide a low-cost alternative or alternatively 

flexible processes downstream (i.e. hydrogen users) that can partially adjust their load. Electrolyzers can also allow to 

restore some of the stability of electricity prices. They increase the prices in periods of high wind and solar production 

by increasing demand and decrease the peak prices by reducing their load. Since they represent almost half of the 

demand for the system analyzed these changes in load make a large difference for the system. The inversion of roles 

between generation and demand extends beyond flexible and follower. The price taker today is demand depending on 

the generation mix and marginal unit. In the future high-electrolyzer scenario, the price taker is generation depending 

on the electrolyzer willingness to pay and load. Reserves are also provided today by generation, while in the future, 

they could be provided by the electrolyzers. Today, when demand is curtailed the electricity price is fixed (to the so-

called value of loss load). In the future, when demand from the electrolyzers is not present, the price would also be 

fixed (to zero since there are no takers). 

 

Conditions for high utilization of electrolyzers. There were three conditions for electrolyzers to achieve at least 

4500 operating hours (and reduce the CAPEX contribution to production cost). First, the hydrogen demand had to be 

large enough for the electrolyzers to be at least 60% of the total electricity demand. Second, wind had to be the 

dominant production technology (at least 2.5 times the solar generation). Lastly, the electrolyzer had to be between 16 

to 24% of the wind and solar capacity (otherwise they are oversized resulting in fewer operating hours at full load). 
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Willingness-to-pay of the electrolyzer. There are two ways of determining the WtP for the electricity, by the market 

where the hydrogen is used and to stay competitive with the alternative production technology (gas with CCS). Even 

though the scenario in chapter 7 assumed that CCS was not possible (e.g. due to social acceptance issues), hydrogen 

could still be produced without CCS (taking a cost penalty due to carbon tax). There was a big gap between the 

willingness to pay from the electrolyzer and the actual average electricity price paid. For a WtP of 60 €/MWh, the 

average price paid in most countries was 27-35 €/MWh, which is equivalent to just above 2 €/kg for the hydrogen 

produced. This opportunity arises because in spite of the relatively large electrolyzers, there are still hours where the 

generation is lower than the electrolyzers demand leading to prices lower than the WtP. This increase in average 

electricity prices also allowed increasing the income that generators received to recover their CAPEX at a discount 

rate of 5%. More countries recovered the wind investment (70-90%), compared to the ones that recovered their PV 

investment (around 50%). 

8.2. Research questions 

Question 1 on the contribution to an improved modeling framework for hydrogen is fully answered in the next section. 

 

Question 2 – What are the cost implications of hydrogen and PtX in the system and what factors determine their 

economic performance? 

 

Costs for decarbonization. The additional annual cost for achieving 95% CO2 reduction (compared to a system that 

achieves ~50% CO2 reduction) is between 6 and 25%. The lower bound (6%) is achieved when the system is fully 

flexible, including possibility to store CO2, high biomass and renewable potential, high electrolyzer performance as the 

most relevant parameters. The upper bound (25%) represents the opposite set of conditions for these major drivers. 

The cost structure of the future system also changes towards more CAPEX (e.g. renewables) than OPEX. CAPEX can 

represent up to 80% for some scenarios, which would mean roughly doubling the annual investment from 200 bln€/yr 

today to 400 bln€/yr in the future with the benefit of reducing largely the cost for imported fossil fuels that are 

displaced by domestic renewable energy. The higher annual costs translate into higher CO2 prices since the CO2 target 

remains the same. CO2 price can go from 125 €/ton for a 50% CO2 reduction to 175-1600 €/ton for a 95% CO2 

reduction, which can in turn translate into higher commodity prices for the end users. This highlights the importance of 

having a fully flexible system and as many pathways as possible, which will become more important as the system 

approaches net zero emissions. 

 

PtX investment. Hydrogen cost can be as low as 0.3% of the total system cost in a low-ambition (~50% CO2 

reduction) scenario. This nearly triples to 1% for an 80% CO2 reduction scenario, increases by another 50% to 1.5% 

for a 95% CO2 reduction scenario and all the way to 3-3.5% for a No CCS scenario with favorable technology 

performance for the electrolyzer. These percentages translate to 40 to 140 bln€/yr (1 to 3.5%). PtL cost is in the order 

of 0-50 bln€/yr and PtM cost is in the range of 2.5-10 bln€/yr. To put this in perspective, global investment in 

exploration of oil and gas is in the order of ~540 bln€/yr and the import bill for fossil fuels in EU was around 325 

bln€/yr in 2018. The largest cost contributor for hydrogen is the production step, while distribution cost can become 

dominant for highly decentralized uses (e.g. cars). In turn, production is dominated by the electricity price and the 

electrolyzer efficiency since the operating hours were close to 50% of the year in most scenarios. Similarly, production 

from gas reforming is determined by the OPEX as well (i.e. gas price). PtL instead has the opposite trend and the 

CAPEX contribution can be 50-80% of the total production cost. The cost structure for PtM and PtL is also defined by 

the allocation of the CO2 benefit along the CO2 use value chain and the fraction of the CO2 price that these facilities 

would need to pay (or receive) with respect to the CO2 supplier and the emitter downstream. 

 

Hydrogen prices. Prices stay relatively low in a low-ambition scenario and even in scenarios with 80-95% CO2 

reduction, as long as they have CO2 storage as possibility. In these scenarios, hydrogen is produced with gas reforming 

and CCS with a resulting price of 2.5-3.5 €/kg including transmission and distribution to the users. Prices increase to 

the 4.2-5.5 €/kg range as soon as the only route available is electrolytic hydrogen. Efficiency improvements, CAPEX 

reduction (to 400 €/kWel) and optimizing the electrolyzer operation to make use of the periods with the lowest 

electricity costs, can result in production costs for electrolytic hydrogen in the 2-3 €/kg range. The uncertainties that 

will affect these prices, and competition between both technologies, are the gas and CO2 prices, technology 

improvements and availability, development and national strategies for CO2 storage. 
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PtX effect. PtM deployment can decrease the marginal CO2 price by 0.5% when initially deployed and up to 10% for 

highly favorable conditions. The absence of PtM from the system has the smallest consequences. Methane can be 

replaced as a carrier for most of its applications and use for balancing power can be substituted by other technologies 

and flexibility options (e.g. network expansion, hydrogen, storage, hydropower or biomass). The absence of PtL 

instead leads to using more expensive alternatives, liquefied methane for heavy-duty transport and satisfying 30% of 

aviation demand with imports, which together lead to 30-80 bln€/yr higher annual cost (0.1 – 0.3% of the total system 

cost). PtL absence for aviation would mean either constraining the use of the biomass potential in other sectors or 

instead a lower demand (through price elasticity) that can be satisfied with the reference biomass potential. Cheaper 

hydrogen (from 6 to 2 €/kg) can decrease the marginal CO2 price by almost a third in a scenario with 95% CO2 

reduction and no CO2 storage, which translates into an effect of 50-150 €/ton for every €/kg change in hydrogen price. 

Failure to develop hydrogen itself leads to not achieving the CO2 reduction goals (i.e. in the modeling framework used 

it was not feasible to achieve 95% CO2 reduction without hydrogen). Some of the no-regret options regardless of the 

scenario were on the production side electrolysis which allows to provide flexibility to the power system (regardless of 

the final variable renewable energy), while coupling the power sector with the rest of the system and on the use side, 

the use for industry (specifically steel) and heavy-duty trucks were observed (to a different extent) in most scenarios. 

 

PtX drivers. The most important drivers are the system-wide parameters. The most important is the CO2 reduction 

target. For low targets, the lowest cost options such as renewable electricity and energy efficiency are used, 

intermediate targets would need to decarbonize heating and some industry where hydrogen can be attractive beyond its 

current application, while the most ambitious ones will require transport as well, where hydrogen-based products can 

become especially attractive. The second most important is the possibility of CO2 underground storage. If CCS is not 

possible, the system will rely more on the remaining options, such as hydrogen, to achieve the climate change goals. 

Furthermore, with the most attractive sink (i.e. storage) not being an option anymore, it increases the potential for CO2 

use in synthetic fuels and feedstocks. On the other hand, CCS does enable low-carbon production from natural gas, 

which can be cheaper than electrolytic hydrogen during early stages of deployment. Biomass potential is the third most 

important. Biomass can be used across the energy system while resulting in net-zero greenhouse gas emissions if 

produced in a sustainable manner. It can satisfy the demand of hard-to-abate sectors. Given the high uncertainty in its 

sustainable potential, any decrease in its potential will increase the use of hydrogen and its derived products. The 

availability of biogenic CO2 or the realization of a low-cost direct air capture will lead to an improved business case 

for Power-to-Methane and Liquid. This will improve their overall environmental benefit when compared to incumbent 

fossil-based alternatives, favoring their deployment. 

 

Technology drivers. Once the system drivers are favorable, the technology drivers can further increase the hydrogen 

role. For electrolysis, efficiency, CAPEX and operating hours are all key to facilitating hydrogen deployment. 

Efficiency can decrease the amount of electricity needed upstream. This will help making less ambitious the required 

annual capacity additions of renewable energy. At the same time, higher efficiency will translate into lower operating 

cost given the lower electricity input per unit of hydrogen. At least 2500 operating hours are needed to reduce the 

CAPEX contribution to hydrogen production cost. Above 5000 hours, CAPEX changes will only marginally change 

the production cost. For low-carbon hydrogen from gas, the key parameters are gas price, CO2 capture rate and CO2 

tax. The most influential one, but also the one with the highest uncertainty is the gas price. CO2 tax will only have a 

limited impact since most of the emissions are captured and not released, while the capture cost will have an 

exponential growth as it approaches 100%. 

 

Additional drivers for electrolysis. One is the availability of low-cost electricity. This does not necessarily mean 

hours with zero-cost electricity (surplus), but it is linked to the continuous CAPEX decrease that wind and solar have 

experienced in the last couple of years. It is also linked to exploiting resources with higher number of operating hours 

for wind and solar mixes and potentially transporting hydrogen or hydrogen-based fuels from those locations to 

demand centers. An additional driver is the fraction of variable renewable energy, electrolyzers can provide the 

flexibility needed for the power system and for systems with a hydrogen demand large enough provide an outlet for the 

potential electricity surplus. In the long-term, where the power system provides hydrogen to other sectors the need for 

reconverting the hydrogen back to electricity might be smaller given that for periods of low wind and solar production 

translate into ramping down the production of electrolytic hydrogen instead of having to supply additional electricity 

production through other technologies. 
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Enabling end use. Equally important is to focus on the downstream use of hydrogen. A low cost and a high efficiency 

of fuel cells are key to improve the outlook of hydrogen in cars, trucks and buses. These improvements can also be 

useful for stationary applications and make power generation and applications in the commercial sector more 

attractive. Research and demonstration that goes towards decreasing the energy consumption for steel production or 

combustion dynamics for high temperature heat generation (e.g. furnaces) will improve the outlook for hydrogen. 

Lower energy losses during hydrogen compression, liquefaction, transport and conversion to hydrocarbons or 

ammonia will lead to lower hydrogen consumption improving the economics. Locations with availability of suitable 

underground reservoirs suitable to store hydrogen will have an advantage. Underground storage has lower cost (per 

unit of energy) than hydrogen tanks. This lower cost can provide a large volume for flexibility with limited 

contribution to the overall cost and reduce the load changes needed downstream the electrolyzer while ensuring high 

number of operating hours. However, these reservoirs are not uniformly distributed across the globe. 

 

Question 3 – What are the wider implications beyond cost that the deployment of hydrogen and PtX have? 

 

Cost-environmental trade-off. Climate change is the first category beyond cost to be evaluated. For hydrogen to 

contribute to CO2 emissions reduction, it should be low-carbon, which means from gas with CCS or renewable 

electricity. For PtX, the CO2 use should be biogenic, from air or non-avoidable (e.g. cement). The trade-off between 

climate change mitigation and the potential higher energy prices will depend on the implicit CO2 price. From a pure 

cost perspective, it could make sense to use electricity from the grid to run the electrolyzer, increasing its operating 

hours and decreasing the CAPEX contribution to the cost. However, if the average CO2 emissions for the grid 

electricity are higher than 150-200 gCO2/kWh, it could actually be leading to a net increase in CO2 emissions (when 

compared to fossil-based production). This threshold could be lower (~120 gCO2/kWh or even 4-60 gCO2/kWh if the 

CO2 is not biogenic or from air) for CO2 use technologies (PtM). From a cost perspective, PtM contribution was 

relatively small compared to the total system. From an environmental perspective, however, it was shown that the 

impact was higher than 10% for 7 categories in the most optimistic scenario. Similarly, PtM absence from the system 

had limited impact from the cost perspective, while the environmental perspective confirmed this trend with most of 

the categories staying within 4% of their values when the technology was used. 

 

Beyond climate change. Looking at the life cycle assessment, hydrogen and PtX contribution to the overall impact 

was in the order of less than 0.5% of the total for most categories. Two categories where its impact was the largest 

were water depletion and terrestrial acidification. In both cases due to the large water consumption from the 

electrolyzer. In a follow-up cost benefit analysis, where the impact across categories is translated to a common 

measurement unit of money, these two categories proved to be relatively small when compared to climate change or 

resources depletion. Therefore, it is not expected that such impact will make a difference in hydrogen or PtX 

deployment given its potential for climate change mitigation. Categories other than climate change should be 

consistently included in subsequent research as a means to keep them in check and detect deviations from this small 

contribution. There were some processes (e.g. biomass conversion) with much larger impact in particular categories 

(e.g. land occupation) with respect to their contribution to the energy balance or CO2 emissions. Including these 

additional categories will prevent improving climate change at the expense of deterioration of one of the other impact 

categories, which is a key benefit of life cycle assessment. 

 

Behavioral dimension. Considering the behavioral aspects (convenience to effective refueling and recharging 

infrastructure, performance, reliability and safety) in the decision-making for powertrains in cars led to a different 

FCEV adoption than dictated by a pure cost optimization (14% higher cost in particular for the scenario analyzed). The 

feedback between ambitious CO2 targets for the car fleet overall and more drastic reductions in fuel cell cost were not 

originally captured in the cost optimization framework (exogenous assumption). In contrast, this was triggered in the 

behavioral model as a response from the car manufacturers that had FCEV as one of the few options left to achieve the 

stringent fleet targets (along with hybrids and BEV). At the same time, just taking this more ambitious fuel cell cost 

curve in the cost optimization model would not be enough on its own, still requiring the behavioral model to have 

more realistic (less drastic) shifts in the powertrain mix. 

 

Future power market design. In a future scenario where the electrolyzers represent a large share of the electricity 

demand, electrolyzers could satisfy the balancing needs and reserves. The electrolyzers would represent the marginal 

unit, fixing the electricity price for a large part of the year with their willingness-to-pay, but also upon its absence 
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(price would go to zero). This is in contrast to the current market configuration where the marginal production unit sets 

the electricity price with a flexible generation side and electrolyzers aiming to reduce curtailment. The use of 

electrolyzers could also introduce an additional flow of money towards the power sector from the hydrogen market 

that increases the overall electricity prices during periods of otherwise near-zero cost electricity, which allows VRE to 

recover their CAPEX while still resulting in competitive hydrogen prices in the 2-3 €/kg range. 

 

Energy security in a low-carbon future. EU currently imports most of the oil and gas consumed domestically. 

Setting ambitious CO2 goals by itself leads to an improved energy independence since the imported oil and gas 

produce CO2 emissions. This shifts the system towards domestically produced hydrogen (and electricity) displacing 

fossil fuel imports. CO2 storage is a parameter that can indirectly contribute to higher imports and lower energy 

independence. For gas, CO2 storage can translate into the continuation of natural gas import (using the same 

infrastructure), while storing the CO2 locally to produce low-carbon hydrogen. For liquid, it could mean the use of 

fossil (and imported) liquids, where the resulting CO2 emissions are just compensated by negative emissions from 

biomass combined with CCS elsewhere in the system. However, this does not lead to an improvement in energy 

independence, raises the questions of domestic social acceptance issues of CO2 storage and sustainable (i.e. long term) 

character of the solution and potentially higher costs of energy unless there is a high CO2 implicit tax.  

 

Energy security does not necessarily have to come with energy independence. There could still be a large share of 

imports in a low-carbon world, but from places with high operating hours for wind and solar resources (e.g. 

Patagonia), with vast gas reserves and with potential CO2 storage possibilities (e.g. Norway) that can be more 

politically stable than Russia or Middle East today. Energy security can be further improved by increasing the diversity 

of sources that a flexible international trading would provide. Multiple ports and a spot market, similar to the one 

developing for LNG, would increase competition and avoid reliance on a single supplier for a region, different from 

the limited flexibility an interconnection pipeline carries. Evaluating the possibility of this international trading of 

hydrogen and its derivatives involves consideration of the trade-off between cost (lower production cost with a higher 

transport contribution), environmental impact and energy security. 

 

PtX contribution to energy security. In a scenario with 95% CO2 reduction and limited CO2 underground storage, 

PtM satisfied around 8% of the gas demand. This increased to 19% when methane was attractive for the use in ships 

(when the LNG ships were efficient enough). In the most optimistic scenario, when 11 different drivers were favoring 

PtM, it satisfied almost 75% of the gas demand, consequently decreasing significantly the need for imports. On the 

downside, the total gas demand itself does decrease by around two thirds in this scenario since methane is replaced by 

other carriers in its different applications. Furthermore, supplying all that PtM requires almost 2000 TWh of electricity 

input, which is almost 60% of current generation. PtM can further contribute to energy security by making use of the 

existing underground gas storage facilities. Currently, the total gas storage capacity is around one sixth of the total 

annual gas demand. In a low-carbon future, methane demand could be largely reduced, even by two thirds, meaning 

the same storage would represent half of the annual demand. Furthermore, 70-90% of the PtM production was already 

routed through storage. PtL played an even more important role in displacing fossil fuels. Jet fuel used for air transport 

can only be produced in the form of biofuels or electrofuels from PtL. Hydrogen can boost the biofuels production and 

make the most use of the biogenic carbon. PtL satisfied 60-90% of the jet fuel demand in the scenarios where it was 

used (mostly with limited CO2 storage). Diesel can still represent a fraction of uses like heavy-duty trucks or even 

some legacy cars. PtL satisfied 50-60% of the diesel demand (that in turn decreased by almost 75% compared to 

today) complementing BtL. In both of these commodities, the combination of PtL/BtL satisfied the bulk of transport 

demand displacing imports. 

8.3. Methodological advancements 

Assessing the potential consequences of scaling up hydrogen as a system-wide energy carrier, requires adopting 

multiple perspectives of the problem, covering from technology, supply chain and cost competitiveness to financing, 

risk assessment and macro-economic impact, among others. Instead of aiming to cover all these with a single model, 

which would make it cumbersome, not fit-for-purpose and more difficult to calibrate and interpret, it is better to use a 

modeling framework that has adaptable modules that can be either used as stand-alone models or coupled with others 

and that allows scaling the framework to suit the targeted questions. Figure 69 starts from the hydrogen system at its 
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core, expanding it to the elements that it can cover, different dimensions of the problem, all the way to looking beyond 

hydrogen to the broader macroeconomic issues and relation with earth systems. 

 

 
Figure 69. Multiple dimensions of evaluating hydrogen role and relation with rest of the system. 

 

Models in Figure 69 are represented at two levels: one are the blue boxes that represent models focusing on a specific 

part of the problem with a high detailed representation of a specific dimension, but missing the influence of other 

components; the other are models that a broad coverage and enable a more holistic view (on the left), but that can miss 

the detailed representation for some of the aspects and instead usually use a simplified version (trade-off coverage vs. 

complexity). At the core is the energy system (delineated by the green line) with the most overarching models 

(Integrated Assessment Models – used for IPCC assessments) having the widest envelope (red line).  

 

The methodological novelty in this thesis is the use of multiple modeling approaches (blocks with black borders) 

aiming to tackle different dimensions of the problem while keeping consistency in all the data and scenarios used since 

a central modeling tool was used (cost optimization for the energy system) and the additional analyses took one step 

further in a specific direction without going so far from the core. With this approach, cost optimization provides the 

overall direction and the main changes driving hydrogen deployment, while the additional models allow 

complementing the core tool with a more detailed representation in specialized models with high granularity. Given 

the limited time, not all the aspects could be covered, instead the ones having the largest influence were included. The 

main use of the power model is to analyze the operational feasibility of the power system by increasing the temporal 

resolution and including technical constraints of the generators. The behavioral model considers aspects beyond cost 

that are relevant for not fully rational decision-making for powertrain choices in cars. Life cycle assessment includes 

the environmental aspect to look beyond cost and energy. 

 

There are two other aspects that make this framework groundbreaking state-of-the-art. First, the scope of EU28 which 

allows evaluating the region as a whole rather than focusing on particular specificities of each country. This scope was 

kept for all the tools used (energy, power, behavioral and life cycle). This allows making the direct link with the EU 

energy strategy instead of hypothesizing what the actions of neighboring countries could have on national strategies 

(when performing this exercise from the point of view of a single country). At the same time, covering the EU allows 

taking into account the interactions between countries, trading, allocation of resources and emissions. Second, the first 

generation of hydrogen pathways was mostly focused on transport (specifically cars – see Table 13 in Chapter 5), the 

second generation aims to consider hydrogen for other applications including trucks, ships, buildings, heat production 
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and stationary fuel cells, the third generation (this thesis) adds the potential conversion to other carriers which allows 

exploiting the existing infrastructure (gas and liquid), providing a building molecule for the chemical industry 

(methanol) and even making the link with population growth and food supply (ammonia, although it can be used as 

well for ships and power generation). Some of these pathways (e.g. methane) will only be attractive in a particular set 

of conditions (see Chapter 4), but even those provide additional flexibility to the system and therefore lead to a lower 

overall cost (see Overall conclusions). 

 

Previous examples of a modeling framework missed one or more of these aspects. METIS (models for energy 

transformation and integration systems) [63] focuses on the electricity and transport sectors. It includes an hourly 

electricity load model with the electricity grid and renewable potentials, an electrolyzer module for the optimal 

utilization (trade-off of operating hours and hydrogen cost), a demand model and a pipeline (infrastructure model). 

Some of its limitations are the focus on a single country (Germany), the lack of hydrogen uses beyond transport (first 

generation) and no consideration of behavioral or environmental aspects. Similar, the Department of Energy (US) has 

a range of tools120 for modeling hydrogen ranging from powertrains, supply pathways, infrastructure and refueling to 

scenarios, job generation and national modeling. This range of tools already interact to some extent and there are 

factsheets capturing the main input-output for each model and how it interacts with others and each tool can also be 

run stand-alone. The main limitation is the focus on first generation use (it does include heat and power) and the lack 

of hydrogen use for example for industry and high temperature heat, direct reduction of steel, use in ships and the 

conversion to other carriers. The REEEM project 121  (Horizon 2020 project in EU) aimed to have an integrated 

framework to analyze system-wide implications of energy strategies and uses over 10 different models analyzing 

different dimensions of the energy system. It has factsheets for each model and templates for data exchange, as well as 

case studies of soft-linking for particular problems. However, its application has been for the entire EU energy strategy 

(under the framework of the Strategic Energy Technology Plan) and it is unclear if the full hydrogen benefits have 

been taken into account. Integrated Assessment Models cover many of these aspects, but have so far not shown 

hydrogen as a key output and would benefit from the additional flexibility (see further work). 

8.4. Policy implications 

PtM policy. As part of this work, three policies to promote PtM were tested, namely PtM direct subsidy (up to 3 

€/GJ), taxing natural gas (the option to be replaced) and establishing a minimum PtM share (similar to biofuels). The 

most effective measure to increase PtM deployment was the direct subsidy. Taxing natural gas led to a more expensive 

gas, decreasing its demand across sectors, but having only a small impact in promoting a substitute. Setting a 

minimum share does not consider that there will be countries with more expensive hydrogen, resulting in a more 

expensive synthetic methane and unnecessarily increasing the prices for the end consumer. Direct subsidy of PtM 

resulted in the highest net PtM capacity addition, but can have the negative effect of producing synthetic methane that 

is used downstream with carbon capture to use that CO2 back into methane at some point. That is an energy and 

economic inefficiency that did not occur in any of the scenarios without subsidy. 

 

PtX policy toolbox. For both PtM and PtL (and electrolytic hydrogen) there is a large gap in production cost with 

respect to fossil fuels, especially during the early stages of deployment. Some of the incentives in the short term 

include: 

• Exemption from grid tariffs and levies for the electricity used in the electrolyzer. 

• Participation of the electrolyzers in the reserve and balancing market. 

• Funds for dedicated financing to hydrogen and related technologies. 

• Measures to lower risk for investment and attract private capital like long-term certainty. 

• Tax exemptions or refunds for the investment in hydrogen and PtX facilities. 

• Implementation of a life cycle perspective for the emissions from both hydrogen and PtX to take into account 

upstream emissions and CO2 source. 

• Introduce an accounting, monitoring and certification system that ensures the sustainability of the hydrogen 

and PtX products. 

• Green certificates adding an extra revenue stream (based on life cycle emissions above). 

 

120 https://www.energy.gov/eere/fuelcells/downloads/analysis-models-and-tools-systems-analysis-hydrogen-and-fuel-cells 
121 http://www.reeem.org/ 

https://www.energy.gov/eere/fuelcells/downloads/analysis-models-and-tools-systems-analysis-hydrogen-and-fuel-cells
http://www.reeem.org/
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• Direct subsidy of the gas and liquid produced, for a limited period of time, until there is learning from 

deployment leading to cost decrease. 

• Fuel tax exemption for hydrogen in transport (which currently represents around 50% of the fuel cost). 

• Feebates (taxing the worst performing vehicles in terms of CO2 emissions or pollutants to subsidize the best-

performing ones) for cars and trucks, which can be technology neutral and allow for a progressive 

improvement of the fleet. 

• Zero emission vehicles mandates (as in California for example). 

• Similar policies than for renewable electricity such as tariff per unit of energy or contract for difference with 

a targeted product price. 

• Fuel quotas (similar to the 14% for transport from the Renewable Energy Directive which already includes 

PtX). 

• Targets for refueling stations (similar, but more ambitious, to the Alternative Fuels Infrastructure directive). 

• R&D in fuel cells and electrolyzer aiming for cost reduction and efficiency improvement. 

• CO2 targets for the car and truck fleet with more aggressive credits for FCEV as zero-emissions vehicles. 

• Low carbon fuel standard with a credit system (similar to the one in California). 

• Consideration of domestic PtM production in the security of gas supply strategy. 

• Incentives that promote the use of CO2 (especially biogenic) for fuels. 

 

The above incentives should be considered in the context of not favoring specific technologies that could lead to path 

dependency or higher costs or leading to market distortions that affect the most efficient allocation of resources. The 

full potential implications are beyond what was covered in this study. However, Chapter 5 did cover some of the 

policies around FCEV finding that the most effective policy mix to promote FCEV in passenger cars was R&D 

targeting cost reductions for the fuel cell in 2020 and purchase subsidy in 2030 (where it is used by the most vehicles 

and hence the largest impact in overall sales). 

 

Hydrogen in the climate strategy. Hydrogen and PtX prospects are the highest in applications with limited choices 

for alternative carriers (e.g. industry, chemical feedstock and aviation). Policies promoting deep defossilization of 

these sectors will indirectly promote hydrogen and its derived products. These policies need to be in place soon given 

the long lead times for development. An example is in industry, in particular the steel sector. Investment in the coming 

years in a specific technology will lead to certain path dependency since those facilities would be operating at least 

until mid-century. Direct iron reduction with hydrogen on the other hand is not ready for large-scale deployment, but 

represents one alternative for zero-carbon in this sector and can be continuously upscaled to accelerate its path towards 

commercial use. Similarly, policies promoting energy efficiency would also have the largest impact on marginal CO2 

prices and energy prices and therefore indirectly impacting hydrogen and its derivatives. This is especially important 

for aviation and maritime transport where activity is expected to double or triple until mid-century and energy 

efficiency (including operational practices, vessel design and routing) can limit the corresponding energy demand 

increase making more feasible to satisfy such demand with PtX. Beyond fiscal, financial and economic incentives, 

hydrogen and PtX, would greatly benefit from policies on information sharing and adoption, international 

collaboration, institutional strengthening and harmonize standards for design and safety of the facilities. Some of the 

longer-term measures that could be used to promote hydrogen and PtX are: 

• High levels of CO2 pricing (or equivalent). 

• An emissions trading system that covers the entire energy system or at least that prevents the leakage from 

one system to the other. 

• A policy package that allows taking credit of the multiple benefits hydrogen has (energy storage, transport, 

sectoral coupling, conversion to other carriers). 

 

This research confirmed that enabling CCS causes some of the largest changes across the system compared to a 

scenario where it is not used. For hydrogen, CCS would mean access to a low-cost production pathway for low-carbon 

(i.e. gas reforming). CO2 underground storage could also lead to negative emissions compensating the most difficult 

positive emissions to mitigate. More importantly, for the overall system, it translates into lower (6-9%) annual costs 

and commodity prices. Therefore, policies promoting the scale up of CCS would lead to these benefits. These can 

include projects across Member States (e.g. Projects of Common Interest) with funding from the Connecting Europe 

Facility, CCS deployment targets and programs, CCS specific legal and regulatory regimes that consider the life cycle 

emissions and institutions to enforce them. 
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Avoiding policy loopholes. PtX facilities should run on renewable electricity to contribute to climate change 

mitigation (see question 3). This could be ensured by a direct connection between the renewable electricity production 

and the PtX facility, but could also be achieved with an effective guarantees of origin system in place. That electricity 

is currently accounted for as final energy demand contributing to the renewable targets while not really representing 

an end user. At the same time, the PtX product could end up in transport and contribute to the renewable share for that 

sector. Therefore, under a flawed policy, the same PtX facility could contribute to both the renewable targets in 

electricity with its electricity consumed and transport with the product. This double counting of the PtX benefit should 

be avoided. At the same time, promoting PtX coupled with renewable electricity could lead to deploying renewable 

electricity just for these facilities and therefore limiting the use for other applications under the assumption that there 

is a limited pace of capacity expansion that can be achieved. Therefore, it is also important to ensure that the 

renewable electricity for PtX facilities is additional to what would, in the absence of PtX, be deployed to maximize its 

benefit.  

8.5. Overall conclusions 

• The potential for hydrogen has to start by recognizing the variety of production and use pathways. This 

should be considered in the modeling as well as in evaluation of business cases. During this research, it was 

noted both in literature and the models used, that providing limited alternatives to use hydrogen (usually 

limited to transport), naturally limited the role that hydrogen had in the output. As soon as new applications 

were considered (e.g. for steel or trucks), these not only made the overall system cheaper due to the higher 

flexibility, but also increased the role that hydrogen and its products had. 

• The more flexibility options a system has the lower the cost it will be, translating into lower marginal CO2 

prices, lower energy prices and lower annual costs. This will also translate into a better resilience from the 

system to deal with changes in technology, commodity prices or market design. More flexibility means not 

only having more options in the power system such as variety of generation technologies, storage, grid 

expansion and demand side measures, but also introducing the entire range of PtX options (gas, liquid, 

chemicals and industry), which will also benefit those sectors. From the modeling work, it was observed that 

not having some of these increased considerably the total and marginal cost of the system. While the most 

restricted scenario explored was 95% CO2 reduction, this cost increase will become more pronounced as the 

system reaches zero emissions, is expanded from CO2 to greenhouse gases and expanded to cover non-energy 

emissions. 

• No single model can cover all the aspects. A modeling framework with a core module for overall direction, 

specialized modules and with a consistent basis for information exchange is one of the best options. This 

allows keeping calculation time in check, while still having both a detailed representation and a means to 

answer overarching questions (see Section 8.3). 

• Electricity is the preferred energy carrier overall. It has higher pathway efficiency given fewer conversion 

steps and coupled with renewable resources it is one of the lowest cost ways to decarbonize an application. In 

the applications where electricity is not possible or has a very high cost penalty (e.g. trucks with a high-cost 

assumption for the battery), hydrogen results more attractive given its higher energy density with limited 

conversion steps. PtX results attractive only when neither of these two carriers can be used (e.g. in aviation).  

• Power-to-Liquid is attractive to boost biofuels production and satisfy aviation demand where it will be more 

difficult to replace liquid fuels and where traveling demand will almost triple by 2050. Power-to-Hydrogen 

produces a versatile carrier that can be used across the entire system, complements electricity and provides 

the molecules for processes that need them (e.g. industry). Power-to-Methane suffers from low pathway 

efficiency, need for CO2 and no particular niches where electricity or hydrogen cannot be used, therefore it is 

the least attractive option. 

• Methane is a molecule for the transition stage. Natural sources would carry CO2 emissions upon combustion. 

Even if coupled with CO2 underground storage, it leads to resource depletion, potential energy security issues 

and restrictions imposed by storage availability. Biomass is better used for liquid fuels than for biogas and 

cannot replace the entire current gas consumption (given its limited potential and need for other sectors). 

Power-to-Methane would imply high electricity consumption upstream and additional CAPEX (compared to 

hydrogen). Sooner or later, the gas grid will have to be repurposed or decommissioned and its sunk cost is not 

a reason to justify the use of PtM. 

• To achieve significant FCEV deployment, three parameters need to stay in check: 

o High utilization of refueling stations (80-90%). This can be achieved by using captive fleets such as 

trucks at ports and industrial sites, bus or taxi fleets. These stations can eventually be opened to 
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general public decreasing the fuel cost for early adopters. Alternatively, there could be a credit 

system (as in California) to close the gap between actual and targeted utilization rate. 

o Low fuel cell cost (30-40 €/kW). This can be promoted by having manufacturing plants large 

enough to exploit the economies of scale, continue research to either reduce or eliminate platinum 

(one of the most expensive components) from the fuel cell, enough manufacturers to promote 

competition and pursue of low cost and minimum fuel cell size to reduce the specific cost. 

o Low hydrogen price (4-5 €/kg for delivered cost). Linked to either fossil-based hydrogen with CCS 

or low electricity price with high utilization for electrolyzers. 

• A platform like FCH JU (public private partnership) has been crucial in facilitating hydrogen deployment in 

the EU. It brings public financial support in contact with private equity, it provides a centralized tracking of 

the progress of the various projects, it allows knowledge exchange and best practices among projects and 

facilitates coordination of efforts and identification of gaps. This is far better than each country pursuing their 

agenda without much cross learning. Applying this to an international landscape, the equivalent function is 

needed to ensure maximum benefit. An option today is the International Partnership for Hydrogen and Fuel 

Cells in the Economy (IPHE). An option for the future is the hydrogen initiative launched by the Clean 

Energy Ministerial and coordinated by the International Energy Agency. 

• The most attractive sink for the CO2 molecule is underground storage. With a cost of 50-80 €/ton for capture 

and less than 10-20 €/ton for storage, it is still cheaper than all the investment required for CO2 use in fuels 

(CAPEX for additional electricity, electrolyzer and conversion). For the scenarios where CO2 use is indeed 

attractive, PtL is the preferred option due to its ability to satisfy, the more difficult to decarbonize, transport 

demand. 

• CO2 storage proved to be one of the most influential parameters for the entire system. Specifically for 

hydrogen, CCS allows producing a lower cost hydrogen. For the system, it gives more flexibility and 

reducing emissions from industry, power and heat. In contrast, current CO2 storage deployment remains 

limited and far behind the one needed to achieve the “well-below” 1.5 ºC. Furthermore, it prolongs the use of 

fossil fuels in the energy system. This has a negative aspect, which is the resource depletion and its 

unsustainable nature along with the energy security for import-dependent countries. The positive aspect is 

that it provides a means for countries with vast oil and gas resources (e.g. Middle East) to make use of their 

resources while still contributing to a system with lower CO2 emissions. 

 
Table 24. Energy carriers available in the different demand sectors. 

Sector Sub-sector Electricity Hydrogen Power-to-Methane Power-to-Liquid122
 

Residential 
Heating x x x x 

Cooking x  x  

Industry 

Steel  x x  

Ammonia  x x  

Heat and power x x x  

Transport 

Bus x x x x 

Light Duty x x x x 

Heavy Duty x x x x 

Car x x x x 

Aviation    x 

Navigation   x x 

 

Table 24 shows the combination of PtX energy carriers and end uses that was included in this thesis (this complements 

Table 8 in Chapter 3). At the same time, Figure 70 shows how these four pathways to produce different energy carriers 

compare in satisfying the final demand in the residential and transport sector. Combining the information in Table 24 

and Figure 70 explains why the merit order for energy carriers is electricity, hydrogen, PtL and PtM. All the pathways 

using electricity directly are just more efficient, which translates into lower electricity input upstream, lower capacity 

installed and lower CAPEX invested. Alternatively, if the electricity input is fixed (as in Figure 70), higher pathway 

efficiencies translate into lower specific cost (expressed as € per unit of final demand). As more conversion steps are 

added, it is detrimental to this specific cost since it both increases the numerator (i.e. total cost for the value chain 

which includes the CAPEX for the added equipment) and decreases the numerator (since energy is lost upon 

 

122 Wherever PtL is used, biofuels can also be used, see also Table 8 
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conversion). The pathway efficiency is only one component to be weighted against the CAPEX differential, but it does 

mean that the CAPEX for the electricity-based pathway can be twice as high as the PtX route and still be attractive. 

 

 
Figure 70. Pathway efficiency comparison for PtX routes in the residential and transport sectors. 

 

This efficiency criterion tends to reduce the preference for PtM and PtL which have further conversion losses. 

However, PtL is the only (PtX) route that can satisfy the aviation demand and the feedstock for the chemical industry. 

The efficiencies for the synthesis steps in PtM and PtL are relatively close (80-85%, see Table 10 and Table SI 8), but 

PtM would require an additional liquefaction step that results in an additional ~10% of energy loss (Table SI 25), 

which makes the PtL pathway more attractive for the maritime sector. However, the most attractive energy carriers for 

the maritime sector are ammonia and hydrogen, which were not included for this end use in this study (see section 

8.7). All these sectors can represent as much as 15% of the final energy demand in 2050 and drive the need for PtL. In 

contrast, PtM does not have end uses where it is the sole energy carrier that can satisfy the final demand. Instead for 

example in the residential sector, electricity (through heat pump) prevails and where its use is not possible (e.g. 

buildings with lack of space), hydrogen can result more attractive (which can still exploit the existing gas distribution 

network) and even for the fraction of buildings that still require methane, biogas (which has limited potential and 

cannot replace the entire gas demand) can be used. A similar effect takes place in the power sector, where gas can be 

displaced by renewables and the balancing can be done through a complement of electricity grid expansion, biomass, 

nuclear, electricity storage, demand response and gas turbines or fuel cells with hydrogen (see Section 2.4). Therefore, 

methane can be replaced by other energy carriers, while liquid fuels cannot (in the short term). PtL can exploit the 

synergy with biofuels and increase the biofuels production yield by two to three times and make better use of the finite 

biomass available. This PtL over PtM preference is seen economically (Figure SI 17), where PtL was present123 for 

hydrogen prices of 7 €/kg and beyond, while PtM was only attractive for hydrogen prices below 4 €/kg. The 

preference is also observed in terms of CO2 use, where the use for PtL can be 10 to 100 times larger than PtM (Figure 

21). Lastly, it explains why PtM requires the co-occurrence of 11 parameters to have its most optimistic scenario 

(Table SI 34) and why it is limited to niche applications with specific conditions. These overall drivers are more 

important than technology performance and the reason why in some cases the synthesis step for PtM could be as low 

as 75 €/kW and still not be part of the solution. 

 

123 In a scenario with 95% CO2 reduction, no CO2 underground storage and high VRE potential 
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8.6. Key modeling uncertainties 

This section aims to address the parameters having the largest influence in the results and that could take a range of 

possibilities depending on how the system evolves. Regarding the hydrogen system, this applies at the technology 

level to the electrolyzer, fuel cells and direct air capture, which are still in its early stages of deployment and at the 

systemic level to the hydrogen transmission and distribution network. Regarding the wider system, the main 

uncertainties (in relation to the work in this thesis) are the CO2 underground storage and biomass potential that will 

have a direct influence on the technology mix. 

 

Hydrogen production technologies. Actual CAPEX developments for the electrolyzer can affect its business case. 

With operating hours higher than 3000, the largest cost contributor is the electricity input, but as this electricity 

becomes cheaper, it will be important to drive down the CAPEX as well. Furthermore, if really low CAPEX figures 

are achieved (e.g. < 300 €/kW), the business case of operating the electrolyzer with hours of otherwise curtailed 

electricity could become attractive. Regarding the gas-based route (reforming), the main uncertainty is the actual CCS 

development and if the gap with needed capacities for a low-carbon system is closed. Other aspects like developing 

the transport infrastructure, match between sources and reservoirs, reservoir suitability and social acceptance, among 

others will prove key into unlocking CCS. This route however, still has some CO2 emissions left and relies on the 

finite character of storage. Other uncertainties are associated to technologies that currently have low technology 

maturity, but that could lead to cost step changes if developed like methane splitting, thermochemical splitting or 

photolysis. 

 

Fuel cell cost. This is a key parameter for hydrogen use in cars, trucks, stationary applications and ships. There is a 

trade-off between cost and durability (based on catalyst activity) that should be done at the interface of the 

manufacturing process with the application since not all of them will have the same usage pattern and requirements. 

Another uncertainty lies in the relation between the scale of manufacturing plants (and economies of scale during 

production) and the corresponding overall market size needed for such scale. This would define the cost decrease 

curve for the fuel cell and correspondingly the point in time where it becomes attractive in comparison to other 

technologies. 

 

Behavioral aspects. Simulation models are very data intensive to ensure that all the dynamics, interactions and 

relevant aspects are considered when aiming to reproduce the behavior of agents or stakeholders. The longer the time 

horizon is and the further the conditions are from the calibration data used, the higher the chance that the system 

responds in a different way than expected from the model. Therefore, in a future where (hopefully) there will be 

drastic systematic changes and even changes societal perspective and attitude towards energy use, it is difficult to 

foresee how these will affect the choices the users make and how the different criteria will be weighted. 

 

Life cycle data. There is uncertainty associated to what inventories from the LCA database are allocated to each of the 

relevant processes from the energy model. Those inventories themselves could be for a particular location that is 

different from the region of interest and inventories need to either be adapted or a difference has to be accepted. There 

is a time lag between collecting and registering inventories in databases, which means they could be relatively 

outdated and not characteristic of the latest development, which introduces an error when projecting forward. Some of 

the technologies can be far from standardized and highly dependent on local conditions and the specific project 

(balance of plant and outside battery limits items) that makes it harder to generalize from a single (or few) data set(s). 

Some of the technologies can be in its early stages of development which introduces high uncertainties into how the 

inventories can change when manufactured at large scale. 

 

Financing infrastructure and risks. Models do not properly capture the uncertainty associated to investing in large 

new projects with potentially long payback periods. For example, if there is a large hydrogen demand that justifies 

installing a large transmission pipeline, models usually do not capture that such pipeline makes the overall investment 

larger (increasing the capital commitment), that the owners of the pipeline and the demand might be different 

companies (with different interests), that the owner of the pipeline probably aims for a shorter payback than 30 years 

(unless it is the government) or potential project delays (and corresponding increases in cost) that can occur with such 

large projects. Models can be good at identifying the most attractive delivery pathways for a static set of conditions 

(supply cost and demand volumes), but it is more difficult to obtain answers that capture the evolutionary aspect of the 

delivery infrastructure with feedback loops with the supply and demand prices and levels. 
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Biomass. Biomass can be used across all sectors and applications and can satisfy demand with net zero emissions. The 

range of potentials for the EU is wide from 6 to 30 EJ/yr, while the final energy demand could be as low as 40 EJ/yr 

for some scenarios, therefore potentially representing a large share of the energy mix. Given its range of potential 

sources (including outside the EU), ensuring the sustainability of its supply and limiting the negative impacts that its 

production can have are among the most important factors. Depending on the actual potential, the solutions across the 

energy system will be different since it has to rely more on the remaining technologies available (including hydrogen 

and PtX) or it could also produce more hydrogen even in the case of a higher biomass potential (see insights from 

Chapter 3). Given the uncertainty around it and the fact that it is more difficult to ensure its sustainability when 

imported, some countries (e.g. Germany) limit its use in future scenarios, finding alternative options to reach the 

climate targets (e.g. PtM). 

 

Direct air capture. This technology is its early stages of development with the largest plant at 900 tons a year. 

Depending on how its cost and energy consumption develops, it could provide a relatively cheap source of sustainable 

CO2 with no constraints on location, materials and limited land and water use (different than biomass). Combined with 

CCS, it could also provide negative emissions and compensate positive emissions in industry or transport. Combined 

with renewable heat and electricity for its demand (e.g. heat pumps), it could provide a cap on the CO2 price needed to 

achieve stringent CO2 targets at the cost of relying of ultimately finite CO2 storage capacity. 

 

NETs. The use of negative emissions technologies (NETs) mostly in the second half of the century would enable less 

drastic changes in the first half with potential overshooting that is compensated later on. There are various risks to 

consider including the reliance on CO2 storage for some of them (and its finite nature), counting on negative emissions 

in the future while continuing closer to a business-as-usual trend in the near-term introduces the risk that society will 

do the first part (higher emissions), but not the last (NETs), temporary effects that the overshoot can have on the 

climate, slower technological development since society can always count on the negative emissions, among others. In 

terms of modeling, this has a direct impact since it affects the marginal CO2 price to reach a specified target, the rate 

of change for the system and the range of technologies used (including CO2 use, hydrogen and PtX). 

8.7. Further work 

This section focuses on overall lines of research for future work that complements the specific tasks for future work of 

each chapter (last paragraph of conclusions) to avoid repetition. 

 

Other PtX routes. This thesis focused mainly on three Power-to-X options (namely hydrogen, methane and Fischer 

Tropsch). Two other important products are ammonia and syngas. Ammonia can be used for power generation and 

combustion engines for ships or other mobility modes. It is already used as refrigerant, chemical feedstock and for 

explosives. Its storage is cheaper and the liquid form has higher density than hydrogen. The production of syngas, 

from H2 and CO2, has more value for the chemical industry. Syngas is the building block to produce a range of 

chemicals (paraffins, olefins, alcohols, ethers, aldehydes, carboxylic acids, among others). To get the most value out 

of this route, it would need to be coupled with a higher segregation of the chemical industry, to be able to compare this 

route to incumbent technologies and best available technologies. 

 

FCEV. Evaluation for the transport sector should also include modal shift (cars, buses, cycling, trains), higher 

consumer heterogeneity (differentiated by income, distance traveled, type of household, risk aversion), usage patterns 

and cost of traveling time, while still capturing the other attributes besides cost and the interaction with the rest of the 

energy system. Part of this has been done for Integrated Assessment Models and the same practices could be adopted 

for energy models. 

 

LCA + energy model. When using LCA there is an interdependence between industry, power and transport. An 

energy model is an ideal tool to deal with this once the LCA aspect is made endogenous. This will allow making trade-

offs across sectors both in cost and environmental impact as well as impact categories. The next barrier in this line of 

research is to understand how an endogenous LCA can change the technological choices. 

 

Hard-to-abate sectors. Similar to buildings, where specific efficiency measures can be weighed against changes in 

fuels or technologies, choices in the aviation and maritime should cover similar trade-offs. Currently, when these 
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sectors are included in energy models, only the conversion efficiency is used with the overall demand coming from a 

macro-economic model. However, such demand can in turn be lower through operational or design changes, which 

could be more attractive than alternative fuels for relatively low targets. Similarly, the infrastructure (i.e. bunkering 

and storage) is usually disregarded, while this will become relevant for these alternative fuels. 

 

Hydrogen imports. Further work should analyze the possibility of importing hydrogen and PtX from regions with 

lower cost renewable resources. This does not necessarily have to compromise energy security, since the imported 

amounts would probably remain small in comparison to the oil and gas imported to the EU today. However, as with 

any good in the economy, global trading ensures optimal resource allocation, ensuring an efficient market and 

achieving low prices. 

 

Modeling framework. This research attempted to use various tools tackling various dimensions of the problem. The 

pieces put together were on an ad-hoc basis and depending on opportunities. If there would be a consistent modeling 

framework that could be adapted (i.e. modules) depending on the problem and region (i.e. data), that would provide a 

consistent method for problem-solving. Tools like TIMES or OSeMOSYS that are already widely used could provide 

the starting points for this framework. OSeMOSYS is already participating in an EU project called REEEM where 

different of these modules are coming together. 

 

Time slice selection. Many studies [TS slices ref] have looked into the best time slice selection method and aiming to 

strike the balance between few time slices (to keep calculation time manageable) and still be able to capture variability 

from wind and solar. Some of these alternatives could be implemented in a European model, such as JRC-EU-TIMES 

aiming to prevent the use of a power model since the energy model would have some of these features incorporated. 

 

Spatial resolution. This research covered the entire EU to capture interactions between countries. However, the 

compromise in doing this is that local factors are not taken into account. A finer spatial resolution would allow 

identifying sites with electricity grid congestion, nearby CO2 sources, with renewable generation and close to demand 

centers. This develops better understanding of the infrastructure needs, both for new ones like hydrogen, but also 

potential expansion of the electricity grid. 

 

IAM. Integrated Assessment Models are broader than energy models usually covering some aspects of the 

macroeconomy (hybrid models), non-energy (land use related to afforestation and agriculture) and relation with 

climate (for temperature increase based on greenhouse gas emissions). However, it seems that so far they have not 

exploited the full hydrogen potential across the (non-)energy system. Even in the latest 1.5 °C report [4] the focus is 

on other carriers (electricity, coal, liquid and biomass) and hydrogen is mentioned in the context of an option for 

scenarios with limited NETs (Negative Emissions Technologies) or biomass. Hydrogen for power does seem to be 

covered with 15 out of 21 models having the option of stationary fuel cells (Table 2.SM.6) and 14 out of 21 the option 

for electrolysis (although combined with production from biomass in the reporting table), but only 6 have some form 

of Power-to-Gas, methanation or synthetic fuels. In spite of this (partial) representation, hydrogen hardly comes out in 

most of the scenarios with less than 15 EJ/yr for almost 80% of the scenarios (as a reference current hydrogen 

production is ~ 9 EJ/yr) and mostly used for scenarios with high (> 500 €/ton) CO2 prices. IAMs, that are used for 

IPCC assessments, would also benefit from including hydrogen in their scope and downstream conversion to other 

carriers. 

 

Technology roadmaps. Drivers and conditions for PtX deployment are now identified. This needs to be translated 

into research, financing and deployment targets with milestones, indicators to track progress and timelines. This 

should consider not only the fit with the wider national energy strategies for decarbonization, but also the contribution 

each country can have and the cross-country collaboration needed. 

 

Sustainable Development Goals. The contribution to climate change mitigation from this work should be 

complemented by looking at some of the other SDGs. Some of these aspects can be sustainable water withdrawal and 

supply (target 6.4), international cooperation for clean technologies (target 7.a), infrastructure in developing countries 

(target 7.b), link this work to the city level and urban planning to reduce their environmental impact (target 11.6) and 

capacity building in developing countries. 
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Appendix 2.1. 100% RES studies reviewed by [228] and consideration for chapter 2 

Author 

Original 

Reference from 

[228] 

Included in 

chapter 2 Justification 

Mason [9,104] N Simulation, no cost consideration, only PHS as storage 

Australian Energy Market Operator  [8] Y  

Australian Energy Market Operator  [8] Y  

Jacobson [112] N 

Limited technology portfolio. Relies on very large 

deployment of a technology not used in the present 

Wright and Hearps  [60] N 
No mention to storage other than PHS and CSP thermal 
storage. Focus only on power 

Fthenakis [133] N 

Based on feasibility, potential and input from other studies 

rather than cost optimization 

Allen [27] Y  

Connolly [19] Y  

Fernandes and Ferreira  [119] N 

Simulation, no clear criterion for selection of storage size of 

3000 MW 

Krajacic [20] N Simulation 

Esteban [17] Y 

Not cost optimization, but storage optimized based on 

wind/solar ratio 

Budischak [118] N 

Only for interaction with other variables, but not for 

optimized sizes 

Elliston [22] N 

Cost optimization, but no mention to storage other than CSP 

with 2.5 and 15 h 

Lund and Mathiesen  [16] N Simulation, no mention to storage 

Cosic [11] N Simulation, no mention to storage 

Elliston [75] N  

Jacobson [18] N 

Limited technology portfolio. Relies on very large 

deployment of a technology not used in the present 

Price Waterhouse Coopers  [10] N  

European Renewable Energy Council  [26] N 

No specific sizes and energy delivered by storage and only 

reference to thermal storage as part of CSP 

ClimateWorks [116] N 
No specific sizes and energy delivered by storage and only 
reference to PHS 

World Wildlife Fund  [108] N 

No specific sizes and energy delivered by storage and only 

reference to thermal storage as part of CSP 

Jacobson and Delucchi  [24,25] N 
Limited technology portfolio. Relies on very large 
deployment of a technology not used in the present 

Jacobson [113] N 

Limited technology portfolio. Relies on very large 

deployment of a technology not used in the present 

Greenpeace [15] N 
Storage is minimized as it is expected that costs will not 
decrease enough in the study time frame 



A review at the role of storage in energy systems with a focus on Power to Gas and long-term storage 
 

249 

Appendix 2.2. Potential of different alternatives to satisfy the storage needs 

Natural gas underground gas storage facilities 

 

There are a total of 688 natural gas storage facilities worldwide as of January 2013, with a combined working gas 

capacity of 377 billion m3 (bcm)124, which represents ~10% of the world consumption [782]. This quantity is expected 

to increase to 580-630 bcm by 2030, leading to a similar fraction of gas demand and needing ~120 bln€ investment, 

with most (60%) of the growth in Asia [230]. Around three quarters of these facilities are depleted fields and only 

14% are salt caverns. 

 

The 600 TWh of storage needed would represent around 15% of the working capacity for the existing underground 

natural gas storage around the world. However, this would be comparing existing facilities vs. future energy demand 

(i.e. assuming no facilities are constructed or de-commissioned). This would decrease to ~10% of the storage capacity 

with the extensions considered in the future. Comparing the storage need with the natural gas production (rather than 

storage only), it represents almost 2% of the entire natural gas production in a year (being smaller in the future with 

larger NG production). 

 

Heating demand 

 

A common business case proposed for P2G is to store the power surplus in summer and use it in winter for heating, 

which is applicable for most countries in Europe. Heating represents almost 50% of the final energy demand in EU. 

This heating demand is in turn split in ~45% for the residential sector, ~40% industry and 15% tertiary sector125. The 

end use varies from 94% of the residential demand being for space and water heating to 82% being used for process 

heating in industry. However, natural gas only represents ~45% of the energy mix for this sector. Hence, the entire 

energy demand for EU (12800 TWh) is reduced to 6400 TWh for heating specifically and further to 2850 TWh for the 

gas fraction in the heating demand [486]. However, the natural gas fraction can greatly vary per country, providing up 

to 50% in UK and as little as 5% in Sweden [783]. Therefore, even with the seasonal component of heating demand 

(where the ratio between minimum and maximum over a year can be 1:10 [783]), there will always be a fraction of 

heating that needs to be satisfied. Since the heating sector is larger than power for the largest energy consumers in 

Europe. A surplus in the power sector represents roughly half of the relative contribution in the heating sector (i.e. 

heating demand for EU28 is ~6250 TWh [783], while the power demand is ~3000 TWh [Eurostat] with the breakdown 

per country in). The other variable to consider is the occurrence in time for these events. There has to be a coincident 

surplus of power with a heat demand. Otherwise, these could be partially shifted in time with (thermal) storage. This 

has been considered in [784] for Germany. 

 

Looking at the longer term and global scale, heating demand in the residential sector is expected to decrease by 34% 

in 2100 and actually is the cooling component acquiring more relevance by increasing by 72% (mostly in Asia) [232]. 

The higher temperatures due to climate change can even increase further this cooling demand by 50% [765]. Hence, 

the higher cooling demand in current developing countries due to higher electricity penetration and GDP growth 

combined with the decrease in heating demand could change the relation between both from 95/5 (heating/cooling) 

today to 30/70 in 2100 [232]. Furthermore, it is expected that the natural gas and coal fraction used in heating will 

decrease, with a larger role for electricity [765] and the use of heat pumps. Nevertheless, it has to be noted that these 

numbers carry high uncertainty associated to fuel prices, GDP, population growth, energy efficiency measures and 

actual feedback from changes in temperature due to climate change, but it puts in perspective both the storage need 

compared to the demand, but also the use of the produced gas through P2G for heating (which seems more applicable 

to an European framework). 

 

Other large-scale storage alternative - PHS 

 

This is the first logical choice due to its maturity, relative high efficiency, low energy-based cost, long lifetime, large 

power capacity and dominant role in power storage (130 GW of installed capacity, being ~99% of the total installed 

capacity). 

 

 

124 Number corresponds to working gas capacity which already discounts the cushion gas volume 
125 The specific split per country can vary depending on its specific energy mix 
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Its realizable potential in Europe, from an initial assessment [785], was identified as 29 TWh if the reservoirs are 

within 20 km from each other, reduced to only 0.2 TWh if 5 km are considered. These values correspond to reservoirs 

that are already existing within those distances and applying constraints of population, natural areas, infrastructure. If 

the conditions are relaxed to only one existing reservoir, the potentials increase to 80 and 10 TWh respectively. 

Additional restrictions might be required (e.g. drinking water, supply water, might be too expensive to build) to have 

the actual potential. 

 

Another reference for Europe126 is the eStorage project, which was a follow-up of [785] and where more conservative 

estimates were obtained [84]. The potential was 2.3 TWh, distributed in 117 sites, with 54% of such capacity being in 

Norway and 13% in the Alps. This number was identified as the total realizable potential vs. a theoretical maximum of 

6.9 TWh (and 714 sites). A difference with [785] is that due to the varying restriction for granting permissions and 

different legislations in each country, national experts were involved to make a judgment on the results obtained 

during a first phase of GIS. The other major difference is the distribution of the potential, while [785] allocated two 

thirds of the potential to Turkey, the eStorage project estimated that over 60% is in Norway. 

 

As reference the power demand for Europe is around 3400 TWh. The problem with this alternative is the geographical 

location for these sites is not flexible, the number of plants to be constructed would be more than 1000, which would 

be material intensive and could have an effect on the local environment, besides the fact that currently PHS is only 

used up to 12 h with few applications for a longer period than a couple of days. Hence, not solving the problem of 

seasonal storage. A final problem with PHS is that due to climate change effects, higher average temperatures and 

river flow patterns, the potential for PHS will be reduced (in Europe) and the lower availability of water for power 

production might lead to higher electricity prices of up to 30% in some countries [786] and the water consumption is 

much higher than other technologies because of higher evaporation rates due to the exposed surface area. Increasing 

pressure on water availability in the years to come, higher water footprint is not desirable. 

 

Looking at other regions in the world, in US, PHS development slowed down in the late 1980s, and there has not been 

recent estimates of the maximum potential that it can achieve [531]. The best estimate is [787], where almost 1000 

GW of capacity were identified across the US. Assuming a 24-hour storage capacity (as an optimistic assumption), 

this would lead to 24 TWh compared to a power demand for US of 4200 TWh and of ~25000 TWh for 2040 as total 

primary energy supply [79]. 

 

No single report was found assessing the global potential for PHS. IEA estimates the expected range of capacities for 

2050 to be between 412 and 700 GW [788]. Assuming a 24-hour energy rating, this would be equivalent to 10-16.8 

TWh of storage capacity. Around one quarter of this capacity is expected in China, another quarter in Europe and 

~20% in US. For this case, it seems the realizable potential (at least in Europe and US) is not being exploited to its 

maximum. Such capacity does not seem to be enough to satisfy the needs of high RES penetration, although it does 

seem to satisfy the expected storage needs expected by then (190 – 310 GW as highlighted before) by IEA estimates 

as well [124]. 

 

Other large-scale storage alternative - CAES 

 

CAES would have the advantage of being able to store more energy per m3, being ~4x the PHS value (~2.9 kWh/m3 

vs. 0.7 kWh/m3)127. The other main advantage is that even though there is dependence from geological characteristics 

of the ground, there are many more suitable locations for underground CAES than PHS. Some disadvantages for the 

technology are the maturity level, depending on the variation used, some additional gas input might be needed for 

heating the air before expansion and that the storage needs to stay within a specified pressure range limiting its 

operation and introducing a dead volume that cannot be used (i.e. cushion gas). 

 

Salt caverns represent only 14% of the current (gas) storage facilities, but are the best option for CAES (and H2) given 

their flexibility (having higher withdrawal and injection rates), lower share of cushion gas required and ability to 

handle more frequent cycles, which is desired in case these facilities want to be used for short-term balancing as well. 

The other main reason to target salt caverns is their non-porous nature. This prevents the oxygen (or the hydrogen) 

 

126 EU-15 plus Norway and Switzerland 
127 2 MPa pressure for CAES and 300 m differential head for PHS 
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from migrating through the pores and reacting with minerals and microorganisms, which can cause losses and 

undesired by-products. 

 

There are two further limitations for CAES. One is that sufficient fresh water has to be available in the vicinity of the 

facility for the solution mining process. Furthermore, it has to be close to the sea to dispose the brine produced or 

close to an industrial site that can use it as raw material. The other one is that the depth window for these caverns is 

between 500 and 1300 m, because the operating pressure is directly dependent on the depth, and the power plant 

components using current state of the art technology operate at pressures between 50 to 100 bar. This is less flexible 

that hydrogen caverns that can be anywhere between 400 and 2400 m [789]. 

 

The global geological data for salt deposits has been assessed before [233] with figures for Europe and the world in 

Appendix 2.3. Unfortunately, access to the full report with volume and potential figures is not available. Instead some 

specific information for Germany is available that shows the energy potential that can be stored. In Lower Saxony, 

568 salt caverns were identified with a volume of ~170 mln m3, equivalent to 0.37 TWh (adiabatic) [790]. On a 

national level, there is the InSpEE project128 funded by the energy storage initiative of the German Federal Ministries 

of Economy and Energy (BMWi) to look specifically at the potential of salt caverns for energy storage and was 

completed in 2015. 269 salt structures were classified as having potential and 2D/3D visualizations were developed 

for these structures. Using geological structural considerations and GIS-based modeling, a more detailed assessment 

than previous studies was done. As outcome, the potential in Northern Germany was identified as 4.5 TWh for CAES 

[791]. Status of the technology, outlook, upcoming projects, development and targets for research have been left out of 

this review to keep it focused on the energy comparison with the other technologies. For such topics, the reader is 

referred to [792,793]. 

 

Other large-scale storage alternative – Underground H2 

 

A parallel result of these two studies in Germany was the potential for H2 storage since they also use salt caverns as 

potential sites. In Lower Saxony, 2320 suitable salt caverns were identified with a total volume of 1160 m3 equivalent 

to ~390 TWh [790], while for (Northern) Germany, such potential was 1614 TWh [791]. To put these numbers in 

perspective, the electricity demand for Lower Saxony is ~45 TWh (pro-rated based on population), while for the entire 

Germany is ~510 TWh. The heating sector is ~1000 TWh and the entire total energy consumption is ~2520 TWh. 

Therefore, the numbers for CAES are < 1% of the power demand, while the figures for H2 capacity are significant, 

being even 3x larger (only Northern Germany) than the entire current power demand in a year. 

 

For the quantification of the global capacities for salt caverns, [233] does make such global assessment. However, the 

report is part of the SMRI library only accessible to members. Staff were contacted, but the key value of salt caverns 

volume was unfortunately not given. An alternative calculation method to estimate this value is to use the potential for 

CCS since saline formations are one of the potential options (along with depleted oil and gas fields). [794] estimates 

the global capacity at 1000-10000 GtCO2. For US, the Department of Energy has estimated the capacity to be 2400-

21600 GtCO2 (medium estimate of 8300 GtCO2). For Europe, an estimate is ~250 GtCO2
 [387], where around 10% is 

located in Germany. Therefore, assuming that the saline aquifer potential in Northern Germany is the one available for 

the entire country (i.e. conservative), the potential storage in Europe could be in the order of 16000 TWh of hydrogen 

and a global capacity 4-40x higher at 64000-640000 TWh of capacity. Even the conservative estimate (only 4x) would 

translate into a storage capacity much larger than the expected future total electricity demand. Consequently, if saline 

formations are used for underground hydrogen storage, the global capacity should be more than enough to satisfy the 

system needs. A remaining disadvantage is that all this potential is split in many small caverns. To avoid constructing 

a very large number of facilities, a minimum size would have to be defined, limiting the specific sites that can be used. 

 

The above numbers highlight one of the main advantages for hydrogen, which is the energy is stored in the chemical 

bonds of the compounds rather than as mechanical energy. This increases by almost two orders of magnitude the 

energy that can be stored per m3. If an ideal hydrogen storage is considered, the energy that can be stored is ~310 

kWh/m3. Since it is not ideal, less energy is delivered out of the storage with respect to the energy input. Considering 

an efficiency of 60%, the energy density for hydrogen decreases to ~190 kWh/m3. Still much higher than the 

equivalent for the mechanical counterparts (0.7 – 2.9 kWh/m3). A common size for a cavern is 500000 m3, which has a 

net storage capacity of ~4 kton of H2 or ~0.15 TWh [795]. 

 

128 http://forschung-energiespeicher.info/projektschau/gesamtliste/projekt-einzelansicht//Potenzial_von_Kavernen_vorhersagen 
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Nevertheless, a disadvantage for H2 is the low volumetric energy density (12.75 MJ/m3 vs. ~35-40 MJ/m3 for methane 

for example) in spite of having a high mass density (120 MJ/kg vs. 50 MJ/kg for methane). Another one is that the 

compressibility factor of hydrogen is > 1 (1.05 at 10 MPa and 365 K), which introduces further difference with 

methane (Z = 0.94 at same conditions). These two factors reduce the amount of energy that can be stored as hydrogen 

in case facilities for natural gas are being used. Therefore, if all the natural gas storage facilities were used for 

hydrogen, the energy would be ~1200 TWh instead of 4100 TWh equivalent of NG. However, this would assume 

100% H2 content in the underground storage which might not be feasible in the short-term and also includes porous 

formations that have higher uncertainty than salt caverns due to its gas tightness. For H2, salt caverns are the preferred 

option, followed by depleted gas fields and aquifers, while rock caverns and depleted oil fields have higher 

uncertainties associated [796]. There might be locations (e.g. Texas, France, Denmark), where no suitable salt deposits 

are available and porous rock can be considered [789]. That would expand even further the potential for both CAES 

and H2. There are already a few examples where hydrogen has been stored underground at large scale. One example is 

in Clemens Terminal in Texas, operated by ConocoPhillips, with a storage capacity of 2520 metric tons [797] (only 

~0.1 TWh). Another one in Teesside, England, where the British ICI company has stored 1 mln Nm3 (3.5 GWh) in 3 

salt caverns of around 400 m. Another one in France, where the gas company Gaz, has stored 50-60% hydrogen in an 

aquifer of 330 mln Nm3 for over 20 years [798]. 

 

In general, it can be safely assumed that in case this is the selected alternative for large scale storage, most of the 

facilities would need to be constructed. Nevertheless, the storage component is usually relatively small (< 5%) fraction 

of the hydrogen production cost, compared to the CAPEX for the electrolyzer and the OPEX for the electricity input 

[795]. A typical specific price for the cavern is 60 €/m3 [795], with the typical size of 0.5 mln m3 would result in 30 

M€ (excluding the cushion gas volume). This is equivalent to 0.2 €/kWh (0.15 TWh of energy rating), which is on the 

low side of energy cost for the technology compared to [799], but more conservative than the 0.02 €/kWh suggested in 

[800], but still an order of magnitude lower than CAES or PHS (10-120 and 60-150 €/kWh respectively) [799]. For 

further cost comparison among the alternatives for storage and hydrogen, the reader is referred to [103,801,802]. 

 

Other large-scale storage alternative – H2
 injection to the grid 

 

Alternatively, the hydrogen could be injected to the existing grid and not use a 100% H2 system. This would require a 

balance between de-risking of the existing infrastructure to increase the regulatory H2 content and satisfying the need 

for storage. The worst case (for H2 content) is that hydrogen would be generated during summer, when gas demand is 

low. The hydrogen fraction depends on the specific characteristics of the network like: ratio between heat and power 

demand, fluctuations (min/max) for each one and amount of instantaneous surplus. This can be calculated with a 

generic approach as expressed in equation below and the H2 content for different assumptions can be seen in Figure SI 

1. 
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Where: 

a = Max/min ratio over a year for power (typical value = 3) 

b = Max/min ratio over a year for heat (typical value = 10) 

c = Average power/average heat ratio (value for EU ~0.5, see Appendix 2.4) 

d = Power surplus/Max power demand (dependent on VRE fraction, must-run fraction, but usually large fractions will 

only be a few hours of the year) 

LHV1 = 12.75 MJ/m3 (Hydrogen) 

LHV2 = 40 MJ/m3 (Natural Gas, with a typical range of 35-42 MJ/m3) 
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Figure SI 1. Average H2 content in the NG grid for different system characteristics. 

 

The curves on Figure SI 1 represent the H2 concentration when the heat demand is the lowest and the power surplus is 

the highest. A disadvantage of hydrogen is the low volumetric heating value, its ratio of almost 1:3 to methane will 

increase the corresponding fraction for the same amount of energy. The other one is that the large fluctuations in heat 

demand (extrapolated to gas demand) makes the hydrogen amount more significant since there are larger fluctuations 

in the gas flow. Even for the case, where the heat (gas) demand is relatively stable (a ratio of 2 between maximum and 

minimum) and the power surplus is only 0.2 of the maximum capacity, it creates a concentration of 25% H2 in the 

grid. A further correction to this number is that this would represent the average of the entire network. In places where 

the power production is higher or where the gas demand is lower, the concentration will be higher than the average 

value. Therefore, the de-risking required and the amount of hydrogen in the grid might be too high and represents a 

large departure from current practices. 

 

Power to Liquid 

 

Continuing the comparison in terms of energy density, as highlighted before one option with a higher energy content 

than hydrogen is methane (ratio of 3:10 in H2:CH4). This places methane in the order of ~1000 kWh/m3 depending on 

the pressure assumed and if the energy considered is the energy stored or the energy provided back to the grid 

(through CCGT). Nevertheless, an even higher density option are liquid fuels, diesel based on purely LHV can be 

~9000 kWh/m3 [441]. 

 

This solution could provide a lower CO2 solution and would also use the existing infrastructure, value chains and 

devices in the more difficult to replace sectors of maritime and aviation transport. The transformation could be with 

Reverse Water Gas Shift (RWGS) to produce Syngas and then either Methanol or Fischer Tropsch. Alternatively, CO2 

and H2 could be used directly for methanol synthesis and then to jet fuel [803] or gasoline (through the MTG process 

with DME as intermediate). The efficiency for this process is between 40-60% depending on the CO2 source, heat 

integration and scheme used. The intention in this section is not to discuss the details of the technology, future 

improvements and techno-economic evaluation of the different business cases. For these, the reader is referred to 

[804,805]. The objective instead is to compare the storage capability of this option compared to the others in case the 

power surplus from VRE is diversified to the transport sector through the use of the same fuels being used today rather 

than with new routes (i.e. electric, CNG or FCEV). 

 

As shown before in Figure 10, the transport sector is ~30000 TWh, which is larger than the entire electricity sector. 

For the total oil storage capacity, there is a distinction between strategic reserves usually held by public entities 

(government) and commercial inventories. IEA countries are actually required to maintain a storage inventory of at 

least 90 days of average import capacity. In reality, the average is ~200 days 129  since both private and public 

inventories are considered and both primary and refined products. This amounts to 4.2 bln barrels (1.6 bln in the form 

of public stocks exclusively for emergency purposes and 2.6 bln that includes commercial stocks and fraction imposed 

 

129 http://www.iea.org/netimports/ 
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by the government to meet the energy security requirement) [IEA 2014]. This is already equivalent to ~7000 TWh 

(assuming an average LHV of 145.7 MJ/barrel). Considering that IEA countries represent around 50% of the global 

oil demand130, that other countries do not have such strict requirement for strategic reserve (if at all) and that these 

numbers are actually inventory (and not maximum storage capacity), it can be assumed that the global storage capacity 

can easily surpass ~12000 TWh. Even without accounting for its possible growth in the coming years, it shows that it 

is much higher than the possible requirements for storage of the power surplus and that not a big change is required to 

accommodate such surplus in this sector. 

 

130 http://www.iea.org/Sankey/#?c=World&s=Balance 
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Appendix 2.3. Underground salt deposits and cavern fields 

 
Figure SI 2. Underground salt deposits and cavern fields in Europe [806] 
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Figure SI 3. Underground salt deposits in the world [807] 

 

 
Figure SI 4. Geologic maps of the United States displaying the location of major formations for (1) salt deposits, (2) 

sedimentary basins, (3) major oil and gas fields, and (4) hard rock outcrops [808] 
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Appendix 2.4. Power (2015) and Heat demand (2012) for EU28 

 Power (TWh) Heat (TWh) 

European Union (28 countries) 3063 6020 

Euro area (19 countries) 2185  

Belgium 71 200 

Bulgaria 44 25 

Czech Republic 81 140 

Denmark 31 45 

Germany (until 1990 former territory of the FRG) 598 1320 

Estonia 11 10 

Ireland 26 30 

Greece 47 60 

Spain 272 390 

France 545 760 

Croatia 13 10 

Italy 271 730 

Cyprus 4  

Latvia 5 10 

Lithuania 5 10 

Luxembourg 4 5 

Hungary 27 95 

Malta 2  

Netherlands 99 280 

Austria 66 170 

Poland 146 380 

Portugal 52 40 

Romania 61 110 

Slovenia 17 10 

Slovakia 25 80 

Finland 65 160 

Sweden 150 180 

United Kingdom 325 700 

Iceland 18  

Norway 142 70 
*Power from Eurostat – nrg_105a_1 and heat from [783] 
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Appendix 2.5. P2G pathways and degrees of freedom for selecting configuration 

P2G Pathways 

 

There are different degrees of freedom along the value chain for P2G that give rise to different pathways. 

 

Similar to Power to Hydrogen, there could be different sources for the input electricity and the final energy carrier can 

be used in all the sectors. A key difference for Power to Gas is CO2 as a raw material and participating in the reaction, 

which can partially be seen as a constraint since CO2 has to be readily available in the vicinity of the P2G plant. 

Nevertheless, it is also seen as reducing the overall CO2 footprint since it further utilizes CO2 that otherwise could 

have been released to the atmosphere. Another degree of freedom is the production of hydrogen instead of methane. 

This could be done depending on the price spread, local demand, operational issues. Once a P2G plant is constructed, 

the more possibilities for revenue streams it has, the better the operational and economical performance will be. A 

possible scheme for the P2G plant is that the methanation step is sized smaller than the electrolyzer with an 

intermediate storage. This allows the electrolyzer, which has a better dynamic response, to adjust to the changes in 

electricity input, while allowing for a more stable operation of the methanation reactor that might need more stable 

operation depending on the type of reactor and its design. Furthermore, it allows decoupling both steps and increasing 

the flexibility of the plant. The different possibilities for P2G, along with degrees of freedom in the value chain are 

shown in Figure SI 5. 

 

 
Figure SI 5. Possible degrees of freedom in the value chain for P2G. 

 

The first degree of freedom is the source for the electricity, where a trade-off between operating hours in a year, 

overall LCA footprint and economics should be done, taking into account the RES penetration and footprint of the 

grid. In a region with a high CO2 footprint for the grid electricity (e.g. China), it is not environmentally attractive to 

convert part of that power to gas for further use in either back to power or another sector. For this case, the low 

efficiency of the process does not favor the competition with other sources and will make the footprint of the produced 

gas even larger than the electricity input footprint. On the other extreme, to tackle this issue, the plant could operate 

only with renewable energy or when there is a surplus that cannot be absorbed by the rest of the system. Furthermore, 

in this case, it can be assumed that since the energy was supposed to be curtailed, its cost will be zero or at least much 

lower than average. This is the ideal situation since the LCA footprint for the process would the smallest (with wind) 

[260], but the number of operating hours might be too low to justify the investment [251], where at least 2000-2500 

hours in a year are required to achieve the largest decrease in LCOE cost and ideally 5000 hours to have around 90% 
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of the possible cost reduction and reach similar prices as natural gas131 [255]. This number of hours with surplus could 

be reached depending on the variables highlighted in Section 2.3, but for example in [122], 2000 hours are reached 

with 20% of the generation being must-run and 40% VRE or in [265], where wind provides ~35% of the energy (with 

50% of installed capacity) leading to curtailment of 11.8% of the energy in around 3600 hours. However, adding P2G 

(50 MW unit vs a power system of ~14 GW of installed capacity) had little effect over curtailment (11.4% after P2G) 

and the P2G operated with an average electricity price of 58€/MWh to be able to operate 4100 hours. Finally, a factor 

to consider is dynamics and time availability of power surplus. A case might be that peaks are too spread in time and 

would require shutting down and starting back up the electrolyzer or that the transmission of surplus from the source 

to the P2G plant is not possible due to line congestion at that time. 

 

The capability of independent sizing of power and energy capacity is specially relevant for high levels of VRE. The 

power capacity can influence the minimum level of curtailment that can be achieved (i.e. if power capacity is too 

small, it does not matter if the storage has the equivalent energy capacity of two months of demand, it will not reduce 

curtailment). On the other hand, a high energy capacity allows reducing further the wasted energy once a power 

capacity big enough is available. This was seen for the German system with 100% VRE [809]. 

 

Another degree of freedom is the choice of final energy carrier. It could be gas, when the production rate is too high 

and might reach the established H2 limit in the natural gas grid, when the intended use is for heating (that are usually 

not adapted to operate with H2). In contrast, if there is a chemical facility nearby that needs hydrogen [810], it might 

be more beneficial (and efficient) to satisfy that demand and produce hydrogen instead of methane. This will depend 

on the specific conditions for the site. 

 

For the CO2, the degrees of freedom are: source, technology used to capture it and means of transport to the P2G plant. 

Additional variables are allocation of capture cost and CO2 footprint among unit providing it and P2G plant. For more 

on these, refer to [86,251]. 

 

In the power sector, there is a range of possible applications for storage. For US, the most complete list of services has 

been defined in [811] and [190]. However, the list of services is different from the European system, but that has been 

harmonized by [90]. A total of 7 studies (including the previously mentioned) were reviewed to make an inventory of 

the possible applications by [180], where 12 main categories were identified. Research publications reviewing the 

storage technologies, usually discuss its possible applications at the same time [91,96,812]. From these, a list with the 

possible applications and typical ranges for size and time frame has been extracted and shown in Table SI 1, where the 

objective is to identify the range of applications where P2G might be attractive. 

 

 

131 Depending on the electricity, consideration of oxygen, heat, water 
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Table SI 1. Storage applications in the power system by increasing size and response time. 

 
*Definitions for these applications is given in Appendix 2.6 
 

For the short-term applications, efficiency is key since it will directly impact the LCOE and cost of electricity 

provided back to the grid [813]. Even with the high electricity prices in the balancing market, P2G is not attractive for 

this purpose [248]. The revenue is directly proportional to the storage efficiency, where reducing the efficiency from 

ideal (100%) to 60% can reduce the revenue by 75% [101]. This effect would be even more pronounced considering 

P2G (power-to-power) efficiency can be around 25%132. 

 

The ideal applications are the ones that require relatively large power capacity and longer discharge durations that 

result in large energy capacities (exploiting the advantage of P2G). These are highlighted in Table SI 1, with a 

disadvantage being that usually these applications are the ones with the lowest revenue to capture [190,814]. 

 

The range of intermediate power and discharge applications will depend on the specific arrangement of the system 

being evaluated and the degree of flexibility that P2G proves to have. Given that the electrolyzer and the re-injection 

to the grid can be individually sized, the positive and negative compensations that can be provided to the grid can 

capture different value. 

 

For the heating sector, most of the appliances in EU are tested with a G222 gas that is a mix of 23% H2 and balance of 

methane [187]. Even though, it depends on the specific Wobbe Index of the original gas and long-term tests are 

required, it gives an indication that final appliances could adequately function with some H2 in it. Nevertheless, to be 

used in the heating sector, methane would have preference. 

 

In terms of replacing gasoline and diesel with lower well-to-wheel footprints, CNG cars are currently in the lead with 

1.3% of the car fleet (~890 million cars [815]), followed by electric cars with 1.26 million units [816] and only 550 

units (cars+buses) with fuel cells in 2015 [285]. For the future, a great growth in electric cars is expected, reaching 

100-140 million vehicles in 2030, while a more modest growth is expected in FCEV, which are not expected to 

become significant in the market before 2025. Therefore, considering other sectors of transportation and the 

possibilities for methane (or hydrogen), it will be more difficult to have a share in those. Hence, these end sectors are 

discarded for the methane produced. 

 

Besides market demand, H2 tolerance and technology suitability, the other variable to take into account is the levelized 

cost for the competing alternative that relates to the affordable production cost for the gas (either hydrogen or 

 

132 Electrolysis: 75%, Methanation: 80%, Compression: 80%, Transport: 90%, CCGT: 60% 
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methane). The sector with the highest price is mobility [263,796], where either a very low electricity price (< 15 

€/MWh) [251,447] for the input needs to be used or a high CO2 price (~100 €/ton) [263] that increases the reference 

(i.e. gasoline) price should be considered for P2G to be attractive. The price for the conventional alternatives is 30-50 

€/MWh for natural gas, while biomethane can be 60-100 €/MWh [447]. On the other hand, gasoline has a base cost of 

~80 €/MWh [251], which could increase to ~160 €/MWh [447]with the introduction of a 100 €/ton tax on CO2. 

Compared to a production cost with P2G of 90-130 €/MWh [255,447] only for the electricity component. Hence, it is 

not only the CAPEX component of the electrolyzer, but the efficiency that need to improve. 

 

Depending on the specific pathway chosen and the specific elements used, the overall efficiency of the process will be 

different. Even with fixed elements, variables like cell degradation, ramping rates, operating voltage, catalyst 

deactivation, operating pressures, among others will affect the efficiency. The efficiency range for the common P2G 

value chain components is shown in Table SI 2. 

 

Table SI 2. Efficiencies for individual components of a common P2G value chain. 

Step Technology Efficiency range (%) Typical value (%) 

Electrolysis 

Alkaline (AEL) 62-82 [250], 47.2-

82.3 [817] 

70 

Polymer Electrolyte Membrane (PEM) 67-82 [250], 48.5-

65.5 [817], 0.7-0.86 

[285] 

75 

Solid Oxide Electrolysis Cells (SOEC) 89 - 

Methanation 
Biological >95 [250] 95 

Catalytic 70-85 [250] 80 

Compression Reciprocating compressor 85-95 90 

Underground 

Storage 

- 95-98 98 

Re-conversion 

to power 

Open Cycle Gas Turbine 30-40 35 

Combined Cycle 55-65 60 
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Appendix 2.6. Applications of storage in the power network (from [91]) 

• Integration of renewable power generation: The inherent intermittent renewable generation can be backed up, 

stabilized or smoothed through integration with EES facilities. 

• Emergency and telecommunications back-up power: In the case of power failure, EES systems can be 

operated as an emergency power supply to provide adequate power to important users including 

telecommunication systems until the main supply is restored, or to ensure the system enabling orderly 

shutdown. For emergency back-up power, instant-to-medium response time and relatively long duration of 

discharge time are required. For example, one of the world’s first utility (hybrid) CAES back-up systems was 

recently installed at a Co-op Bank data center to provide an emergency supply of electricity. For 

telecommunications back-up, the instant response time is essential. 

• Ramping and load following: EES facilities can provide support in following load changes to electricity 

demand. One EES trial project, named Irvine Smart Grid Demonstration, using advanced batteries (25 kW) in 

California offers services in load following and voltage support. 

• Time shifting: Time shifting can be achieved by storing electrical energy when it is less expensive and then 

using or selling the stored energy during peak demand periods. EES technologies are required to provide 

power ratings in the range of around 1-100 MW. PHS, CAES and conventional batteries have experience in 

this service; flow batteries, solar fuels and TES have demonstration plants or are potentially available for this 

application. 

• Peak shaving and load levelling: Peak shaving means using energy stored at off-peak periods to compensate 

electrical power generation during periods of maximum power demand. This function of EES can provide 

economic benefits by mitigating the need to use expensive peak electricity generation. 

• Load levelling is a method of balancing the large fluctuations associated with electricity demand. 

Conventional batteries and flow batteries in peak shaving applications, as well as in load following and time 

shifting, need a reduction in overall cost and an increase in the cycling times to enhance their 

competitiveness. 

• Seasonal energy storage: Storing energy in the time frame of months, for community seasonal space heating 

and the energy networks with large seasonal variation in power generation and consumption. EES 

technologies which have a very large energy capacity and almost zero self-discharge are required. At present, 

there are no commercialized EES technologies for this application and storing fossil fuels is still a practical 

solution. PHS, hydrogen-based fuel cells, CAES, TES and solar fuels have potential to serve this application. 

• Low voltage ride-through: It is crucial to some electrical devices, especially to renewable generation systems. 

It is a capability associated with voltage control operating through the periods of external grid voltage dips. 

High power ability and instant response are essential for this application. 

• Transmission and distribution stabilization: EES systems can be used to support the synchronous operation of 

components on a power transmission line or a distribution unit to regulate power quality, to reduce 

congestion and/or to ensure the system operating under normal working conditions. Instant response and 

relatively large power capacity with grid demand are essential for such applications. 

• Black-start: EES can provide capability to a system for its startup from a shutdown condition without taking 

power from the grid. 

• Voltage regulation and control: Electric power systems react dynamically to changes in active and reactive 

power, thus influencing the magnitude and profile of the voltage in networks. With the functions of EES 

facilities, the control of voltage dynamic behaviors can be improved. Several EES technologies can be used 

or potentially used for voltage control solutions. 

• Grid/network fluctuation suppression: Some power electronic, information and communication systems in the 

grid/network are highly sensitive to power related fluctuation. EES facilities can provide the function to 

protect these systems, which requires the capabilities of high ramp power rates and high cycling times with 

fast response time.. 
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• Spinning reserve: In the case of a fast increase in generation (or a decrease in load) to result in a contingency, 

EES systems can feature the function of spinning reserve. The EES units must respond immediately and have 

the ability of maintaining the outputs for up to a few hours. 

• Transportation applications: Providing power to transportation, such as HEVs and EVs. High energy density, 

small dimension, light weight and fast response are necessary for implemented EES units. For instance, a 

hybrid powertrain using fuel cell, battery, and supercapacitor technologies for the tramway was simulated 

based on commercially available devices, and a predicative control strategy was implemented for 

performance requirements. 

• Uninterruptible Power Supply (UPS): EES systems can feature the function of UPS to maintain electrical 

load power in the event of the power interruption or to provide protection from a power surge. A typical UPS 

device offers instantaneous (or near to instantaneous) reaction, by supplying energy mostly stored in 

batteries, flywheels or supercapacitors. 

• Standing reserve: In order to balance the supply and demand of electricity on a certain timescale, EES 

facilities/plants can provide service as temporary extra generating units to the middle-to-large scale grid. 

Standing reserve can be used to deal with actual demand being greater than forecast demand and/or plant 

breakdowns. 
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Appendix 2.7. Overview of P2G studies and area of focus 

 End product Type of study 

 Methane Hydrogen LCOE 

Process 

design 

Time 

series Potential 

Business 

model 

Technology 

review 

Cost 

optimization LCA 

Projects 

Survey 

Buchholz 2014 [238] x   x        

Gotz 2016 [86] x x      x    

Connolly 2014 [234] x x x         

Jentsch 2014 [151] x        x   

DNV 2013 [250] x x      x    

GRTGaz 2014 [252] x x x   x  x    

Saint Jean 2014 [240] x   x        

Saint Jean 2015 [818] x  x         

Vartiainen 2016 [259] x x         x 

Klumpp 2015 [235] x x x         

Clegg 2015 [254] x x       x   

Varone 2015 [241] x    x       

Estermann 2016 [242] x    x       

Dickinson 2010 [237] x   x        

Schiebahn 2015 [251] x x x     x    

Schaaf 2014 [819] x       x    

SGC 2013 [253] x x x     x    

Bailera 2016 [820] x  x x        

Vandewalle 2015 [267] x  x      x   
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Schneider 2015 [264] x     x      

Giglio 2015a [239] x   x        

Giglio 2015b [821] x  x         

Plessmann 2014 [266] x  x      x   

Kotter 2015 [150] x  x      x   

Moeller 2014 [181] x        x   

Breyer 2015 [236] x  x    x     

Zoss 2016a [243] x    x       

Zoss 2016b [457] x     x      

Ronsch 2016 [450] x       x    

Ahern 2015 [265] x  x  x       

Belderbos 2015 [178] x        x   

Henning 2015 [268] x x       x   

DVGW 2013 [262] x x x      x   

Jurgensen 2014 [459] x     x      

Dzene 2015 [458] x     x      

Reiter 2015a [256] x     x      

Meylan 2016 [822] x         x  

EIL 2014 [245] x x x   x  x  x x 

ENEA 2016 [447] x x x     x   x 

Parra 2016 [261] x x x      x   

Budny 2015 [248] x x     x     

de Boer 2014 [173] x x   x       

Palzer 2014 [198] x x       x   
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ECN 2013 [263] x x x   x   x   

Schaber 2013 [119] x x x      x   

DENA 2016 [244] x     x     x 

Fraunhofer 2015 [246] x x    x   x   

Schmied 2014 [247] x     x      

Sternberg 2015 [257] x         x  

Sternberg 2016 [258] x         x  

Heinisch 2015 [823] x        x   

Baumann 2013 [824]  x     x      

Julch 2016 [802] x x x         

Gahleitner 2013a [825] x x        x  

Reiter 2015b [260] x x        x  

Zhang 2017 [449] x         x  

Meylan 2017 [448] x         x  

Vo 2017 [826] x  x   x      

Collet 2017 [465] x   x     x   

Ye 2017 [348] x        x   

Zeng 2016 [827] x        x   

Bailera 2017a [828] x   x     x   

Spazzafumo 2016 

[829] x   x        

Iskov 2013 [830] x          x 

Bailera 2017b [451] x          x 
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Parra 2017 [680] x x  x      x  

Rivaloro 2014 [831] x   x        



Chapter 3 
 

 

268 

Appendix 3.1. Macro-economic and techno-economic data and assumptions 

Aviation and navigation demand in time 

 

The demands for these services is depicted in Figure SI 6, which are derived from the EU Reference scenario 2016 

[50]. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure SI 6. Change of aviation and navigation demand in time. 

 

Hydrogen Network 

 

Total costs for each of the pathways results from cost aggregation of the individual steps. The specific cost for each of 

the steps is shown in Table SI 3, while its combination in the selected pathways for transport and resulting hydrogen 

production cost is shown in Figure SI 7 for 2025 (same values assumed for 2050). Note that for the other sectors, the 

pathways mostly constitute of compression, transmission, distribution and underground storage, with the cheapest 

option (at 1.1 €/kg) being the blending in the natural gas network (as expected), since it eliminates an expensive step 

(i.e. distribution). 

 
Table SI 3. Contribution of individual conversion steps to final hydrogen production cost for 2025 [383,389]. 

Step Cost (€/kg) 

Compression 0.09 

Transmission pipeline 0.28 

Liquefaction 1.05 

On site liquefaction 7.47 

Road Transportation Short 0.05 

Distribution pipeline 1.80 

Refueling Liquid to Liquid 1.15 

Refueling Liquid to Gas 3.13 

Refueling Gas to Gas (large) 1.01 

Refueling Gas to Gas (small) 3.74 

Underground Storage 0.25 

Gas Storage Bulk 0.73 

Local Gas Storage Bulk 1.42 

Liquid Storage Bulk 0.18 
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Figure SI 7. CAPEX contribution to hydrogen production cost for transport pathways [383,389]. 

 

The model does not capture the spatial distribution of supply and demand. Therefore, the steps assume a specific 

configuration for each step. For example, a transmission pipeline is 1 m in diameter and 500 km of length, while a 

distribution pipeline assumes an 8-cm pipeline. For more critical items like refueling stations a range of scales (300 – 

2500 kg/d) was considered, as well as different delivery modes (gas or liquid). For more detail, refer to 

[334,383,389,832]. 

 

In the hydrogen system, two additional production technologies were added, namely PEM (Proton Exchange 

Membrane) and SOEC (Solid Oxide Electrolysis) [86,250,276,292]. Advantages of the former include faster response, 

high voltage efficiency, higher current densities at the expense of (current) higher cost and shorter lifetime than AEL 

(Alkaline). SOEC enables a step increase efficiency. It operates at high temperature (800-1000 ºC). This allows 

reducing the free Gibbs energy and in turn the cell voltage (0.9-1.3 v for SOEC vs. 1.8-2.4 v for AEL), which 

decreases the electricity consumption of the cell. It also has the potential for co-electrolysis of water and CO2 directly 

to syngas. Both of these complement AEL (Alkaline) in electrolysis, while expanding the list of possible hydrogen 

production processes to 24. The data for PEM was found to vary significantly due to the high uncertainty associated to 

learning curve and possible deployment in the future. Therefore, the minimum and maximum values found were 

chosen with the objective to understand the impact of extreme expected techno-economic parameters. These are 

shown in Table SI 4. For SOEC, values from DoE were used [833] (Table SI 5), which reflects a performance better 

than the “Optimistic” scenario for PEM. 

 
Table SI 4. Base and extreme techno-economic parameters for hydrogen production with PEM. 

 Year CAPEX 

[26,250,478] 

Fixed 

OPEX133 

Variable 

OPEX134 

Efficiency135,136 Availability 

Factor 

Lifetime 

  €/kW €/kW €/kWh   Hours 

Reference 

2015 1500 45 - 0.65 [29] 0.95 25000 

2020 1200 36  0.70 0.95 50000 

2030 950 [285] 28.5  0.75 0.95 60000 

2050 750 22.5  0.80 0.95 80000 

 

133 Range is from 1.5 to 7%, as a fraction of the CAPEX from [6][12][13] (excluding electricity) 
134 Main variable cost is based on electricity price, which is endogenous for the model 
135 Efficiency expressed as energy in the product vs. energy in the feed (MWout vs. MWin in HHV terms) 
136 Efficiency refers to stack efficiency with small loses (e.g. dryer, control and auxiliary equipment) not included 
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Optimistic 

2020 900 13.5  0.75 [285] 0.97 [834]  60000 

[285] 

2030 650 9.75  0.8 0.97 80000 

2050 400 

[447,834] 

6  0.86 [285] 0.97 105 [252] 

Conservative 

2020 1800 [26] 90  0.65 [26] 0.91 [835] 35000 

2030 1400 70  0.7 [26,834] 0.91 40000 

2050 1000 [250] 50  0.75 [836] 0.91 50000 

[252] 

 
Table SI 5. Techno-economic parameters for hydrogen production with SOEC. 

Year CAPEX 

[26,250,478] 

Fixed 

OPEX137 

Variable 

OPEX138 

Efficiency139,140 Availability 

Factor 

Lifetime141 

 €/kW €/kW €/kWh   Years 

2020 785 66  0.905 0.95 2 

2030 450 13.5  0.949 0.95 10 

2050 300 9   0.95 20 

 

Sectorial use of hydrogen 

 

Hydrogen can be used to satisfy heat and power demand in the residential and commercial sectors. This can be done 

directly with hydrogen or through a blend with methane and use of existing infrastructure, using CHP as end use 

technology. Techno-economic parameters of these technologies in 2050 are shown in Table SI 6. 

 
Table SI 6. Techno-economic parameters for CHP using hydrogen in residential and commercial sectors [837]. 

Sector Feed Technology Investment Variable 

OPEX 

Efficiency Heat to 

power ratio 

Lifetime 

   €/kW €/GJ   years 

Residential NG blend PEM 9000 5.0 0.39 1.46 20 

NG blend Solid Oxide 3964 4.8 0.50 0.88 20 

Pure H2 PEM 9000 6.7 0.50 0.96 20 

Pure H2 Solid Oxide 3000 4.5 0.55 0.78 20 

Commercial NG blend PEM 4000 12.5 0.39 1.33 20 

NG blend Solid Oxide 1850 2.2 0.60 0.57 20 

Pure H2 Solid Oxide 350 5.6 0.50 0.9 20 

 

A major difference between both sectors is the economies of scale. Deployment in the residential sector is usually 

linked to a size of 0.3-1 kW, while commercial deployment can be up to 1 MW. To put these numbers in perspective, 

currently, the order of magnitude for investment is 7500 €/kW for commercial applications [838,839] and 15000 €/kW 

for residential [285,838]. The largest deployment has been in Japan as part of the EneFarm project, where 120000 

devices have been deployed since 2009 with subsidies up to 15000 $/unit [285]. During this period, there was an 

observed cost reduction from 50-70 k$/kW (with the higher price being associated to lower production volumes) to 20 

k$/kW. Based on the latest estimate [840], the learning rate for this technology is around 16%, where the fuel cell 

stack has a higher learning rate (20.5%) than the balance of the plant (12%).Considering a base price of 32 k$/kW and 

an initial capacity of 10000 units, reaching a deployment of 1 million units would drive the cost down to 10 k$/kW 

and to reach a relatively low (3500 $/kW) cost target, a relatively high penetration is required (70 million units, which 

would represent around 10% penetration in Europe, US and Japan).  

 

137 Taken as 3% of the Capex 
138 Main variable cost is based on electricity price, which is endogenous for the model 
139 Efficiency expressed as energy in the product vs. energy in the feed (MWout vs. MWin in LHV terms) 
140 Efficiency refers to stack efficiency with small loses (e.g. dryer, control and auxiliary equipment) not included 
141 Current limitation is the stack lifetime, due to the high degradation rate and lower efficiency after only 4000-5000 operating hours 
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Steel sector and H2 use 

 

Hydrogen use in steel covers the entire transformation process from the iron ore to the production of the crude steel 

that goes to the finishing process. The representation is equivalent to the primary conversion step (sintering/pellets), 

first oxidation step (e.g. blast furnace), production of crude steel (e.g. electric arc furnace) and finishing. Therefore, 

the cost reflects such scope. Most of the costs for the steel industry were taken from [392], which in turn were taken 

from the ETSAP (Energy Technology Systems Analysis) technology brief and [841] with additional input from 

industry experts. The values for hydrogen conversion are shown in Table SI 7, while the rest of the technologies can 

be found in Appendix B of [392]. It is assumed to be available for large scale from 2030 onwards, even though there 

are already demo plants in Sweden that produce around 0.5 mtpa of steel [842]. 

 
Table SI 7. Techno-economic parameters for steel reduction with hydrogen [392]. 

Variable Value Units 

Input142 – Electricity 0.7 PJ 

Input – Iron Ore 1.5 Mton 

Input – Hydrogen 17 PJ 

Output – Slag for cement 0.25 Mton 

CAPEX 400 €/Mton 

Fixed OPEX 10 €/Mtpa 

Variable OPEX 2 €/Mtpa 

 

 

Figure SI 8. Technology coverage of steel industry in JRC-EU-TIMES. 

 

Processes where CCS can be applied are COREX and the conventional blast furnace. Finishing processes (e.g. hot 

strip, mills, annealing and coating) are clustered in a single process common for all routes except for hydrogen (which 

cost already includes this step). The source for the hydrogen in steel can be through a centralized tank (see Figure 11), 

it can also be provided by a byproduct stream of the chlorine process. However, in terms of order of magnitude, that 

flow is not nearly enough to satisfy the hydrogen demand needed in case steel shifts to hydrogen. As can be seen from 

Figure SI 8, the hydrogen process makes the direct link between the iron ore and steel demand. This does not mean 

that the complexity of the process is lower than conventional, but instead that the parameters (efficiency and cost) 

chosen to represent the process cover the entire value chain from oxidation, to crude steel production and finishing. 

 

 

142 Input and Output are expressed per Mton of steel demand 
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CO2 use 

 

There are two main uses for CO2, either for liquids (co-electrolysis and hydrogenation) or to methane. Techno-

economic parameters for methanation are in Section 4.3.7 of the main body of the thesis. Therefore, this section covers 

PtL parameters. Reference values are shown in Table SI 8. Table SI 9 shows values from other references as 

benchmark. Table SI 10 shows the values used for the sensitivities on cost and efficiency including the “PtL 

performance” scenarios which assumes future performance is lower than expected. 

 
Table SI 8. Reference techno-economic parameters for Power-to-Liquid technologies in 2030 [843]. 

CO2 

source 

Process Product CAPEX Fixed 

OPEX 

Variable 

OPEX 

Efficiency Lifetime 

   €/kW €/GJ €/GJ  Years 

System+ Hydrogenation Diesel/Kero 392.1 10.4 0.06 0.780 20 

System+ Hydrogenation Gasoline143 849.6* 54.3* 0.10* 0.818 20 

System+ Co-electrolysis Diesel/Kero 889.8 20.8 0.12 0.546 20 

System+ Co-electrolysis Gasoline 1873.9* 103.0* 0.22* 0.573 20 

Atm Co-electrolysis Diesel/Kero 3559.2 83.1 0.46 0.333 20 

Atm Co-electrolysis Gasoline 7495.4* 411.8* 0.87* 0.333 20 
*Values are for 2025 rather than 2030, but no change is introduced thereafter 
+ “System” means that the CO2 can be provided by any source meaning industry, electricity, biogas, H2 production or BtL 

 
Table SI 9. Benchmark values for techno-economic parameters of PtL (Fischer-Tropsch route). 

Electrolysis CO2 

source 

Liquid route DVGW144 LBST 1 [844] LBST 2 [420] VDA [845] 

Low 

temperature 

System CAPEX 

(€/kW145) 

1226.1 993.5 1795.9 - 

  Efficiency146 (%) 46 53 - - 

 Air CAPEX (€/kW) 2127.8 2006.5 3040.8 3198 

  Efficiency (%) 36 42 39 42 

High 

temperature 

System CAPEX (€/kW) 707.9 819.3 888.9 - 

  Efficiency (%) 63 64 - - 

 Air CAPEX (€/kW) 1786.3 1786.3 2317.5 2561 

  Efficiency (%) 47 47 45 48 
+ “System” means that the CO2 can be provided by any source meaning industry, electricity, biogas, H2 production, BtL or air 

 
Table SI 10. Techno-economic parameters used as sensitivities for PtL for target setting. 

Scenario CO2 source Process Product CAPEX Fixed 

OPEX 

Variable 

OPEX147 

Efficiency 

    €/kW €/GJ €/GJ  

Alternative 

reference 

System+ Hydrogenation Diesel/Kero 600 12 0.06 0.575 

 System+ Hydrogenation Gasoline 650 13 0.10* 0.700 

 System+ Co-electrolysis Gasoline 1300 26 0.22* 0.480 

 Atm Co-electrolysis Diesel/Kero 3000 60 0.46 0.360 

 Atm Co-electrolysis Gasoline 2500 50 0.87* 0.360 

Optimistic System+ Hydrogenation Diesel/Kero 300 6 0.06 0.830 

 System+ Hydrogenation Gasoline 750 15 0.10* 0.870 

 

143 Product is actually methanol that is blended with gasoline 
144 DVGW = Deutscher Verein des Gas- und Wasserfaches = German association for gas and water. Values are the collection from various projects 

where DVGW is involved, but are not part of any publication yet 
145 Specific cost per kW of liquid product 
146 Electricity input (MW) vs. energy in fuel product 
147 Variable OPEX was not modified 



Potential for hydrogen and Power-to-Liquid in a low-carbon EU energy system using cost optimization 
 

273 

 System+ Co-electrolysis Diesel/Kero 750 15 0.22* 0.600 

 System+ Co-electrolysis Gasoline 1500 30 0.22* 0.650 

 Atm Co-electrolysis Diesel/Kero 1500 30 0.46 0.500 

 Atm Co-electrolysis Gasoline 1500 30 0.87* 0.500 

Conservative System+ Hydrogenation Diesel/Kero 500 10 0.06 0.700 

 System+ Hydrogenation Gasoline 1000 20 0.10* 0.700 

 System+ Co-electrolysis Diesel/Kero 1040 21 0.22* 0.460 

 System+ Co-electrolysis Gasoline 2000 40 0.22* 0.500 

 Atm Co-electrolysis Diesel/Kero 2500 50 0.46 0.250 

 Atm Co-electrolysis Gasoline 2500 50 0.87* 0.250 
+ “System” means that the CO2 can be provided by any source meaning industry, electricity, biogas, H2 production, BtL or air 

 

The main objective of values in Table SI 9 and Table SI 10 is to assess the impact of performance since there is an 

uncertainty on how these parameters will evolve in time. This will allow defining targets for research projects and 

weigh better the investment against the possible benefit given by the improved performance. Lower CAPEX values 

for high temperature electrolysis are mainly the result of a higher efficiency of the process, rather than a lower net 

investment. Changes to CAPEX and efficiency were done individual to identify the most dominant parameter. This 

resulted in 4 scenarios.  

 

To put the CAPEX numbers in perspective, two references can be used. One is a competitor for liquid production 

(XTL), where GtL is around 800 €/kW, CtL 1200 €/kW and BtL 1800 €/kW [846]. The other one is another reference 

for a similar technology (methanol with CO2 from air through electrodialysis) [420], where the assumed CAPEX was 

2430 €/kW for 2050. This shows that the assumed values are conservative and it would require a high CO2 price to 

select these options. 

 

Direct Air Capture 

 

See Appendix 4.1 for more explanation on data. 

 
Table SI 11. Techno-economic parameters used for Direct Air Capture (DAC) [256,847,848]. 

Parameter Units 2015 2020 2030 2050 

Electricity input GJ/ton CO2 2.5 2 1.6 1.28 

Heat input GJ/ton CO2 11.5 9.2 7.36 5.89 

CAPEX €/ton CO2 600 480 384 307.2 

 

Transport fuels 

 

Some considerations for this module are: 

• Fatty acids produced through trans-esterification can only be blend with diesel (not with jet fuel). 

• Heavy fuel oil can only be produced in refineries (or imported). 

• There are other uses for the commodities (e.g. heavy fuel oil for residential) and only the value chains related 

to transport are shown. 

• Aviation can only be satisfied with jet fuel, which can be fossil, synthetic (XtL) or electrofuel (PtL). 

• Gasoline demand can only be satisfied with PtL, refineries or ethanol blending. 

• Private transport can also be satisfied with hybrid vehicles. 

• Demand for the end use sectors is an exogenous input and there is no endogenous shift in transportation mode 

to satisfy the same end user (i.e. people could change from private cars to buses and still satisfy their 

transport needs, but this is not considered). 

• Rail can only be satisfied with diesel or electricity and it is turn divided in passenger and freight. 

• Shifts within a specific category are done based on cost (both technology and fuel) and efficiency. It does not 

include consumer behavioral components like range anxiety, early adoption of technologies, inconvenience 

cost (to refuel due to limited infrastructure). 

• Cars are divided in 4 classes (small, lower medium, upper medium and executive) and each class in turn has 9 

categories with different efficiency and cost figures. This gives the model more choices and avoids drastic 

changes in the fleet when one technology becomes cost optimal. This means the model is not divided 
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anymore in short and long range as mentioned in [368], but instead the other main way of representing the 

sector was chosen [542]. 

 

Some specific figures for the fuels are: 

• There are maximum shares of HVO and FAME (fatty acid methyl ester) that diesel can have, which increase 

from 7 and 48% respectively in 2020 to 90% for both in 2050. 

• For bunkers and satisfying international navigation demand, a minimum of 11% of heavy fuel oil has to be 

used as process feed for the base year (2010), this fraction is reduced to 9% for 2030 and there is no fuel mix 

constraint for 2050 (assuming engines are flexible enough to operate with fuels having different properties 

that can be produced through synthetic routes). 

• TRACCS database from the European Environment Agency [565] was used for fuel consumption, efficiency, 

occupancy and demands in road transport (private transport, public buses, freight). 

• Techno-economic parameters for powertrain technologies come mainly from [367,491]. 

• Targets for the road transport sector are 95 gCO2/km for 2020 and 70 gCO2/km for 2030. 

 

Buses and heavy-duty transport – Techno-economic parameters 

 

With data in Table SI 12 and Table SI 13, electric alternatives became dominant across scenarios (> 90% share) for 

trucks and buses. To avoid overreliance on their development, the electric choice was deactivated and only done as 

sensitivity. 

 
Table SI 12. Investment and efficiency for heavy-duty transport for 2010 – 2050 [412]. 

  2010 2020 2030 2040 2050 

Investment (€) Diesel 72857 74113 88075 85376 82945 

 Electricity 122204 111195 107677 104680 101955 

 LMG 100786 100518 111169 107339 103785 

 Hydrogen 497866 418256 179534 149590 137097 

Efficiency 

(MJ/km) 

Diesel 10.82 9 7.58 7.55 7.52 

 Electricity 10.07 8.47 7.67 7.61 7.54 

 LMG 11.9 10.09 8.99 8.95 8.92 

 Hydrogen 9.17 7.67 7.11 6.62 6.15 

 
Table SI 13. Investment and efficiency for buses  for 2010 – 2050 [412]. 

  2010 2020 2030 2040 2050 

Investment (€) Diesel 178571 180038 186906 185121 186964 

 Electricity 382955 280369 253934 233361 213774 

 LMG 206176 206051 211633 208615 205797 

 Hydrogen 403390 357314 235833 219930 212881 

Efficiency 

(MJ/km) 

Diesel 14.69 12.58 9.97 9.31 8.71 

 Electricity 5.83 5.32 4.97 4.91 4.86 

 LMG 16.16 14.19 11.24 10.5 10.46 

 Hydrogen 10.6 9.61 9.3 8.67 8.05 

 

Biomass potential 

 
Table SI 14. Annual activity limits for biomass sources in 2050 (in PJ/year) [416]. 

Potential High Reference Low Price (€/GJ) 

Sugar crop production 1094.6 995.1 995.1 4.1 

Rape seed production 1136.8 1033.4 1033.4 32.7 

Starch crop production 313.3 284.8 284.8 20.1 

Grassy crop production 2527.8 1524.9 952.9 4.6 

Willow and poplar 600.3 363.8 388.6 8.4 

Biogas Production 1874.1 1251.3 624.9 5.4 

Agricultural waste potential 2136.4 1025.5 606.6 3.1 
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Wood products 3211.2 741.5 741.5 3.0 

Forestry residues potential 6753.3 283.1 283.1 3.1 

Wood processing residues 1220.7 265.7 265.7 2.0 

Municipal Waste Production 921.4 736.2 441.9 0 

Industrial Waste-Sludge 

Production 
69.4 52.6 29.8 5.4 

Sub-total 21859.2 8557.9 6648.3  

Imports to EU     

Import of bioethanol 1982.9 572 165 29.4 

Import of biodiesel 814.7 469 270 12.3 

Import Wood Products 944 517 283 7.0 

Total (EJ/yr) 25.6 10.0 7.4  

 

 

 
Figure SI 9. (a) Biomass potential distribution by type of source. (b) Supply cost curve for biomass 

 

Figure SI 9a shows the contribution of the main categories to biomass potential. It is evenly distributed across several 

categories. A factor that plays a role in the use of biomass is the price at which it can be obtained. This is shown in 

Figure SI 9b. Almost 86% of the biomass has a cost below 5 €/GJ. However, the two most expensive categories are 

the ones that could be used for 1st generation biofuel and have no competition for other use (starch and rapeseed). 
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Appendix 3.2. List of changes done to the model as part of this research 

 

• New technology for hydrogen production: Proton Exchange Membrane (Table SI 4) 

• New technology for hydrogen production: Solid Oxide Electrolysis (Table SI 5) 

• µ-CHP using hydrogen for residential and commercial sectors (Table SI 6) 

• µ-CHP using methane with Otto cycles (competing technologies to satisfy space heating in residential sector) 

• New CO2 source with direct air capture (Table SI 11) 

• Hydrogen production for refineries was split from the rest of operations to give the possibility to produce it 

by electrolysis instead of methane reforming. 

• New process for direct ammonia production with hydrogen from electrolysis and nitrogen from an air 

separation unit (Section 3.3.3) as potential substitute for the natural gas-based process (using reforming) 

• Benchmarking of PtL technologies (Table SI 9 and Table SI 10) 

• Electric options for heavy-duty trucks and buses (Table SI 12 and Table SI 13) 

• LNG as fuel for heavy-duty trucks and buses (Table SI 12 and Table SI 13) 

• Limited (~300 TWh) geothermal potential in agreement with international studies 

 

Changes done as part of Chapter 4 also have an influence on the results from this research since they act as competing 

alternatives for either satisfying the service or the input commodity. The most changes relevant are: 

• Methanation step added to provide the link between hydrogen and methane and avoid limitations in grid 

injection (due to maximum hydrogen concentration) 

• Liquefied methane as commodity for marine transport (competition with PtL) 

• Liquefaction of methane at both large scale (i.e. centralized) and small scale (e.g. couple to Power-to-

Methane), which gives more flexibility to the gas system 

• CO2 capture on biogas to upgrade it to methane and be able to use it in any part of the network (competition 

with hydrogen in most sectors) 

 

The following parts of the model were also reviewed to ensure data is consistent with other studies: 

• Hydrogen distribution and delivery (Table SI 3) 

• Hydrogen consumption in steel industry when direct reduction is used (Section 3.3.3) 

• Wind, solar and biomass potentials 

 

The above changes complement the application dimension of the model, where the main strengths of the approach are: 

(1) deep decarbonization; (2) range of sensitivities and parameters analyzed which draws insight into their interaction 

and effects; (3) identification of drivers and barriers for hydrogen and PtL use. 
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Appendix 3.3. Delivery pathways for hydrogen considered in JRC-EU-TIMES 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure SI 10. Hydrogen delivery architecture in JRC-EU-TIMES (taken from [389]). 

 

For each of the steps various reference points were collected considering capacity (size), energy consumption, cost 

(CAPEX, OPEX), lifetime and technical characteristics (e.g. operating pressure). For items that present a strong 

economy of scale (e.g. refueling stations), different sizes were selected (small/large), which are linked to the 

corresponding (decentralized and centralized) production processes. This last step allows making the trade-off 

between decentralized production and more limited distribution infrastructure and centralized with economies of scale, 

but higher cost for distribution. Numbers are normalized to units of output. This collection and selection exercise were 

not part of this research and it is therefore out of scope. Refer to [334,383,389,832] for more detail. 
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Appendix 3.4. Full list of parameters and scenarios 

Table SI 15. Further parameters varied across scenarios to identify trends in the system (complements Table 9). 

Variable Explanation Rationale Scenarios 

No PtL CO2 use for liquid 

eliminated as 

choice to satisfy 

demand 

PtL represents one of the alternatives 

to satisfy transport demand in low 

carbon scenarios. In case the 

technology fails, alternatives have to 

be identified 

• Use of PtL* 

• No PtL 

PtL 

sensitivity 

Decompose impact 

of PtL performance 

by changing 

individually 

CAPEX and 

efficiency in both 

directions (increase 

/ decrease) 

Some technologies (e.g. nuclear) are 

capital intensive and will benefit from 

cost reduction, while for others an 

efficiency gain affects capacity the 

largest. This sensitivity aims to 

quantify this for PtL 

• Reference (Table SI 8) 

• Higher CAPEX 148  (“Conservative” 

from Table SI 10) 

• Lower CAPEX (“Optimistic” from 

Table SI 10) 

• Higher efficiency (“Optimistic” 

from Table SI 10) 

• Lower efficiency (“Conservative” 

from Table SI 10) 

FCEV Lower cost for fuel 

cell vehicles 

Costs for different powertrain 

technologies in 2050 are close. A 

small change in cost might lead to a 

large difference in deployment 

• Reference CAPEX* 

• 10% lower CAPEX 

• 30% lower CAPEX 

Electricity 

network 

Cost associated to 

the expansion of 

the electricity grid 

Transmission represents a flexibility 

option. In case of becoming more 

expensive, reliance on other options 

might be necessary 

• Reference cost* (see Chapter 4 for 

methodology) 

• 200% higher cost 

Solid Oxide 

Electrolysis 

Cell (SOEC) 

SOEC not 

available in the 

future with the 

expected 

performance 

Current state for the technology is 

TRL 5-6 and its future outlook is 

highly dependent on research. 

Technology might not be fully 

deployed by 2050 

• No SOEC available* 

• SOEC available by 2050 (data from 

Table SI 5) 

DAC 

performance 

DAC cost and 

efficiency for 2050 

DAC can play a large role for low 

carbon scenarios, but technology is 

yet to be deployed at large scale 

• Limited improvement compared to 

2015 situation (see Table SI 11) 

• Improved performance (see Table 

SI 11) 

Coal policy Ban any new 

investment in 

assets using coal 

(power, steel, heat) 

Fossil fuel with the largest carbon 

content and emitting other pollutants 

that promote health risks. This 

measure could be driven by political 

targets 

• Coal is allowed and it will be 

phased-out based on economics 

• No new investment in facilities 

using coal 

Geothermal 

potential 

Maximum 

allowable energy 

to be produced by 

geothermal 

There are optimistic estimates from 

GEOELEC with almost 3000 TWh 

for EU [405], while geothermal 

contribution to power is at most 2-

2.5% of generation for most of global 

studies 

• Reference (3000 TWh for EU, see 

[405] for breakdown)* 

• 10% of reference (300 TWh) 

Nuclear Nuclear faces 

political and social 

resistance in some 

countries 

Limited choices for electricity 

generation will either shift energy 

carriers away from electricity or 

result in higher prices and worse 

outlook for electrolysis 

• Nuclear phase-out in countries that 

have announced it and possible life 

extension149 

• No new investment in nuclear 

*Assumption for the reference scenario 

 

148 These scenarios use the “Reference” performance from Table SI 8 and consider single changes from Table SI 10 
149 BE, DE and, to a degree, CH or that explicitly state the end of a license (NL) 
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Table SI 16. Rationale for scenario selection. 

Nº Scenario name Reasoning 

1 80NoCoal Effect of higher geothermal potential, but still no investment in coal allowed 

2 80wCoal 

Effect of allowing new investments in coal and assess how competitive is coal 

considering low CO2 targets (although the model does not cover pollutants, 

which can be another driver to phase-out coal) 

3 80 
Reference scenario - No new investment in coal allowed. This considers a 

geothermal potential limited to around 300 TWh for EU28+ 

4 80NoCCS150 Influence of CCS with a relatively low CO2 target 

5 80CCSNoPtL 
Quantify cost increase for not having the technology in a scenario where it is not 

yet 100% essential 

6 80CCSVRECostGeo Higher VRE with more potential surplus for PtX and larger need for flexibility 

7 95wCoal 

Effect of allowing new investments in coal and assess how competitive is coal 

considering low CO2 targets (although the model does not cover pollutants, 

which can be another driver to phase-out coal) 

8 95NoCoal Influence of CO2 target 

9 95 
Understand effects of geothermal potential limited to around 300 TWh for 

EU28+ and understand how it differs from the lower CO2 target 

10 95Dem 
Be able to identify changes caused by the higher transport demand by making a 

single change (and compare it with "95" scenario) 

11 95HBio Scenario for biomass economy where there is the possibility of CCS 

12 95HBioDem 

Double of navigation demand (vs. 30% increase in base scenario) and triple (vs. 

2x) in aviation with high biomass potential to test new biomass allocation and 

increase in CO2 price considering this scenario has CCS as alternative 

13 95HBioHDem 
Same as before, but triple of navigation demand (vs. 30% increase in base 

scenario) and 5x (vs. 2x) in aviation 

14 95HBioPEM 
Combination of better PEM performance and higher biomass potential to 

evaluate impact on PtM/PtL (more CO2 available and cheaper hydrogen) 

15 95HBioVREPEMHD Likely scenario where drivers do not favor CCU 

16 95BioPtL 
Reference scenario with low biomass potential and PtL performance to be able 

to identify the changes caused by a higher demand in transport 

17 95BioPtLDem 

Double of navigation demand (vs. 30% increase in base scenario) and triple (vs. 

2x) in aviation in case where biomass is limited and PtL performance is the 

worse. CCS is left to leave some flexibility 

18 95BioPtLHDem 
Same as before, but triple of navigation demand (vs. 30% increase in base 

scenario) and 5x (vs. 2x) in aviation 

19 95VREPEMSOE 
Understand if better performance technology is dominant over CCS and how 

much does this shift production from technologies with CCS to electrolysis 

20 95VRECostPEMSOEGeo 
Effect of lower geothermal potential in main scenario and evaluate impact on 

electricity prices and hydrogen production 

21 95VRETrCostPEMPtL 
Impact on PtG due to higher CO2 target, while still having favorable drivers 

except for CCS 

22 95NoCCS 
Combination of no CCS with a high CO2 target to understand major differences 

with respect to "95" and "80NoCCS" without further changes 

23 95CCSGeo 
Understand technology that arise when geothermal potential is limited combined 

with no CO2 storage 

24 95CCSBio Effect of biomass potential in a scenario favorable for CCU (including PtL) 

25 95CCSHBio Effect of biomass potential in a scenario favorable for CCU (including PtL) 

26 95CCSNoPtL 
Quantify cost increase for not having the technology in a scenario where it is not 

yet 100% essential 

27 95CCSVRE Effect of VRE potential in a scenario favorable for CCU 

 

150 “No CCS” and “CCS” represent the same (absence of CO2 storage). “No CCS” was left for the “Main” scenarios to avoid confusion in the main 

text, while “CCS” was used for the scenarios in the Appendix to save two characters (long names due to various parameters being varied at the same 
time) 
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28 95CCSVREBio 
Effect of biomass potential in a relatively realistic scenario to complement the 

one where VRE potential is lower 

29 95CCSVRECostNoPtL 
Effect of not having PtL available in a less restricted scenario (where there is 

cheaper electricity) 

30 95CCSVREGeo 
Combined effect of higher VRE potential with lower geothermal to test effect on 

electricity mix, hydrogen flow and PtX use 

31 95CCSVRENuc Higher electricity prices 

32 95CCSVRENucPEM 
Higher electricity prices combined with better PEM performance can lead to 

similar hydrogen prices 

33 95CCSVREPEM Effect of cheaper hydrogen (for both PtL and PtG) 

34 95CCSVREPtL Effect of lower PtL performance 

35 95CCSVRESOE Alternative for cheaper hydrogen 

36 95CCSVRETr Higher transmission costs, reducing electrification and favoring CCU 

37 95CCSVREFCEV10 
Higher FCEV deployment for a 10% in CAPEX reduction with a similar 

hydrogen price 

38 95CCSVREFCEV30 
Higher FCEV deployment for a 30% in CAPEX reduction with a similar 

hydrogen price 

39 95CCSVREH2PtLDem 

Double of navigation demand (vs. 30% increase in base scenario) and triple (vs. 

2x) in aviation in case with cheap hydrogen and better PtL performance to 

evaluate shifts in the system 

40 95CCSVREHBio 
Effect of biomass potential in a relatively realistic scenario to complement the 

one where VRE potential is lower 

41 95CCSVREHBioGeo 
Effect of lower geothermal potential in main scenario and assess if more 

biomass is used for power production 

42 95CCSVREPEMSOE 

Favorable case for hydrogen with both PEM and SOEC available and able to 

produce hydrogen at low cost. FCEV performance could have been changed as 

well, but this will be done as sensitivity 

43 95CCSVREPEMSOEDem 
Double of navigation demand (vs. 30% increase in base scenario) and triple (vs. 

2x) in aviation in case with cheap hydrogen to evaluate shifts in the system 

44 95CCSVREPEMSOEHDem 
Same as previous scenario, but triple of navigation demand (vs. 30% increase in 

base scenario) and 5x (vs. 2x) in aviation 

45 95CCSVREPEMSOEFCV 
Same as above, but with lower FCEV (30%) cost to test combined effect of 

cheaper hydrogen and vehicle on deployment 

46 95CCSVREPtLH 
100-150 Euro/kW higher CAPEX for PtL technologies to test effect on 

deployment and contribute to target setting 

47 95CCSVREPtLLeff 
5-8% points lower efficiency for PtL technologies to test effect on deployment 

and contribute to target setting 

48 95CCSVREPtLHeff 
5-8% points higher efficiency for PtL technologies to test effect on deployment 

and contribute to target setting 

49 95CCSVREPtLL 
100-150 Euro/kW lower CAPEX for PtL technologies to test effect on 

deployment and contribute to target setting 

50 95CCSVREPtLLHeff 
Combined lower PtL cost with higher performance to establish upper bound for 

deployment 

51 95CCSVREPtLLHeffGeo 
Effect of lower geothermal potential in main scenario to evaluate impact on 

electricity prices, hydrogen prices and potential effect on PtL contribution 

52 BAU Effect of lower CO2 reduction target (around 47%) 
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Table SI 17. Combination of variables used for scenarios. 
 

Nº Scenario151,152,153 
CO2 

target 
CCS 

Biomass 

potential 
VRE154 

Geothermal 

potential 

Coal 

allowed 

PEM 

performance 

PtL 

performance 

Direct Air 

Capture 
Scenario155 

1 80NoCoal 80 Yes Ref Ref Ref No Ref Ref Ref Sens 
2 80wCoal 80 Yes Ref Ref Ref Yes Ref Ref Ref Sens 
3 80 80 Yes Ref Ref Low No Ref Ref Ref Main 
4 80DAC 80 Yes Ref Ref Low No Ref Ref Optimistic Sens 

5 80NoCCS156 80 No Ref Ref Low Yes Ref Ref Ref Main 
6 80CCSNoPtL 80 No Ref Ref Ref Yes Ref No PtL Ref Sens 
7 80CCSDAC 80 No Ref Ref Ref Yes Ref Ref Optimistic Sens 

8 80CCSVRECostGeo 80 No Ref High Low Yes Ref Ref Ref Sens 
9 95wCoal 95 Yes Ref Ref Ref Yes Ref Ref Ref Sens 
10 95NoCoal 95 Yes Ref Ref Ref No Ref Ref Ref Sens 
11 95 95 Yes Ref Ref Low No Ref Ref Ref Main 
12 95DAC 95 Yes Ref Ref Ref Yes Ref Ref Optimistic Sens 
13 95HBio 95 Yes High Ref Ref Yes Ref Ref Ref Sens 
14 95HBioDAC 95 Yes High Ref Ref Yes Ref Ref Optimistic Sens 
15 95HBioPEM 95 Yes High Ref Ref Yes High Ref Ref Sens 
16 95HBioVREPEMHD 95 Yes High High Ref Yes High Ref Ref Sens 
17 95BioPtL 95 Yes Low Ref Ref Yes Ref Low Ref Sens 
18 95BioPtLDAC 95 Yes Low Ref Ref Yes Ref Low Optimistic Sens 
19 95VREPEMSOE 95 Yes Ref High Ref Yes High Ref Ref Sens 
20 95VREGeoDAC 95 Yes Ref High Low Yes Ref Ref Optimistic Sens 

21 95VRECostPEMSOEGeo 95 Yes Ref High Low Yes High Ref Ref Sens 
22 95VRETrCostPEMPtL 95 Yes Ref High Ref Yes High Low Ref Sens 
23 95NoCCS 95 No Ref Ref Ref Yes Ref Ref Ref Sens 
24 95CCSDAC 95 No Ref Ref Ref Yes Ref Ref Optimistic Sens 

 

151 Color code is used to identify more easily the pattern for variables combination (Green refers to the base scenario and red means the variable has been changed) 
152 Every variable has a characteristic addition to the scenario name to identify variables changed in the scenario without the need to constantly refer to this table 
153 Some parameters were omitted to keep scenario representation in a single table. These are: “Nuclear” (in the scenario name) refers to no new investment in nuclear allowed and no extension of license; “Tr” higher 

cost for the transmission network (see Table SI 33); “FCEVXX” is for lower FCEV CAPEX compared to the reference by 10 or 30% 
154 VRE refers to a higher PV and wind potential to evaluate effect on electricity prices and surplus 
155 “Main” refers to the scenarios chosen for representation in the results and discussion section since they are distinct enough, while “Sens” refers to sensitivities where the changes were not significant and these are 

discussed, but not presented as part of the trends across sectors 
156 “No CCS” and “CCS” represent the same (absence of CO2 storage). “No CCS” was left for the “Main” scenarios to avoid confusion in the main text, while “CCS” was used for the scenarios in the Appendix to save 

two characters (long names due to various parameters being varied at the same time) 
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25 95CCSGeo 95 No Ref Ref Low Yes Ref Ref Ref Main  

26 95CCSBio 95 No Low Ref Ref Yes Ref Ref Ref Sens 
27 95CCSHBio 95 No High Ref Ref Yes Ref Ref Ref Sens 
28 95CCSHBioDAC 95 No High Ref Ref Yes Ref Ref Optimistic 

Optimistic 

Sens 
29 95CCSNoPtL 95 No Ref Ref Ref Yes Ref No PtL Ref Sens 
30 95CCSVRE 95 No Ref High Ref Yes Ref Ref Ref Sens 
31 95CCSVREBio 95 No Low High Ref Yes Ref Ref Ref Sens 
32 95CCSVRENoPtL 95 No Ref High Ref Yes Ref No PtL Ref Sens 
33 95CCSVREGeo 95 No Ref High Low Yes Ref Ref Ref Sens 
34 95CCSVRENuc 95 No Ref High Ref Yes Ref Ref Ref Sens 
35 95CCSVRENucPEM 95 No Ref High Ref Yes High Ref Ref Sens 
36 95CCSVREPEM 95 No Ref High Ref Yes High Ref Ref Sens 
37 95CCSVREPtL 95 No Ref High Ref Yes Ref Low Ref Sens 
38 95CCSVRESOE 95 No Ref High Ref Yes Ref Ref Ref Sens 
39 95CCSVRETr 95 No Ref High Ref Yes Ref Ref Ref Sens 
40 95CCSVREFCEV10 95 No Ref High Ref Yes Ref Ref Ref Sens 
41 95CCSVREFCEV30 95 No Ref High Ref Yes Ref Ref Ref Sens 
42 95CCSVREHBio 95 No High High Ref Yes Ref Ref Ref Sens 
43 95CCSVREHBioGeo 95 No High High Low Yes Ref Ref Ref Main 
44 95CCSVREPEMSOEGeo 95 No Ref High Low Yes High Ref Ref Main 
45 95CCSVREPEMSOEFCV 95 No Ref High Ref Yes High Ref Ref Sens 
46 95CCSVREPtLH 95 No Ref High Ref Yes Ref Low Ref Sens 
47 95CCSVREPtLLeff 95 No Ref High Ref Yes Ref Low Ref Sens 
48 95CCSVREPtLHeff 95 No Ref High Ref Yes Ref High Ref Sens 
49 95CCSVREPtLL 95 No Ref High Ref Yes Ref High Ref Sens 
50 95CCSVREPtLLHeff 95 No Ref High Ref Yes Ref High Ref Sens 
51 95CCSVREPtLLHeffGeo 95 No Ref High Low Yes Ref High Ref Main 
52 BAU BAU Yes Ref Ref Ref Yes Ref Ref Ref Main 
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Appendix 3.5. Additional results – Hydrogen demand and distribution, PtL capacity and fuels balance 

 

 
Figure SI 11. Hydrogen demand for transport. 

 

 
Figure SI 12. Hydrogen penetration in steel industry. 
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Figure SI 13. Delivery pathways for hydrogen across all scenarios. 

 

 
Figure SI 14. Sources of jet fuel across scenarios. 
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Figure SI 15. Fleet composition for heavy-duty trucks. 

 

 
Figure SI 16. PtL capacity across EU28+ for all scenarios157. 

 

 

157 “Atmospheric” produces Diesel/Kero (even though it has the flexibility to produce methanol as well)  
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Appendix 3.6. Results for variable hydrogen supply price (for scenario with 95% CO2 reduction, no CO2 

storage and high VRE potential) 

 

 
Figure SI 17. Sectorial hydrogen demand with increasing hydrogen supply price. 

 

 
Figure SI 18. Hydrogen demand in transport sector as a function of hydrogen supply price. 

 



Potential for hydrogen and Power-to-Liquid in a low-carbon EU energy system using cost optimization 
 

287 

 
Figure SI 19. Gas demand as a function of hydrogen supply price. 

 

 
Figure SI 20. Changes in electricity production due to variation of hydrogen supply price. 

 



Chapter 3 
 

 

288 

Note that Figure SI 20 does not represent the entire electricity production. Instead, only the technologies with the 

largest changes due to variable hydrogen price were chosen for the representation. 

 

 
Figure SI 21. CO2 price for variable hydrogen supply price. 
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Appendix 3.7. Sensitivity in PtL performance 

 

 
Figure SI 22. Variations of CO2 use due to changes in PtL performance. 
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Appendix 3.8. CO2 emissions breakdown for main scenarios 

 

 
Figure SI 23. Contributors to CO2 emissions and reduction target across main scenarios. 

 

Figure SI 23 already uses net emissions for each sector (i.e. net electricity is negative for 80% CO2 reduction scenario, 

but this is the result of positive emissions by gas and coal compensated by the negative emissions of BECCS). 
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Appendix 3.9. Electricity generation portfolio and primary energy supply for main scenarios 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure SI 24. Technology mix for electricity production across main scenarios. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure SI 25. Primary energy supply mix across main scenarios. 
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Appendix 3.10. Cost breakdown for H2 and PtL across scenarios 

 

 
Figure SI 26. Cost contribution of individual elements of hydrogen value chain across main scenarios. 

 

 
Figure SI 27. Cost components of PtL across main scenarios158. 

 

158 It excludes CO2 supply (that cannot be easily segregated from the activities that produce it) and end use processes (e.g. cost for cars, ships, 

planes). 
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Appendix 4.1. Macro-economic and techno-economic data and assumptions 

Macroeconomic input 

 

In terms of costs, the indigenous production is reflected in Figure SI 28, while the pipeline import has the 

corresponding cost shown in Table SI 18 and the LNG import considers a 10% premium with respect to the regular 

gas cost and exports are considered to be 99% of the import. 

 

Table SI 18. Fuel prices used in JRC-EU-TIMES from POLES and the EU Roadmap 2050 [182]. 

 oil gas coal 

 ($/boe) ($/MBTU) ($/ton)  

2000 27.9 2.8 34.9 

2001 23.4 3.6 37.4 

2005 47.3 4.6 53.1 

2010 55.3 6 68.1 

2015 59.9 6.6 62.5 

2020 64.5 7.2 57 

2025 73.7 7.9 70.2 

2030 82.8 8.7 83.4 

2035 87.2 9.1 87.9 

2040 91.5 9.6 92.3 

2045 93.7 9.7 95.3 

2050 95.8 9.9 98.3 

 

Gas Network 

 

In terms of quantities, Figure SI 28 shows the reserves available in the countries in EU28+ along with the production 

costs for the gas, as well as the distribution for pipeline and LNG re-gasification capacities for the base year. For 

subsequent years, additional investment in LNG re-gasification terminals can be chosen at a cost of 20.7 €/(GJ/y). 

 

 

Figure SI 28. Distribution by country for (a) natural gas reserves and installed capacity of (b) LNG re-gasification, (c) 

import pipelines and (d) underground storage. 
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The model also includes shale gas reserves which could potentially be developed in EU28+. Nevertheless, due to the 

different technologies used for production (i.e. fracking and horizontal drilling), the production costs allocated to such 

reserves is much higher than conventional gas (on average 15.4 €/GJ with the composition shown in Figure SI 29). In 

total, these reserves represent almost as much as conventional gas with the largest potential in Poland and France with 

the contribution from other countries shown in Figure SI 29b. 

 

 
Figure SI 29. (a) Breakdown of shale gas reserves by production cost and (b) Distribution by country. 

 

CO2 Network 

 

In terms of data, the two most important components are the storage capacity that the model can choose from (i.e. if it 

reaches the limit in one country, it has to look for alternative options) and the data introduced for the methanation 

component. In relation to the CO2 storage, most (~87%) of it (in total for EU28+) is in the form of saline aquifers, 

followed by depleted gas fields (~9%). In terms of regional distribution, Ireland has ~37% of the storage capacity, 

followed by Norway and Germany (each one with 11%) [849]. For specific values, refer to Table 33 of [368]. 

 

Electricity Network 

 

For new interconnection between countries in the model, the costs are 57.5 €/MW (installed capacity) for HVAC lines 

and 414 €/MW. For both cases, the fixed operating cost is taken as 5% of the CAPEX. The assumption for cost has 

been taken from RealiseGrid project [850]. 

 

As limit for the expansion of interconnection capacity between countries, a reference for investment in the 10-year 

development plan of the ENTSO-E has been taken [851]. It is expected that the investment up to 2030 reaches 150 

bln€, but this includes 50 bln€ of subsea cables. Therefore, the amount of 100 bln€ has been annualized (assuming 50 

years lifetime) and the annual investment cannot be higher than this. 

 

The transmission losses including transformation (both close to power plants and voltage changing transformers) and 

transport were taken from Eurostat [852], resulting in losses of 12.5%. 

 

Electricity and heat storage 

 

Technological parameters for storage technologies beyond 2015 and the underlying sources can be found in [12] and 

values used in JRC-EU-TIMES shown in Table SI 19. 
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Table SI 19. Techno-economic parameters for storage technologies in 2050. 

Type Technology Efficiency CAPEX159,160 OPEX161 Energy/power Lifetime 

  % (€/kWh)/(€/kW) €/kW hours years 

Bulk Diabatic 

CAES 

56 23/395 6.8 4 30 

 Adiabatic 

CAES 

70 45/489 7.4 4 30 

 PHS 80 98/1316 19.7 6 60 

 Lead acid 

batteries 

80 135/175 4.2 4 8 

 Li-ion 

batteries 

90 216/175 4.2 1 10 

 NaS batteries 85 259/175 4.2  10 

Residential / 

Commercial 

Lead acid 80 135 4.2 4 8 

 Li-ion 90 216 4.2 1 10 

 NaNiCl Zebra 90 68 10.1 4 10 

Thermal Low water 

temperature 

70 128 15.4 - 30 

 Underground 

TES 

70 2562 51.2 - 20 

 

Residential sector 

 

The residential building stock is split in 3 types of dwelling (detached, semi-detached, flat), 6 different vintages (e.g. 

dwellings constructed in pre-1945, 1945-1969, 1970-1979, 1980-1989, 1990-1999, 2000-2009) and per country (31 

countries in this research, 37 countries in total for the model), leading to almost 700 individual categories. For each of 

these, the model can choose among 7 energy efficiency measures (insulation for walls, ceiling and windows) leading 

to almost 4700 possibilities for individual insulation. 

 

The input parameters for this section are shown in Table SI 20, while some detailed numbers are in Table SI 21 and 

Table SI 22. An overview of the elements involved in the residential is depicted in Figure SI 30. 

 

Table SI 20. Representation of the residential sector and alternatives for insulation. 

Parameter Description Categories162 Source 

Dwelling stock Number of houses in each 

category 

Split by: type of 

dwelling, vintage, 

region 

Entranze [463] 

Area per dwelling Average area for each type 

of dwelling 

Split by: type of 

dwelling, region 

Entranze [463] 

Dwellings/building Number of houses per type 

of building to estimate 

surface to be insulated as 

well as cost 

Split by: type of 

dwelling 

Entranze [463] 

Thermal coefficients for 

insulation measures 

There are 4 surfaces that can 

be insulated: walls, floor, 

ceiling and windows 

2 options for ceilings, 

wall and 3 for windows 

(see Table SI 22 for 

values) 

Entranze [463] 

Cost for insulation Cost per square meter of 2 options for ceilings, Entranze [463] 

 

159 First value represents the energy component cost, while the second one represents the charger/discharger cost 
160 Units for thermal storage are €/GJ 
161 Units for thermal storage are €/(GJ*y) 
162 This refers to the level of segregation for the parameters and categories used for the split 
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measures163 surface to reduce thermal 

demand 

wall and 3 for windows 

(see Table SI 22 for 

values) 

Heating degree days Used to correct heat demand 

by country (average 1980-

2014) 

Split by region Eurostat164 

Demolition rate Fraction of buildings 

demolished a year 

0.2% assumed for most 

countries 

Buildings Performance 

Institute Europe (BPIE) 

[853] 

Renovation rate Annual share of buildings 

undergoing  major 

renovation 

Split by region ZEBRA2020165 

Stock growth Expected change in number 

of dwellings due to 

population growth 

Split by country and 

period 

PRIMES – Reference 

scenario [50] 

Space heating demand Expected change in space to 

be heated due to population 

growth 

Split by country and 

period 

PRIMES – Reference 

scenario [50] 

 

 
Figure SI 30. Residential sector demand breakdown for energy efficiency calculation. 

 
Table SI 21 has the assumptions that allow estimating the individual surface area for the area to be insulated from the 

area per type of dwelling obtained from Entranze [463]. Table SI 22 has the relation between cost and additional 

thermal coefficient that are used to correct the space heating demand. 

 

Table SI 21. Dimensions assumed per type of dwelling for insulated surface calculation. 

 Nº of floors Floor height Nº of windows Windows area 

Units  m  m2 

Detached 2 3 10 3 

 

163 Cost for retrofit measures includes material, labor, business profit, general expenditures and professional fees [463] 
164 Heating Degree Days - Monthly [http://ec.europa.eu/eurostat/web/energy/data] 
165 http://www.zebra-monitoring.enerdata.eu/overall-building-activities/share-of-new-dwellings-in-residential-

stock.html#equivalent-major-renovation-rate.html 
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Semi-detached 2 3 Dwellings* 5 1.2*1.5 

Flat 8 3 Dwellings* 4 1.2*1.5 

 

Table SI 22. Thermal coefficient and cost for retrofit measures in residential space heating. 

Type of surface Insulation measure Cost Additional thermal resistance 

  €/m2 of surface m2*K/W 

Ceiling MR2 15-55166 3.75 

 MR3 MR2*2/3 MR2*35/55 

Wall MW2 30-75 2.5 

 MW3 MW2*6/7 MW2*0.5 

Window MG1 150-450 1/2.7 

 MG2 200-510 1/1.7 

 MG3 330-580 1/0.65 

 
Biogas upgrading 

There are two main options: producing biomethane for grid injection from raw biogas by scrubbing CO2 and the other 
one is passing the raw biogas stream through a CO2-methanation reactor with hydrogen admixture to improve the 
methane yield (further referred to as direct methanation). 

Direct methanation 

 

Efficiency figures are taken from [465,854] and reflected in Table SI 23. For CAPEX, low cost estimates are in the 

order of 75 €/kW [250] for biological methanation, while [465] has a specific cost of ~480 €/kW for the entire system. 

An estimate of 250 €/kW is taken for the model considering that either biogas or the produced methane needs to be 

further compressed to be injected in the network. Fixed OPEX is taken as 2.5% of CAPEX. 

 

Table SI 23. Input and output streams for direct methanation of biogas [465,854]. 

In/Out Stream Amount167 Unit 

In Power for compression 0.014 MJ 

In Electricity for methanation 0.014 MJ 

In Hydrogen 0.409 MJ 

In Biogas 0.641 MJ 

Out Methane 1 MJ 

Out Heat 0.077 MJ 

 

CO2 capture 

 

Efficiency is taken from [465] and shown in Table SI 24. It is assumed that capture is done with amines. [465] uses a 

cost of 4570 €/(m3/h), which translates to around 750 €/kW. This value is the one used and it is not changed in time 

considering that it is a mature technology. 

 

Table SI 24. Input and output streams for CO2 capture from biogas with amines [465,854]. 

In/Out Stream Amount168 Unit 

In Biogas 1.02 MJ 

In Heat 0.11 MJ 

In Electricity 0.03 MJ 

Out Methane 1 MJ 

Out CO2 38.97 kton 

 
Gas liquefaction 

 

166 It varies per country within this range 
167 Numbers are normalized per unit of methane output 
168 Numbers are normalized per unit of methane output 
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There are two variations: one used for relatively small scale, assuming that the liquefaction unit is sized to treat the 

output of a single PtM unit (i.e. “on-site”), while the other one assumes a centralized option with a larger scale. These 

differ in efficiency and cost (economies of scale). A typical range for a small scale (0.05 – 1 mtpa) plants is 350 – 

1500 $/ton depending on project scope and location [855,856]. A cost of 600 $/ton translates to ~400 €/kW, ~1.2 

$/MMBtu, which is still on the optimistic side, especially for a location in Europe with high labor costs during 

installation. LMG at small scale can still further benefit from learning at the large scale. Similarly, LMG at large scale 

can have further technological improvement that decrease the cost in time, although at a much lower pace than small 

scale since the technology is more mature. Based on this, the cost and efficiency curves considered for LMG at both 

scales is shown in Table SI 25. 

 

Table SI 25. Techno-economic parameters for gas liquefaction. 
Scale Parameter Units 2015 2020 2030 2050 
Small Efficiency % 88 89 90 92 
 CAPEX €/kW 600 550 500 400 
 OPEX €/kWh 12 11 10 8 
Large Efficiency % 92 - - 94 
 CAPEX €/kW 500 450 400 350 
 OPEX €/kWh 10 9 8 7 
 
For both biogas upgrading and gas liquefaction, values on the optimistic side were chosen not too favor the 

appearance of PtM in the system, but instead to show that even with optimistic values these process chains are not 

attractive when considered in the entire energy system. Then they will be less so when higher CAPEX and lower 

efficiency figures are used. 

 
Proton Exchange Membrane (PEM) Electrolysis [292] 

More detail on this technology and its possible impacts on the system in Chapter 3. 

 
Table SI 26. Base and extreme techno-economic parameters for hydrogen production with PEM. 

 Year CAPEX 

[26,250,478] 

Fixed 

OPEX169 

Variable 

OPEX170 

Efficiency171,172 Availability 

Factor 

Lifetime 

  €/kW €/kW €/kWh   Hours 

Reference 

2015 1500 45 - 0.65 [29] 0.95 25000 

2020 1200 36  0.70 0.95 50000 

2030 950 [285] 28.5  0.75 0.95 60000 

2050 750 22.5  0.80 0.95 80000 

Optimistic 

2020 900 13.5  0.75 [285] 0.97 [834]  60000 

[285] 

2030 650 9.75  0.8 0.97 80000 

2050 400 

[447,834] 

6  0.86 [285] 0.97 105 [252] 

Conservative 

2020 1800 [26] 90  0.65 [26] 0.91 [835] 35000 

2030 1400 70  0.7 [26,834] 0.91 40000 

2050 1000 [250] 50  0.75 [836] 0.91 50000 

[252] 

 

Direct Air Capture 

This technology is yet to be proven on a large scale. There is a wide range of cost estimates from 200 $/ton of CO2 

[857] to even 1000 $/ton [858] and even ambitious targets of 30-60 $/ton with large scale deployment [857,859]. 

Various technologies are available including absorption in a sodium hydroxide solution or adsorption (Temperature 

swing adsorption (TSA), temperature-vacuum swing (TVS), pressure swing adsorption (PSA), vacuum swing 

 

169 Range is from 1.5 to 7%, as a fraction of the Capex from [6][12][13] (excluding electricity) 
170 Main variable cost is based on electricity price, which is endogenous for the model 
171 Efficiency expressed as energy in the product vs. energy in the feed (MWout vs. MWin in HHV terms) 
172 Efficiency refers to stack efficiency with small loses (e.g. dryer, control and auxiliary equipment) not included 
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adsorption (VSA), and electrical swing adsorption (ESA)) [848]. There are already various efforts of demonstration on 

large scale by companies like Climeworks (Switzerland), Carbon Engineering (Canada) and Global Thermostat (US). 

The deployment of a 900 ton per year plant was already achieved in 2017173, but significant learning is needed to de-

risk the technology. A fundamental problem is the large increase in energy requirement associated to the lower CO2 

concentration in air (497 kJ/kg CO2 for air vs. 172 kJ/kgCO2 for flue gas from a power plant [847]), which leads to an 

equal steep escalation of the capture cost [860]. Energy consumption and CAPEX are mostly taken from 

[256,847,848] and steady improvements to the target value of 300 €/ton is assumed. Data used is shown in Table SI 

27. 

 
Table SI 27. Techno-economic parameters used for Direct Air Capture (DAC). 

Parameter Units 2015 2020 2030 2050 

Electricity input GJ/ton CO2 2.5 2 1.6 1.28 

Heat input GJ/ton CO2 11.5 9.2 7.36 5.89 

CAPEX €/ton CO2 600 480 384 307.2 

 

Biomass potential 

 
Table SI 28. Annual activity limits for biomass sources in 2050 (in PJ/year) [416]. 

Potential High Reference Low 

Sugar crop production 1094.6 995.1 995.1 

Rape seed production 1136.8 1033.4 1033.4 

Starch crop production 313.3 284.8 284.8 

Grassy crop production 2527.8 1524.9 952.9 

Willow and poplar 600.3 363.8 388.6 

Biogas Production 1874.1 1251.3 624.9 

Agricultural waste potential 2136.4 1025.5 606.6 

Wood products 3211.2 741.5 741.5 

Forestry residues potential 6753.3 283.1 283.1 

Wood processing residues 1220.7 265.7 265.7 

Municipal Waste Production 921.4 736.2 441.9 

Industrial Waste-Sludge 

Production 

69.4 52.6 29.8 

Sub-total 21859.2 8557.9 6648.3 

Imports to EU    

Import of bioethanol 1982.9 572 165 

Import of biodiesel 814.7 469 270 

Import Wood Products 944 517 283 

 

 

173 http://www.sciencemag.org/news/2017/06/switzerland-giant-new-machine-sucking-carbon-directly-air 
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Appendix 4.2. Wind and PV potentials in JRC-EU-TIMES and benchmarking 

 
Figure SI 31. Suitable rooftop area per country and per sector for EU28+ (based on [215]). 

 

 
Figure SI 32. Comparison of area available for PV between JRC-EU-TIMES and LBST study [420]. 

 

As an example, Germany has one of the largest potentials and even there, the estimates for PV potential range from 

130 to 569 GW [63]. 
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Figure SI 33. Onshore wind potential in JRC-EU-TIMES in comparison to reference studies [215,420]. 

 

Values from JRC-EU-TIMES are dashed purple line (see online version for colors) and bars represent the capacity 

ratio of the two reference studies in comparison to original assumption in JRC-EU-TIMES. 
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Appendix 4.3. Gas trading capacities between countries covered in JRC-EU-TIMES model 

Table SI 29. Maximum gas trading capacities between regions in JRC-EU-TIMES for 2020 in PJ. 
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Appendix 4.4. Gas transmission and distribution network costs 

Sources and procedure for obtaining the infrastructure cost is reflected in Figure SI 34. 

. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure SI 34. Sources and steps followed to convert gas prices to infrastructure cost. 

 

The sectorial energy demand is part of the base year calibration which was done mainly with Eurostat. To satisfy such 

demand and considering the temporal allocation throughout the time slices, the capacity installed can be calculated. 

This is part of the base year calculation and was obtained from the model itself. Gas prices for each country were 

available for two band prices (small and large consumers) [861]. Given the relative size of the consumers, it was 

assumed that electricity and industry users are connected to the transmission level, while the rest have to pay for the 

distribution costs. Using these prices and the energy demand, the total annuity corresponding to investment can be 

estimated for the base year, which in turn can be translated to specific capacity cost, using the capacity installed 

previously calculated. For subsequent years (after the base year), this specific cost is used to evaluate the installation 

of new facilities, while at the same time ensuring that if the investment takes place, the annuity has to be paid 

regardless of the annual consumption. Gas prices for each country (depending on the band) [861] and resulting 

investment cost are shown in Figure SI 35 and Figure SI 36 respectively. 

 

 
Figure SI 35. Gas prices for base year for large and small scale consumers. 
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Figure SI 36. Annual investment for different sectors based on installed capacity. 
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Appendix 4.5. Electricity network representation in JRC-EU-TIMES 

The network is divided in 4 main components: 

• Interconnectors between countries included in the model 

• Interconnectors with countries outside the scope of the model 

• Transmission 

• Distribution 

 

For the interconnectors between countries, there are 3 main elements to consider: installed capacity in the base year, 

CAPEX for new facilities and maximum investment allowed. 

• The current interconnection capacity and the expansion up to 2025 are done based on the ENTSO-E 

development plan and reflected in Table SI 31 for convenience. 

• After 2025, the model can invest in new interconnections between neighboring countries. 

• To avoid excessive grid expansion in a short period of time an additional constraint of annual 

investment is introduced. This will ensure that the grid is at most, gradually expanded. Furthermore, 

there is a constraint to ensure that the electricity traded is not more than 40% of the amount produced 

for every country.  

 

Different voltage levels and the users associated to each one are represented in Figure SI 37. Similar to the gas 

network, the capacity (GW) for the base year is calculated based on the power demand for each of the users. In 

parallel, electricity prices and energy consumed are multiplied to calculate the total cost associated to the network. 

When these two elements (capacity and cost associated to the network) are combined, the result is the specific cost 

(€/GW) for the network. This cost includes cables, transformers, substations and associated equipment since it is based 

on the final price the consumers pay. This ensures that the cost is associated to the installed capacity and not the 

energy delivered (if prices would be used). This is less relevant for electricity compared to gas, where it is expected 

that higher electrification rates will lead to expansion rather than sunk costs. For the procedure, see Figure SI 34 since 

it is an analogous process to gas. 

 

For the interconnection with countries outside the EU28+, the model has the possibility of importing (exporting) 

according to the matrix shown in Table SI 30. 

 

Table SI 30. Trading matrix for EU28+ with neighboring countries.  
BG EE ES FI EL HU IT LT LV NO PL RO SK 

Russia 
 

x 
 

x 
   

x x x x 
  

Belarus 
       

x 
  

x 
  

Ukraine 
     

x 
    

x x 
 

Moldova 
           

x 
 

Turkey x 
   

x 
      

x 
 

Tunisia 
      

x 
      

Algeria 
  

x 
          

Morocco 
  

x 
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Figure SI 37. Electricity network covering production, delivery and end use included in JRC-EU-TIMES. 

 

This network representation was chosen to assign the electricity consumers to different levels and be able to 

differentiate the electricity prices each consumer has to pay. One of the main differences being the fee for the network. 

The calibration was done using Eurostat174 which has two bands: (1) domestic (2500 – 5000 kWh) and (2) industrial 

users (20 – 70 GWh). It is assumed the network costs for the industrial users is the cost for the transmission, while the 

difference with the domestic prices is the distribution network. Further segregation (e.g. primary [> 100 kV] and 

secondary [< 30 kV] distribution) was not done due to lack of data on: demand (by country and time slice) for each 

level and difference in (network) costs or electricity prices (by country). 

 

 

174 Indicator [nrg_pc_204_c] for domestic users and [nrg_pc_205_c] for industrial, data from year 2017 
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Table SI 31. Maximum electricity trading capacities between regions in JRC-EU-TIMES for 2025 in GW. 
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Appendix 4.6. VRE representation and power surplus estimation in JRC-EU-TIMES 

TIMES conventional approach (without additional equations) assumes the values are constant within every time slice. 

This translates in for example, a constant production from solar panels for the duration of the time slice (e.g. 1111 

hours using the time slice of summer day). In reality, there are periods where the contribution from solar (the same 

being applicable for wind) will be much higher than the average capacity factor and periods where its contribution is 

close to zero. To solve these issues, the below additional equations are introduced. 

 

Capacity adequacy. To ensure reliability of the system and satisfy the demand even when there is no contribution from 

VRE175, the total installed (power) capacity of the other technologies has to be greater or equal than the maximum 

demand at any point of the year. 

 

• The reserve capacity has limited ramping up flexibility and a minimum share has to be constantly operating to 

make sure it can compensate any fluctuations in VRE production. Therefore, it is assumed that at least 20% of the 

demand has to be satisfied by technologies other than VRE. 

• A single time slice can cover up to almost 1400 hours, in which some of the hours have zero output and some 

of the hours up to 85% of the installed capacity (refer to see Figure SI 39). The fraction with maximum output will 

only start representing a problem (i.e. surplus) when the VRE capacity is large enough (compared to the demand). 

Consequently, the surplus can be related to the VRE installed capacity. This has been done through the equation: 

 

DVRES *4.0*85.0 −=  

 

Where all the terms are expressed in energy terms (e.g. PJ) and the equation is satisfied for each time slice and each 

region. S is the energy surplus, VRE is the production from VRE and D represents the demand. 

• The amount of surplus has to be dealt with. Alternatives for this are: storage, Power to X (power to liquids 

being diesel, kerosene and methanol through co-electrolysis and hydrogenation of CO2 and methanation), 

DSM or curtailment. 

 

The representation of these equations and assumptions is shown in Figure SI 38 to complement the understanding. 

 
Figure SI 38. VRE representation and surplus estimation in JRC-EU-TIMES. 

 

175 Contribution from CHP and PHS also discounted. 90% of hydro and 50% of batteries capacity used  
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Figure SI 39. Hourly PV production during summer day and winter day time slices (taken from [368]). 

 

This linear correlation has been validated for a EU28 scope using historical hourly data for 30 years from EMHIRES 

database [862] that covers wind, solar and load data with hourly resolution (the latter in development). This data is 

publicly available for NUTS1, NUTS2, country level and bidding zone176. 

 

 

176 https://setis.ec.europa.eu/EMHIRES-datasets 
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Appendix 4.7. Storage representation in JRC-EU-TIMES 

Storage represents one of the options to deal with the electricity surplus. Thus, its energy and power capacity need to 

be calculated based on such surplus. The graphical representation of these equations is shown in Figure SI 40. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure SI 40. Storage sizing based on VRE surplus. 

The electricity storage technologies characteristics are presented in Table SI 32. 

Table SI 32. Processes and commodities present for the storage technologies in JRC-EU-TIMES. 

 

Residential / 

Commercial 

Lead acid Electricity x  

 Li-ion Electricity x  

 NaNiCl Zebra Electricity x  

Thermal Low water 

temperature 

Heat / Cooling 

duty 

 x 

 Underground 

TES 

Heat / Cooling 

duty 

 x 

 

 

 

 

177 Storage split refers to having two separate processes for the technology 

Type Technology Commodity Storage split177 Seasonal 

Bulk Diabatic CAES Electricity x x 

 Adiabatic CAES Electricity x x 

 PHS Electricity x x 

 Lead acid 

batteries 

Electricity x  

 Li-ion batteries Electricity x  

 NaS batteries Electricity x  
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Appendix 4.8. Full list of parameters and scenarios 

Table SI 33. Further parameters varied across scenarios to identify trends in the system (completes Table 9). 

Parameter Explanation Rationale Scenarios 

Electricity 

network 

Cost associated to the 

expansion of the electricity 

grid 

Transmission represents a flexibility 

option. In case of becoming more 

expensive, reliance on other options 

might be necessary 

• Reference cost* (see 

Appendix 4.5 for 

methodology) 

• 200% higher cost 

Gas price Affect the gas supply curve 

by assuming higher import 

prices 

Transition to low carbon depends on cost 

for conventional fossil choices 
• Reference* 

• High (100%) gas price 

Gas tax 2.5, 5 and 7.5 €/GJ as tax 

for natural gas for 2025, 

2040 and 2050 

respectively178 

Promote shift to PtM replacing fossil 

natural gas through tax since it could be 

a measure introduced by national 

governments  

• No tax* 

• Increasing tax 

PEM 

performance 

Better technology 

performance due to more 

research or higher 

deployment and learning by 

doing 

It can be expected that with lower 

production cost for hydrogen, its use for 

PtM becomes more attractive 

• Reference* 

• Optimistic performance 

(refer to Appendix 3.1) 

PtL 

performance 

Lower technology 

performance to account for 

factors like heat integration, 

location and scale 

There is still a wide range of cost 

estimates for the technology, so this 

parameter evaluates what is the impact 

on deployment 

• Reference* 

• Low performance (refer 

to Appendix 3.1) 

No PtL CO2 use for liquid 

eliminated as choice to 

satisfy demand 

PtL represents one of the alternatives to 

satisfy transport demand in low carbon 

scenarios. In case the technology fails, 

alternatives have to be identified. 

Furthermore, PtL is the only other 

alternative for CO2 use 

• Use of PtL* 

• No PtL 

DAC 

performance 

DAC cost and efficiency for 

2050 

DAC can play a large role for low carbon 

scenarios, but technology is yet to be 

deployed at large scale. This sensitivity 

explores the possibility of the technology 

achieving a promising performance 

• Limited improvement 

compared to 2015 

situation (see Table SI 

27) 

• Improved performance 

(see Table SI 27) 

PtM 

Capacity 

Ensuring a minimum 

capacity in the system 

Technology targets and regulations could 

lead to deployment even in areas where it 

is not cost optimal 

• No minimum capacity* 

• 15% of gas demand 

satisfied with PtM 

DSM Use of demand side 

management as flexibility 

option 

DSM provides flexibility to the system. 

Its absence might make other options 

more attractive 

• Use of DSM* 

• No DSM 

Solid Oxide 

Electrolysis 

Cell (SOEC) 

SOEC not available in the 

future with the expected 

performance 

Current state for the technology is TRL 

5-6 and its future outlook is highly 

dependent on research. Technology 

might not be fully deployed by 2050 

• No SOEC available* 

• SOEC available by 

2050  

Electricity 

for buses and 

heavy-duty 

trucks 

Absence of electric options 

for these processes 

These technologies still need to be de-

risked making necessary the 

identification of fallback options and 

consequence on cost 

• Electricity as option for 

buses, while not 

available for heavy 

duty* 

• No electric buses 

• Electric trucks 

 

178 This tests an extreme case since gas prices for 2050 are in the range of 10-20 €/GJ 
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Geothermal 

potential 

Maximum allowable energy 

to be produced by 

geothermal 

There are optimistic estimates from 

GEOELEC with almost 3000 TWh for 

EU [405], while geothermal contribution 

to power is at most 2-2.5% of generation 

for most of global studies 

• Reference (3000 TWh 

for EU, see [405] for 

breakdown)* 

• 10% of reference (300 

TWh) 

Nuclear Nuclear faces political and 

social resistance in some 

countries, which might 

spread to other countries in 

EU in the future 

Limited choices for electricity generation 

will either shift energy carriers away 

from electricity or result in higher prices 

and worse outlook for electrolysis 

• Nuclear phase-out in 

countries that have 

announced it and 

possible life 

extension179* 

• No new investment in 

nuclear 

Coal policy Ban any new investment in 

assets using coal (power, 

steel, heat) 

Fossil fuel with the largest carbon 

content and emitting other pollutants that 

promote health risks. This measure could 

be driven by political targets 

• Coal is allowed and it 

will be phased-out 

based on economics* 

• No new investment in 

facilities using coal 

Primary 

Energy 

Consumption 

Evaluate if PtM role is 

higher with a less strict 

target for PEC reduction 

PtM is a low efficiency technology that 

will lead to PEC increase and might be 

restricted if PEC constraint is dominating 

• 30% PEC reduction by 

2030 (vs. 1990) [440]* 

• 27% PEC reduction by 

2030 (denoted as “27” 

in scenario definition) 

PtM discount 

rate 

Lower discount rate for the 

technology 

Base value is 12%, which is a standard 

value for most of the technologies. Risk 

and technology uncertainty might be 

better than fossil in the future making it 

more attractive (lower discount rate) 

• 12% rate* 

• 9% rate 

*Assumption for the base scenario 
 

 

179 BE, DE and, to a degree, CH or that explicitly state the end of a license (NL) 
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Table SI 34. Combination of variables used for scenarios. 

Nº Scenario180,181 
CO2 

target CCS 

Biomass 

potential 

VRE 

potential182 

Geothermal 

potential Nuclear 

Coal 

allowed 

Electricity 

network 

PtM 

cost Scenario183 

1 80NoCoal 184 80 Yes Ref Ref Ref Yes No Ref Ref Main 

2 80 80 Yes Ref Ref Ref Yes Yes Ref Ref Sens 

3 80NoCoalGeo 80 Yes Ref Ref Low Yes No Ref Ref Sens 

4 80NoCoalCostGeo 80 Yes Ref Ref Low Yes No Ref Low Sens 

5 80VRECostGeo 80 Yes Ref High Low Yes Yes Ref Low Sens 

6 95 95 Yes Ref Ref Ref Yes Yes Ref Ref Sens 

7 95NoCoal 95 Yes Ref Ref Ref Yes No Ref Ref Main 

8 95NoCoalGeo 95 Yes Ref Ref Low Yes No Ref Ref Sens 

9 95NoCoalCostGeo 95 Yes Ref Ref Low Yes No Ref Low Sens 

10 80NoCCS185 80 No Ref Ref Ref Yes Yes Ref Ref Main 

11 80CCSCostGeo 80 No Ref Ref Low Yes Yes Ref Low Sens 

12 80CCSVRECostGeo 80 No Ref High Low Yes Yes Ref Low Sens 

13 95NoCCS 95 No Ref Ref Ref Yes Yes Ref Ref Main 

14 95CCSGeo 95 No Ref Ref Low Yes Yes Ref Ref Sens 

15 95CCSCostGeo 95 No Ref Ref Low Yes Yes Ref Low Sens 

16 95CCSBio 95 No Low Ref Ref Yes Yes Ref Ref Sens 

17 95CCSHBio 95 No High Ref Ref Yes Yes Ref Ref Sens 

18 95CCSVRE 95 No Ref High Ref Yes Yes Ref Ref Sens 

19 95CCSCost 95 No Ref Ref Ref Yes Yes Ref Low Sens 

20 95CCSVRECost 95 No Ref High Ref Yes Yes Ref Low Sens 

21 95CCSVRECostGeo 95 No Ref High Low Yes Yes Ref Low Sens 

22 95CCSVRECostEff 95 No Ref High Ref Yes Yes Ref Low Sens 

23 80Cost 80 Yes Ref Ref Ref Yes Yes Ref Low Sens 

24 80CostEff 80 Yes Ref Ref Ref Yes Yes Ref Low Sens 

25 95CCSVRECostGP 95 No Ref High Ref Yes Yes Ref Low Sens 

 

180 Color code is used to identify more easily the pattern for variables combination (Green refers to the base scenario and red means the variable has been changed) 
181 Every variable has a characteristic addition to the scenario name to identify variables changed in the scenario without the need to constantly refer to this table 
182 VRE refers to a higher PV and wind potential to evaluate effect on electricity prices and surplus 
183 “Main” means the changes in the scenario were significant to be compared with the others, while “Sens” refers to sensitivities where the changes were not significant and these are discussed, but not presented as 

part of the trends across sectors 
184 Overall reference scenario with all the flexibility options and no technology restrictions 
185 “No CCS” and “CCS” represent the same (absence of CO2 storage). “No CCS” was left for the “Main” scenarios to avoid confusion in the main text, while “CCS” was used for the scenarios in the Appendix to save 

two characters (long names due to various parameters being varied at the same time) 
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26 95CCSVRECostPEM 95 No Ref High Ref Yes Yes Ref Low Sens 

27 95CCSVRECostPtL 95 No Ref High Ref Yes Yes Ref Low Sens 

28 95CCSVRECostNoPtL186 95 No Ref High Ref Yes Yes Ref Low Sens 

29 95CCSVRECostSOE 95 No Ref High Ref Yes Yes Ref Low Sens 

30 95CCSVRECostDSM 95 No Ref High Ref Yes Yes Ref Low Sens 

31 95CCSVRECostNuc 95 No Ref High Ref No Yes Ref Low Sens 

32 95CCSVRECostNucPEM 95 No Ref High Ref No Yes Ref Low Sens 

33 95CCSVRECostHD 95 No Ref High Ref Yes Yes Ref Low Sens 

34 95CCSVRECostTr 95 No Ref High Ref Yes Yes High Low Sens 

35 95CCSVRECostTra 95 No Ref High Ref Yes Yes Ref Low Realistic 

36 95CCSVRECostTraGeo 95 No Ref High Low Yes Yes Ref Low Sens 

37 95CCSVRECostHDTra 95 No Ref High Ref Yes Yes Ref Low Sens 

38 95CCSOptimistic187 95 No Low High Ref Yes Yes High Low Optimistic 

39 95CCSOptimisticGeo 95 No Low High Low Yes Yes High Low Sens 

40 80VRETrCostPEMPtL 80 Yes Ref High Ref Yes Yes High Low Sens 

41 95VRETrCostPEMPtL 95 Yes Ref High Ref Yes Yes High Low Sens 

42 95CCSVRECostFx 95 No Ref High Ref Yes Yes Ref Low Sens 

43 95CCSVRECostTax 95 No Ref High Ref Yes Yes Ref Low Sens 

44 95HBioVREDSMPEMHD 95 Yes High High Ref Yes Yes Ref Ref Alternative 

45 95HBioVREDSMPEMHDGeo 95 Yes High High Low Yes Yes Ref Ref Sens 

46 95CCSVRECostDrate188 95 No Ref High Ref Yes Yes Ref Low Sens 

47 95CCSVRECostPEC 95 No Ref High Ref Yes Yes Ref Low Sens 

48 95CCSBioTra 95 No Low Ref Ref Yes Yes Ref Ref Sens 

49 BAU BAU Yes Ref Ref Ref Yes Yes Ref Base Main 

50 95CCSVRECostEffTra 95 No Ref High Ref Yes Yes Ref Low Sens 

51 95CCSVRECostPEMTra 95 No Ref High Ref Yes Yes Ref Low Sens 

52 95CCSVRECostFxTra 95 No Ref High Ref Yes Yes Ref Low Sens 

53 95_Forced189 95 Yes Ref Ref Ref Yes Yes Ref Ref Sens 

54 95VRECost 95 Yes Ref High Ref Yes Yes Ref Low Sens 

55 95VRECostFx 95 Yes Ref High Ref Yes Yes Ref Low Sens 

 

 

186 In this scenario there are no other options for the CO2 molecule, no underground storage and no possible use in PtL 
187 Most favorable set of conditions for PtM 
188 “Drate” refers to using a different discount rate (9 % instead of 12 %) for the technology to evaluate impact on deployment 
189 “Forced” refers to forcing PtM in the system which could be the consequence of setting capacity targets for the technology 
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Table SI 34 (continuation) 

Nº Scenario190,191 PtM 

efficiency 

PEM 

performance 

PtL 

performance SOEC 

LMG 

efficiency 

for ships 

Electric 

trucks 

PtM 

subsidy Gas tax 

Discount 

rate PEC 

1 80NoCoal 192 Ref Ref Ref No High No No No 0.12 30 

2 80 Ref Ref Ref No High No No No 0.12 30 

3 80NoCoalGeo Ref Ref Ref No High No No No 0.12 30 

4 80NoCoalCostGeo Ref Ref Ref No High No No No 0.12 30 

5 80VRECostGeo Ref Ref Ref No High No No No 0.12 30 

6 95 Ref Ref Ref No High No No No 0.12 30 

7 95NoCoal Ref Ref Ref No High No No No 0.12 30 

8 95NoCoalGeo Ref Ref Ref No High No No No 0.12 30 

9 95NoCoalCostGeo Ref Ref Ref No High No No No 0.12 30 

10 80NoCCS Ref Ref Ref No High No No No 0.12 30 

11 80CCSCostGeo Ref Ref Ref No High No No No 0.12 30 

12 80CCSVRECostGeo Ref Ref Ref No High No No No 0.12 30 

13 95NoCCS Ref Ref Ref No High No No No 0.12 30 

14 95CCSGeo Ref Ref Ref No High No No No 0.12 30 

15 95CCSCostGeo Ref Ref Ref No High No No No 0.12 30 

16 95CCSBio Ref Ref Ref No High No No No 0.12 30 

17 95CCSHBio Ref Ref Ref No High No No No 0.12 30 

18 95CCSVRE Ref Ref Ref No High No No No 0.12 30 

19 95CCSCost Ref Ref Ref No High No No No 0.12 30 

20 95CCSVRECost Ref Ref Ref No High No No No 0.12 30 

21 95CCSVRECostGeo Ref Ref Ref No High No No No 0.12 30 

22 95CCSVRECostEff High Ref Ref No High No No No 0.12 30 

23 80Cost Ref Ref Ref No High No No No 0.12 30 

24 80CostEff High Ref Ref No High No No No 0.12 30 

25 95CCSVRECostGP Ref Ref Ref No High No No No 0.12 30 

 

190 Color code is used to identify more easily the pattern for variables combination (Green refers to the base scenario and red means the variable has been changed) 
191 Every variable has a characteristic addition to the scenario name to identify variables changed in the scenario without the need to constantly refer to this table 
192 Overall reference scenario with all the flexibility options and no technology restrictions 
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26 95CCSVRECostPEM Ref High Ref No High No No No 0.12 30 

27 95CCSVRECostPtL Ref Ref Low No High No No No 0.12 30 

28 95CCSVRECostNoPtL193 Ref Ref Ref No High No No No 0.12 30 

29 95CCSVRECostSOE Ref Ref Ref Yes High No No No 0.12 30 

30 95CCSVRECostDSM Ref Ref Ref No High No No No 0.12 30 

31 95CCSVRECostNuc Ref Ref Ref No High No No No 0.12 30 

32 95CCSVRECostNucPEM Ref High Ref No High No No No 0.12 30 

33 95CCSVRECostHD Ref Ref Ref No High Yes No No 0.12 30 

34 95CCSVRECostTr Ref Ref Ref No High No No No 0.12 30 

35 95CCSVRECostTra Ref Ref Ref No Ref No No No 0.12 30 

36 95CCSVRECostTraGeo Ref Ref Ref No Ref No No No 0.12 30 

37 95CCSVRECostHDTra Ref Ref Ref No Ref Yes No No 0.12 30 

38 95CCSOptimistic194 High High Low Yes High No No No 0.12 30 

39 95CCSOptimisticGeo High High Low Yes High No No No 0.12 30 

40 80VRETrCostPEMPtL Ref High Low No High No No No 0.12 30 

41 95VRETrCostPEMPtL Ref High Low No High No No No 0.12 30 

42 95CCSVRECostFx Ref Ref Ref No High No Yes No 0.12 30 

43 95CCSVRECostTax Ref Ref Ref No High No No Yes 0.12 30 

44 95HBioVREDSMPEMHD Ref High Ref Yes High Yes No No 0.12 30 

45 95HBioVREDSMPEMHDGeo Ref High Ref Yes High Yes No No 0.12 30 

46 95CCSVRECostDrate195 Ref Ref Ref No High No No No 0.09 30 

47 95CCSVRECostPEC Ref Ref Ref No High No No No 0.12 27 

48 95CCSBioTra Ref Ref Ref No Ref No No No 0.12 30 

49 BAU Ref Ref Ref No Ref No No No 0.12 30 

50 95CCSVRECostEffTra High Ref Ref No Ref No No No 0.12 30 

51 95CCSVRECostPEMTra Ref High Ref No Ref No No No 0.12 30 

52 95CCSVRECostFxTra Ref Ref Ref No Ref No Yes No 0.12 30 

53 95_Forced196 Ref Ref Ref No High No No No 0.12 30 

54 95VRECost Ref Ref Ref No High No No No 0.12 30 

55 95VRECostFx Ref Ref Ref No High No Yes No 0.12 30 

8 additional scenarios are identical to the “Main” scenarios except that DAC with the performance in Table SI 27 is used. 

 

193 In this scenario there are no other options for the CO2 molecule, no underground storage and no possible use in PtL 
194 Most favorable set of conditions for PtM 
195 “Drate” refers to using a different discount rate (9% instead of 12%) for the technology to evaluate impact on deployment 
196 “Forced” refers to forcing PtM in the system which could be the consequence of setting capacity targets for the technology 
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Appendix 4.9. Complementary figures and tables for results 

Table SI 35. CO2 price for constraint on total CO2 emissions (values represent marginal prices). 

Nº Scenario CO2 price (€/ton) 

1 80NoCoal 348.3 

2 80 306.4 

3 80NoCoalGeo 356.4 

4 80NoCoalCostGeo 356.4 

5 80VRECostGeo 357.3 

6 95 761.1 

7 95NoCoal 741.8 

8 95NoCoalGeo 838.5 

9 95NoCoalCostGeo 838.5 

10 80NoCCS 579.5 

11 80CCSCostGeo 685.0 

12 80CCSVRECostGeo 549.3 

13 95NoCCS 1295.6 

14 95CCSGeo 1678.2 

15 95CCSCostGeo 1683.4 

16 95CCSBio 1616.0 

17 95CCSHBio 933.5 

18 95CCSVRE 1181.8 

19 95CCSCost 1296.4 

20 95CCSVRECost 1176.5 

21 95CCSVRECostGeo 1331.8 

22 95CCSVRECostEff 1066.1 

23 80Cost 306.4 

24 80CostEff 306.4 

25 95CCSVRECostGP 1150.4 

26 95CCSVRECostPEM 1085.4 

27 95CCSVRECostPtL 1111.3 

28 95CCSVRECostNoPtL 1110.3 

29 95CCSVRECostSOE 1161.6 

30 95CCSVRECostDSM 1164.8 

31 95CCSVRECostNuc 1203.6 

32 95CCSVRECostNucPEM 1129.6 

33 95CCSVRECostHD 1008.6 

34 95CCSVRECostTr 1236.3 

35 95CCSVRECostTra 1139.1 

36 95CCSVRECostTraGeo 1360.1 

37 95CCSVRECostHDTra 1006.7 

38 95CCSOptimistic 1073.0 

39 95CCSOptimisticGeo 1180.2 

40 80VRETrCostPEMPtL 321.7 

41 95VRETrCostPEMPtL 801.7 

42 95CCSVRECostFx 1155.8 

43 95CCSVRECostTax 1105.1 

44 95HBioVREDSMPEMHD 135.6 

45 95HBioVREDSMPEMHDGeo 173.6 

46 95CCSVRECostDrate 1175.5 

47 95CCSVRECostPEC 1176.0 

48 95CCSBioTra 1616.8 

49 BAU 124.6 

50 95CCSVRECostEffTra 1071.5 
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51 95CCSVRECostPEMTra 1082.2 

52 95CCSVRECostFxTra 1132.2 

53 95_Forced 773.7 

54 95VRECost 745.0 

55 95VRECostFx 745.1 

 

 
Figure SI 41. Sectorial split of final energy demand in main scenarios. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

Figure SI 42. Technology contribution to electricity production in main scenarios. 
 
 



Potential of Power-to-Methane in the EU energy transition to a low-carbon system using cost optimization 
 

319 

 

 

 

 

 

 

 

 

 

 

 

 

 

 Figure SI 43. RES and VRE penetration across scenarios. 

RES does not include nuclear, which can be 10-12% of the mix. Penetration is based on electricity produced (not on 

capacity). 

 

 
Figure SI 44. RES and VRE penetration for “Realistic scenario”. 
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 Figure SI 45. Electricity demand split by users with no grid (hydrogen), transmission (industry) and distribution. 

 

 

 

 

 
 

 

 

 

 

 

 

 

 

 Figure SI 46. PtM capacity across EU28+ for all scenarios. 
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Figure SI 47. Fraction of PtM production stored in each season across all scenarios. 

 

 

 

 

 

 

 

 

 

 

 

Figure SI 48. CO2 sources for “Alternative” scenario (detail of Figure 29). 
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Appendix 4.10. CO2 footprint of electricity grid across scenarios in comparison to current values 

 
Figure SI 49. Specific CO2 emissions for electricity production across Main scenarios. 

 

 
Figure SI 50. Change in specific CO2 emissions for electricity generation in EU28197. 

 

 

197 Data for CO2 from Eurostat [env_air_gge], Category: “Fuel combustion in public electricity and heat production” and data for electricity 

production from “Supply, transformation and consumption of electricity - annual data” [nrg_105a], Indicator: Total net production 
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Appendix 4.11. Price differential between PtM and natural gas for Realistic scenario. 

 

 

 

 

 

 

 

 

 

 

 

 
Figure SI 51. Price differential between PtM and natural gas for Realistic scenario. 
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Appendix 4.12. Electricity and hydrogen balance for Cyprus during day and night in Realistic scenario 

 
*Contribution from PV at night is due to time slice definition covering 12 hours for the night, during which a small fraction of energy is produced 
from PV 

Figure SI 52. Electricity and hydrogen balance for Cyprus during representative day (left) and night (right). 
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Appendix 4.13. Supply technologies composition for heat demand 

 
Figure SI 53. Technology mix to satisfy heat demand in main scenarios. 

 
Fraction of gas in heating correlates with CO2 price. The higher the price is, the lower the gas fraction. The other key 
parameter is biomass potential. When the potential is the highest, gas can be used in various sectors (including 
heating) since biomass is used for transport and more expensive technology shifts are prevented. 
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Appendix 4.14. Fuel mix for different transport modes across main scenarios 
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Figure SI 54. Fuel mix for different transport modes across main scenarios (a) Buses (b) Heavy Duty (c) Cars (d) 

Marine transport 

 

CMG refers to Compressed Methane Gas analogous to Liquefied Methane Gas (LMG) introduced in Section 4.3.2 to 

consider that natural gas used in these vehicles can be PtG, biogas or natural gas. Therefore, the term CNG 

(Compressed Natural Gas) is not applicable anymore. 
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Appendix 4.15. Electricity mix per country and time slice for 95% CO2 reduction, no CO2 storage and higher 

PV and wind potentials (“Realistic” scenario) 

 
Figure SI 55. Normalized electricity mix by (a) Time slice (b) Country. 
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Appendix 5.1. Review of FCEV penetration with integrated assessment models 

Table SI 36. IAM models used for hydrogen potential assessment (ordered chronologically) 

Model Region Notes Reference 

6 models198 Global H2 peak in 2080. Dominant technology is biomass 

gasification, complemented by coal and gas (limited 

electrolysis). 50% of transport and residential demand 

satisfied with H2 by 2100 

[360] 

MiniCAM199 Global Stochastic function to determine hydrogen cost. Consumer 

choice based on income for vehicle selection. H2 

constituted around 40% of the energy demand for scenarios 

with 550 ppm with limited electrolysis 

[361] 

TIMER India/Western 

Europe 

H2 used for both transport and residential in WE, while 

only for transport in India. In both, allowing for energy 

independence. Sources of hydrogen are mainly fossil fuels 

(with CCS) 

[863] 

GET 7.0 Global Focus was on transport carriers for a 400-ppm CO2 

scenario. Hydrogen was the preferred choice when CCS 

was allowed, otherwise hybrid plug-in with synthetic fuel 

was dominant 

[363] 

GCAM Global Focus on the transport sector. H2 and electric vehicles have 

potential to reduce CO2 by 25 ppmv (with lower overall 

emissions for electric cars). Main hydrogen source are 

fossil fuels 

[364] 

TIMER 2.0 Global Focus was on pollutants, air quality and atmospheric H2 

concentrations. Production from coal is to be minimized if 

pollutants are to be controlled, as well as H2 leakage 

[365] 

REDGEM70 Global H2 becomes an important carrier in the 2nd half of the 

century, being used for bus and aviation, with electricity 

dominating all other sectors. CCS is used to decarbonize 

hydrogen, justifying preference for central production. 

[366] 

5 models200 Global/China 4 scenarios based on carbon tax are used to benchmark 

models: no tax, 10, 30 and 50 $/ton of CO2 in 2020, which 

are equivalent to 0, 43, 130 and 216 $/ton by 2050. 

Hydrogen is limited with all the models below 3% in final 

energy demand by 2050, but up to 25-30% in 2100 (with a 

tax of 1500-2500 $/ton). Hydrogen is produced from 

nuclear and BECCS. 

[492] 

5 models201 Global Travel demand almost quadruples by 2050 (vs. 2005). All 

transport modes are included. 2 scenarios are evaluated: 

baseline, where all models have more than 70% of transport 

based on fossil fuels (POLES being the most optimistic, but 

with the balance being biofuels) and a mitigation scenario 

with 200 $/ton of CO2. Hydrogen plays a very limited role 

in both scenarios. 

[549] 

GRAPE Japan H2 could be used in power plants, combustion, CHP, FCEV 

and ICE, where the preferred use was transport (90% 

between trucks and FCEV), but still representing a limited 

fraction of the transport demand 

[359] 

 

198 Based on IPCC Special report on emissions scenarios [876] 
199 Currently GCAM 
200 China-TIMES (based on MARKAL), PECE, GCAM, ReMIND and WITCH-T 
201 IEA, GCAM, TIMER, POLES, GET  
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Appendix 5.2. Gaps, parameters and variables in soft-linking JRC-EU-TIMES and PTTMAM 

Table SI 37 shows the range of transport-related policies that can be analyzed with each model. In Table SI 37 policies 

promoting modal shift (e.g. public transport, electrification of rail) or reduction in demand (e.g. teleworking, urban 

planning) have been left out since they are out of the scope of the current study. However, it should be noted that 

policies for road transport are not designed in isolation, but instead as part of an integrated transport policy covering 

all transport modes [864]. Table SI 38 shows the main areas where each model has a better representation and that 

represent the benefit of soft-linking. 

 
Table SI 37. Policies affecting road transport available for each modeling tool 

Policy Description JRC-EU-TIMES PTTMAM 

Car subsidy Subsidy to offset higher CAPEX in early stages 

of deployment 

x x 

Car tax CAPEX penalty added to fossil-based cars to 

discourage their use 

x x 

Fuel subsidy Subsidy to reduce higher prices or to promote 

renewable fuels 

x x 

Fuel tax Tax added to fossil-based fuels to discourage 

their use 

x x 

Renewable target Share of energy provided by low-CO2 fuels (e.g. 

synthetic or biofuels) 

x - 

CO2 target for 

fleet 

Currently used for energy efficiency (gCO2/km) 

with tailpipe emissions, but could be expanded 

to life cycle and include non-CO2 based fuels 

(i.e. electricity and hydrogen) 

x x 

HRS 

development 

Investment in minimum number of re-fueling 

stations to increase powertrain attractiveness 

(applicable for BEV and FCEV) 

x - 

Infrastructure 

development 

Investment in minimum hydrogen distribution 

network to provide certainty for investors and 

reduce risk 

x - 

R&D targets for 

new powertrains 

Minimum investment by manufacturers in R&D 

for new powertrains, needed to achieve 

significant cost reductions 

- x 

Banning of fossil-

based cars 

Introduce a year (or profile) when new sales of 

cars using fossil-derived diesel or gasoline are 

not allowed 

x x 

Car sharing Increase the occupancy rate of cars to decrease 

the number of vehicles needed to satisfy the 

same demand 

- - 

Information and 

education [864] 

Inform people about the economic and 

environmental impact of their actions as means 

to promoting a behavioral change 

- - 

 
Table SI 38. Main gaps covered in each model with soft-linking methodology  

Parameter Description JRC-EU-TIMES PTTMAM 

Macroeconomic effect Demand price elasticity202 x - 

Hydrogen value chains Preferred technologies for production and 

routes for delivery. Hydrogen competition 

among sectors 

x - 

Learning curve for 

electrolyzer 

Effect of cost development for electrolyzer 

on hydrogen price (even though this is an 

exogenous assumption, it can be changed 

x - 

 

202 Although this has not been used as part of this study to avoid changing the demand with each iteration 
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to relate hydrogen price to CAPEX) 

CO2 footprint for fuels 

production 

Upstream emissions related to production 

of energy carriers, including electricity 

footprint (for electrofuels) 

x - 

CO2 price It indirectly affects fuel prices and it is a 

function of the CO2 target and cost of 

technologies needed to achieve the target 

x - 

Electricity grid 

representation 

Simplified cost for expanding network as 

result of electrification and impacting 

prices paid by BEV 

x - 

Biomass potential Competition among sectors (even within 

transport meaning aviation and navigation) 

considering uncertainty in potential 

x - 

Wind and solar potential Relation between level of VRE potential 

exploited and electricity price 
x - 

Car manufacturer 

behavior 

How manufacturers alter the business 

decisions in reaction to EU regulation 
- x 

Consumer behavior 

beyond cost 

How users respond to powertrain non-

financial attributes 
- x 
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Appendix 5.3. Additional data and assumptions 

 

 

 

 

 

 

 

 

 

 

 

 
Figure SI 56203. Distance traveled per year for medium sized vehicles for base year. Data from (a) JRC-EU-TIMES; (b) 

PTTMAM. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure SI 57. Comparison of car stock by powertrain size in JRC-EU-TIMES and PTTMAM. 

 

 

 

203 Luxembourg has an average of more than 65000 km/year in JRC-EU-TIMES due to small sample of data and has been excluded from figure. 
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Figure SI 58. Car stock for base year calibration. Original data from (a) JRC-EU-TIMES; (b) PTTMAM. 
 

The average distance in JRC-EU-TIMES (Figure SI 56) is much lower than diesel for some countries, since it is done 

based on the average for the car stock. This means that countries have limited diesel vehicles and the average is 

defined mostly by gasoline vehicles. 
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Figure SI 59. Differences in traveled distance growth until 2050 between JRC-EU-TIMES and PTTMAM. 

 

 
Figure SI 60. Range of FCEV efficiencies in JRC-EU-TIMES by vehicle size. 

FCEV efficiency is expressed as a ratio with respect to ICE. Therefore, variability in Figure SI 60 is mostly a 

reflection of the different efficiencies for gasoline vehicles by country. 
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Figure SI 61. Cost and efficiency ratio for ICE vehicles (based on [367]) 

 

 
Figure SI 62. ICE efficiency comparison between JRC-EU-TIMES and PTTMAM. 

 

Figure SI 62 assumes that the most efficient cars are selected by the end of the period analyzed. However, this is 

endogenous in JRC-EU-TIMES, where efficiency will be driven by lower CO2 emissions, which require more efficient 

vehicles, making necessary the extra investment. Curves in Figure SI 62 would be much flatter for scenarios with less 

ambitious CO2 targets. 

 

The effect of performing sensitivity analysis for the BEV battery cost (see Figure 32a in main text) on the market 

share (i.e. new sales) and stock evolution of FCEVs in the EU28 under the No CCS scenario is shown in Figure SI 63. 

Whereas the dashed curves (low) reflect a learning rate of 5%, the dotted curves (high) entail 20%. 
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Figure SI 63. Effect of sensitivity analysis for the BEV battery cost on EU28 FCEV sales and stock in PTTMAM 

under the No CCS scenario 
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Appendix 5.4. Effect of R&D investment on component cost in PTTMAM 

The variables involved in estimating the relation between R&D expenditure and component cost is shown in Table SI 

39. The R&D budget is assumed to be 5.6% of the total revenues for the manufacturer (including EU and rest of the 

world), out of which 75% goes to powertrains. The allocation by powertrain mainly depends on the expectation for 

future profits, which in turn is affected by the CO2 target. The cost decrease by component is influenced by the initial 

cost and the relative maturity of the component itself, but also of the powertrain. For more detail, refer to [556]. 

 
Table SI 39. Variables involved in relating the R&D investment to reduction in component cost. 

Variable Units Equation / value 

manufacturer R&D intensity dimensionless 5.6% 

EU manufacturer R&D 

expenditure  

bln€/yr total EU revenue * manufacturer R&D intensity 

total EU revenue  bln€/yr SUM(EU revenue[j!,k!]) 

RoW manufacturer R&D 

expenditure 

bln€/yr total RoW revenue * manufacturer R&D intensity 

manufacturer powertrain R&D 

spending  

€/yr (EU manufacturer R&D expenditure + RoW manufacturer 

R&D expenditure) * Manufacturer Industry powertrain 

R&D share * epbe 

manufacturer industry 

powertrain R&D share 

dimensionless 75% 

epbe €/bln€ 1e+009 

powertrain R&D spendj €/yr Total R&D Funds * powertrain relative future profitsj 

powertrain relative future 

profitsj  

dimensionless ZIDZ((manufacturer long-term expected profit for 

powertrainj + powertrain R&D stimulus for manufacturers 

to reduce CO2 emissionsj)* (1-powertrain 

maturityj),SUM((manufacturer long-term expected profit 

for powertrain[j!] + powertrain R&D stimulus for 

manufacturers to reduce CO2 emissions[j!]) * (1-

powertrain maturity[j!]))) 

component R&D investmentk   €/yr MIN(SUM(powertrain R&D spend[j!] * component 

relative share of powertrain R&D[j!,k]),maximum 

component spend ratek * epbe) 

total component R&D 

investmentk  

€/yr component R&D investmentk +other R&D spendk + 

authorities R&D subsidyk 

authorities R&D subsidyk €/yr Scenario dependent (to be defined by the model user) 

other R&D spendk  €/yr (((estimated R&D investment to full improvementk)-

cumulative component spendk)*epbe*other R&D effortk) 

other R&D effort dimensionless 0.5% 

estimated R&D investment to 

full improvementk  

bln€ See Table SI 6 on p. 51 in [556] 

cumulative component spendk bln€ 
 

component maturityk dimensionless component spend / maturity(ZIDZ(cumulative component 

spendk,(estimated R&D investment to full 

improvementk))) 

powertrain maturityj  dimensionless SUM(component maturity[k!] * component to powertrain 

mapping[k!,j]) / # powertrain componentsj 

initial component costi,k  

 

€/component See section 3.2.1.2 on p. 44 in [556] 

component costi,k €/component base component costi,k * effect of learning on costk 

effect of learning on costk dimensionless See Equation 42 on p. 46 in [556] 
where: i = vehicle size, j = powertrain, k = component, t = time 

For the meaning of the MIN, SUM and ZIDZ functions, refer to [865] 
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Appendix 5.5. Complementary results – Soft-linking 

Stand-alone (baseline) scenarios 

 

 

 

 

 

 

 

 

 

 

 

Figure SI 64. EU28 powertrain mix from (a) JRC-EU-TIMES; (b) PTTMAM for Baseline scenarios. 

 

Figure SI 64 shows the car stock for the baseline scenarios of each model. This is a fully flexible (with CCS) system 

achieving 80% CO2 reduction for JRC-EU-TIMES (see 3.4 of Chapter 3) and a version of the model described in 

[556]. The powertrain mix is completely different mainly given the difference in CO2 target. JRC-EU-TIMES reaches 

a CO2 reduction of 80% (vs. 1990) for the entire energy system, which translates into average tailpipe emissions of 6.4 

gCO2/km in 2050 for the passenger transport sector (see Figure SI 65). This requires a large fraction of ZEV to 

balance the emissions of the remaining ICEV by 2050. In contrast, the baseline scenario from PTTMAM only reaches 

about 84 gCO2/km for the new vehicles in 2050 and therefore results in a much larger share of ICEV (two thirds of the 

fleet, while this is less than a quarter for JRC-EU-TIMES). The other major difference is in EV, where JRC-EU-

TIMES invests directly in BEV since these are more attractive in terms of energy consumption and fuel costs. In 

contrast, PTTMAM has very limited BEV (~7%) and instead a much larger fraction (~29%) of hybrid vehicles 

(mostly PHEV). This category includes both conventional hybrid electric vehicles (HEVs) and PHEVs because they 

can be considered low-emission vehicles, as opposed to ZEVs. Within this last category, BEVs and FCEVs are clearly 

differentiated in the charts. 

 

The car stock is similar by 2050 with 288.6 million vehicles for JRC-EU-TIMES, while it is 294 million for 

PTTMAM. FCEV are only 0.1% of the car stock in PTTMAM (limited incentive since the CO2 emissions are high) 

equal to almost 410000 vehicles, while it is 14% of the car stock in JRC-EU-TIMES (almost 40 million) given the low 

CO2 target and maximum growth imposed on BEV. 

 

 
Figure SI 65. Average CO2 tailpipe emissions for the entire car fleet in all scenarios from JRC-EU-TIMES and 

PTTMAM 
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Differences in prices from Figure SI 66 can be explained based on: 1. The technology mix for hydrogen production; 2. 

Distribution route for hydrogen and 3. Magnitude of hydrogen demand for FCEV compared to the total demand. 

Prices represent the production cost from the marginal technology and when the shares are fixed it increases the 

demand and can lead to a change of the marginal technology. For example, in Latvia, additional hydrogen demand 

results in more biomass use for hydrogen taking away biomass from other sectors and resulting in higher prices. 

Countries that experience a large growth in FCEV share without a corresponding increase in hydrogen price is because 

either FCEV represent a small part of the total hydrogen demand (e.g. Belgium with 6%) or because the main 

hydrogen source is gas reforming (with CCS) that will have similar production cost for higher flows (e.g. UK). 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure SI 66. Differences in hydrogen price for taking shares at EU level vs. country specific ones (for 2050 in the 

Low Carbon scenario). 

 

The target set by JRC-EU-TIMES is between 4.2 (No CCS) and 6.4 (Low Carbon) gCO2/km by 2050, whereas 

PTTMAM reaches 15.8 and 16.7 gCO2/km in the No CCS and Low Carbon scenarios respectively. Even with the 

Ambitious H2 scenario and pro-FCEV policies, these emissions only reduce to 14.6 gCO2/km. 

 

 
Figure SI 67. CO2 average emissions (for fleet) by country for the Low Carbon scenario in 2040. 
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Table SI 40. Annual costs for passenger transport in the Low Carbon scenario. 

Scenario Year OPEX CAPEX Fuel costs Total 

  M€/yr M€/yr M€/yr  

Country shares 2016 69084 289181 111148  

 2030 156929 573225 188272  

 2040 162326 526253 212981  

 2050 168106 565119 183385 3206009 

EU shares 2016 69890 285848 109557  

 2030 157485 571394 197541  

 2040 163179 524486 220204  

 2050 162286 542105 201306 3205281 

 

 
Figure SI 68. Soft-linking effect over annual costs for passenger vehicles in 2050 and allocation by fuel (LC = Low 

Carbon scenario). 

 

Note in Figure SI 68 “BAU” means “Business-as-Usual”, which has a lower CO2 target of 47% reduction by 2050. 

This scenario was introduced for comparison to show that even with a low CO2 target, a similar investment is made 

since cars will still be needed and the difference in CAPEX by 2050 (between ZEV and ICEV) becomes smaller 

considering the higher ICEV CAPEX for efficiency improvements and the learning effects for ZEV. For more detail 

on BAU scenario (refer to 3.4 in Chapter 3). 

 

 
Figure SI 69. Diesel sources for the Low Carbon scenario with (a) 10 EJ/yr and (b) 25.5 EJ/yr of biomass potential. 
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Figure SI 70. Country specific powertrain shares for the No CCS scenario (a) Shares from PTTMAM (b) Optimized 

shares when using shares at EU level. 

 

 
Figure SI 71. Average hydrogen price for the Low Carbon and No CCS scenarios. 
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Figure SI 72. Soft-linking effect over hydrogen price for the Low Carbon scenario. 

 

The largest difference in hydrogen price due to soft-linking is when the powertrain shares from PTTMAM are used. 

By 2030, there are only 90000 FCEV in the Low Carbon scenario before soft-linking, while using the shares from 

PTTMAM implies almost 1.8 million FCEV by the same year. This represents around 0.4 mtpa of additional hydrogen 

demand (to put this in perspective, the total EU demand in 2015 was around 7 mtpa [282]). However, the largest 

difference is from the supply curve (rather than demand) where the increase in hydrogen demand is satisfied with 

biomass gasification (for some countries) when shares are specified. In contrast, the smaller demand (before soft-

linking) is satisfied mainly with gas reforming with CCS. This translates into the higher hydrogen production cost and 

corresponding price reflected in Figure SI 72. In the long term (after 2040), the marginal production unit becomes gas 

reforming with CCS for this Low Carbon scenario. Therefore, the hydrogen price is defined mainly by the gas and 

CO2 price (for the remaining emissions) and given the lower gas price sensitivity to amount produced (different than 

biomass), the hydrogen production cost is very similar for the various scenarios. 

 

 
Figure SI 73. Country specific powertrain shares from PTTMAM for the Ambitious H2 scenario. 
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Figure SI 74. CAPEX evolution in PTTMAM for Low Carbon scenario 

 

Although medium-sized ZEV and PHEV are more expensive than the rest of the powertrains at the beginning of the 

simulation, their CAPEX diminish fast until 2030 under this scenario. Whereas EV become cost competitive 

compared to conventional cars in 2021, FCEV do so in 2024. This results from the drastic increase in CAPEX the 

most polluting cars face due to CO2 emission penalties. In 2026, FCEV become the powertrain with the lowest 

CAPEX. 
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Appendix 5.6. Complementary results – Transport in the context of the energy system 

 
Figure SI 75. Electricity consumption by sector for the Low Carbon scenario 

 

Note that electricity consumption is lower than the production shown in Figure 34 in the main text since there are 

transmission and distribution losses (7-8%). 

 

 
Figure SI 76. Annualized costs for the passenger transport sector in the Baseline scenario in JRC-EU-TIMES. 

 

Note that the large cost increase during the initial years is because a large part of the demand is satisfied with the 

existing stock in the base year. The investment for these cars is not accounted for since they are assumed to be sunk 

costs. As the existing cars are phased out, new investment is made in new vehicles and therefore increasing the annual 

costs. 
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Appendix 6.1. Detailed assumptions for LCA integration to ESM 

• For electricity trading between countries, electricity that is imported to a country has the average footprint of 

the grid for the specific time slice when import occurs. 

• Regional differentiation is done based on model output (different energy balance per country), but none is 

done based on the LCA data. The priority for extracting data from Ecoinvent has been: UCTE204, Europe 

without Switzerland, Germany and Global. 

• The original assumption in TIMES is that potential for forestry and crops have been defined to meet the 

sustainability criteria [866] and it is assumed that if consumption stays within these limits there will be no 

emissions associated to land use change. The only emissions considered are the ones corresponding to 

processing and transformation of the biomass. 

• Value chains (upstream processes) for Ecoinvent entries are not modified and this will not reflect reality. For 

example, some CHP units in a country might be produced locally with lower labor efficiency in resources 

extraction and manufacturing compared to the database. 

• NEEDS has three different scenarios and two target years (2025 and 2050) for the calculation of the LCI. 

Realistic-optimistic / 440ppm scenario for 2050 was used. 

• NEEDS has different options for CO2 storage, 200 km and 2500 m depleted gas field was chosen. 

• Impact for CO2 storage is considered only in terms of climate change and negative emissions. Impact in other 

categories for storage and transport are not included.  

• Pressurized reactors were assumed for nuclear power generation. 

• For some processes, there was no exact match between the technology description in JRC-EU-TIMES and 

the entry from Ecoinvent. For these, the closest match based on process function was done. 

• Wind categories in JRC-EU-TIMES are split in four for each onshore and offshore. In the future, offshore 

turbines of up to 15 MW are expected, while onshore can be up to 6 MW. Ecoinvent only has 2 MW for 

offshore and up to 4.5 MW for onshore. Because of data limitations, these largest sizes were the ones used. If 

more data was available, the fleet composition in time could be assessed based on the period when turbines 

are installed from TIMES output. 

• For biomass used in combined heat and power units (CHP), an organic ranking cycle was used as reference, 

eliminating the organic cycle contribution. 

• A single entry for CSP was used, where it is assumed that the contribution for thermal storage is negligible. 

• For geothermal heat, a 1.5km depth well is assumed, which generates 20 MWth. The thermal power is 

calculated considering that a 6.75 MWel geothermal power plant requires a 5000m depth well when the 

electric efficiency of the plant is 10% (source: Ecoinvent, deep well drilling, for deep geothermal power, 

DE). 

• For biogas and biodiesel boilers, the Ecoinvent entries for fossil gas and diesel are adapted by removing the 

fossil CO2 emissions and discounting the impact from production/distribution of the consumed fossil fuel. 

The impact for the production/distribution of the biofuel will be accounted by a specific entry for each biofuel 

production/distribution. 

• Losses for transmission and distribution electricity grid are already accounted for in TIMES and taken from 

Eurostat205 with losses of 6.5-7% due to transport and almost 5% of energy lost in transformers. Previous 

studies [Harrison 2010] show that grid contribution is relatively small (11 gCO2/kWh) and that most (> 95%) 

of its contribution is due to transmission losses. 

 

204 Union for the Coordination of the Transmission of Electricity, which is an association of Transmission System Operators (TSO) across Europe 
205 Supply, transformation, consumption - electricity - annual data [nrg_105a] 
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Table SI 41. Representative technologies used for life cycle inventory collection classified by sector. 

Power Heating Industry206 Transport Supply 

Wind 750kW On 

(ImpPerTurb) 

Solar collector 

(unit) 

Aluminum Large car petrol 

(km) 

Electrolyzer (kg) 

Wind 2MW On 

(ImpPerTurb) 

Geo deep well 

drilling (MJ) 

Ammonia Medium car petrol 

(km) 

NG SMR (kg) 

Wind 4.5MW On 

(ImpPerTurb) 

PEM FC NG (MJ) Other Chemicals Small car petrol 

(km) 

NG SMR CCS (kg) 

Wind 2MW Off 

(ImpPerTurb) 

PEM FC heat (CH) Chlorine Large car diesel 

(km) 

Biomass H2 (kg) 

Wind 2MW Off 

(kWh_e) 

PEM FC elec (CH) Cement Medium car diesel 

(km) 

Biomass H2 CCS (kg) 

3 kW PV roof 

(unit) 

Absorber chiller 

100kW (unit) 

Copper (mining) Small car diesel 

(km) 

Electrolyzer (kg) 

PV open space 

(kW) 

Absorber chiller 

100kW_cool (MJ) 

Glass Flat FCEV car (km) NG SMR (kg) 

Solar tower 180 

MW (kWh_e) 

Ref R134a 4kW_el 

(unit) 

Glass Hollow Small EV 15kWh 

car (km) 

Natural gas, high 

pressure//[SK] 

Hydro Lake 

medium (unit) 

Ref CO2 4kW_el 

(unit) 

Steel Medium EV 

30kWh car (km) 

Natural gas, high 

pressure//[Europe 

without CH] 

Hydro Lake large 

(unit) 

Oil boiler 

100kW_th (MJ) 

Lime Large EV 60kWh 

car (km) 

Natural gas, high 

pressure//[NL] 

Hydro River (unit) Oil boiler 10kW_th 

(MJ) 

Other Non-Ferrous 

Metals 

Bus diesel (pkm) Natural gas, 

liquefied//[RoW] 

Geothermal (kW) Propane boiler 

(MJ) 

Other Non-

Metallic Minerals 

Bus FC (pkm) Methanation//[GLO] 

Waves 7 MW 

(kWh_e) 

NG boiler 

>100kW_th (MJ) 

Other Industries  Biogas//[GLO] 

Tidal (kWh) NG boiler 

<100kW_th (MJ) 

  Vegetable oil methyl 

ester//[GLO] 

Nuclear PR 

(kWh_e) 

HP 10kW_th (unit)   Power to Liquid// PtL 

OCGT 2030 (kW) HP 30kW_th (unit)   Gas to Liquid// GtL 

CCGT 2030 (kW) Elec heater 5 kW 

(unit) 

  Biomass to Liquid// 

BtL 

CCGT CCS 2030 

(kW) 

Bio-oil boiler (MJ)   Diesel, low-

sulfur//[Europe 

without CH] 

Steam turbine coal 

(kWh_e) 

Pellet furnace 

300kW_th (MJ) 

  Kerosene//[Europe 

without CH] market 

for kerosene 

Steam turbine 

lignite (kWh_e) 

Pellet boiler 

9kW_th (MJ) 

  Petrol, low-

sulfur//[Europe 

without CH] 

IGCC coal 

(kWh_e) 

Wood fireplace 

6kW_th (MJ) 

   

IGCC lignite 

(kWh_e) 

    

Coal CCS oxy 

(kWh_e) 

    

Coal CCS post 

(kWh_e) 

    

 

206 These are the industries covered, for a specific technology breakdown refer to [368] 
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IGCC coal CCS 

(kWh_e) 

    

Lignite CCS post 

(kWh_e) 

    

IGCC Lignite CCS 

(kWh_e) 

    

ICE NG (MJ)     

Rankine Bio (kWh)     

BIGCC (kWh)     

Rankine Bio CCS 

(MJ) 

    

CHP Rankine Bio 

(MJ) 

    

CHP BIGCC (MJ)     

CHP ORC Wood 

(MJ) 

    

CHP ICE Biogas 

(MJ) 

    

Oil Rankine 

(kWh_e) 

    

Diesel ICE 

(kWh_e) 

    

Biogas ICE 

(kWh_e) 

    

38 21 13 12 20 

 

Notes 

• Code in parenthesis indicates if the impact is expressed in capacity (e.g. kW), energy (e.g. kWh) or total 

(unit) terms. 

• “Unit” refers to impact being expressed for the total installed capacity and not specific by kW. Last row 

represents the total number of entries for each sector. 

• Power. “On” refers to onshore (wind), while “Off” refers to offshore; OCGT = Open cycle gas turbine; 

CCGT = Combined Cycle Gas Turbine; IGCC = Integrated Gas Combined Cycle; CHP = Combined Heat 

and Power; ICE = Internal Combustion Engine. 

• Heating. PEM = Proton Exchange Membrane; FC = Fuel cell; Ref = Refrigerant; Elec = Electric; HP = Heat 

pump. 

• Transport. FCEV = Fuel Cell Electric Vehicle. Impact expressed per passenger kilometer (pkm). 

• Supply. SMR = Steam Methane Reforming. Gas and liquid entries come from Ecoinvent except for 

methanation [685], Power-to-Liquid, Gas-to-Liquid, Biomass-to-Liquid (RENEW project [687,688]). 

• Supply. Emissions associated to imported oil and gas, taken from “Europe without Switzerland” entry and 

“natural gas, high pressure//[SK] market for natural gas, high pressure”. In reality, methane emissions are 

different for each country and can make a difference in the LCA emissions. However, these entries were 

deemed as representative of gas import from outside Europe (e.g. Russia or Algeria where higher methane 

leakages could be expected) and Norway. 
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Example of preventing double counting with an electrolyzer 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure SI 77. Emissions contribution from elements in a value chain to avoid double counting. 

 

The general structure (in Figure SI 77) is to use primary energy (e.g. fossil, renewable, imports) to satisfy final 

demand by alternative conversion processes. The transformation can be split in a primary or production step (e.g. 

refineries, power, hydrogen, biomass, CHP plants) and a secondary or end use step (e.g. boilers, furnaces, cars). As an 

example, if the isolated LCA for a single electrolyzer would be done, it has been shown [20,272,694,867] that the 

environmental impact of the hydrogen produced is highly determined by the environmental impact of the electricity 

input when electrolysis is used. However, power generation and its associated emissions are also included in the 

model. If the emissions are accounted both in power generation and in the electrolyzer, double counting would occur. 

Thus, the electrolyzer only has the impact for construction, while its corresponding operational component is part of 

the power sector. Similarly, if there is Power-to-X downstream, that facility will only have the construction impact 

(and any impact associated to the CO2 source), but not the impact for hydrogen production. 
 

Open issues remaining 

• The temporal aspect of the emissions is not yet tackled. Radiative forcing varies over time for different 

greenhouse gases, with a larger contribution close to the emission time. Depending on the time horizon of the 

model, it can occur that not all the global warming impact falls within the timeframe chosen [868,869]. 

• Learning curve for technologies is covered for the operational phase. Efficiency improvements will lead to 

lower energy loss or larger energy production with the same capacity. However, possible improvements in 

the manufacturing process and lower material consumption in that step is not included. 

• An advantage of the model is that it covers the entire EU28+ and can capture dynamics and identify trade-

offs among them. This also becomes a limitation where there might be regions within a country that will 

experience a larger impact for certain technologies or categories. 

• LCA for supply, conversion and end-use technologies has been included. However, a large part of the lower 

environmental impact comes from energy efficiency. LCA for insulation and upgrade in buildings has not 

been included. 

 

There are also issues related to the methodologies chosen and for which limited progress can be done unless the choice 

is fundamentally changed. This refers to other aspects that should be included if the broader concept of sustainability 

is used like including the social, cultural and political dimensions, risk assessment or implementation of specific 

strategies (as in Strategic Environmental Assessment [870]). Feedback from climate change in the coming years that 

will affect emissions dispersion and concentration is not considered either. 
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Appendix 6.2. Material contribution to climate change for key technologies 

Offshore wind 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure SI 78. Breakdown of main contributors to climate change impact in a 4.5-MW offshore wind turbine. 
 
Table SI 42. Electricity contribution by midpoint category for offshore wind and PV (from Ecoinvent). 

 Units Offshore wind 

turbine (4.5 MW) 

PV open space 

Agricultural land occupation m2a 7.90% 7.58% 

Climate change kg CO2Eq 7.74% 13.10% 

Fossil depletion kg oilEq 8.14% 12.09% 

Freshwater ecotoxicity kg 1,4-DC. 5.23% 8.18% 

Freshwater eutrophication kg P-Eq 0.95% 2.94% 

Human toxicity kg 1,4-DC. 0.64% 1.67% 

Ionizing radiation kg U235Eq 14.17% 17.12% 

Marine ecotoxicity kg 1,4-DC. 0.49% 0.69% 

Marine eutrophication kg NEq 2.66% 4.25% 

Metal depletion kg FeEq 0.11% 0.49% 

Natural land transformation m2 7.23% 8.10% 

Ozone depletion kg CFC-11. 2.70% 2.76% 

Particulate matter formation kg PM10Eq 6.05% 13.55% 

Photochemical oxidant formation kg NMVOC 4.25% 8.49% 

Terrestrial acidification kg SO2Eq 4.57% 9.94% 

Terrestrial ecotoxicity kg 1,4-DC. 1.05% 0.22% 

Urban land occupation m2a 1.35% 7.17% 

Water depletion m3 8.35% 10.32% 
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Vehicle manufacturing 

 

 

 
Figure SI 79. Materials contributing to climate change of various vehicles (a) without correction for future reduction in 

material footprint (b) with lower future footprint. 
 

 

 

 

 

 

 

 



Life Cycle Assessment integration into Energy System Models: An application for Power-to-Methane in the EU 
 

351 

 

Appendix 6.3. Supplementary results – Overview of LCA impact by sector 

 
Figure SI 80. Electricity mix for the main scenarios. 

 

 
Figure SI 81. Breakdown by LCA category for the power sector without coal in the 80 scenario. 

 
Table SI 43. CO2 footprint reduction in industry by scenario by 2050 with respect to 2010. 

Scenario 80 80 - No 

CCS 

95 95 - No 

CCS 

Optimistic Optimistic 

- No PtM 

Aluminum 0.49 0.47 0.45 0.44 0.43 0.42 

Ammonia 0.07 0.07 0.07 0.06 0.06 0.06 

Other Chemicals 0.63 0.34 0.18 0.15 0.16 0.16 

Cement 0.18 0.70 0.18 0.51 0.32 0.34 

Copper (mining) 1.16 1.11 1.05 0.98 1.00 0.98 
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Glass Flat 1.48 1.41 1.41 1.28 1.33 1.35 

Glass Hollow 0.83 0.46 0.07 0.08 0.05 0.02 

Steel207 0.36 0.52 0.69 0.77 0.78 0.82 

Lime 0.04 0.04 0.03 0.03 0.03 0.03 

Other Non-

Ferrous Metals 

0.16 0.04 0.00 0.00 0.00 0.00 

Other Non-

Metallic Minerals 

0.30 0.13 0.12 0.10 0.10 0.10 

Other Industries 0.74 0.44 0.27 0.25 0.27 0.26 

Low Quality 

Paper 

0.41 0.39 0.32 0.39 0.47 0.43 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure SI 82. LCA for the heating sector by impact category and technology in the 80 Scenario. 

 

Note that the entire contribution of the heating sector for the entire system is relatively small (< 1%) for most impact 

categories. The impact for equipment using biomass is the highest since it includes the impact for upstream 

production, while this part of the value chain is considered outside the heating sector for the other fuels. 

 

 

207 The value reflects the fraction of the demand that is satisfied with direct reduction with hydrogen  
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Figure SI 83. Car stock by fuel for the different scenarios in 2050. 

 

 

 
Figure SI 84. LCA for the industry sector by impact category and type of industry in the 80 Scenario. 
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Figure SI 85. Sectorial contribution by impact category in the 80 scenario. 
 
Table SI 44. Impact ratio by category and sectors across scenarios (with numerical values). 
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0.56 1.00 0.31 1.00 0.79 0.96 0.67 0.74 0.71 0.42 0.75 0.27 0.47 0.16 0.29 1.00 0.93 0.50 

0.65 0.30 0.71 0.84 1.00 0.95 0.78 0.76 0.74 0.65 0.75 0.76 0.74 0.79 0.75 0.31 0.79 0.65 

0.60 0.76 0.47 0.95 0.81 0.96 0.70 0.77 0.73 0.48 0.75 0.49 0.59 0.45 0.49 0.77 0.90 0.56 

0.87 0.41 1.00 0.92 0.91 1.00 1.00 1.00 1.00 0.95 1.00 1.00 1.00 1.00 1.00 0.41 1.00 0.92 

0.82 0.38 0.92 0.89 0.87 0.99 0.96 0.94 0.94 0.96 0.97 0.90 0.94 0.86 0.91 0.38 0.99 0.90 

1.00 0.38 0.89 0.88 0.88 0.97 0.94 0.91 0.92 1.00 0.95 0.84 0.91 0.80 0.90 0.36 0.96 1.00 

H
ea

ti
n
g
 

0.46 0.42 0.42 0.48 0.60 0.52 0.54 0.53 0.45 0.61 0.61 0.56 0.30 0.54 0.71 0.64 0.68 0.67 

1.00 1.00 1.00 1.00 0.87 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 0.89 

0.56 0.48 0.41 0.58 0.88 0.65 0.70 0.71 0.52 0.75 0.82 0.67 0.26 0.69 0.99 0.90 0.99 1.00 

0.61 0.53 0.47 0.60 0.94 0.66 0.70 0.71 0.56 0.75 0.79 0.69 0.36 0.69 0.92 0.85 0.92 0.91 

0.63 0.57 0.68 0.60 0.79 0.55 0.60 0.58 0.61 0.80 0.60 0.74 0.50 0.61 0.67 0.58 0.58 0.51 

0.66 0.57 0.67 0.61 1.00 0.59 0.63 0.60 0.62 0.84 0.65 0.77 0.49 0.64 0.74 0.64 0.65 0.59 

In
d
u

st
ry

 

1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 0.84 1.00 0.64 0.57 1.00 1.00 1.00 

0.99 0.53 0.75 0.82 0.84 0.54 0.80 0.84 0.85 0.89 0.90 0.88 0.90 0.76 0.72 0.83 0.93 0.87 

0.59 0.30 0.52 0.70 0.72 0.31 0.57 0.58 0.61 0.77 0.69 0.94 0.91 0.89 0.89 0.66 0.78 0.75 

0.59 0.25 0.39 0.67 0.64 0.26 0.46 0.50 0.54 0.71 0.62 0.93 0.89 0.92 0.91 0.57 0.75 0.72 
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0.52 0.26 0.38 0.67 0.63 0.27 0.45 0.48 0.52 0.72 0.61 0.94 0.91 0.93 0.93 0.57 0.73 0.72 

0.50 0.26 0.35 0.69 0.63 0.27 0.42 0.46 0.51 0.73 0.60 1.00 0.96 1.00 1.00 0.56 0.75 0.75 

T
ra

n
sp

o
rt

 

1.00 1.00 1.00 1.00 0.81 1.00 0.97 0.95 0.96 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 

0.97 0.98 0.95 0.98 0.87 0.99 1.00 1.00 1.00 0.96 1.00 0.96 0.99 0.98 0.95 0.98 0.98 0.97 

0.98 0.98 0.93 0.98 0.90 1.00 0.91 0.92 0.90 0.95 0.91 0.95 0.99 0.95 0.94 0.98 0.98 0.97 

0.94 0.95 0.83 0.93 0.97 0.94 0.97 1.00 0.97 0.85 0.88 0.88 0.97 0.92 0.86 0.96 0.95 0.93 

0.96 0.97 0.86 0.94 1.00 0.94 0.88 0.91 0.86 0.89 0.83 0.89 0.98 0.91 0.89 0.97 0.96 0.95 

0.97 0.98 0.88 0.98 0.99 1.00 0.89 0.92 0.87 0.92 0.85 0.91 0.99 0.93 0.91 0.98 0.97 0.97 

S
u

p
p

ly
 

1.00 1.00 0.20 0.69 1.00 1.00 1.00 1.00 1.00 0.77 1.00 1.00 1.00 0.58 1.00 1.00 0.94 0.73 

0.94 0.65 0.19 0.76 0.60 0.41 0.73 0.65 0.78 0.70 0.79 0.82 0.82 0.49 0.84 0.57 0.54 0.50 

0.42 0.68 0.13 0.77 0.65 0.67 0.73 0.74 0.70 0.60 0.91 0.72 0.72 0.51 0.79 0.69 1.00 0.86 

0.40 0.24 0.37 1.00 0.21 0.18 0.44 0.38 0.41 0.77 0.83 0.47 0.25 0.74 0.70 0.21 0.56 0.81 

0.31 0.18 1.00 0.85 0.15 0.23 0.53 0.39 0.43 1.00 0.77 0.65 0.20 1.00 0.73 0.19 0.68 1.00 

0.31 0.20 0.17 0.65 0.18 0.15 0.32 0.30 0.31 0.54 0.61 0.33 0.17 0.79 0.44 0.18 0.52 0.81 

T
o

ta
l 

1.00 1.00 0.89 0.92 1.00 1.00 1.00 1.00 1.00 0.91 1.00 0.86 1.00 0.45 0.74 1.00 1.00 0.73 

0.97 0.62 0.91 0.88 0.82 0.84 0.87 0.90 0.87 0.91 0.95 1.00 0.86 0.81 0.89 0.57 0.86 0.51 

0.52 0.71 0.74 0.91 0.81 0.89 0.78 0.85 0.77 0.84 0.89 0.86 0.76 0.61 0.88 0.72 0.99 0.87 

0.54 0.30 0.87 1.00 0.59 0.80 0.70 0.79 0.66 0.92 0.89 0.96 0.39 1.00 1.00 0.29 0.86 0.82 

0.46 0.25 1.00 0.92 0.55 0.80 0.70 0.74 0.63 1.00 0.84 0.99 0.34 0.99 0.99 0.27 0.90 1.00 

0.47 0.27 0.80 0.82 0.56 0.78 0.62 0.71 0.56 0.91 0.81 0.88 0.32 0.90 0.96 0.26 0.86 0.82 

Rows for each sector are: 80, 80 No CCS, 95, 95 No CCS, Optimistic, Optimistic – No PtG scenarios. 
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Appendix 6.4. Supplementary results – Indirect emissions 
 
Table SI 45. Breakdown of global warming impact indicator by main process activity and comparison among 
scenarios. 

All units in MtCO2/yr Scenario 

Category 
80 80 - CCS 95 95 - CCS Optimistic Optimistic 

- No PtG 

Combustion 1470 960 990 270 260 285 

CO2 storage -550 0 -770 0 0 0 

Direct emissions 920 960 220 270 260 285 

       

Upstream biomass 65 65 75 105 85 75 

Upstream production 

gas and liquid 

475 315 290 205 95 80 

Construction power 135 155 145 210 200 240 

Construction of 

vehicles 

130 135 135 125 125 130 

Industry 245 240 145 145 130 125 

Construction - Others 20 15 40 15 20 15 

Total 1990 1885 1050 1075 915 950 

 

 
Figure SI 86. Activity contribution to global warming potential for upstream biomass, gas and liquid production across 

main scenarios. 
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Figure SI 87. CO2 sources and relation with gas balance for the 95 No CCS scenario. 

 

Values for CO2 sources in Figure SI 87 are in MtCO2, while values for gas balance need to be multiplied by 10 to 

obtain PJ (done for visualization purposes). This leads to around 25% (101.8 / 415.4 MtCO2) of the CO2 that comes 

from gas combustion for electricity generation, while only around 20% (1250 / 6340 PJ) comes from PtM. The rest of 

the gas supply is not renewable and therefore results in positive emissions when ultimately burned in electrofuels 

(PtL). 
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Appendix 6.5. Supplementary results – Consequential LCA of PtM 

The main parameter changing across time slices and regions is the electricity mix. For illustration purposes, the 

electricity mix across time slices for Germany in the 95 No CCS scenario is shown in Figure SI 88, as well as the 

corresponding CO2 footprint considering the life cycle for the power generation units. However, this has been 

generated for all countries and main scenarios and other examples are Figure SI 89 and Figure SI 90. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure SI 88. Electricity mix by time slice and average CO2 footprint for Germany in 95 No CCS scenario (F = Fall, R 

= Spring, S = Summer, W = Winter, D = Day, N = Night, P = Peak, see [368] for time slice definition). 

 

For this particular case, wind and solar account for almost 80% of the electricity generated over the entire year. Solar 

is partially replaced by wind, biomass gasification and storage during the night. During the winter peak, which 

assumes no contribution from wind and solar, most of the demand is met with gas turbines. This results in the highest 

impact in terms of CO2 emissions, but since the winter peak is relatively short (120 hours), it has a small impact over 

the average for the entire year. In case this gas for the turbines is produced by methanation using biogenic CO2, the 

CO2 footprint for the winter peak could be reduced from 144 gCO2/kWh to 65 gCO2/kWh, where the remaining 

emissions are mainly due to the construction component allocated to all time slices. Considering the low CO2 footprint 

of the other time slices, the average for Germany in this scenario is 25 gCO2/kWh. This is much lower than in 2016, 

where the electricity had a footprint of almost 490 gCO2/kWh208. 

 

After the electricity footprint is calculated, the footprint for the hydrogen produced through electrolysis can be 

estimated by adding the contribution from its construction (using the inventory from [686]). The relative impact by 

category and time slice for hydrogen, as well as the comparison with the average hydrogen footprint for the 95 No 

CCS scenario and gas steam reforming [694] can be found in Figure SI 91. The footprint for hydrogen follows a 

similar pattern than electricity, meaning the highest value is the winter peak and nights are slightly higher due to 

biomass contribution. This results in an average hydrogen footprint of 1.26 kgCO2 per kg of hydrogen, which is much 

lower than the 8.9 - 12.95 [20,272,274,694,775] kgCO2/kgH2 of the fossil based option (gas reforming without CCS). 

This is also in line with hydrogen produced with electrolysis using renewable energy, which is 0.16-7.54 (average of 

1.83) kgCO2/kgH2 [775]. Looking at other impact categories, the average (for all countries) from electrolysis in this 95 

No CCS scenario performs at least 20 times better than steam reforming in fossil depletion, freshwater ecotoxicity and 

photochemical oxidant formation. On the other hand, electrolysis has around three times the impact of gas reforming 

 

208 Data for CO2 from Eurostat [env_air_gge], Category: “Fuel combustion in public electricity and heat production” and data for electricity 

production from “Supply, transformation and consumption of electricity - annual data” [nrg_105a], Indicator: Total net production 
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for land occupation and terrestrial ecotoxicity (where the largest contributor to both is the construction step of the 

upstream power production). 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure SI 89. Electricity mix by time slice and average CO2 footprint for France in 95 scenario (F = Fall, R = Spring, S 

= Summer, W = Winter, D = Day, N = Night, P = Peak, see [368] for time slice definition). 
 

 
Figure SI 90. Electricity mix by time slice and average CO2 footprint for Austria in 80 No CCS scenario. 

 

France was chosen for Figure SI 89for being a country with a large contribution from Nuclear, while Austria was 

chosen for Figure SI 90 representative of a country with a large contribution from hydropower. 
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Figure SI 91. Relative impact for hydrogen in Germany in the 95 No CCS scenario in comparison to average footprint 

for all countries in the same scenario and steam methane reforming [694]. 

 

All the impacts are normalized with the highest impact across time slices (which is winter peak for all categories). 

This same time slice value is used to normalize the values for the average footprint for electrolysis (Figure SI 91 only 

shows the relative impact for Germany, while “95 No CCS” represents the average for all the countries in the 95 No 

CCS scenario) and steam methane reforming without CCS [694]. “Average” in Figure SI 91 is the average for all the 

time slices considering their respective duration. 

 

 
Figure SI 92. Range of electricity footprint by country for main scenarios. 

 

Minimum and maximum in Figure SI 92 refer to the allowed electricity footprint for synthetic methane from PtM to 

be more attractive than natural gas. Range of uncertainty is mainly due to the region and upstream methane leakage 

[490]. 
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Figure SI 93. Relative impact for methane in Germany in the 95 No CCS scenario in comparison to natural gas (Entry 

“SK, market for natural gas, high pressure” from Ecoinvent). 

 

Ozone depletion of natural gas in Figure SI 93 is 7.8 (omitted for visualization purposes). 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure SI 94. LCA impact by category for electricity in Germany in 95 No CCS scenario relative to highest impact 

among time slices (winter peak) and compared to average for all countries and time slices in the same scenario 
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Appendix 6.6. PtM impact compared to the total impact of the energy system 

 
Figure SI 95. Share of PtM impact by category compared to the total impact for the system. 

 

Figure SI 95 shows the PtM contribution to the total impact for the 95 No CCS and Optimistic scenarios given that 

these two are the ones with considerable PtM contribution. It also has the breakdown by component in the value chain 

and it only has 11 (out of 18) impact categories since for the rest of categories PtM contribution was less than 4% even 

in the Optimistic scenario. 

 

The “non-biogenic CO2” contribution in Figure SI 95 is because a fraction (around 25%) of the CO2 that ends up as 

synthetic methane is sourced from fossil fuels (mainly from power plants) in the Optimistic scenario. This means that 

emissions when the synthetic methane is used are positive. 
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Appendix 6.7. Supplementary results – Impact of PtM absence 

 
Figure SI 96. Sectorial contribution by impact category in the Optimistic No PtG scenario. 
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Appendix 7.1. Renewable potentials 

 
Figure SI 97. Installed solar power capacity in T95_2050 vs theoretical potential 

 

 
Figure SI 98. Installed onshore wind power capacity in T95_2050 vs theoretical potential 
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Appendix 7.2. Interconnection capacities 

Table SI 46. Interconnection capacities between EU countries until 2050 

Interconnection 2020 2030 2050 

Relative 

increase % 

Increase 

(GW) 

ES-FR 3.81 4.0 14 267% 10.19 

DE-NO 1.43 1.5 9 529% 7.57 

DE-SE 0.57 0.6 8 1304% 7.43 

AT-DE 2.1 7.3 7.5 257% 5.4 

GR-IT 0.5 1.0 6 1200% 5.5 

NL-NO 2 2.1 7 250% 5 

BG-RO 0.57 4.2 4.7 725% 4.13 

GB-NO 1.33 1.4 5 276% 3.67 

AT-IT 0.43 1.5 4 830% 3.57 

DE-FR 3.14 3.3 6.6 110% 3.46 

CH-DE 3.81 7.2 7.2 89% 3.39 

BE-GB 0.95 1.0 4 321% 3.05 

DE-DK 2.38 3.5 5.15 116% 2.77 

BE-NL 2.29 2.4 4.9 114% 2.61 

HR-SI 0.95 2.7 3.5 268% 2.55 

DK-NL 0.67 0.7 3 348% 2.33 

FR-GB 3.62 3.8 5.9 63% 2.28 

ES-PT 2.86 4.0 5 75% 2.14 

DE-PL 1.14 3.2 3.24 184% 2.1 

DE-LU 0.93 1.9 3 223% 2.07 

BG-GR 0.76 0.8 2.8 268% 2.04 

CY-GR   2 inf 2 

HR-HU 0.57 2.55 2.55 347% 1.98 

CH-IT 4.04 4.24 6 49% 1.96 

AT-SI 0.86 1.51 2.7 214% 1.84 

FR-IT 3.57 3.75 5.35 50% 1.78 

HU-RO 1.05 1.1 2.8 167% 1.75 

IT-SI 0.41 1.32 2.15 424% 1.74 

NO-SE 3.43 4.97 4.97 45% 1.54 

BE-FR 3.52 3.7 4.97 41% 1.45 

FR-IE   1.4 inf 1.4 

LT-SE 0.67 0.7 2 199% 1.33 

CZ-DE 3.05 3.2 4.26 40% 1.21 

FI-SE 3 3.15 4.1 37% 1.1 

DK-NO 1.62 1.7 2.64 63% 1.02 

DK-SE 1.97 2.86 2.98 51% 1.01 

FI-NO 0.1 0.1 1.1 1000% 1 

GB-IE 0.86 1.4 1.85 115% 0.99 
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GB-NL 1.23 1.29 2 63% 0.77 

CH-FR 3.05 3.7 3.8 25% 0.75 

LT-LV 1.43 2.15 2.15 50% 0.72 

DK-GB   0.7 inf 0.7 

PL-SE 0.57 0.6 1.2 111% 0.63 

AT-HU 0.86 1.46 1.46 70% 0.6 

EE-LV 0.76 1.34 1.34 76% 0.58 

AT-CH 1.14 1.93 1.7 49% 0.56 

EE-FI 0.95 1 1.5 58% 0.55 

HU-SI 0.76 0.8 1.2 58% 0.44 

AT-CZ 1.71 1.8 2.11 23% 0.4 

DE-NL 4.62 4.85 5 8% 0.38 

PL-SK 0.76 0.88 0.99 30% 0.23 

CZ-SK 2.38 2.5 2.5 5% 0.12 

CZ-PL 1.9 2 2 5% 0.1 

HU-SK 1.95 2.05 2.05 5% 0.1 

LT-PL 1.64 1.72 1.72 5% 0.08 

BE-LU 0.95 1 1 5% 0.05 

IT-MT 0.19 0.2 0.2 5% 0.01 

HR-IT 0 0 0 inf 0 

 

 


